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Please state your name and business address.

My name 1s Bruce T Imsdahl and my business address i1s 400
North Fourth Street, Bismarck, North Dakota 58501.

By whom are you employed and in what capacity?

| am the President of Montana-Dakota Utilities Co. (Montana-
Dakota), a Division of MDU Resources Group, Inc
Please describe your duties and responsibilities with Montana-Dakota.

| have executive responsibility for the development, coordination,
and implementation of Company strategies and policies relative to all
areas of operations.

Please outline your educational and professional background.

In 1970, | received a Bachelor of Science degree in Mechanical
Engineering from North Dakota State University, Fargo, North Dakota. |
was granted certificates of attainment from the Joseph M. Krazt Graduate
School of Business in Management Program for Executives from the

University of Pittsburgh, Pittsburgh, Pennsylvania in 1990 and from the

g PU-04-97 Pag=s 10
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Graduate School of Business, Stanford University in the Executive
Management Program in 2003.

Upon graduating from college in 1970, | began my career with
Montana-Dakota as a results engineer at the Lewis & Clark electric
generating station In 1973, | took an engineering position at the
corporate office and was responsible for the engineering at five of our
electric generating stations. In 1979, | transferred to the Lewis & Clark
Station as the Plant Superintendent, where | was responsible for all
engineering, operations, and maintenance of the plant. In 1983, |
transferred to the R. M. Heskett Station as the Plant Manager, where |
was again responsible for all engineering, operations and maintenance of
the plant. In 1985, | transferred to the corporate office as Generation
Manager, where | became responsible for all the electric generating plants
that Montana-Dakota owned and operated and the company’s
Environmental Department. In 1989, | became Vice President - Power
Supply and, in November 1992, | was named Vice President - Energy
Supply assuming responsibility for natural gas supply as well as the
electric power supply. In February 2003, | was named Executive Vice
President. | became President of Montana-Dakota in July 2003.

| am a Registered Professional Engineer in North Dakota and
Montana. | also have been involved with the activities of the Electric

Power Research Institute, the Edison Electric Institute, the University of
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North Dakota Energy & Environmental Research Center, and the
American Gas Association,
What is the purpose of your testimony?

The purpose of my testimony 1s to provide an overview of our North
Dakota natural gas operations, explain our request for a gas rate increase
and discuss the policies and reasons underlying the major aspects of the
request. | will also identify the Company witnesses in this proceeding.
Would you provide a summary of Montana-Dakota's gas operations in
North Dakota?

The North Dakota natural gas distribution system serves
approximately 85,600 customers in 76 communities. The customer mix is
about 86.6% residential, 13.2% firm commercial, with the small
interruptible and large interruptible customers making up about 0.2% of
customers. In addition, gas is provided to the U.S Air Force base at Minot
and at a location in northeastern North Dakota. The residential, firm
commercial and small interruptible customers use natural gas primarily for
space and water heating. As such, Montana-Dakota's system has a low
load factor with peak gas requirements occurring during the winter with
summer loads being small by comparison. The total annual gas used by
our North Dakota customers 1s 18.3 Mmdk as projected for 2005 in this
case. Consumption by customer class is as follows: 45% residential,
31% firm commercial, 7% small interruptible, 12% large interruptible and

5% U.S Air Force. Montana-Dakota's North Dakota gas service area is
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divided into two operating regions with regional offices located in Bismarck
and Dickinson. In addition, there are a number of district offices located in
communities throughout the state. As of December 31, 2003, the
Company had 614 full and part time employees who live and work
throughout our North Dakota electric and gas service area.

Mr. Imsdahl, did you authorize the filing of the rate application in this
proceeding?

Yes, | did.

Why has Montana-Dakota filed this application for a gas rate increase?

Montana-Dakota is requesting an increase in its general gas rates
at this time because the current cost of providing natural gas service to
our North Dakota customers is not adequately reflected in the currently
authorized rates. It should be noted that this application does not inciude
any cost changes related to the cost of gas which is handled through the
Commission authorized Purchased Gas Cost Adjustment tariff.

Would you please explain the basic elements that make up the total costs
of providing gas service, and which of those elements is subject to
regulation by this Commission?

Yes. The costs of providing natural gas service can be best broken
down into two major categories; first, the cost of gas delivered to the town
border station, where it leaves the interstate or intrastate pipeline and
enters our distnibution system, and second, the cost of delivering the gas

from the town border station through our distribution system to the
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individual customers We call this portion distribution costs or non-gas
costs.

Natural gas purchased from a producer or supplier is a commodity
like wheat or corn and prices are not regulated. The charges for moving
the gas to our distribution system on the pipeline system are regulated by
the Federal Energy Regulatory Commission or other regulatory agencies.
These two elements, which we call “gas costs”, are passed on to our
customers on a dollar-for-dollar basis as specified in the Purchased Gas
Cost Adjustment tariff, and there is no profit made by Montana-Dakota.
This portion comprises about 79% of a typical residential bill for gas
service.

The distribution cost portion of our rates is regulated by this
Commission and is the subject of this proceeding. This portion includes
operation and maintenance expenses, depreciation, taxes, and a
component for the opportunity to earn a return on the investment we have
in facilities to provide natural gas service. The distribution costs are about
21% of a typical residential bill.

What is the amount of the increase requested?

As will be fully explained by other Company witnesses, the
Company Is requesting an increase of $3,334,226 based on a projected
2005 test year.

How will the requested increase affect the various classes of customers?



10

11

12

13

14

15

16

17

18

19

20

21

22

The proposed percentage change in rates by customer class is as

follows

Class Change
Residential 3.5%
Firm General Service 2.3%
Air Force 0 0%
Small Interruptible 0.0%
Large Interruptible 0.0%

Total 2.8%

What are the primary reasons that Montana-Dakota needs an increase at
this time?
The primary reason Is increased operating expenses driven largely
by increases in labor and benefit costs
When was the last gas general rate increase for Montana-Dakota?
Montana-Dakota’s gas rates were last increased in December
2002 The increase was $1,972,000 annually and was authorized in Case
No. PU-399-02-183 | should also note that Montana-Dakota’s gas rates
were decreased by $362,000 on September 1, 2003 to reflect the
Commussion approved settlement of depreciation expense in that same
case.
Would you please explain why labor and benefit costs have increased

since the last rate case?
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Yes. Montana-Dakota strives to pay its employees wages reflective
of the mid-range of the labor market For union personnel, a new labor
contract was effective May 1, 2003. It was apparent during our
negotiation preparation that Montana-Dakota’s wage levels were
substantially lower than the wage levels of our competitors and that they
had been lower for some time. The new union labor agreement, which
runs through April 30, 2007, reflects annual pay increases through May 1,
2006 for union employees to bring our wage levels more in line with the
wage levels of other companies we compete with for employees. With
respect to non-union personnel, Montana-Dakota retained a consulting
firm, the Hay Group, to lead a study of pay rates for all non-union jobs.
The results of that study clearly indicated that Montana-Dakota’s pay rates
were below the competitive markets. Beginning in 2003, we undertook a
phase-in approach to bring our pay rates for non-union personnel more in
hne with the market.

With regard to benefit costs, pension costs have been increasing
steadily for most, if not all companies and are expected to continue to
increase. Our pension cost requirements are determined at least annually
by an independent outside actuarial firm. Finally, medical and health care
costs continue to rise.

Would you please explain what efforts Montana-Dakota takes to hold its

gas rates down?
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We continue to look for ways of operating our business more
efficiently and taking advantage of new technologies where it makes
economic sense to do so. For example, Montana-Dakota has been
proactive in controlling health care costs for many years. Prior to 2003,
we limited the Company’s share of health care premium increases to a set
percentage by shifting additional costs to employees. In 2003 we formed
a benefits strategy team to analyze benefits offered to employees and
retirees. As a result of that process we implemented certain changes to
help mitigate nsing health care costs. Changes included,

shifting more prescription drug costs, the area where medical

inflation has hit the hardest, to employees,
. changed coordination of benefits to eliminate 100 percent payment
on claims for individuals covered by two insurance plans,
o changed plan administrators, and
. self-funded all health plans, which eliminates certain costs
associated with fully insured plans and provides greater flexibility in
plan design.
Although we continue to look for opportunities to reduce costs and
Increase efficiencies, we now find ourselves in a position where, despite
our efforts, we must seek rate relief.

Is Montana-Dakota seeking interim rate relief in this proceeding?
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Yes. Interim rate relief is being sought in this case consistent with
North Dakota Century Code 49-05-06. The amount of interim relief
sought 1s $1,870,978
Will you please identify the other withesses who will testify on behalf of
Montana-Dakota in this proceeding?

Yes. In addition to myself, Mr. J. Stephen Gaske, President of
Zinder Companies, Inc., will testify regarding the appropriate cost of
common equity and overall cost of capital for Montana-Dakota’s electric
operations. Mr. Craig A Keller, Vice President, Controller and Chief
Accounting Officer for Montana-Dakota will testify regarding the capital
structure and overall debt and preferred equity costs. Ms. Rita A. Mulkern,
Regulatory Analysis Manager for Montana-Dakota, will testify regarding
the total revenue requirements necessary for Montana-Dakota’s North
Dakota gas operations. Mr. Paul W. Conley, Principal with Towers Perrin,
will testify regarding the Supplemental Income Security Plan and Ms.
Tamie A. Aberle, Pricing and Tariff Manager for Montana-Dakota, will
testify on the rate design proposals.

Mr. Imsdahl, are the rates requested in this proceeding just and
reasonable?

Yes. In my opinion, the proposed rates are just and reasonable
because they are reflective of the total costs being incurred by Montana-

Dakota in providing gas service to its customers The proposed rates wili



allow Montana-Dakota the opportunity to earn a just and reasonable return
on its North Dakota gas operations.
Q. Does this complete your direct testimony?

A. Yes, it does.

10
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Please state your name, position and business addxlfss
My name 1sJ Stephen Gaske and I am President of Zinder Companies,

Inc., 7508 Wisconsin Avenue, Suite 300 Bethesda, MD 20814

Would you please describe your educational and professional background?

I'hold aB A degree from the University of Virginia and an M B.A degree
with a major 1n finance and investments from George Washington University I also
recerved a Ph.D degree from Indiana University where my major field of study was
public utilities and my supporting fields were 1n finance and economics

From 1977 to 1980, I worked for H Zinder & Associates as a research
assistant and later as supervisor of regulatory research In 1980 and 1981, I was
employed by Olson and Company where my primary duties were to assist in the
preparation of cost of capital studies for presentation 1n regulatory proceedings

From 1982 to 1986 I undertook graduate studies in economics and finance
at Indiana University where I also taught courses 1n public utihties, transportation,
and physical distribution Dunng this time I also was employed as an independent
consultant on a number of projects mvolving public utility regulation, rate design,
and cost of capital From 1983-1986 I was coordinator for the Edison Electric

Institute Electrnic Rate Fundamentals course In 1986 I accepted an appointment as
7 PL.04-97 Pages 50

Duect Tesumony of J Stephen Gaske

by Moniana-Dakota Utiites Co  a Division of MDU Re¢

03037004 CC Comm i eaal llnna Pat Mike
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assistant professor at Trinity University in San Antonio, Texas, where I taught
courses 1n financial management, investments, corporate finance, and corporate
financial theory

In 1988 I returned to H Zinder & Associates as a consultant I have
testified or filed testimony or affidavits before the Federal Energy Regulatory
Commussion on more than twenty occasions Topics covered 1n these
submussions have included rate of return, capital structure, cost allocation, rate
design, revenue requirements and market power I also have filed testimony on
the cost of capital and capital structure 1ssues for electric, gas distribution and o1l
and gas pipeline operations before seven state regulatory bodies, including the
North Dakota Public Service Commuission, and before the Comision Reguladora
de Energia de México (“CRE”) In addition, I have testified or submutted
testtmony on 1ssues such as cost allocation, rate design, pricing and generating
plant economics before the Postal Rate Commussion and five state public utility
Commussions. During the course of my consulting career, I have conducted many
studies on 1ssues related to regulated industries and have served as an advisor to
numerous clients on economic, competitive and financial matters [ also have
spoken and lectured before many professional groups including the American Gas

Association and the Edison Electric Institute Rate Fundamentals courses
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I. INTRODUCTION

Scope and Overview

What is the scope of your testimony in this proceeding?

I have been asked by Montana-Dakota Utilities Co ("Montana-Dakota™) to
present the required overall rate of return for the company's natural gas distribution
operations 1n the state of North Dakota and to determine the cost of common equity
capital for those operations In this testimony, I calculate the cost of common equity
capital for Montana-Dakota’s natural gas distnbution operations based on a
Discounted Cash Flow (“DCF”) analysis of a group of proxy companies that have
risks similar to those of Montana-Dakota’s North Dakota natural gas distribution
operations. The results of this DCF study are supported by various benchmark

criteria that I have used to test the reasonableness of the DCF study results

What rate of return is Montana-Dakota requesting in this proceeding?
Based on 1ts test period gas utility capital structure, Montana-Dakota 1s

requesting the following rate of return

Amount Overall Rate
Source (000s) Percent Cost of Retum
Long-Term Debt $153,350.0 43535%  8518% 3.708%
Preferred Stock $16,050.0 4557%  4614% 0210%
Common Equity $182,843.0 51908% 11 500% 5.969%
TOTAL $352,243.0 10000% 9.887%

As my testimony discusses, an overall allowed rate of return of 9 887 percent,
with an 11 50 percent return on common equity, represents the cost of capital for

Montana-Dakota
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Company Background

Would you please describe Montana-Dakota’s operations and those of its
parent company, MDU Resources Group, Inc.?

Montana-Dakota 1s a wholly-owned division of MDU Resources Group,
Inc (“MDU Resources”) that 1s engaged 1n the generation, transmission and
distribution of electricity, and the distribution of natural gas, 1n the states of North
Dakota, Montana, South Dakota and Wyoming Through other divisions and
subsidiaries, MDU Resources 1s engaged 1n natural gas exploration, production
and transmission and also produces and markets aggregates and other construction
materials MDU Resources also has subsidiaries engaged 1n utility infrastructure
construction, and has Great Plains Natural Gas Company (“Great Plains”), a
company that distributes natural gas in southeastern North Dakota and western
Minnesota

In 2003, Montana-Dakota and the much smaller Great Plains served a
total of 244,000 residential, commercial and industrial gas distribution customers
As shown on Exhibit No. _ (JSG-2), Schedule 2, page 1, Montana-Dakota’s
natural gas distribution assets comprised 7.0 percent of MDU Resources’ total
assets In addition, the natural gas distribution utility revenues and operating
income accounted for 11 5 percent and 1 S percent of MDU Resources’ total,
respectively. North Dakota accounted for 39 percent of the natural gas
distribution utility operating revenues, while Montana (25 percent), South Dakota
(19 percent), Wyoming (6 percent) and Minnesota (11 percent) accounted for the

other 61 percent of natural gas distnibution utihity revenues.
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II. FINANCIAL MARKET STUDIES

Cntena for a Fair Rate of Return

Please describe the criteria which should be applied in determining a fair
rate of return for a regulated company?

The United States Supreme Court has provided general guidance regarding
the level of allowed rate of return that will meet constitutional requirements In
Bluefield Water Works & Improvement Company v Public Service Commssion of

West Virgimia (262 U.S. 679, 693 (1923)), the Court indicated that:
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"The return should be reasonably sufficient to assure confidence
in the financial soundness of the utility and should be adequate,
under efficient and economical management, to maintain and
support 1ts credit and enable it to raise the money necessary for
the proper discharge of 1ts public duties. A rate of return may be
reasonable at one time and become too high or too low by
changes affecting opportunities for investment, the money market
and business conditions generally "

The Court has further elaborated on this requirement 1n its decision 1n Federal
Power Comnussion v Hope Natural Gas Company (320 U.S 591, 603 (1944))

There the Court described the relevant critena as follows

"From the mvestor or company point of view 1t 1s important that
there be enough revenue not only for operating expenses but also
for the capital costs of the business These include service on the
debt and dividends on the stock.. By that standard the return to
the equity owner should be commensurate with returns on
mvestments 1n other enterprises having corresponding risks. That
return, moreover, should be sufficient to assure confidence in the
financial integrity of the enterprise, so as to mantam 1ts credit and
to attract capital "
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Thus, the standards established by the Court in Hope and Bluefield consist of three
requirements These are that the allowed rate of return should be:

1 commensurate with retums on enterprises  with
corresponding risks;

2 sufficient to maintain the financial ntegnity of the
regulated company, and,

3 adequate to allow the company to attract capital on
reasonable terms

These legal critenia will be satisfied best by employing the economic concept of the
"cost of capital” or "opportunity cost" 1n establishing the allowed rate of return on
common equity. For every investment alternative, investors consider the nsks
attached to the investment and attempt to evaluate whether the return they expect to
earn 1s adequate for the nisks undertaken Investors also consider whether there
mught be other investment opportumties that would provide a better return relative to
the nisk involved This weighing of alternatives and the highly competitive nature of
capital markets causes the prices of stocks and bonds {o adjust in such a way that
1nvestors can expect to earn a return that 1s just adequate for the nisks involved

Thus, for any given level of nisk there 1s a return that investors must expect 1n order
to mduce them to voluntanly undertake that rnisk and not invest their money

elsewhere That return is referred to as the "opportunity cost" of capital or "investor

required” return

How should a fair rate of return be evaluated from the standpoint of
consumers and the public?
The same standards should apply When a regulated entity faces

competition, consumers will implicitly determine the fair rate of return by their
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consumption decisions. When regulation 1s appropriate, consumers and the public
have a long-term 1nterest 1n seeing that the regulated company has an opportunity to
earn returns that are not so high as to be excessive, but that also are sufficient to
encourage continued replacement and maintenance, as well as needed expansions,
extensions, and new services. Thus, the consumer and public interest also lies 1n

establishing a return that will readily attract capital without being excessive

How are the costs of preferred stock and long-term debt determined?

For purposes of setting regulated rates, the current, embedded costs of
preferred stock and long-term debt are used 1n order to ensure that the company
recerves a return that 1s sufficient to pay the fixed dividend and interest obligations

that are attached to these sources of capital

How is the cost of common equity determined?

The practice 1n setting a fair rate of return on common equity 1s to use the
current market cost of common equity 1n order to ensure that the return 1s adequate
to attract capital and 1s commensurate with returns available on other mvestments
with simular levels of nsk  However, determining the market cost of common equity
1s a relatively complicated task that requires analysis of many factors and some
degree of judgment by an analyst The current market cost of capital for securities
that pay a fixed level of interest or dividends 1s relatively easy to determine For
example, the current market cost of debt for publicly-traded bonds can be calculated
as the yield-to-matunty, adjusted for flotation costs, based on the current market
price at which the bonds are selling In contrast, because common stockholders

recerve only the residual earnings of the company, there are no fixed contractual
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payments which can be observed This hugh degree of uncertainty associated with
the dividends that eventuaily will be paid greatly complicates the task of estimating
the cost of common equity capital. For purposes of this testimony, I have relied on
several analytical approaches for estimating the cost of common equity My primary
approach relies on several DCF analyses. In addition, I have conducted Risk
Premium and Alternative Equity Investment analyses 1n order to establish
benchmarks for a reasonable rate of return  Each of these approaches are described

later i this testimony.

Cost of Debt

What debt cost rates have you used for Montana-Dakota?
Calculation of the overall cost of long-term debt and the effective cost of
each of the long-term debt 1ssues 1s shown 1n the Prepared Direct Testimony of
Craig Keller, Vice President, Controller, and Chief Accounting Officer for

Montana-Dakota

What cost of preferred stock did you use?
Montana-Dakota’s annual cost of preferred stock 1s 4 614 percent, as

shown also 1n the Prepared Direct Testimony of Craig Keller

Interest Rates and the Economy
What are the general economic factors that affect the cost of capital?

Investors are often influenced by their perceptions of the economy and both short-
and long-term trends Page 1 of Schedule 1 of Exhibit No _ (JSG-2) shows

various general economic statistics. The economy has had a record of persistent
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growth during the past thirty years, with only temporary recessionary periods Real
growth 1n the Gross Domestic Product ("GDP") has averaged 3 1 percent annually
during the past 30 years, 3 1 percent for the past 20 years and 3 2 percent for the past
ten years After growing slowly during 2002 and the first half of 2003, the economy
has been growing at an exceptionally rapid rate lately For example, the US GDP
grew at an annual rate of 8 2 percent during the third quarter of 2003 Stock prices
m general have increased recently, but many energy companies have seen their stock
prices plummet during the past two years There has been a marked increase in the
percerved nisk of common equity investments in general and also an increase 1n the
perceived nisk of energy and utility-related investments 1n particular

Investors also are influenced by the level of inflation, which has been
persistent 1n the past Durning the past decade, the Consumer Price Index has
increased at an average annual rate of 2 6 percent and the GDP Implicit Price
Deflator, a measure of price changes for all goods produced in the Umited States, has
Increased at an average rate of 1.9 percent.

Companies attempting to attract common equity must compete with a
variety of alternative investments Prevailing interest rates provide a standard
measure of returns currently available on less risky secunties As Page 2 of
Schedule 1 of Exhubit No _ (JSG-2) shows, long-term nterest rates have
remained relatively stable during the past two years This relative stabality of
long-term 1nterest rates 1s 1n stark contrast to the large decline in short-term

interest rates that occurred during this same time period The recent yields on A-
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rated public utility bonds have been approximately 6 3 percent and the yields on
Baa-rated public utility bonds have been approximately 6 6 percent

Discounted Cash Flow (“DCF”) Method

Please describe the DCF method of estimating the cost of common equity
capital.

The DCF method reflects the assumption that the market price of a share of
stock represents the discounted present value of the stream of all future dividends
that imnvestors expect the firm to pay The DCF method suggests that investors in
common stocks expect to realize returns from two sources a current dividend yield,
plus expected growth 1n the value of their shares as a result of future dividend
mcreases Estimating the cost of capital with the DCF method therefore is a matter
of calculating the current dividend yield and estimating the long-term future growth
rate in dividends that investors reasonably expect from a company

The dividend yield portion of the DCF method utilizes readily-available
mformation regarding stock prices and dividends The market price of a firm's stock
reflects mvestors' assessments of nisks and potential earnings as well as their
assessments of alternative opportunities in the competitive financial markets By
using the market price to calculate the dividend yield, the DCF method implicitly
recognizes mvestors' market assessments and alternatives However, the other
component of the DCF formula, mvestors' expectations regarding the future long-run
growth rate of dividends, 1s not readily apparent from stock market data and must be

estimated using informed judgment.

10
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What is the appropriate DCF formula to use in this proceeding?

There can be many different versions of the basic DCF formula,
depending on the assumptions that are most reasonable regarding the timing of
future dividend payments In my opinion, 1t 1s most appropriate to use a model
that 1s based on the assumptions that dividends are paid quarterly and that the next
annual dividend 1ncrease 1s a half year away One version of this quarterly model
assumes that the next dividend payment will be received in three months, or one
quarter. This model multiplies the dividend yield by (1 + 75 g) Another version
assumes that the next dividend payment will be received today This model
multiplies the dividend yield by (1 + 5 g) Since, on average, the next dividend
payment 1s a half quarter away, the average of the results of these two models 1s a
reasonable approximation of the average timing of dividends and dividend
increases that mvestors can expect from companies that pay dividends quarterly

The average of these two quarterly dividend models 1s

K=D(1+ 625g) + g @)
P
where: K= the cost of capital, or total return that investors expect to
receive;
P=  the current market price of the stock,
D= the current annual dividend rate, and
g=  the future annual growth rate that investors expect

In my opinion, this 1s the DCF model that 1s most appropriate for estimating the
cost of common equity capital for companies that pay dividends quarterly, such as

those used in my analysis

11
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Flotation Cost Adjustment

Does the investor return requirement that is estimated by a DCF analysis
need to be adjusted for flotation costs in order to estimate the cost of capital?

Yes There are significant costs associated with 1ssuing new common
equity capital and these costs must be considered 1n determuining the cost of capital
Schedule 3 of Exhibit No  (JSG-2) shows a representative sample of flotation
costs mcurred with 34 new common stock 1ssues by natural gas transmission and
distribution compantes between 1992 and 2002 Flotation costs associated with
these new 1ssues averaged 4 77 percent This indicates that i order to be able to
1ssue new common stock on reasonable terms, without diluting the value of the
existing stockholders' investment, Montana-Dakota must have an expected return
that places a value on 1ts equity that 1s approximately 4 75 percent above book value
The cost of common equity capital 1s therefore the investor return requirement
multiplied by 1 0475 i

One purpose of a flotation cost adjustment 1s to compensate common
equity investors for past flotation costs by recognizing that their real investment 1n
the company exceeds the equity portion of the rate base by the amount of past
flotation costs. For example, the proxy companies generally have incurred flotation
costs 1 the past and, thus, the cost of capital invested 1n these companies is the
investor return requirement plus an adjustment for flotation costs A more important
purpose of a flotation cost adjustment 1s to establish a return that 1s sufficient to
enable a company to attract capital on reasonable terms This fundamental

requirement of a fair rate of return 1s analogous to the well-understood basic
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principle that a firm, or an mdividual, should maintain a good credit rating even
when they do not expect to be borrowing money in the near future. Regardless of
whether a company can confidently predict 1ts need to 1ssue new common stock
several years 1n advance, 1t should be in a £)051t10n to do so on reasonable terms at all
times without dilution of the book value of the existing investors' common equity
This requires that the flotation cost adjustment be applied to the entire common

equity mmvestment and not just a portion of 1t

Has MDU Resources recently needed to raise additional common equity capital
through a stock offering?

In February 2004 MDU Resources raised approximately $51 million
through a common stock offering Due to some cost savings as a result of a recent
bond 1ssue that reduced the cost of an additional underwriting review, the flotation
costs of that 1ssuance were only 4.2 percent. However, my studies indicate that the
expected costs of a future 1ssue under normal circumstances would be approximately

475 percent

DCF Study of Natural Gas Distribution Companies

Would you please describe the overall approach used in your DCF analysis of
Montana-Dakota's cost of common equity?

Because Montana-Dakota must compete for capital with many other
potential projects and investments, 1t 1s essential that 1t have an allowed return that
matches returns potentially available from other similarly nsky investments. The
DCF method provides a good measure of the returns required by investors in the

financial markets However, the DCF method requires a market price of common
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stock to compute the dividend yield component of the DCF analysis Since
Montana-Dakota 15 a diviston of MDU Resources and does not have publicly-traded
common stock, a direct, market-based DCF analysis of Montana-Dakota’s natural
gas distribution operation as a stand-alone company 1s not possible Consequently, I
selected a group of natural gas distribution compames with publicly-traded common
stock as a proxy group for purposes of estimating the cost of common equity for

Montana-Dakota’s North Dakota natural gas distribution operations

How did you select your group of proxy companies?

In Montana-Dakota’s 2002 rate case, the Commussion expressed a desire
for a proxy group with a somewhat greater number of companies Consequently, I
utilized three critena in selecting the proxy group First, a company must be listed
as a natural gas distribution company by Value Line to ensure that retention growth
rate forecasts would be available and that the company 1s considered to be primarily
a natural gas distribution company. Next, companies with bond ratings that are
below mvestment grade were eliminated because such companies are not
sufficiently comparable to Montana-Dakota Finally, those compames for which
Zack’s long-term growth rate projections are not available were eliminated. These
cntenia produced the group of 10 companies shown on Schedule 2 of Exhibit No

___(JSG-2).

How did you calculate the dividend yields for the companies in your
comparison group?
These calculations are shown on page 3 of Schedule 2 of Exhibit No

__(JSG-2) For the price component of the calculation I used the average of the high

14



10

11

12

13

14

15

16

17

18

19

20

Q20.

Exhibit No _ (JSG-1)

and low stock prices experienced by each company during the six month period
from July 2003 to December 2003 The dividend yields were calculated for each
company by dividing the indicated annual dividend by the average of the stock
prices for each company These dividend yields can be multiplied by the quarterly
DCF model factor (1 + 625 g) to arnive at the dividend yield component of the DCF

model

Please describe the method you used in estimating the future growth rate that
investors expect from this group of companies?

I developed three different DCF analyses of the proxy companies based on
three different growth rate estimation methods There are many methods that
reasonably can be employed in formulating a growth rate estimate, but an analyst
must attempt to ensure that the end result is an estimate that fairly reflects the
forward-looking growth rate that investors expect

In the first approach I calculated a DCF rate of return using a combination
of securities analysts’ growth projections and the Value Line retention growth
forecasts to produce a Second-Stage Retention Growth analysis. As a second
approach, Iconducted a Basic DCF analysis that relied solely on the analysts’
forecasts for the growth rate component of the model. Finally, my Primary DCF
uses a variety of sources and analyses to develop an estimate of the composite

growth rate that investors would expect from the sample group of proxy compantes
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Second-Stage Retention Growth Analysis

How did you use your Second-Stage Retention Growth analysis to estimate
investors' long-term growth rate expectations for the proxy companies?

The Second-Stage Retention Growth rate approach combines (1) estimates
of long-term growth for each company that are published by various investment

analysts and (11) Value Line retention growth forecasts

How did you estimate the first stage of expected future growth?

Among the best sources of information regarding investors’ growth rate
expectations are the long-term earnings growth rate forecasts of investment analysts
Zack’s is a service that collects estimates by professional investment analysts and
publishes a summary of the consensus forecasts I have used the Zack’s consensus
forecasts as the source for analysts’ forecasts in my calculations As shown on
Exhibit No _ (JSG-2), Schedule 2, page 5, the average of the analysts’ long-
term growth rate estimates for the natural gas distribution proxy companies 1s 5 6

percent.

Would you please describe the second stage, retention growth rate component
of your analysis?

In addition to analysts’ growth rate forecasts, I have relied upon Value
Line projections of the retention growth rates that the proxy companies are
expected to begin maintaiming three to five years n the future Although
companies may experience extended periods of growth for other reasons, 1n the
long-run, growth 1n earnings and dividends per share depends 1n part on the amount

of earnings that are being retained and remnvested in a company Thus, the pnmary
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determants of growth for the proxy companes will be (1) their ability to find and
develop profitable opportunities, (1) their ability to generate profits that can be
reinvested 1n order to sustain growth, and, (111) their willingness and inclination to
remnvest available profits Expected future retention rates provide a general measure

of these determinants of expected growth, particularly items (11) and (111)

How can a company’s earnings retention rate affect its future growth?
Retention of earnings causes an increase in the book value per share and,

other factors being equal, increases the amount of earnings that are generated per
share of common stock The retention growth rate can be estimated by multiplying
the expected retention rate (b) times the rate of return on common equity (r) that a
company 1s expected to earn mn the future. For example, a company that 1s expected
to earn a return of 15 percent and retain 80 percent of 1ts earnings might be expected
to have a growth rate of 12 percent, computed as follows:

80x15%=12%
On the other hand, another company that 1s also expected to earn 15 percent but only
retains 20 percent of its earnings might be expected to have a growth rate of 3
percent, computed as follows

20x15%=3%
Thus, the rate of growth 1n a firm's book value per share 1s pnmarily determined by

the level of earmings and the proportion of earmings retained in the company
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How did you calculate the expected future retention rates of the proxy
companies?

For most companies, Value Line publishes forecasts of data that can be
used to estimate the retention rates that 1ts analysts expect individual companies to
have 3-5 years in the future Since these retention rates are projected for several
years 1n the future they should be mndicative of a normal expectation for a primary
underlying determinant of growth that would be sustainable indefinitely beyond the
period covered by analysts’ forecasts While companies may have either
accelerating or decelerating growth rates for extended periods of time, the retention
growth rates expected to be 1n effect 3-5 years 1n the future generally represent a
mimmum “‘cruising speed” that companies can be expected to maintain indefinitely
The denvation of Value Line’s retention growth rate forecasts for each of the proxy
companies 1s shown on page 4 of Schedule 2 of Extubit No _ (JSG-2) The
projected earnings per share and projected dividends per share can be used to
calculate the percentage of earnings per share that are being retained and remvested
in the company This earnings retention rate 1s multiplied times the projected return
on common equity to arrive at the projected retention growth rate  The average

retention growth rate for the proxy companies 1s 5 8 percent

How did you utilize the projected earnings retention rates in estimating

expected growth for the proxy companies?

As shown on page 5 of Schedule 2 of Exhibit No.  (JSG -2), I calculated
a weighted average of the analysts’ projected growth rates and the projected

retention growth rates to derive long-term growth rate estimates for each of the
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proxy companies In these calculations, I gave a two-thirds weighting to the
analysts’ growth rate projections to reflect the fact that analysts are attempting to
evaluate all sources of growth and not just growth that 1s expected to result from
retamed earnings  This weighting also reflects the fact that the analysts’ long-term
growth forecasts can be expected to prevail for a relatively long period of time 1n the
future. This two-thirds weighting for analysts’ forecasts 1s the same weighting
that the FERC used 1n Opinion No 414-A for setting the allowed return on equity
for natural gas pipeline companies 7Transcontinental Gas Pipeline Co , 80 FERC
161,084 (1998) The average of the weighted average growth rates for the proxy

companies 1s 5 6 percent and the median 1s 5.4 percent

How did you utilize these Second-Stage Retention Growth rate estimates in
estimating the return on common equity capital that investors require from
the proxy companies?

The dividend yield for each company shown on page 3 of Schedule 2 of
Exhibit No._ (JSG-2) 1s multiplied times the quarterly dividend adjustment factor
(1 +.625g) and this product 1s added to the growth rate estimate to armve at the
investor-required return  Finally, the investor return requirement 1s multiplied times
the flotation cost adjustment factor, 1.0475 to arnve at the cost of common equity
capital for the proxy companies. These calculations are shown on page 6 of
Schedule 2 of Exhubit No  (JSG-2) This Second-Stage Retention Growth DCF
analysis indicates that the cost of common equity capital for the natural gas

distribution proxy companies 1s 1n a range between 9 2 percent and 12 7 percent
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The median for the group 1s 10 6 percent and the average for the group 1s 10.5

percent

Basic DCF Analysis

What approhch did you use in conducting a Basic DCF analysis?

This analysis 1s conducted 1n substantially the same manner as the Second-
Stage Retention Growth Rate analysis However, the growth rate component of the
analysis 1s based solely on the analysts’ forecasts for each company and the retention
growth rate component 1s omitted from the analysis This Basic DCF analysis
recognizes that the consensus of analysts’ forecasts reflects the most important
component of investors’ growth rate expectations and 1t assumes that the analysts’
forecasts incorporate all information required to estimate a long-term expected

growth rate for a company.

How did you calculate the cost of capital using the Basic DCF analysis?

These calculations are shown on page 7 of Schedule 2 of Exhibit
No.__ (JSG-2) Again, the annual dividend yield 1s multiphied times the quarterly
dividend adjustment factor (1 + 625g) and this product 1s added to the growth rate
estimate to arnve at the investor-required return  Then, the investor return
requirement 1s multiplied times the flotation cost adjustment factor, 1 0475 to armive
at the Basic DCF estimate of the cost of common equity capital for the proxy
companies The Basic DCF analysis indicates a median and average cost of

common equity for the proxy companies of 10 4 percent
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Primary DCF Analysis

Would you please describe your Primary DCF analysis?

My primary DCF approach refines the growth rate estimates to reflect my
analysis of the appropnate range of growth rate expectations that are implcit in the
stock prices and dividend yields of this group. As the following analysis indicates,
my primary analysis indicates a DCF required rate of return that 1s quite close to the
level that 1s indicated by both the Second-Stage Retention Growth DCF analysis and

the Basic DCF analysis

In your opinion, what are the factors that will affect growth rates for the
proxy companies in the future?

One mmportant factor will be growth 1n the overall economy. Page 1 of
Schedule 1 of Exhubit No.  (JSG-2) shows that the United States Gross Domestic
Product has grown at an average annual rate of 7.4 percent during the past 30 years
During the past decade U S. GDP growth has averaged 5.2 percent It 1s reasonable
to expect that long-term future growth 1n the economy generally will be comparable
to past growth rates.

Another factor will be demand for natural gas Natural gas usage has been
mcreasing in recent years and many analysts are expecting demand to increase
steadily during the next decade and beyond For example, the Energy Information
Admunustration of the U.S. Department of Energy forecasts that gas consumption 1n
the United States wall grow from 1ts current level of approximately 22 Tcf per year
to approximately 33 Tcf per year in 2020. While the real gas distribution capacity of

the proxy companies 1s expected to increase, additional growth will occur because
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the amount of investment required will increase in nominal dollars In other words,
the effects of inflation needs to be added to the real growth rate 1n the industry to get
a measure of likely growth 1n investment and earnings.

In my opinion, investors reasonably expect the 10 companies in this
comparison group to grow at a rate that 1s somewhere 1n the range of 5 O percent to
6.5 percent. Based on the average growth rate of approximately 5.6 percent
currently projected by investment analysts, as well as the 6.0 percent long-term
future growth rate in the economy forecast by DRI-WEFA, increasing demands for
natural gas, and my review of these companies, I consider this growth rate range to
be a reasonable estimate of the future growth expectations that are implicit 1n current
dividend yields This growth rate range 1s also consistent with the retention growth
rates projected for these companies and their ability to grow by means other than

retained earnings

What does your primary DCF analysis indicate with regard to investors'
current market rate of return requirements?

Page 8 of Schedule 2 of Exhubit No  (JISG-2) shows the calculation of
the cost of capital based on my primary DCF growth rate estimates. The dividend
yield used 1n this analysis 1s the average dividend yield for the natural gas
distribution proxy companies that 1s developed on page 3 of Schedule 2 This
market-based primary DCF analysis indicates that the cost of capital for the proxy

companies 1s approximately in the range of 9.9 percent to 11.5 percent

22



10

11

12

13

14

15

16

17

18

19

20

21

22

23

Q33.

ExhibitNo  (JSG-1)

Risk Premium Analyses

Have you conducted additional analyses in determining the cost of capital to
Montana-Dakota?

Yes The nisk premium approach provides a general guideline for
determining the level of returns that investors expect from an investment in common
stocks Investments in the common stocks of companies carry considerably greater
nisk than investments 1n bonds of those companies since common stockholders
rece1ve only the residual income that 1s left after the bondholders have been paid In
addition, 1n the event of bankruptcy or hiquidation of the company, the stockholders’
claims on the assets of a company are subordinated to the claims of bondholders
This superor standing provides bondholders with greater assurances that they wall
rece1ve the return on investment that they expect and that they will recerve a return
of their investment when the bonds mature Accompanying the greater nsk
associated with common stocks 1s a requirement by investors that they can expect to
earn, on average, a return that 1s greater than the return they could earn by investing
1n less nsky bonds Thus, the nisk premium approach estimates the return investors
require from common stocks by utilizing current market information that 1s readily
available m bond yields and adding to those yields a premium for the added nisk of
mvesting 1n common stocks

Investors' expectations for the future are influenced to a large extent by
their knowledge of past experience. Ibbotson Associates annually publishes
extensive data regarding the returns that have been earned on stocks, bonds and U S

Treasury bills since 1926 Historically, the annual returns on large company
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common stocks have exceeded the returns on Long-Term U S Government Bonds
by an average of 640 basis points (6 40 percent) However, the returns on relatively
small company stocks 1n the size range of Montana-Dakota’s natural gas distribution
operations have been 1,130 basis points (11 3 percent) above the yields on long-term
government bonds As shown on page 1 of Schedule 2 of Exhibit No  (JSG-2),
Montana-Dakota 1s a fraction of the size of any of the proxy compames In recent
months, the yield on long-term U S Government bonds has been approximately 5 0
percent. Adding a 6 4 percent premium to a yreld of 5 0 percent indicates that
mnvestors 1n large company common stocks expect a return of at least 11 4 percent
Adding the 11.3 percent premium for companies in Montana-Dakota’s size range
suggests a required return of 16 3 percent

Another nsk premium approach 1s to examine the long-term premium of
large company common stock returns as compared with returns on corporate bonds
This premium has averaged 600 basis points (6 0 percent) annually over a long
penod of time n the past When this premium 1s added to the 6 2 percent yield on
Moody's corporate bonds that has prevailed in recent months, the result 1s an
mvestor return requirement for large company stocks of 12 2 percent However,
over the long term companies in Montana-Dakota’s size range have had a premium
of 1,090 basis pomnts (10 9 percent) over the average returns on long-term corporate
bonds When added to the recent average corporate bond yields, this size-related

premium suggests an expected return of 17.1 percent
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Alternative Equity Investment Analysis

Have you analyzed the returns available on common equity investments in
other industries?

Yes. When nvestors consider whether to invest their funds 1n a particular
company or line of business, they evaluate the returns potentially available from
other compamies This process whereby projects and compares compete for scarce
equity capital ensures that capatal resources are deployed efficiently As a result,
regulated natural gas distribution operations must bid against other compames and
other possible projects within the same company for equity capital by offering

potential returns that investors find attractive relative to the risks involved

What level of returns are potentially available to unregulated companies?

The potential returns are often considerably above 20 percent and the
average returns for broad-based, diversified portfolios have averaged 20 0 percent or
more 1n recent years. For example, page 3 of Schedule 1 of Exhibit No _ (JSG-2)
shows the average return on equity book value earned by companies mn the S&P 500
each year from 1977 to 2000 It can be seen, in fact, that average returns for the
S&P 500 companies have been 21.47 percent for the past five years For purposes
of comparison with allowed returns for regulated natural gas distribution operations,
a better indicator of earnings on alternative equity mvestments 1s provided by data
on 746 industral, retail and transportation companies published by The Value Line
Investment Survey. Excluding extraordinary and non-recurring items, the average
returns on the oniginal cost book value of common equity for these companies in

recent years has been:
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1998 29 12%
1999 3035
2000 3217
2001 24 88
2002 2623
5-year Average 28.55%

Is it appropriate to set the allowed rate of return for a natural gas
distribution company equal to the average return available to industrial
companies?

The average return for industnals serves as a useful indicator of the cost of
capital because natural gas distnibution companies must offer potential returns that
are competitive with other investments 1n order to attract capital It 1s important to
remember that an industrial company has an opportunity to earn returns far in excess
of 20 percent In fact, the average company has earned normal returns on the book
value of equity well in excess of 20 percent in recent years This average reflects
many companies that experienced enormous losses as well as those with large
returns.

Similarly, when a regulator sets an allowed return 1t 1s providing only an
opportunity to earn that return In exceptionally good times a regulated company
mught earn shightly more than this amount, but 1t might earn substantially less than
the allowed return and, in fact, often does earn less than that amount Natural gas
distribution companies generally have nisks that are less than those of the average
large industnal company Consequently, 1t would be appropnate to view average
returns eamed by a broad cross-section of industry as being only a general indicator

for reasonable allowed returns
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As a benchmark, allowed returns for natural gas distribution companies can
be compared to returns on book value for large companies Normal returns have
averaged 28 6 percent during the past five years As this comparison indicates, an
allowed return of 11 50 percent for Montana-Dakota would be quite low 1n

comparison with the returns earned by other large companies

Relative Risk Analysis

Have you compared the risks faced by Montana-Dakota’s North Dakota
natural gas distribution operations with the risks faced by the proxy group of
companies?
Yes There are four broad categories of nisk that concern investors These
include:
1 Business Risk,
1. Regulatory Risk,

i Financial Risk, and,
1Iv  Market Risk

Would you please describe the business risks inherent in the natural gas
distribution industry?

Business risk refers to the ability of the firm to generate revenues that
exceed 1ts cost of operations Business risk exists because forecasts of both demand
and costs are mnherently uncertain. Markets change and the level of demand for the
firm’s output may be sufficient to cover its costs at one time and later become
mnsufficient Sunk mnvestments 1n long-lived natural gas distribution assets, for

which cost recovery occurs over a period of thirty years or more, are subject to
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enormous uncertainties and nisks that demand, costs, supply and competition may

change 1n ways that adversely affect the value of the investment

What are some of the business risks faced by Montana-Dakota’s North Dakota
natural gas distribution operations?

These operations face many of the same risks that are associated with
other natural gas distribution companies However, Montana-Dakota’s gas
distribution operation faces some risks that distinguish it from many other
distribution companies

As shown on Exhibit No _ (JSG-2), Schedule 2, page 1, Montana-
Dakota’s natural gas distribution operations are considerably smaller than the
operations of any of the proxy companies and a small fraction of the size of the
typical proxy company For example, Montana-Dakota’s natural gas distribution
assets are equal to only 9 1 percent of the assets of the median proxy company
Similarly, Montana-Dakota’s gas distribution operating revenues and operating
income are only 16 4 percent and 2.4 percent of the level for the median proxy
company Thus, depending upon the measure of size, the typical proxy company
1s somewhere between approximately six and 42 times the size of Montana-
Dakota’s natural gas distribution operations

With 1ts small revenue base, Montana-Dakota 1s subject to shghtly
greater risk that a major employer or industry, such as a mining operation or
refinery, might experience a downturn that would significantly affect overall

employment and income 1n the areas served
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Ibbotson Associates has documented the significantly higher returns that
generally have been associated with small companies On a practical level,
Montana-Dakota’s relatively small natural gas distribution operations are heavily
dependent upon a relatively undiversified local economy Factors that negatively
influence the local economy can reduce demand for Montana-Dakota’s gas
distribution services and adversely impact investments 1n facilities used to provide
those services

In fact, demographic trends cause Montana-Dakota’s North Dakota
natural gas distribution operations to be significantly rniskier than the operations of
the utilities n the proxy group For example, North Dakota ranked 50" among
the 50 states 1n terms of population growth between 1990 and 2000 However,
the state-wide average population growth rate masks the fact that North Dakota
counties where Montana-Dakota provides gas distribution service are shrinking
This declining population 1s shown on page 4 of Schedule 1 of Exhibit No
_(JSG-2) During the past 20 years, the population of counties 1n which
Montana-Dakota provides gas distribution service have experienced population
declines of approximately O 3 percent per year. So far, Montana-Dakota has been
able to overcome the effects of a stagnant and shrinking population base by
obtaining conversions of customers to natural gas and increasing its market
penetration In addition, there 1s some migration of population from rural areas to
the towns 1n North Dakota. Nevertheless, a long-term problem and source of risk
for Montana-Dakota derives from the fact that 1ts investments 1n fixed-cost gas

distribution facilities are sunk and have a long life. These facilities cannot be
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easily moved or devoted to another purpose, even if the population declines
sigmificantly or gas becomes uneconomical The population shifts that are
occurring 1n Montana-Dakota’s service territory pose a significant risk that it may
at some point be unable to recover the cost of its natural gas distribution
investments

In addition, the threat of bypass 1s more significant for a smaller
company and the threat 1s especially great for a company such as Montana-Dakota
that 1s located near a gas production area Montana-Dakota also faces direct
competition from propane and heating o1l for new and existing load 1n its North
Dakota service territory Another risk faced by Montana-Dakota 1s the fact that 1t
recovers a substantial portion of its fixed costs in the volumetric component of its
rates and 1t does not have a weather normalization adjustment mechanism In
contrast, several of the proxy companies have rate designs that better reflect the
fixed cost nature of their operations These companies have slightly less rate
design rnisk as a result

Considering only 1ts smaller size, Montana-Dakota might require a return
that 1s more than 100 basis points higher than the return required for the typical
proxy company. Montana-Dakota also faces somewhat above-average rate design
nsk However, most important 1s the fact that the declining population base 1n
counties served by Montana-Dakota, means that Montana-Dakota’s North Dakota
natural gas distribution operations are significantly niskier than the operations of

the proxy companies
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What are the regulatory risks faced by Montana-Dakota’s North Dakota utility
operations?

Regulatory risk 1s closely related to business risk and might be
considered just another aspect of business risk To the extent that the market
demand for a natural gas distribution company’s services 1s sufficiently strong
that the company could conceivably recover all of 1ts costs, regulators may
nevertheless set the rates at a level that will not allow full cost recovery In effect,
the binding constraint on utilities 1s often posed by regulation rather than by the
working of market forces One purpose of regulation 1s to provide a substitute for
competition where markets are not workably competitive As such, regulation
often attempts to replicate the type of cost discipline and risks that might typically
be found 1n highly competitive industries Moreover, there 1s the perceived risk
that regulators may set allowed returns so low as to effectively undermine
investor confidence and jeopardize the ability of gas distribution utilities to
finance their operations Thus, in some instances regulation may substitute for
competition and 1n other instances it may limit the potential returns available to
successful competitors. In either case, regulatory risk 1s an important
consideration for investors and has a significant effect on the cost of capital for all
firms 1n the natural gas distribution industry Value Line rates the regulatory

climate in North Dakota as being “average ”

Would you please describe Montana-Dakota’s relative financial risks?
Financial nisk exists to the extent a company ncurs fixed obligations 1n

financing 1ts operations These fixed obligations increase the level of income

31



10

11

12

13

14

15

16

17

18

19

20

21

Exhibit No  (JSG-1)

which must be generated before common stockholders receive any return and
serve to magnify the effects of business and regulatory nisks Fixed financial
obligations also increase the probabuility of bankruptcy by reducing the company’s
financial flexibility and ability to respond to adverse circumstances One possible
indicator of 1nvestors’ perceptions of relative financial risk in this case might be
obtained from bond ratings. Because Montana-Dakota does not have its own
bonds outstanding, 1t 1s difficult to make direct comparisons between the ratings
of Montana-Dakota and the proxy group However, page 2 of Schedule 2 of
Exhibit No _ (JSG-2) shows the bond ratings assigned by Moody’s and
Standard & Poor’s to each of the companies 1n the comparison group and to MDU
Resources bonds that are secured by the assets of Montana-Dakota Utilities The
median bond ratings for companies in the proxy group are A for Standard &
Poor’s and A2 for Mergent In comparison, MDU Resources bonds carry an A-
rating with Standard & Poor’s and an A2 rating with Mergent This suggests that
the perceived risk of MDU Resources’ bonds 1s nearly the same as that of the
typical company 1n the comparison group Examination of the capital structure
data shown on page 9 of Exhibit No. __ (JSG-2), Schedule 2 shows that
Montana-Dakota’s filed common equity ratio, 51.9 percent, 1s slightly less than
the mean and median common equity ratios of the proxy companies This
common equity ratio, combined with 1ts bond rating, suggests average financial

risk for Montana-Dakota’s North Dakota natural gas distribution operations

32



10

11

12

13

14

15

16

17

18

19

20

21

22

Q42.

Q43.

Exhibit No _ (JSG-1)

Would you please describe Montana-Dakota’s market risks?

Market nisk 1s associated with the changing value of all investments
because of business cycles, inflation and fluctuations in the general cost of capital
throughout the economy Different companies are subject to different degrees of
market risk largely as a result of differences in their business and financial risks
Because of the substantial similarity in their operations, Montana-Dakota’s degree
of market risk 1s not significantly different from that of the companies 1n the

natural gas distribution comparison group

How do the overall risks of the proxy companies compare with the risks
faced by Montana-Dakota’s natural gas distribution operations?
Montana-Dakota faces overall risks that are above average relative to those
of the proxy companies Montana-Dakota has above-average business nisks due
primarily to 1ts exceptionally small size relative to the proxy companies and 1ts
exposure to competition and a relatively undiversified economy Montana-Dakota
also has shightly greater rate design nisk than the typical company 1n the proxy group
As shown on page 4, Schedule 1 of Exhubit No _ (JSG-2) Montana-Dakota faces
unusually high risk because the counties where 1t provides service are experiencing
dechning population. In addition, 1t has financial nisks that are average relative to
the proxy companies. These factors and the perception of an average regulatory
climate 1n North Dakota lead me to conclude that the overall risks of Montana-
Dakota’s natural gas distribution operations are well above average relative to the

risks of the proxy companies.
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1 III. SUMMARY AND CONCLUSIONS

2 Q44. Would you please summarize the results of your cost of capital study?

3 A Yes. I conducted several DCF analyses on a group of natural gas
4 distribution companies that have a range of nsks that includes risks roughly
5 comparable to those of Montana-Dakota The results of my various analyses can be
6 summarized as follows
7
Cost of Capatal
Median/Average Range

DCF Analyses

Natural gas distnibution Proxies

- Second-Stage Retention Growth 10.6%/10.5% 92%/12 7%
- Basic DCF 10 4%/10 4% 92%/11 8%
- Primary DCF 10 7% 9 9%/11 5%

Benchmark Analyses

Risk Premium Return Based On
- U.S Treasury Bonds

v. Large Companies 114

v. Small Companies 16.3
- Corporate Bonds

v Large Companies 122

v Small Companies 171

Alternative Investments

- S&P 500 215
- Value Line Industnals 286
8
9 My second-stage retention growth analysis indicates a median cost of
10 common equity capital of 10 6 percent and an average cost of 10 5 percent The
11 range for this analysis 1s 9 2 percent to 12 7 percent Because projected retention
12 growth 1s sustainable indefinitely and 1t 1s directly related to the growth rate
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expectations for an individual company, 1t is a good indicator of the mimimum
growth rate that a company can maintain in the very long run However,
companies can achieve growth through means in addition to retained earnings
Consequently, analysts’ forecasts provide the best measure of expected growth for
the foreseeable future At this time, the average of the analysts’ forecasts and the
retention growth forecasts for the proxy companies are 1dentical Combining
these two measures provides a good estimate of the long-term growth that
mvestors can reasonably expect from these proxy companies

The Basic DCF analysis, which relies solely on the analysts’ forecasts, also
provides a good estimate of investors’ growth rate expectations and required return
for the proxy companies This DCF analysis indicates a median required rate of
return of 10 4 percent and an average rate of return of 10 4 percent The range of
results for this analysis 1s 9 2 percent to 11.8 percent.

My primary approach has been to analyzé: a vanety of sources of
information, including investment analysts’ forecasts, in order to estimate a
weighted average annual growth rate that investors reasonably can expect the natural
gas distribution comparison companies to achieve during a long period of time in the
future This pnmary DCF analysis indicates that the cost of capital for natural gas
distribution companies with rnisks comparable to those of Montana-Dakota 1s 1n a
range between 9 9 percent and 11 5 percent The mid-point of this range 1s
approximately 10.7 percent

My risk premium analyses indicate that my DCF estimates produce a

premium over corporate bond yields that 1s below the average long-run risk
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premium available from common stocks The DCF return estimates provide a
premium over the return on corporate bonds that 1s considerably below the
average premium experienced by companies in Montana-Dakota’s relative size
range In addition, my examination of returns available on alternative equity
investments suggests that my DCF estimates are far below the 28 6 percent

average normal returns earned by the Value Line Industrials 1n recent years

What rate of return on common equity do you recommend for Montana-
Dakota in this proceeding?

My analyses indicate that an appropriate rate of return on common
equity for Montana-Dakota’s North Dakota natural gas distribution operations at
this time would be 11.50 percent A return of 11 50 percent 1s at the top of the
range for my Primary DCF analysis and also 1s well within the range indicated by
my Second-Stage Retention Growth and Basic DCF analyses This recommended
return reflects my assessment that Montana-Dakota’s overall risks are

significantly higher than those of the proxy group

Does this conclude your Prepared Direct Testimony?

Yes
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Montana-Dakota Utilities Co.

General Economic Statistics
1972-2002

ExhibitNo  (JSG-2)

Percentage Price Changes

Consumer GDP Real Nomunal
Price Imphcit Price GDP GDP
Year Index Deflator Growth (Billions)
1972 32% 4 3% 54% 1,240 4
1973 62% S 6% 58% 1,3855
1974 11 0% 9 0% -0 6% 1,501 0
1975 91% 93% -04% 1,6352
1976 58% 57% 56% 1,823 9
1977 6 5% 6 4% 4 6% 2,0314
1978 7 6% 71% 55% 2,2959
1979 113% 83% 32% 2,566 4
1980 13 5% 92% -02% 2,795 6
1981 10 3% 93% 2 5% 3,1313
1982 62% 62% -2 0% 3,2592
1983 32% 4 0% 4 3% 3,5349
1984 43% 37% 7 3% 3,9327
1985 36% 31% 38% 42130
1986 1 9% 22% 34% 4,452 9
1987 36% 30% 34% 4,742 5
1988 41% 34% 4 2% 5,108 3
1989 4 8% 38% 35% 5,489 1
1990 54% 39% 18% 5,803 2
1991 4 2% 36% -0 5% 5,986 2
1992 30% 24% 30% 6,3189
1993 30% 24% 27% 6,642 3
1994 26% 2 1% 4 0% 7,054 3
1995 28% 22% 27% 7,400 S
1996 30% 1 9% 3 6% 7,813 2
1997 23% 19% 4 4% 83184
1998 1 6% 12% 4 3% 8,781 5
1999 22% 14% 4 1% 9,274 3
2000 34% 21% 38% 9,824 6
2001 28% 24% 03% 10,082 2
2002 16% 11% 24% 10,446 2
Average Rate of Change 1/
1972-2002 5 0% 4 3% 31% 7 4%
1982-2002 33% 2 8% 31% 6 0%
1992-2002 26% 19% 32% 52%

1/ Normmunal GDP growth rates are based on the geometric average rate of
change 1n nominal GDP

Source  Economic Report of the President , February 2003 and
Economic Indicators , March 2003

Schedule 1
Page 1 of 4
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Montana-Dakota Utilities Co.

Mergent Bond Yield Averages
January 2002 - December 2003

Average Public Utility Bonds
Corporate A-Rated Baa-Rated

2002 JAN 738 7 66 813
FEB 732 754 818
MAR 757 776 832
APR 749 757 826
MAY 749 752 833
JUN 736 742 826
JUL 727 731 807
AUG 706 717 774
SEP 6 87 708 762
OCT 707 723 799
NOV 701 714 776
DEC 690 707 761
2003 JAN 6 84 706 747
FEB 6 62 693 717
MAR 653 679 7.05
APR 644 6 64 694
MAY 602 636 6 47
JUN 585 621 6 30
JUL 626 657 6 67
AUG 657 678 7.08
SEP 637 656 6 87
OCT 632 643 679
NOV 627 637 6 69
DEC 620 627 661

Source  Mergent Bond Record
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Montana-Dakota Utilities Co.

Average Return on Book Value of Equity
for S&P 500 Companies

Average Return 5-Year Moving
on Equity Average ROE

2000 2317 2147
1999 2349 20 69
1998 18 50 19 77
1997 20 89 18 99
1996 2130 17 33
1995 19 27 1512
1994 18 90 14 10
1993 14 57 13 43
1992 12 60 13 88
1991 1025 1397
1990 14 20 14 20
1989 1553 1370
1988 16 81 1331
1987 1305 1235
1986 1143 1199
1985 11 67 1251
1984 1359 13 07
1983 12 00 13 50
1982 1124 1399
1981 14 04 14 50
1980 14 46

1979 1576

1978 14 45

1977 1377

Source  Standard & Poor's Analyst Handbook, 2001



Montana-Dakota Utilities Co.

Exhibit No (JSG-2)

Schedule 1
Page 4 of 4

POPULATION IN NORTH DAKOTA COUNTIES WHERE
MONTANA-DAKOTA PROVIDES NATURAL GAS SERVICE

1980 TO 2000
Population Change
1980| 1990| 2000 1990-2000{ 1980-2000
North Dakota 652,717 638,800 642,200 0.05% -0.08%
Counties
Adams 3,584 3,174 2,593 -2 00% -161%
Barnes 13,960 12,545 11,775 -0 63% -0 85%
Benson 7,944 7,198 6,964 -033% -0 66%
Billings 1,138 1,108 888 -219% -123%
Bowman 4,229 3,596 3,242 -103% -132%
Burke 3,822 3,002 2,242 -2 88% -2 63%
Burleigh 54,811 60,131 69,416 145% 119%
Cavalier 7,636 6,064 4,831 -225% -2 26%
Dunn 4,627 4,005 3,600 -1 06% -125%
Eddy 3,554 2,951 2,757 -0 68% -126%
Emmons 5,877 4,830 4,331 -1 08% -151%
Foster 4,611 3,983 3,759 -0 58% -1 02%
Golden Valley 2,391 2,108 1,924 -091% -1 08%
Hettinger 4,275 3,445 2,715 -235% -2 24%
Kidder 3,833 3,332 2,753 -1 89% -1 64%
McKenzie 7,132 6,383 5,737 -1 06% -1 08%
McLean 12,383 10,457 9,311 -115% -142%
Morton 25,177 23,700 25,303 0 66% 002%
Mountrail 7,679 7,021 6,631 -0 57% -0 73%
Pembina 10,399 9,238 8,585 -073% -095%
Ramsey 13,048 12,681 12,066 -0 50% -039%
Slope 1,157 907 767 -1 66% -2 03%
Stark 23,697 22,832 22,636 -0 09% -0 23%
Stutsman 24,154 22,241 21,908 015% -0 49%
Walsh 15,371 13,840 12,389 -1 10% -107%
Ward 58,392 57,921 58,795 015% 003%
Williams 22,237 21,129 19,761 -0 67% -0 59%
Total MDU 347,118 329,822 327,679 -0.07% -0.29%
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Schedule 2
Montana-Dakota Utilities Co. Page 1 of 9
Moody's Natural Gas Distribution Companies
Fiscal Year 2003 Operating Data
Operating Operating
Assets Revenues Income

($000,000)  ($000,000)  ($000,000)

AGL Resources, Inc $3,697 $869 $217 1/
Atmos Energy Corp $2,519 $2,800 $190 2/
Energen Corporation $1,568 $677 $135 1/
KeySpan Corp $13,000 $5,971 $935 1/
New Jersey Resources Corp $1,571 $2,544 $122 2/
NICOR, Inc $3,071 $1,897 $230 1/
Northwest Natural Gas Co $1,326 $641 $101 1/
Piedmont Natural Gas Co , Inc. $1,511 $1,221 $147 3/
South Jersey Industries, Inc $1,024 $506 $70 1/
WGL Holdings, Inc. $2,436 $2,064 $229
High $13,000 $5,971 $935
Median $2,004 $1,559 $169
Low $1,024 $506 $70
Montana-Dakota Gas Distribution* $183 $255 $4
MDU Resources Group, Inc $2,623 $2,224 $273

Montana-Dakota Gas Distribution % of:
- Proxy Company Median 9.1% 16.4% 2.4%

- MDU Resources Group, Inc 7 0% 11 5% 1 5%

*Also includes results for Great Plains Natural Gas Co
1/ Data as of 12/31/02

2/ Data as of 09/30/03
3/ Data as of 10/31/03

Sources Zacks com, Annual Reports and 10-K's



Montana-Dakota Ultilities Co.

Bond Ratings of
Selected Natural Gas Distribution Companies

AGL Resources, Inc

Atmos Energy Corp

Energen Corporation

KeySpan Corp

New Jersey Resources Corp
NICOR, Inc

Northwest Natural Gas Co **
Piedmont Natural Gas Co , Inc
South Jersey Industries, Inc.
WGL Holdings, Inc

Median
MDU Resources Group, Inc

Source C A Turner, Utility Reports,

Standard
& Poor's

Case No PU-

Exhibit No _ (JSG-2)
Schedule 2
Page 2 of 9

Moody's

January 2003

A3
A3
Al
A2
Aa3
Aa3
A2
A3
Baal
A2

A2

A2
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Schedule 2
Page 3 of 9
Montana-Dakota Ultilities Co.
Selected Natural Gas Distribution Companies
Dividend Yields
July 2003 - December 2003
Stock Price July '03 - December '03

High Low Average Dividend Yield
AGL Resources, Inc $ 2935 § 2535 % 2735 § 112 4 10%
Atmos Energy Corp $§ 2550 § 2300 $S 2425 § 1.22 503%
Energen Corporation $§ 4200 $ 3135 % 3668 $ 074  202%
KeySpan Corp $§ 3709 $§ 3230 § 3470 $ 1.78 513%
New Jersey Resources Corp $ 3954 $ 3370 $ 36,62 § 1.30 355%
NICOR, Inc $ 3770 § 3203 S 3487 $§ 186 533%
Northwest Natural Gas Co $ 3130 $ 2702 % 2916 $ 130 446%
Piedmont Natural Gas Co , Inc $ 4395 § 3723 § 4059 8§ 166 4 09%
South Jersey Industries, Inc § 4070 $ 3660 $ 3865 $§ 162 4 19%
WGL Holdings, Inc $ 2855 % 2521 % 2688 § 128 4 76%
Average 4 27%

Sources America Online, January 29, 2003 and S&P Stock Guide, January, 2004



Montana-Dakota Utilities Co.

Case No PU-
Exhibit No  (JSG-2)

Projected Earnings Retention Growth Rates
for Selected Natural Gas Distribution Companies

Value Line Forecast 2006-2008

AGL Resources, Inc

Atmos Energy Corp

Energen Corporation

KeySpan Corp

New Jersey Resources Corp
NICOR, Inc.

Northwest Natural Gas Co
Piedmont Natural Gas Co., Inc.
South Jersey Industries, Inc
WGL Holdings, Inc.

Average

Source Value Line, Dec 19, 2003
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EPS

225
200
3.85
3.30
310
3.05
2.35
3.05
3.30
205

A B B B OB A H A

DPS ROE
1.12 11.50%
1.32 12.50%
0.81 17 00%
1.90 12 00%
140 12 50%
2.10 16 50%
137 10 00%
190 11 50%
1.77 11 50%
133 11 00%

Retention

Rate
50 22%
34 00%
78 96%
42 42%
54 84%
31 15%
41 70%
37.70%
46 36%
3512%

Schedule 2
Page 4 of O

Retention
Growth
578%
4 25%
13 42%
5 09%
6 85%
514%
417%
4 34%
533%
3 86%

5 82%



Montana-Dakota Utilities Co.

Case No PU-
ExhibitNo  (JSG-2)
Schedule 2
Page 5 of 9

Second-Stage Retention Growth Rate Estimates
for Selected Natural Gas Distribution Companies

AGL Resources, Inc. ATG
Atmos Energy Corp ATO
Energen Corporation EGN
KeySpan Corp KSE
New Jersey Resources Corp  NJR
NICOR, Inc GAS

Northwest Natural Gas Co NWN
Piedmont Natural Gas Co, Inc PNY
South Jersey Industries, Inc.  SJI
WGL Holdings, Inc. WGL

Average

Source: Zacks com and page 4

2/3
Zacks

5-Yr Earnings
Growth Est.

5.20%
6.00%
8.30%
5.50%
6.30%
4.30%
4.20%
5.50%
6.30%
3.90%

555%

1/3
Retention = Weighted
Growth Average
58% 539%%
43% 542%
13.4% 10 01%
51% 536%
6 9% 6 48%
51% 4 58%
4 2% 419%
4.3% 5.11%
53% 5 98%
3.9% 3.89%
5.82% 5 64%



AGL Resources, Inc

Atmos Energy Corp.

Energen Corporation
KeySpan Corp.

New Jersey Resources Corp.
NICOR, Inc

Northwest Natural Gas Co
Piedmont Natural Gas Co., Inc
South Jersey Industries, Inc
WGL Holdings, Inc

Average
High
Median
Low

Case No. PU-

Exhibit No. __(JSG-2)

Schedule 2
Page 6 of 9
Montana-Dakota Utilities Co.
Second-Stage Retention Growth DCF Calculation
for Selected Natural Gas Distribution Companies
Expected
Dividend Growth Investor Flotation

Dividend Yield Times Rate Required Cost Cost of
Yield (1+.625g) (€4) Return Adjustment  Capital
4 10% 423% 539% 962% 10475 10 08%
503% 520% 542% 10 62% 1 0475 11.12%
2.02% 2 14% 1001% 12 15% 10475 12.73%
513% 530% 536% 10 67% 1.0475 11.17%
3.55% 369% 6 48% 10 18% 10475 10 66%
533% 549% 4 58% 10.07% 1 0475 10.55%
4.46% 457% 419% 8 76% 1 0475 9 18%
4 09% 422% 511% 933% 1.0475 9 78%
4 19% 435% 598% 10 33% 1 0475 10.82%
4.76% 4.88% 3 89% 8 77% 1 0475 9.18%

10.53%

12 15% 12 73%

10 12% 10.60%

8.76% 9 18%

630 9 98ed
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AGL Resources, Inc

Atmos Energy Corp
Energen Corporation
KeySpan Corp

New Jersey Resources Corp
NICOR, Inc

Northwest Natural Gas Co

Piedmont Natural Gas Co., Inc.

South Jersey Industries, Inc.
WGL Holdings, Inc

Average
High
Median
Low

Case No. PU-

Exhibit No.__ (JSG-2)

Schedule 2
Page 7 of 9
Montana-Dakota Utilities Co.
Basic DCF Calculation
for Selected Natural Gas Distribution Companies
Expected
Dividend Growth Investor Flotation
Dividend Yield Times Rate  Required Cost Cost of
Yield (1 +.625g) (g) Return Adjustment Capital
4 10% 423% 520% 9 43% 10475 9 88%
503% 5.22% 6.00% 11 22% 1 0475 11 75%
2.02% 212% 8 30% 10.42% 1.0475 10 92%
513% 531% 550% 10 81% 10475 11.32%
355% 369%% 6 30% 9 99% 1 0475 10 46%
533% 548% 430% 9 78% 1 0475 10 24%
4 46% 4 58% 4,20% 8.78% 1 0475 919%
4 09% 423% 5.50% 9.73% 1 0475 10 19%
419% 4 36% 6 30% 10 66% 10475 11 16%
4,76% 4 88% 390% 8.78% 10475 9.19%
10.43%
1122% 11 75%
9 88% 10.35%
8 78% 919%

630 L 98eq
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Montana-Dakota Utilities Co.

Primary DCF Analysis

Computation of the Cost of Capital

Case No PU-

Exhibit No __ (JSG-2)

for Selected Natural Gas Distribution Companies

Growth Rate Estimate (g)

Current Dividend Yield (D/P)
Quarterly Model Dividend Yield
Factor (1 +.625 g)

DCF Dividend Yield Component (Y)

Investor Required Return (Y + g)
Flotation Cost Adjustment

Cost of Capatal

Mid-Point

5 00%

4.27%

X 1031

4 40%

9 40%

X 10475

9.85%

10.65%

X

X

Schedule 2
Page 8 of 9

6 50%

427%

1041

4 44%

10 94%

10475

11 46%



AGL Resources, Inc

Atmos Energy Corp

Energen Corporation

KeySpan Corp

New Jersey Resources Corp.
NICOR, Inc

Northwest Natural Gas Co *
Piedmont Natural Gas Co , Inc **
South Jersey Industries, Inc
WGL Holdings, Inc

Sources Zacks com
*as of 06/30/03
**as of 10/31/03

Montana-Dakota Ultilities Co.

Selected Natural Gas Distribution Companies
Capital Structures

Long-Term
Debt

(Millions)

945.5
873.3
523.0
4,938.8
260.3
396.7
4859
462.0
337.0
648.7

R A A I IR RR - R A ]

%

45 44%
50.45%
43 26%
54.43%
38.32%
34.96%
48.86%
41.73%
56.70%
43.39%

44.42%

Preferred
Stock

(Millions)

$
$
$
$
$
$
$
$
$
$

2267

837

17
7.5

%

10.90%
0.00%
0.00%
0.92%
0.00%
015%
0.75%
0.00%
0.00%
0.00%

0.00%

Common

Equity

(Millions)

$
$
$
$
$
$
$
$
$
$

908.5
8575
685.9
4,050.8
418.9
736.2
501.1
645 1
2573
846.4

Case No PU-

Exhibit No.  (JSG-2)
Schedule 2
Page 9 of 9

%

43.66%
49.55%
56.74%
44 65%
61 68%
64.89%
50.39%
58.27%
43.30%
56.61%

53.50%

Total
Capital

AN LS

2,080.7
1,730.8
1,209.0
9,073.3

679.3
1,134.6

994 4
1,107 1

594 3
1,495.1
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ON 1IQILIXE[

-[1d "ON ase)

(z-OSsD)



Montana-Dakota Utilities Co.

Common Equity Flotation Costs of

Natural Gas Distribution/Transmission Companies

Exhibit No __ (JSG-2)
Schedule 3
Page 1 of 1

1992-2002
Financing Costs
Date of Number of [ssue Net Proceeds as a Percent of

Issuer Offering Shares Price Per Share Net Proceeds
Bay State Gas Co 3/13/1992 1,550,000 $23 250 $22 280 435%
E! Paso Natural Gas Co 5/12/1992 5,000,000 $19 000 $17 770 6 92%
New Jersey Resources Co 9/15/1992 1,500,000 $22 250 $21 270 461%
Washington Energy Co 9/29/1992 2,750,000 $21 000 $20 190 401%
Equitable Resources 9/22/1993 2,400,000 $38 500 $37 250 336%
Brooklyn Union Gas 9/29/1993 1,700,000 $25 750 $24 770 3 96%
S E Michigan Gas Enterprises 1/19/1994 650,000 $20 500 $19 620 4 49%
Connecticut Energy Corp 3/3/1994 900,000 $20 125 $19 220 471%
Mobile Gas Service Corp 9/14/1994 400,000 $22 000 $20 300 837%
Northwest Natural Gas 2/15/1995 1,000,000 $29 750 $28 590 4 06%
MCN Corp 3/14/1995 5,000,000 $17 875 $17 210 3 86%
Piedmont Natural Gas 3/20/1995 1,500,000 $20 000 $19 140 4 49%
Laclede Gas 5/15/1995 1,550,000 $19 000 $18 120 4 86%
United Cities 6/8/1995 1,200,000 $14 500 $13 880 4 47%
Atlanta Gas Light 6/12/1995 1,300,000 $33 625 $32510 343%
WICOR, INC 12/5/1995 1,100,000 $31 875 $30 630 4 06%
Connecticut Natural Gas 6/5/1996 640,000 $23 250 $22 190 478%
Delta Natural Gas 7/15/1996 350,000 $16 000 $15 070 617%
Tejas Gas 7/22/1996 3,075,000 $35 000 $33 420 473%
KN Energy 7/31/1996 3,100,000 $32 250 $31 010 4 00%
Cascade Natural Gas 8/13/1996 1,350,000 $15 250 $14 450 554%
Energen 1/17/1997 1,500,000 $£29 500 $28 390 391%
KCS Energy 1/29/1997 3,000,000 $39 000 $36 910 5 66%
Energen 9/18/1997 1,200,000 $35 500 $34 160 392%
COHO Energy, Inc, 9/29/1997 8,585,000 $10 500 $9 870 6 38%
Fall River Gas Co 10/30/1997 340,000 $13 250 $12 060 9 87%
Connecticut Energy Corp 11/12/1997 900,000 $24 250 $23 170 4 66%
Roanoke Gas Co 2/22/1998 166,000 $20 000 $18 668 713%
KN Energy 3/4/1998 11,000,000 $52 000 $49 902 4 20%
Enron Corp 5/5/1998 15,000,000 $50 000 $48 466 317%
Washington Gas Light 12/12/1998 2,000,000 $25 063 $24 089 4 04%
Laclede Gas 5/5/1999 1,100,000 $20 188 $19 252 4 86%
Semco 6/12/2000 9,000,000 $10 000 $9 600 417%
WGL Holdings 6/26/2001 1,790,000 $26 730 $25 804 359%
Utilicorp 1/25/2002 11,000,000 $23 000 $22 252 336%
MDU Resources Group 11/29/2002 2,100,000 $24 000 $23 188 350%
Average 1992-2002 4.77%
Selected Flotation Costs for Cost of Equity 4.75%

Sources EBASCO, Analysis of Public Unlity Financing and Public Utlity Financing Tracker



10

11

12

13

14

15

16

17

18

MONTANA-DAKOTA UTILITIES CO.
A Division of MDU Resources Group, Ing,. .. —-— =

e
e e e v

I
Before the Public Service Commission of %%Duqkdtq

9

} "
. PU-399-04- i '
Case No — VAR - 3 2004
Direct Testimony ; Loz e e
of " o ;‘ T:"‘: CEN LS
Craig A. Keller, CPA v S en ey

1 s m Y, PRSP
i 1 (A S ¥ SV : i d -
e N S e e

Would you please state your name, business addr‘égg'éﬁa:ﬁositlon?

Yes. My name is Craig A. Keller and my business address is 400
North Fourth Street, Bismarck, North Dakota 58501. | am the Vice
President, Controller and Chief Accounting Officer (CAO) for Montana-
Dakota Utilities Co. (Montana-Dakota), a Division of MDU Resources
Group, Inc.

Would you please describe your duties?

As Vice President, Controller and Chief Accounting Officer, | am
responsible for providing the overall direction and management of the
accounting, information systems, financial forecasting/planning,
procurement and purchasing functions, including the analysis and reporting
of all financial transactions for Montana-Dakota.

Would you please outline your educational and professional background?
| graduated from the University of Mary with a Bachelor of Science
degree in Accounting and obtained a Masters degree in Business
Adminustration from the University of Montana. | am a certified public
accountant and a member of the AICPA and the North Dakota Society of

Certified Public Accountants. | was emploved with Montana-Dakota in
6 PU-04-97 Pages 6
Ot ect Testimory of Crara A Keller
py Montana-Dahota Utiities Co , a Division of MDU Re

03/G3/2004 CC Comm Legal lilona Pat Mike
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1986 as an Internal Auditor and during my career with the company have
held positions of Income Tax Supervisor, Corporate Financial Planning
Manager, and General Accounting Manager.
Have you testified in other proceedings before regulatory bodies?

Yes, | have presented testimony before the Public Service
Commission of North Dakota.

Are you familiar with the territory served by Montana-Dakota and
the facilities of the Company utilized in providing gas service?
A Yes, | am.
What is the purpose of your testimony in this proceeding?

| am responsible for presenting Statement A, Statement B, and
Statement F.
Would you describe Statement A, Statement B and Statement F?

Statement A, pages 1 and 2 show Montana-Dakota's balance
sheet as of December 31, 2002 and December 31, 2003. Statement B
consists of Montana-Dakota's income statement for the twelve months
ended December 31, 2003. These statements have been prepared from
the Company's books and records that are maintained in accordance with
the Federal Energy Regulatory Commission (FERC) Uniform System of
Accounts.

Statement F shows the gas utility capital structure of Montana-
Dakota for the twelve months ended December 31, 2003 and the

projected average capital structure for 2004 and 2005. Statement F

2
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includes the associated costs of debt, preferred stock and common

equity. This capital structure and the associated costs serve as the basis
for the overall rate of return requested by Montana-Dakota in this rate
filing of 9.887%. The basis for the requested 11.50% return on common
equity contained within the overall requested rate of return is supported by
the testimony of Dr. J. Stephen Gaske.

Were these statements and the data contained therein prepared by you or
under your supervision?

Yes, they were.

Are they true to the best of your knowledge and belief?

Yes, they are.

Would you please explain Statement F?

Pages 1 through 3 of Statement F summarize the actual average
gas utility capital structure at December 31, 2003 and the projected
average capital structure and the related utility costs of capital for 2004
and 2005. As shown on page 3, the components of the 2005 projected
overall annual rate of return, which are used by Ms. Mulkern to calculate

the revenue requirement, are:

Weighted Cost

of Capital
Long Term Debt 3.708%
Preferred Stock 0.210%
Common Equity 5.969%
Required Rate of Return 9.887%



—

o ©O© 0O N O o A W BN

The debt costs reflected on Statement F, pages 1 through 3
represent the actual weighted embedded costs of the long-term debt at
December 31, 2003 and that projected to be outstanding at December 31,
2004 and December 31, 2005 and are supported by Statement F,
Schedule F-1. In calculating the debt costs the “Yield-to-Maturity” method
(also referred to as the Internal Rate of Return (“IRR”) method) is used to
determine the total cost for each respective debt issue as presented on
Schedule F-1, page 4 of 7. The yield-to-maturity calculation of each debt
Issue outstanding gives consideration to the stated rates of interest being
paid on such debt, the timing of the interest payments, related issuance
expenses, underwriters' commissions and indenture revision costs, the
discount or premium realized upon issuance and the amortization of
losses on bond redemption transactions. This is the same method
Montana-Dakota has used to calculate long term debt costs in previous
proceedings before this Commission. _

Statement F, Schedule F-2, supports the cost of Montana-Dakota’s
preferred stock capital, representing the weighted cost of the issues at
December 31, 2003 and projected to be outstanding at December 31,
2004 and December 31, 2005.

Statement F, Schedule F-3, supports the Company’s average utility
common equity balance at December 31, 2003, and the projected
average balances for 2004 and 2005.

What does Statement F, Schedule F-1 show?

Page 1 is a summary showing the Company's long-term debt at

December 31, 2003 and average cost of debt. Page 2 shows the

projected average long-term debt and costs for 2004 and page 3 shows

4
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the same information for projected 2005. Page 4 shows the cost and the
debt balance by issue at December 31, 2003
How did you derive the projected cost of debt for 2004 and 20057

The projected cost of debt for 2004 and 2005 is based upon the
yield to matunty of each debt issue outstanding
Would you please describe Statement F, Schedule F-1, pages 5 through
7 and explain the amortization method utiized?

Pages 5 through 7 reflect the detail by issue of the annual
amortization of net discounts (losses) on advance purchases of debt that
are necessary to meet sinking fund requirements For this proceeding,
the amortization has been computed on a straight-line basis over the
remaining life of the issues, the same calculation as 1s used by the
Company for accounting purposes.

What does Statement F, Schedule F-2 show?

Pages 1 through 3 present the preferred stock balances at
December 31, 2003 and the projected average balances for 2004 and
2005 The anticipated weighted average cost of preferred stock is also
shown Page 4 sets forth the various preferred stock issues outstanding
at December 31, 2003.

What does Statement F, Schedule F-3 show?

Pages 1 through 3 present the common equity balances at
December 31, 2003 and the projected average balances for 2004 and
2005 including the projected changes in the balances each year.

What does Statement F, Schedule F-4 show?
Schedule F-4 indicates that, during the five-year period preceding

December 31, 2003, MDU Resources Group, Inc. issued 37.9 million



-

O © oo N o o b~ w0 N

additional shares of common stock in connection with a three-for-two
stock spht Also during that period, the number of authorized shares of
common stock was increased from 75 million at a par value of $3 33 to
150 million with a par value of $1.00

Would you please describe Statement F, Schedule F-5?

This schedule presents various financial and market data relative to
the Company's common stock for the years 1999 through 2003, and for
each month of the twelve month period ended December 31, 2003.
Would you please describe Statement F, Schedule F-6?

This schedule shows that there was no reacquisition activity for
bonds and provides a summary of scheduled retirements of preferred
stock for the five years ended December 31, 2003.

Does this conclude your direct testimony?

Yes, It does
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Would you please state your name and bu&nesé“’é‘ﬁ'a’r‘és:s'?
Yes. My name 1s Rita A. Mulkern and my business address is 400
North Fourth Street, Bismarck, North Dakota 58501.
What is your position with Montana-Dakota Utilities Co.?
| am the Regulatory Analysis Manager of Montana-Dakota Utilities
Co. (Montana-Dakota), a Division of MDU Resources Group, Inc.
Would you please describe your duties as Regulatory Analysis Manager?
| am responsible for the preparation of cost of service studies, fuel
cost adjustments, purchased gas cost adjustments and gas tracking
adjustments in each of the junsdictions in which Montana-Dakota
operates.
Would you please describe your education and professional background?
| graduated from North Dakota State University in 1981 with a
Bachelor of Arts degree with majors in Economics and Business
Administration and a minor in Statistics. | joined Montana-Dakota in July
1981 as a Regulatory Statistician, became Cost of Service Supervisor in
1986 and assumed my current position in 1999

Have you testified in other proce(;din_qs before requlatory bodies?
5 P1L-04-97 iy 16
furect Testim sy of it A Mulkegr
oy a0ctar s Dak~ta Uibles ©O 4 Qi1 0F T4 B
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Yes, | have presented testimony before the Public Service
Commissions of Montana, North Dakota, and Wyoming and Public Utilities
Commissions of Minnesota and South Dakota
Are you familiar with the territory served by Montana-Dakota and the
facilities of the Company utilized in providing gas service?

Yes, | am.

Are you familiar with the books and records of Montana-Dakota and the
manner in which they are kept?

Yes Montana-Dakota's books and records are kept in accordance
with the Federal Energy Regulatory Commission (FERC) Uniform System
of Accounts.

What is the purpose of your testimony in this proceeding?

The purpose of my testimony is to present the per books cost of
service for the twelve months ended December 31, 2003, the projected
cost of service for 2004 and 2005, the calculation of the revenue
deficiency and the calculation of the interim request.

What statements, schedules and exhibits are you sponsoring?

| am sponsoring Statements C through E, Statements G through L,
Statements N and O and Exhibit No.___ (RAM-1) and Exhibit
No.__ (RAM-2)

Were these statements and exhibits prepared by you or under your direct
supervision?

Yes, they were

What were the results of North Dakota gas operations for 20037?
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Statement L, pages 1 and 2 show the per books income statement
and rate base for total Company and North Dakota gas operations for
2003 The details for each line item, i.e. sales revenue, other revenue,
plant in service, etc, are included in the applicable Statement listed
How was the per books cost of service allocated to North Dakota?

The Company utilizes a jurisdictional accounting system that
directly assigns and/or allocates every item of revenue, expense and rate
base to the jurisdictions as part of the regular accounting process on a
monthly basis, resulting in jurisdictional results on an ongoing basis The
allocation methods and procedures are the same as have previously been
adopted by this Commission and are based on the principle of assigning
and/or allocating costs to the cost causer. The total Company and North
Dakota information included in the Statements 1s from the books and
records of the Company.

What test period are you using to determine the revenue requirement?

The revenue requirement is based on a projected average 2005
test year. Since final rates will become effective in late 2004, an average
2005 cost of service will best match the cost and customer levels at the
time that the rates will go into effect. The final rates from this proceeding
will be in effect for 2005 and the closer that revenues, expenses and rate
base reflect levels to be experienced in 2005, the better the match will be
and the better opportunity Montana-Dakota will have to earn its authorized
return. Montana-Dakota is using a future test year in accordance with

North Dakota Century Code §49-05-04.1.
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Would you describe the development of the projected cost of service for
2004 and 20057

The projected 2004 and 2005 cost of service is presented in
Statement N, which contains all of the schedules supporting the income
statement on page 1, and Statement O, which contains all of the
schedules supporting the rate base on page 1. The revenues and
expenses reflect the annual level that will be experienced when the new
rates become effective. Likewise, the rate base reflects average 2004 and
2005 plant and related balances.

Would you describe the development of the projected revenues and
expenses contained in Statement N?

Sales and transportation revenues are shown on page 2 and reflect
projected sales and transportation volumes for all classes. The projected
residential and firm general service sales voIIJmes for 2004 and 2005 were
based on actual historical data and forecasted for 2004 and 2005. The
forecasted volumes reflect the projected growth in the number of firm
customers at approximately 1 O percent per year along with continuing
conservation of 1.0% per year. The projected firm revenues were
calculated based on the projected volumes and number of customers
using the currently effective rates inclusive of the PGA effective February
1, 2004, exclusive of the surcharge adjustment and margin sharing

adjustment.
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The sales and transportation volumes for the U.S Air Force, small
interruptible and large interruptible classes were projected on a customer-
by-customer basis and the revenues were calculated using current rates.

Miscellaneous revenues, shown on page 3, are projected to remain
at the 2003 level.

Would you describe the development of the operation and maintenance
expenses?

Yes. Pages 4 through 7 of Statement N summarize the projected
2004 and 2005 operation and maintenance (O&M) expenses, with the
details provided on pages 8 through 30. The cost of gas, shown on page
8, uses the projected sales volumes, adjusted for losses, and current gas
costs effective February 1, 2004.

How were other O&M expenses projected for 2004 and 20057

The Company’s 2004 budget provided the basis for most of the
O&M expense items by individual resources, such as labor, benefits,
Insurance, etc. Each resource was reviewed and projected for 2004 and
2005.

Would you describe the development of the projected other O&M?

Yes. Labor expense is shown on page 9, with actual labor expense
for the twelve months ended December 31, 2003 as the starting point.
The labor expense for 2004 and 2005 was developed by applying the
projected percentage increase in total Company labor costs to the 2003
per books North Dakota labor expense. Projected total Company labor

costs were based on the labor amounts budgeted for 2004, with bonuses
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adjusted to reflect a three year average, and results in a 6.82 percent
increase for 2004. A labor increase of 5.35% was applied to the 2004
labor expense to arrive at the 2005 labor expense.

Benefits expense consists of medical/dental insurance, pension
expense, the Supplemental Income Security Plan (SISP), 401K, post-
retirement, workers compensation and other benefits. Each of these
items, excluding the other benefits, was projected individually for 2004
using the 2004 budgeted amounts and applying the projected increase
from 2004 to each type of benefit. The benefits expense for 2005 was
calculated by applying the projected increase by type of benefit. Mr. Paul
W. Conley discusses the inclusion of the SISP expense in his testimony.

Insurance expense, as shown on page 11, reflects the current
insurance level for 2004, which is an 11.62 percent decrease from the
2003 level and a projected 2.50% increase for 2005.

Contract labor and consulting expense was reviewed by function,
with distribution related expenses increasing 27.89 percent and the
customer accounting, sales and A&G functions decreasing by 11.05
percent in 2004 and all functions increasing 2.50 percent in 2005. The
Increase in contract labor in the distribution function reflects the increase
in expense assoclated with the services performed by outside parties,
such as the costs of line locating, parking lot, and building and grounds
maintenance, with the decrease in the other functions related to expenses

incurred in 2003 that are not projected to recur in 2004 or 2005
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Materials, capital installation credits and reimbursements overall
decrease In 2004. Expenditures for materials were higher than normal in
2003 and reflect a decrease in 2004. Capital installation credits and
reimbursements, which are indirectly related to materials, are projected to
Increase 4.18 percent and 18 87 percent, respectively in 2004. All these
items are projected to increase 2.50 percent in 2005.

Vehicles and work equipment expense is shown on page 14 and is
calculated based on the projected plant and the current depreciation rates
in Statement O. The depreciation expense on these items is not charged
to depreciation expense but rather is charged to a clearing account where
it is then charged to O&M expense as the vehicles or work equipment is
used

Postage expense is projected to decrease 2 93 percent in 2004 due
to higher than normal expenses in 2003 and to increase 2.50 percent in
2005. .

Telephone expense reflects a 0 35 percent increase in 2004 and
2.50 percent In 2005. There were some expense items incurred in 2003
that are not projected to occur in 2004, resulting in expense for 2004 that
is relatively flat.

Office Supplies show a decrease in 2004 of 14.66 percent and an
increase of 2.50 percent in 2005. There were some expenses In this
category in 2003 that are not projected to recur in 2004.

Company consumption is the expense for electric and natural gas

consumption in Company buildings. The electric component is projected
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to increase 1.18 percent in 2004 and remain flat in 2005. The natural gas
component Is expected to increase 14.92 percent in 2004 and remain flat
in 2005.

Uncollectible accounts are projected based on the five year
average of net write-offs to sales and transportation revenues applied to a
projected revenue, which results in an increase in uncollectible accounts
for 2004 and is projected to remain flat in 2005.

Computer rental reflects the addition of a new server for the
Company'’s geographic information system (GIS) in 2004 and the full
annual effect of the server in 2005.

Industry dues are listed on pages 21 and 22 and are projected for
2004 and 2005.

Advertising is shown on page 23. Promotional advertising has
been eliminated, pursuant to North Dakota Administrative Code (NDAC)
§69-09-01-29. The informational and institutional advertising are
projected to remain at the 2003 levels.

Page 24 reflects the inclusion of contributions to Energy Share of
North Dakota.

Rate case expense i1s shown on page 25. The projected 2004 and
2005 level incorporates the projected rate case expenses from this case,
along with the costs pertaining to Case No. PU-393-02-183 that were not

included in the current amortization, amortized over a three-year period.
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Page 26 shows the North Dakota portion of expenses associated
with the cost of performing a depreciation study for the gas and common
property, amortized over a five year period.

What other O&M expenses are included in Statement N?

The items adjusted individually above represent approximately 88
percent of total North Dakota gas O&M. The remaining items, which make
up approximately 12 percent of other O&M, are projected to remain flat in
2004 and increase 2.50 percent in 2005
Would you describe the calculation of depreciation expense?

Yes. Depreciation expense for projected 2004 and 2005 is shown
on page 30 and was calculated using projected piant in service and the
depreciation rates as authorized in Case No. PU-399-02-183 and derved
from a study by AUS Consultants. The authorized depreciation rates are
included in Statement |. The composite depreciation rates and calculation
are shown on Statement O, pages 5 and 6.

Would you describe the calculation of taxes other than income?

Yes. Taxes other than income are shown on pages 31 through 34.
Ad valorem taxes were calculated using the projected 2004 and 2005
plant in service and applying the effective tax rates based on the 2003
ratio of ad valorem taxes to plant.

Payroll taxes projected for 2004 and 2005 follow labor expense.
The ratio of payroll taxes to labor expense for 2003 was calculated and

applied to the projected 2004 and 2005 labor expense to determine the
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projected levels. All other taxes other than income were projected to
remain at the 2003 level.
Would you describe the calculation of federal and state income taxes?

The current income tax calculation is shown on pages 35 through
37 Interest expense is calculated on the projected rate base using the
weighted cost of long term debt from Statement F. The tax deductions on
page 37 were individually projected. The tax rate of 39 55% reflects the
composite state and federal rate. Deferred income taxes are shown on
page 38 and include the full normalization of federal and state deferred
Income taxes.
Would you please describe the development of the projected rate base for
2004 and 20057

Yes. The rate base was developed as shown in Statement O.
Page 1 shows the 2003 actual and projected'2004 and 2005 average rate
base for North Dakota gas operations. Pages 2 and 3 show the projected
plant in service for 2004 and 2005 The projected plant was developed by
adding the capital budget items for 2004 to the 2003 plant in service
balances. Retirements, based on a three-year average of retirements by
function, were deducted and the average 2004 balance calculated. The
process was repeated for 2005.

The accumulated reserve for depreciation was calculated using the
reserve balances at December 31, 2003, adding the calculated
depreciation expense and deducting retirements based on a three-year

average of retirements. The average 2004 balances were then calculated

10



10

11

12

13

14

15

16

17

18

19

20

21

22

and are shown on pages 4 through 6. The process was repeated to arrive
at the average 2005 reserve balances.
How were the working capital items dernved?

The projected working capital items are shown on pages 7 through
12. Matenals and supplies were restated to a thiteen month average
balance on page 8 and the propane fuel stocks are restated to a thirteen
month balance on page 9.

Prepayments, made up of prepaid insurance and the prepaid tax-
free option plan, as shown on page 10, are also restated to a thirteen-
month average balance. Projected 2004 is based on the actual balances
as of December 31, 2003 and projected monthly levels based on the
projected insurance expense for 2004 and 2005.

The unamortized portion of the gas IRP and gas supply analysis
costs arising from the ten year amortization of the costs are restated to
reflect the current amortization and a thirteen month average and are
shown on page 11. These costs will be completely amortized in 2004.

Customer Advances for construction are restated to a thirteen
month balance as of December 2003.

The accumulated deferred income tax balances on page 13 were
derived by adding the deferred income taxes related to property for 2004
and 2005 to the 2003 balance from Statement N, page 31 and calculating

average balances.

11
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The accumulated investment tax credit balances were derived by
subtracting the projected amortization for 2004 and 2005 from the 2003
balance and calculating average balances.

What does Exhibit No._  (RAM-1) show?

Exhibit No._  (RAM-1), page 1, which is identical to Statement L,
page 4, shows the calculation of the revenue deficiency of $3,337,000
based on the projected 2005 operating income and rate base and using
the overall rate of return of 9.887% from Statement F, page 1. Page 2
shows the per books and projected average rate base for 2004 and 2005
and 1s identical to Statement O, page 1.

Is Montana-Dakota seeking an interim increase in this case?

Yes, it is. As stated by Mr. Imsdahl, Montana-Dakota is seeking
interim rate relief in this case pursuant to North Dakota §49-09-06.

What does Exhibit No.__ (RAM-2) show?

Exhibit No._ (RAM-2), which is identical to the Interim Revenue
Requirement, page 1, shows the calculation of the revenue deficiency of
$1,871,000 based on the 2004 projected cost of service and adjusted for
items previously not allowed by the Commission. The revenue
requirement uses the projected 2004 capital structure and costs with the
exception of the return on equity, which is the return on equity last
authorized by this Commission in Case No. PU-399-02-183.

Does that complete your testimony?

Yes, it does.

12



Case No
Exhibit No (RAM-1)
Page 1 of 2

MONTANA-DAKOTA UTILITIES CO.
PROJECTED OPERATING INCOME AND RATE OF RETURN
REFLECTING ADDITIONAL REVENUE REQUIREMENTS
GAS UTILITY - NORTH DAKOTA

PROJECTED 2005
(000s)
Before Reflecting
Additional = Additional’.. Additional
o ATy R
Revenue Re- Rggg.; nue.;;: Revenue
guirements Reqwremeﬁts&a Requirements
Operating Revenues
Sales $119,307 [[Fi5.%4$3/3371) $122,644
Transportation 783 783
Other 406 406
Total Revenues 120,496 3,337 123,833
Operating Expenses
Operation and Maintenance
Cost of Gas 99,473 99,473
Other O&M 17,546 17,546
Total O&M 117,019 117,019
Depreciation 2,615 2,615
Taxes Other Than Income 1,421 1,421
Current Income Taxes 263 1,320 1,583
Deferred Income Taxes (873) (873)
Total Expenses 120,445 1,320 121,765
Operating Income $51 $2,017 $2,068
Rate Base $20,914 $20,914

| Rate of Return 0.244% 9.887%)|




Case No

Exhibit No __ (RAM-1)
Page 2 of 2
MONTANA-DAKOTA UTILITIES CO
AVERAGE RATE BASE
GAS UTILITY - NORTH DAKOTA
TWELVE MONTHS ENDED DECEMBER 31, 2003
PROJECTED 2004-2005
(000s)
Projected
2003 2004 2005

Gas Plant in Service $72,556 $75,096 $77.873
Accumulated Reserve for Depreciation 49,644 51,343 53,572

Net Gas Plant in Service 22,912 23,753 24,301
CWIP in Service Pending Reclassification 427

Total Gas Plant in Service 23,339 23,753 24,301
Additions

Matenals and Supplies 393 475 475

Fuel Stock 25 22 22

Prepayments 50 181 190

Other 44 4 0

Total Additions 512 682 687

Total Before Deductions $23,851 $24,435 $24,988
Deductions

Accumulated Deferred Income Taxes $3,909 $3,845 $3,674

Accumulated Investment Tax Credits 207 166 146

Customer Advances 297 254 254

Total Deductions . 4,413 4,265 4,074

Total Rate Base $19,438 $20,170 $20,914




Case No

Exhibit No (RAM-2)
Page 1 of 1
MONTANA-DAKOTA UTILITIES CO.
PROJECTED OPERATING INCOME AND RATE OF RETURN
REFLECTING ADDITIONAL REVENUE REQUIREMENTS
INTERIM
GAS UTILITY - NORTH DAKOTA
PROJECTED 2004
(000s)
Before Reflecting
Additional ~:Additi Additional
Revenue Re- Revenue
quirements Requirements
Operating Revenues
Sales $119,376  |.iiiaisy $HBTT $121,247
Transportation 783 783
Other 406 406
Total Revenues 120,565 1,871 122,436
Operating Expenses
Operation and Maintenance
Cost of Gas 99,630 99,630
Other O&M 16,299 16,299
Total O&M 115,929 115,929
Depreciation 2,537 2,537
Taxes Other Than Income 1,362 1,362
Current Income Taxes 516 740 1,256
Deferred Income Taxes (620) (620)
Total Expenses 119,724 740 120,464
Operating Income $841 $1,131 $1,972
Rate Base $20,170 $20,170
rRate of Return 4.170% 9.776% 1/]

1/ Page 3
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Paul W. Conley Case No PU-399-04-___

Page 1

DIRECT TESTIMONY OF
PAUL W. CONLEY

INTRODUCTION

>

Please state your name and business address.
My name 1s Paul W Conley | am employed by Towers Perrin at 8000
Norman Center Drive, Suite 1200, Minneapolis, Minnesota 55437-1097.

Please describe your education and professional background.

| am a Principal at Towers Perrin and am the leader of the Executive
Compensation practice in Towers Perrin's Minneapolis office | have been
with Towers Perrin for eight years. | received an undergraduate degree
from the St John's University in Collegeville, Minnesota, and a Masters in
Industrial Relations (MAIR) from the University of Minnesota | am certified
as a Certified Compensation Professional (CCP) by World at Work, and a
Senior Practitioner in Human Resources (SPHR) by the Society for Human
Resource Management Before joining Towers Perrin, | was the Director of

Executive Compensation for International Multifoods

Please provide a brief overview of Towers Perrin.

Towers Perrin is a global professional services firm that helps
organizations around the world optimize performance through effective
people, risk and financial management. The firm has approximately 8,000
employees In approximately 75 offices worldwide. Towers Perrin's
compensation practice is one of the largest in the world. Towers Perrin has
dedicated energy and utihity industry practitioners specializing n

compensation, human resources, benefits, and organization design.

Please summarize the purpose of your testimony.
The purpose of my testimony is to comment on Towers Perrin’s analysis of

the competitiveness and appropriateness of MDU Resources Group Inc’s
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(MDU) Supplemental Employee Retirement Program (SERP) called the
Supplemental Income Security Plan (SISP), as part of its total executive

compensation program.

THE SUPPLEMENTAL INCOME SECURITY PLAN

>

What is the SISP and what is the plan designed to do?

The SISP is a plan that provides a supplemental pension benefit to key
employees It was designed to attract and retain key employees in a
number of positions within the Company and provide equitable i’etirement

benefits for those employees.

Who are the employees that participate in the SISP plan?

Participants are officers and senior managers of MDU Resources and
Montana-Dakota While all employees are important to MDU, these
participants are directly responsible for planning for the future, identifying
and implementing appropriate strategies for the Company, implementing
effective cost reduction programs, streamlining the organization,
implementing new technologies and maintaining and increasing the
efficiencies of the Company These employees have the primary
management responsibility for keeping the Company competitive in the
Industry and maintaining an adequate supply of low-cost energy for MDU's

customers

What is the difference between a qualified pension plan and a
supplemental plan?

A qualified pension plan is designed to provide a certain level of retirement
benefits to participants, generally based on replacing a certain amount of
income as the retirement benefit. These qualified plans are subject to IRS
Iimitations on both recognized pay and benefit payouts As such, a
qualified pension plan cannot provide the full amount called for by its

formula to officers and senior managers subject to these limitations.
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Supplemental plans help restore retirement benefits to their onginal

intended level, in order to ensure a competitive overall retirement program.

How prevalent are programs like the SISP in the utility industry and
more generally in the labor market for managerial talent?

Among MDU's peer companies, we observed nearly 100% prevalence of
the provision of retirement benefits beyond those provided in the qualified
plan This 1s also true for the broader labor market Programs such as

these represent a normal cost of doing business

Why are supplemental retirement plans so common?

The retirement benefits normally provided in the qualified plan are limited
by IRS regulations (for those whose income exceeds the IRS limits), and
as such are not provided n the full amount called for in the qualified plan
design. Supplemental programs like the SISP help to restore the
retirement benefits to therr intended level, as well as ensure a competitive
and appropriate overall retirement program. The removal of the SISP
program, like the removal of any other component of MDU's overall reward
program, would unduly hamper the company from meeting its overall

reward objectives.

How do the overall retirement benefits for employees included in the
SISP compare with the retirement benefits for those employees not
included in the SISP?

As an employee moves up the income scale, the percentage of the
employee's preretirement income replaced by social security and qualified
retirement plans significantly decreases based on retirement plan design
requirements and government limitations on retirement plans. The SISP,
as a supplemental plan, has been designed to replace some, but not all, of
the income that 1s not replaced by Social Securnty, the Defined Benefit
Pension Plan, and the 401 (k) Plan. At the highest participating income
levels, less than 50 percent of the annual income is replaced through the
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combination of social security, qualified plans, and the SISP as compared
to approximately 80 percent at lower income levels for those employees

not participating in SISP.

COMPETITIVENESS OF MDU'S_EXECUTIVE COMPENSATION PLAN

INCLUDING SISP

Q.
A.

How is MDU's executive compensation plan derived?

The Compensation Committee of MDU's Board of Directors is responsible
for determining the compensation of the Company's executive officers.
The Committee is composed entirely of outside (or non-employee)
Directors who meet several times each year to review and determine
compensation for the executives The Compensation Committee seeks to
set appropriate compensation levels that attract, motivate, and retain
high-quality employees To implement this philosophy, the Committee
analyzes trends in compensation among comparable companies and
relies in part on information and recommendations by outside advisors and
data sources in making their decisions. MDU has retained Towers Perrin
to provide information, analysis and recommendations to assist the Board

of Directors in their decision making.

Without compromising the proprietary nature of the information
provided by Towers Perrin, could you describe in more detail the
scope of its review and the methods it uses?

Yes Towers Perrin annually provides a report to MDU that includes
competitive market data regarding compensation plans from hundreds of
companies throughout the region and nation that have similar types of
positions and responsibilities This information is provided for MDU's
internal use only

Towers Perrin also provides an updated analysis of MDU's executive
compensation programs. Specifically, Towers Perrin provides a current

market assessment of competitive pay levels for base salary, total annual
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cash (base salary plus annual bonus) and total direct compensation (total
annual cash plus the expected value of long-term incentives) for all
identified management positions and a recommended updated salary
grade structure based on the above competitive analyses. In addition,
benefits data are reviewed periodically to ensure the competitiveness of

the overall rewards program.

When was a competitive assessment like this last conducted for
MDU?
Towers Perrin last completed a review of the competitiveness of MDU's

compensation and benefits programs in the spring and summer of 2003.

What is the process Towers Perrin uses to conduct this analysis?

Towers Perrin provides a consistent approach each year to ensure that the
comparative data are valid over time. This includes confirming positions to
be included in the analysis, identifying matenal changes to MDU's jobs, if
any, updating current compensation information, gathering and analyzing
relevant salary survey data, validating survey data, and summarizing and

reporting results.

Does Towers Perrin use only its own salary database?

Towers Perrin considers data from both general ndustry and
industry-specific surveys. Competitive information was collected from the
following sources:

1) Towers Perrin's 2002 Energy Services Executive Compensation

Database, which I1s conducted in partnership with the Edison Electric
Institute (EEI). This source i1s the most comprehensive survey of
executive compensation for the U.S electnc and gas industry,
comprising data for 89 investor-owned utiities and public power
authorities.

2) Towers Perrin's 2002 Compensation Data Bank General Industry

Survey, which 1s one of the most reputable sources of data on
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executive compensation in the U S. It includes data on approximately
800 companies ranging in size from less than $100 million in annual
sales to greater than $10 billion.

Watson Wyatt's 2002 |Industry Report on Top Management

Compensation, covering more than 2,000 organizations across the

U.S, ranging in size from less than $10 million in annual sales to
greater than $1 billion.
Effective Compensation Association, Inc.'s American Gas Association

2002 Executive Compensation Survey, comprising approximately 70

organizations with annual revenues ranging from less than $10 million
in annual sales to greater than $1 billion
Hay Group's 2002 Natural Gas Transmussion Survey, comprising 20

organizations with annual revenues ranging from approximately $100
million to greater than $5 billion
Mercer HR Consulting's 2002 Energy Compensation Survey,

comprising approximately 120 organizations ranging in size from less
than $100 million to greater than $1 billion in annual revenues

Towers Perrin's Employee . Benefit Information Center (EBIC)
database, from which a custom cut of data on 16 organizations of
similar size and industry to MDU were gathered These data were
utiized to compare MDU's benefits Program to these other
comparable organizations.

A study by Towers Perrin of the 2003 proxy filings from approximately
15 public companies similar to MDU in size and industry used to
assess prevalence and competitive levels of retirement benefits

including qualified and nonqualified retirement plans

How does Towers Perrin use the information from the various

databases to establish market levels for its analysis of MDU's

executive compensation?

Competitive data are gathered from the above databases based on a

number of criteria In order to estimate market levels for MDU These
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193 criteria include industry and size comparability, the degree of match
194 between the responsibility level of MDU’s positions and those in the
195 databases, and reliability of the database results over time. Survey data
196 are blended to arrive at an overall market estimate for MDU.
197

198 Q. How does the Compensation Committee of the Board of Directors
199 use the information it receives from Towers Perrin?

200 A When the Compensation Committee develops MDU's "Total

201 Compensation” plan, it focuses on the competitive salaries and benefits,
202 Including the SISP, that are necessary to maintain its ability to attract,
203 retain, and appropriately reward the individuals needed to provide reliable,
204 safe, efficient, and cost effective service to MDU's customers It should be
205 emphasized that in setting executive compensation, the Compensation
206 Committee looks at the total compensation picture, not just one element by
207 itself

208

200 Q. How does Towers Perrin define competitive compensation?
210 A Towers Perrin defines competitive compensation as generally faling

211 between plus or minus 10% of the market median (50" percentile)
212 Competitive data can vary from one year to the next, our goal I1s to help
213 MDU position its reward programs to approximate the middle of the market
214 in a stable fashion over time. The median (or 50th percentile) is used as a
215 statistic rather than average as a better representation of the middle-range
216 of competitive practice Accordingly, half of the responding organizations
217 pay less than this amount, and half pay more than this amount The mean
218 or average tends to be somewhat higher than the median, and can be
219 influenced more easily by outliers.

220

221 Q. What are the typical components included in a company's total
222 compensation program for management-level employees?
223 A Companies normally provide the following elements as a cost of doing

224 business and as part of their overall program to attract, retain and motivate
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225 management employees: base salaries, annual Incentives, long-term
226 Incentives, retirement benefits (including both qualfied and nonqualified
227 plans), and health and welfare benefits In addition, other important reward
228 elements normally provided are learning and development opportunities
229 and investments In the overall work environment. While these other
230 elements are important and often included in a definition of total rewards,
231 in this case we are focused primarily on traditional elements of
232 compensation and benefits since these elements represent the
233 overwhelming majority of a company's cost for reward programs.
234

235 Q. Which elements are considered in Towers Perrin's competitive

236 evaluation of MDU's total rewards program?

237 A The elements included are base salary, annual Incentives, long-term
238 incentives, retirement benefits (iIncluding qualified and nonqualified plans),
239 and health and welfare benefits

240

241 Q. What is MDU's competitive position for each of the elements that
242 Towers Perrin has assessed?
243 A Based on the results of the 2003 assessment by Towers Perrin (with

244 competitive data updated to be effective as of January 1, 2004), the
245 relative market position of each of the elements studied, based on the
246 competitive studies referenced above, Is as follows:

247 For MDU's corporate and utiity company executives, the overall base
248 salary competitive position is approximately 91% of the market 50th
249 percentile. For total annual cash compensation (base salary plus annual
250 bonus), the overall competitive position 1s approximately 99% of the
251 market 50th percentile. For total direct compensation, the overall
252 competitive position is approximately 107% of the market 50th percentile
253 For the total benefits program (excluding the value of SERP benefits),
254 MDU corporate is at 100% of the market 50" percentile The utility
255 company is 95% of the market 50" percentile For the combined qualified

256 and nonqualified retirement benefit program (which includes the SISP for
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MDU and SERPs provided by MDU's peers, and assuming a senior
manager with $200,000 in final average pay (salary plus annual bonus)
and 30 years of service, MDU's retirement program is approximately 105%

of the market 50" percentile.

How does Towers Perrin therefore view the overall competitiveness
of MDU's compensation program?

Towers Perrin considers an organization that 1s within plus or minus 10%
of the market 50" percentile to be within the competitive range. Given the
fact that most of MDU's program elements fall within plus or minus 5% of
the market 50th percentile, we find the overall program to be competitive
and appropriate Therefore, the removal of any of these elements would
represent a competitive shortfall in MDU's ability to attract and retain

qualified executives.

Why is the SISP an important piece of MDU's total compensation
plan?

MDU's total compensation package, including SISP, is currently within the
competitive range of plus or minus 10% of the market 50" percentile
Removal of any piece of the total compensation package would reduce the
competitive position of MDU's compensation package. To remain within
the competitve range of the markets 50" percentile, MDU would
potentially be required to Increase other elements of executive
compensation. Replacement of the SISP benefit with some alternative
form of compensation might actually result in increased costs to provide an
equivalent benefit level. SISP therefore is an important element of a
balanced and competitive compensation package for executive employees
who tend to be experienced employees who consider retirement benefits

an important part of a total compensation package.

Does this conclude your testimony?

Yes.
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Would you please state your name and business address?

Yes. My name is Tamie A. Aberle, and my business address is
400 North Fourth Street, Bismarck, North Dakota 58501.

What is your position with Montana-Dakota Utilities Co.?

| am the Pricing & Tanff Manager in the Regulatory Affairs
Department of Montana-Dakota Utilities Co. (Montana-Dakota), a Division
of MDU Resources Group, Inc.

What are your responsibilities as the Pricing & Tariff Manager?

My responsibilities include the preparation of rate design and
miscellaneous tariff revision filings to ensure that the applicable revenue
requirements are properly recovered from various customer classes via
applicable rate forms. | also administer utility tariffs and rules and regula-
tions effective in each of the jurisdictions in which Montana-Dakota
provides utility service.

Would you please outline your educational and professional background?
| graduated from Moorhead State University, Moorhead, Minnesota

in 1982 with a Bachelor of Science degree in Accounting. | began my

career with Montana-Dakota in 1983 in the Regulatory Affairs Department,

| was promoted to Rate Administration Supervisor in 1990 _and achieved
3 £L.G4-97 Pages 1%
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my present position in May 1999.
Have you testified in other proceedings before regulatory bodies?

Yes. | have previously presented testimony before this
Commussion, the Public Service Commissions of Montana and Wyoming,
and the Public Utilities Commissions of Minnesota and South Dakota.
What is the purpose of your testimony in this proceeding?

The purpose of my testimony is to present the results of the class
cost of service study and to address the effect of the proposed revenue
requirement, as identified by Ms. Mulkern in her direct testimony, on each
of the Company's gas rates, including how the distribution of the revenue
requirement was made among the various classes of customers served.
In addition, my testimony will discuss the extent to which Montana-Dakota
is proposing changes in rate design and/or tariff conditions.

What statements and exhibits are you sponsoring in this proceeding?

| am sponsoring Statement M and Exhibit No. __ (TAA-1) and
Exhibit No. _ (TAA-2). | also sponsor the proposed rate schedules to
be effective on a final basis and the proposed rate schedules appended to
the Application for Interim Rate Relief.

What is the total revenue effect of the proposed gas rate changes?

The proposed interim rates will produce additional revenues of
$1,869,539 or 1.6% annually based on the interim level of test period
sales, while the final proposed rates will produce additional revenues of
$3,334,226 or 2.8% annually based on projected throughput. Exhibit No.
___ (TAA-1) represents summaries by rate classification of the proposed
interim and final revenue increase on pages 1 and 2 respectively. The

exhibit shows the rate number and a description along with the revenues
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calculated under the present and proposed rates. The amount and
percentage increase I1s also shown for the proposed revenue increase.
Would you please explain the embedded class cost of service study
contained in Statement M?

Yes. Turning to Statement M, Schedule M-1, the first report
appearing therein is entitled "Cost of Service by Component." This report
shows the total dollars and unit cost required under each rate if the overall
requested 9.887% rate of return was to be earned for the demand, energy
and customer cost components of each rate schedule.

The next report appearing on Statement M, Schedule M-1, page 4
is entitled "Summary." This report shows the results of all of the
succeeding reports in summary form. Following this summary reportis a
detailed report showing the development of each line on the Summary
Report.

Statement M, Schedule M-2 entitled "Allocation Assignment
Report," is a report that shows how the various allocation factors and
items directly assigned were applied in producing the various reports
shown in Schedule M-1.

Statement M, Schedule M-3 entitled "Allocation Factor Report," is
simply a list of the allocation factors used to produce the various reports
shown in Schedule M-1. By using the Allocation Assignment Report and
the Allocation Factor Report, it can be readily determined how the various
components of revenue, expense, and plant were allocated or assigned
among the classes of service.

The class cost of service study is based on the results for North

Dakota gas operations recorded for the 12 months ended December 31,
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2003 as adjusted to reflect the Projected 2005 test period underlying the
total cost of service in this case.
What were the results of the cost of service study?

The results for the Projected 2005 test year are summarized on
Statement M, Schedule M-1, page 4. The overall North Dakota gas rate
of return based on the projected 2005 overall cost of service is .24%. The

returns by customer class are as shown below:

Residential Service (3 26)%
Firm General Service 269 %
Air Force 2712 %
Small Interruptible 18.91 %
Large Interruptible 39.26 %

For what purpose has the class cost of service study been used?

The study results have been used as a guide in the distribution of
total revenue requirements among customers and for the purpose of
pricing the various components comprising the total rate applicable to
each customer class.

What methodology did you use to apportion the proposed rate increase
among the customer classes?

In designing the proposed rates to reflect the additional revenue
requirements, | have attempted to group the class rates of return more
closely about the overall system return.

Given the disparity between the firm and interruptible class
contributions to the overall return, the proposed increase was allocated to
the Residential and Firm General Service classes only.

How was the proposed interim revenue requirement apportioned among



-—

o © oo N O o h~A W N

15

16

17

18

19

20

21

the customer classes?

The interim revenue increase of $1,871,000 was applied to the
rate classes on a equal percentage basis to the Residential and Firm
General Service classes which is consistent with the revenue allocations
authorized in Case No. PU-399-02-183. The Distribution Delivery Charge
was increased while the Basic Service Charge amounts remain the same
as authorized in Case No. PU-399-02-183. The rate design calculations
supporting the interim rate levels are included in Appendix B attached to
the Application for Interim Increase in Natural Gas Rates.

What 1s the percentage of the proposed interim and final increase by class
of customer?

As shown on Exhibit No. __ (TAA-1), the proposed interim and
final increase to each of the classes is shown in the table below:

Table 1 - % Increase in Revenues

Class Interim Final
Residential 1.7% 3.5%
Firm General Service 1.7% 2.3%
Air Force 0.0% 0.0%
Small Interruptible 0.0% 0.0%
Large Interruptible 0.0% 0.0%

Overall 1.6% 2.8%

What is the effect of the proposed final revenue increase on the class
returns?

The revenue allocation, on a final basis, results in an increase in
the residential class return from (3.26)% to 7.75% and an increase in the
firm general service class return from 2.69% to 11.35%.

How are you proposing to collect the allocated final increase from the

Residential and Firm General Service classes?
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First, | am proposing modest increases to the Basic Service
Charges applicable under each of the firm service rate schedules. The
Basic Service Charge under Residential Rate 60 has been set at $0.30
per day which reflects an average monthly charge of $9.12, an increase of
$.30 per month from the currently effective charge. The Basic Service
Charge applicable to Firm General Service customers with meters rated
less than 500 cubic feet per hour has been set at $0.52 per day and $1.75
per day for customers requiring the larger meters capable of méasuring
gas flows of 500 cubic feet per hour or greater. The resulting average
monthly charges will be $15.81 and $53.20 respectively representing an
increase of $ 61 per month in the Basic Service Charge applicable to
customers using meters rated less than 500 cubic feet per hour and an
increase of $1.52 per month in the Basic Service Charge for customers
requiring meters rated at 500 cubic feet per hour or higher.

The remaining increase in revenues, after taking into account the
revenue increase associated with the changes in the Basic Service
Charge, will be collected through the applicable Distribution Delivery
Charge components.

Would you please explain Exhibit No. __ (TAA-2)?

Yes. Exhibit No. __ (TAA-2) depicts bill comparisons based on
typical monthly consumption levels for an annual period for residential and
firm general service customers. As shown by the comparisons, the

proposed rate structure will result in an average increase of approximately
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$2.62 per month for the typical Residential customer using 110 dk on an
annual basis.

Would you please explain the Distribution Delivery Stabilization
Mechanism tariff you are proposing as part of this rate case?

Yes. A Distribution Delivery Stabilization Mechanism (DDSM) is
being proposed as a means of adjusting customers’ bills to reflect normal
weather. The proposed DDSM Rate 87 tariff specifies the procedure to
be utilized to correct for the over/under collection of distribution delivery
charge revenues due to weather fluctuations during the heating season,
defined as November 1 through March 31. The DDSM will provide a
better matching, with regard to volumes used in the case to determine the
charge per dk necessary to recover the authorized distribution costs and
the collection of distribution revenues. Because the volumes used to
calculate the distribution delivery charge are based on volumes expected
under normal weather conditions, the Company will either over collect
distribution revenues if weather is colder than normal or under collect
distribution revenues if weather is warmer than normal. As described in
the proposed tariff (Rate 87), A DDSM will be determined for each rate
schedule subject to the DDSM and shall be expressed as rate per dk.
Monthly bills beginning with the first billing cycle following May 1, 2005
and each May 1* thereafter, will be adjusted (decreased or increased) by
the application of a DDSM rate computed in accordance with the

procedures based on temperature conditions for the winter heating
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season beginning November 1, 2004 ending March 31, 2005, and each
heating season thereafter, compared to normal temperature levels
established in the most recent general rate case. The DDSM rate will be
stated as a surcharge or credit on all rate schedules to which the DDSM is
applicable. A DDSM rate will be computed for each applicable rate
schedule to be effective for a period of one year. Following the initial one-
year term, and annually thereafter, the DDSM rate calculation will include
any over or under collection of DDSM revenue from the precedi'ng twelve-
month recovery period. If weather is colder than normal the DDSM will be
a credit adjustment and reduce customers’ bills. If weather is warmer
than normal the DDSM will be a positive adjustment and increase

customers’ bills.

Would you please briefly describe other changes made to the Company's
gas tanff?

Yes, following is a description of other changes the Company is

proposing to make to its gas tariff:

e A provision regarding standby service has been added to the
Residential and Firm General Service rate schedules. As
noted, natural gas service provided by Montana-Dakota is not to
be used as a standby fuel source. Customers who do so are
not adequately contributing toward fixed cost recovery because
a substantial portion of the Company’s fixed distribution costs

are recovered through the Distribution Delivery Charge and
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therefore dependent upon a customer actually using natural gas
volumes. In other words, customers utilizing natural gas service
as a standby energy source are causing increased peak
demand without the typical annual consumption associated with
a heating customer. The proposed standby charge of $8 00 per
month for residential customers and $15.00 per month for firm
general service customers was designed to recover the fixed
customer and distribution demand related costs not recovered
through the Basic Service Charge. Any larger Firm General
Service customer, defined as a customer using a meter rated
greater than 500 cubic feet per hour, will be charged an amount
for applicable pipeline demand and storage costs based on the
customer’s potential maximum daily demand, in addition to the

monthly fixed charge of $15.00.

In the last case (PU-399-02-183) the reconnection fees for
customers that reconnect service at the same location where
service was disconnected by the same customer during the
preceding 12-month period was tied to the Basic Service
Charge that would have been applied during the period the
customer was out of service. As a refinement to that process,
the Company is proposing to provide seasonal business
concerns such as irrigation, grain drying and asphalt processing

a credit for distribution revenues contributed during the time in
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service in order to recognize that while not connected for a full
12-month period, the seasonal business customers typically use
volumes of gas equal to or greater than a typical firm general
service customer although in a shorter time frame. Given a
substantial portion of the company'’s fixed costs are recovered
through the distribution delivery or commodity charge it is
appropriate to recognize volumes used when determining the
appropriate reconnection charge for the seasonal buéiness

customer.

Minor changes which are self explanatory have been made to
the majority of the rate schedules. These changes are clearly

denoted on the tariff sheets reflecting the legislative format.

Does this conclude your direct testimony?

Yes, it does.

10



MONTANA-DAKOTA UTILITIES CO.

REVENUES UNDER CURRENT AND PROPOSED RATES

GAS UTILITY - NORTH DAKOTA

Proposed Interim Rates

Total Proposed
Projected 2004 Proposed Revenue Percent Increase

Customer Class/Rate Customers Dk Revenue Revenue Increase Increase per Dk
Residential - Rate 60 74,149 8,150,298 $66,710,124 $67,834,865 $1,124,741 17% $0 138
Firm General Service - Rate 70 11,470 5,773,626 44,197,944 44,942 742 744,798 17% 0129
Air Force - Rate 64

Firm 1 37,297 252,218 252,218 0 00% 0 000

Interruptible 2 842,568 4,734,108 4,734,108 0 00% 0 000
Total Arr Force 3 879,865 4,986,326 4,986,326 0 0 0% 0 000
Small Interruptible

Sales - Rate 71 82 570,263 3,481,200 00% 0 000

Transport - Rate 81 57 703,084 401,449 0 0% 0 000
Total Small Interruptible 139 1,273,347 3,882,649 3,882,649 0 00% 0 000
Large Interruptible

Sales - Rate 85 0 0 0

Transport - Rate 82 10 2,229,392 381,588
Total Large Interruptible 10 2,229,392 381,588 381,588 0 00% 0000
Total North Dakota 85,771 18,306,528 $120,158,631 $122,028,170 $1,869,539 1 6%
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MONTANA-DAKOTA UTILITIES CO.

REVENUES UNDER CURRENT AND PROPOSED RATES

GAS UTILITY - NORTH DAKOTA

Proposed Final Rates
Total Proposed
Projected 2005 Proposed Revenue Percent

Customer Class/Rate Customers Dk Revenue Revenue Increase Increase
Residential - Rate 60 74,919 8,152,728 $66,809,177 $69,145,273 $2,336,096 35%
Firm General Service - Rate 70 11,532 5,747,216 44,030,409 45,028,539 998,130 2.3%
Air Force - Rate 64

Firm 1 37,297 252,218 252,218 0 0 0%

Interruptible 2 842,568 4,734,108 4,734,108 0 0.0%
Total Air Force 3 879,865 4,986,326 4,986,326 0 0.0%
Small Interruptible

Sales - Rate 71 82 570,263 3,481,200 00%

Transport - Rate 81 57 703,084 401,449 0 0%
Total Small Interruptible 139 1,273,347 3,882,649 3,882,649 0 00%
Large Interruptible

Sales - Rate 85 0 0 0

Transport - Rate 82 10 2,229,392 381,588
Total Large Interruptible 10 2,229,392 381,588 381,588 0 0 0%
Total North Dakota 86,603 18,282,548 $120,090,149 $123,424,375 $3,334,226 2 8%
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Case No.

Exhibit No (TAA-2)
Page 10of 3
MONTANA-DAKOTA UTILITIES CO.
GAS UTILITY - NORTH DAKOTA
RATE 60 BILL COMPARISON
RESIDENTIAL GAS SERVICE
Present Proposed Amount of %
Month Dk Rate Rate Increase Increase

January 19 $147 58 $152 69 $5.11 3 46%
February 14 110.24 114 06 382 347%
March 14 111.11 114 96 385 347%
April 9 74 35 76 92 2.57 3 46%
May 6 5275 54 58 1.83 347%
June 3 30 58 3164 106 347%
July 2 23 58 24 39 081 3 44%
August 2 23 58 24.39 081 3 44%
September 4 37 88 3919 1.31 3 46%
October 8 67.34 69 68 234 3.47%
November 12 96 23 99 56 3.33 3 46%
December 17 132 99 137 60 4 61 347%
Total 110 $908 21 $939 66 $31 45 3 46%
Average Increase per Month $2 62

RATE 60 Current 1/ Proposed 2

Basic Delivery Charge $0 29 $0 30

Distribution Delivery $0 641 $0 894

Cost of Gas 6 653 $6 653

1/ Rate effective February 1, 2004
2/ Includes February 2004 cost of gas



Case No.
ExhibitNo. __ (TAA-2)
Page 2 of 3

MONTANA-DAKOTA UTILITIES CO.
GAS UTILITY - NORTH DAKOTA
RATE 70 BILL COMPARISON
FIRM GENERAL GAS SERVICE (<500 Cubic Feet Per Hour Meters)

PRESENT PROPOSED AMOUNT OF %

MONTH DK RATE RATE INCREASE INCREASE
January 51 $378 93 $387 35 $8 42 2.22%
February 39 291 91 298.44 6 53 2 24%
March 39 293 41 300 00 6 59 2 25%
April 24 186 02 190 30 428 2 30%
May 15 122 39 125 31 292 2.39%
June 9 79 13 81 11 198 2 50%
July 6 58 26 5979 153 2 63%
August 6 58.26 59.79 1.53 2 63%
September 12 100 51 102 95 244 243%
October 21 165 15 168.98 383 2 32%
November 33 250 16 255 81 565 2 26%
December 45 336 17 343 68 7 51 223%
Total 300 $2,320 30 $2,373 51 $53 21 22%%
RATE 70 Current 1/ Proposed 2/
Bastc Delivery Charge $0 50 $0 52
Distribution Delivery $0473 $0 626
Cost of Gas 6 653 $6 653

1/ Rate effective February 1, 2004
2/ Includes February 2004 cost of gas



Case No
Exhibit No (TAA-2)
Page 3 of 3

MONTANA-DAKOTA UTILITIES CO.
GAS UTILITY - NORTH DAKOTA
RATE 70 BILL COMPARISON
FIRM GENERAL GAS SERVICE (> 500 Cubic Feet Per Hour Meters)

PRESENT PROPOSED AMOUNT OF %

MONTH DK RATE RATE INCREASE INCREASE
January 153 $1,142 98 $1,167.94 $24.96 2.18%
February 117 881 34 900.64 19 30 219%
March 117 886 44 905 89 19.45 219%
April 72 564 07 576 59 12.52 222%
May 45 37337 381 81 8 44 2 26%
June 27 243 40 249 03 563 231%
July 18 180 97 185.27 430 238%
August 18 180 97 185 27 430 2 38%
September 36 307.54 314 54 7.00 228%
October 63 501 64 512 83 11.19 223%
November 99 756 47 77312 16 65 2.20%
December 135 1,014 71 1,036.92 22 21 2 19%
Total 900 $7,033 90 $7,189 85 $155 95 222%
RATE 70 Current 1/ Proposed 2/
Basic Delivery Charge $170 $1.75
Distribution Delivery $0.473 $0 626
Cost of Gas 6 653 $6 653

1/ Rate effective February 1, 2004
2/ Includes February 2004 cost of gas
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Case No
Statement A
Page 1 of 2

MDU RESOURCES GROUP, INC.
NONCONSOLIDATED BALANCE SHEET
DECEMBER 31, 2002 AND
DECEMBER 31, 2003

2002 2003
Assets and Other Debits
Utility Plant $845,518,266 $881,126,491
Construction Work in Progress 18,641,586 11,357,572
Less Acc Provision for Depreciation and Amortization 496,483,634 512,484,759
Net Utility Plant 367,676,218 379,999,304
Gas Stored Underground - Noncurrent 1,913,520 2,361,258
Other Property and Investments
Nonutility Property 174,544 1,036,084
(Less) Accum Prov for Depr And Amort 79,695 353,568
Investment in Subsidiary Companies 1,130,703,822 1,278,850,163
Other investments 26,757,835 22,254,889

Net Other Property and Investments

Current and Accrued Assets

1,157,556,506

1,301,787,568

Cash 5,859,888 861,378
Special Deposits 1,200 1,200
Working Fund 130,965 15,965
Temporary Cash Investments 3,297,879 8,529,412
Customer Accounts Recelvable 28,398,322 37,004,255
Other Accounts Receivable 2,365,820 3,987,038
(Less) Accum Prov For Uncollectible Acct - Credit 241,038 319,419
Accounts Receivable from Assoc Companies 16,147,799 17,473,063
Fuel Stock 2,233,437 2,753,765
Piant Materials and Operating Supplies 5,894,011 6,197,652
Merchandise 1,012,624 1,139,740
Gas Stored Underground - Current 15,322,047 18,438,454
Prepayments 7,220,656 8,839,446
Interest and Dividends Receivable
Accured Utility Revenues 20,628,893 27,625,923
Miscelianeous Current and Accrued Assets 57,814 117,438
Total Current and Accrued Assets 108,430,317 132,665,310
Deferred Debits
Unamortized Debt Expenses 1,123,696 1,533,592
Other Regulatory Assets 3,651,680 4,744,491
Prelim Survey and Investigation Charges (Electric) 1,686,727 1,127,322
Clearing Accounts (40,451) (124,215)
Miscellaneous Deferred Debits 19,360,006 22,910,284
Unamortized Loss on Reaquired Debt 5,627,511 4,518,768
Accumulated Deferred Income Taxes 20,176,715 21,238,378
Unrecovered Purchased Gas Costs (2,396,235) 10,518,527
Total Deferred Debits 49,189,649 66,467,147

Total Assets and Other Debits

$1,684,766,210

$1,883,280,587




Case No

Statement A

Page 2 of 2
MDU RESOURCES GROUP, INC.
NONCONSOLIDATED BALANCE SHEET
DECEMBER 31, 2002 AND
DECEMBER 31, 2003
2002 2003
Liabilities and Other Credits

Proprietary Capital

Common Stock Issued $74,282,038 $113,716,632
Preferred Stock Issued 16,300,000 16,200,000
Premium on Capital Stock 751,331,277 761,023,634
(Less) Capital Stock Expense 3,236,160 3,236,160
Retained Earnings 44,231,211 47,203,550
Unappropriated Undistributed Sub Earnings 430,566,718 528,082,638
Accumulated Other Comprehensive Income (9,803,865) (7,528,653)

Total Proprietary Capital

Long-Term Debt

1,303,671,219

1,455,461,641

Bonds 130,850,000 160,850,000
Other Long-Term Debt 52,000,000 41,500,000
(Less) Unamortized Discount on Long-Term Debt-Debit 41,116 36,671
Total Long-Term Debt 182,808,884 202,313,329
Other Noncurrent Liabilities
Accumulated Provision for Injuiries and Damages 1,415,463 1,017,175
Accumulated Provision for Pensions and Benefits 24,086,968 29,785,661
Accumulated Provision for Rate Refunds 67,067 299,228
Asset Retirement Obligations 0 602,589
Total Other Noncurrent Liabilities 25,569,498 31,704,653
Current and Accrued Liabilities
Notes Payable 8,000,000 0
Accounts Payable 18,828,269 26,572,779
Accounts Payable to Associated Companies 5,882,199 7,113,407
Customer Deposits 1,472,979 1,584,497
Taxed Accrued (464,747) 10,323,491
Interest Accrued 2,212,959 2,307,669
Dividends Declared 17,959,379 19,458,320
Tax Collections Payable 1,210,339 1,662,094
Miscellaneous Current and Accrued Liabilities 10,489,414 10,665,144
Total Current and Accrued Assets 65,590,791 79,687,401
Deferred Debits
Customer Advances for Construction 1,533,151 1,284,167
Accumulated Deferred Investment Tax Credit 3,058,287 2,461,954
Other Deferred Credits 14,584,248 16,816,218
Other Regulatory Liabilities 15,563,924 15,633,652
Accumulated Deferred Income Taxes 72,386,208 77,917,572
Total Deferred Credits 107,125,818 114,113,563

Total Liabilities and Equity

$1,684,766,210

$1,883,280,587
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MDU RESOURCES GROUP, INC.
NOTES TO CONSOLIDATED FINANCIAL STATEMENTS

NOTE 1

Summary of Significant Accounting Policies

Basis of presentation

The consolidated financial statements of MDU Resources Group, Inc. and
its subsidiaries (Company) include the accounts of the following
businesses: electric, natural gas distribution, utility services,
pipeline and energy services, natural gas and oil production,
construction materials and mining, and independent power production and
other. The electric, natural gas distribution, and pipeline and energy
services businesses are substantially all regulated. Utility services,
natural gas and oil production, construction materials and mining, and
1independent power production and other are nonregulated. For further
descriptions of the Company’s businesses, see Note 14. The statements
also include the ownership interests in the assets, liabilities and
expenses of two jointly owned electric generation stations.

The Company uses the equity method of accounting for certain investments
including its 49 percent interest in MPX Particaipacoes, Ltda. (MPX),
which was formed to develop electric generation and transmission, steam
generation, power equipment and coal mining projects in Brazil. For
more information on the Company's equity i1nvestments, see new accounting
standards in Note 1, as well as Note 2.

The Company's regulated businesses are subject to various state and
federal agency regulation. The accounting policies followed by these
businesses are generally subject to the Uniform System of Accounts of
the Federal Energy Regulatory Commission (FERC). These accounting
policies differ in some respects from those used by the Company's
nonregulated businesses.

The Company's regulated businesses account for certain income and
expense 1tems under the provisions of Statement of Financial Accounting
Standards (SFAS) No. 71, "Accounting for the Effects of Regulation."
SFAS No. 71 requires these businesses to defer as regulatory assets or
liabilities certain items that would have otherwise been reflected as
expense or income, respectively, based on the expected regulatory
treatment in future rates. The expected recovery or flowback of these
deferred items generally is based on specific ratemaking decisions or
precedent for each item. Regulatory assets and liabilities are being
amortized consistently with the regulatory treatment established by the
FERC and the applicable state public service commissions. See Note 4
for more information regarding the nature and amounts of these
regulatory deferrals.

Prior to the sale of the Company’s coal operations in 2001, as discussed
in Note 14, intercompany coal sales, which were made at prices
approximately the same as those charged to others, and the related
utility fuel purchases were not eliminated in accordance with the
provisions of SFAS No. 71. All other significant intercompany balances
and transactions have been eliminated in consolidation.

1



Cash and cash equivalents
The Company considers all highly liquid investments purchased. with an
original maturity of three months or less to be cash equivalents.

Allowance for doubtful accounts
The Company’'s allowance for doubtful accounts as of December 31, 2003
and 2002, was $8.1 million and $8.2 million, respectively.

Natural gas in underground storage

Natural gas in underground storage for the Company's regulated
operations is carried at cost using the last-in, first-out method. The
portion of the cost of natural gas in underground storage expected to be
used within one year was included in inventories and amounted to $19.6
million at December 31, 2003, and $18.2 million at December 31, 2002.
The remainder of natural gas in underground storage was 1included in
other assets and was $42.6 million at December 31, 2003, and $42.2
million at December 31, 2002.

Inventories

Inventories, other than natural gas in underground storage for the
Company’s regulated operations, consisted primarily of aggregates held
for resale of $54.7 million and $39.6 million, materials and supplies of
$27.2 million and $23.0 million, and other inventories of $12.6 million
and $12.3 million, as of December 31, 2003 and 2002, respectively.

These inventories were stated at the lower of average cost or market.

Property, plant and equipment

Additions to property, plant and equipment are recorded at cost when
first placed in service. Acquired aggregate reserves at the Company's
construction materials and mining business are classified based on type
of ownership. Owned mineral rights are classified as property, plant
and equipment, whereas leased mineral rights are classified as other
intangible assets, net. For more information on other intangible
assets, net, see Note 3. When regulated assets are retired, or
otherwise disposed of in the ordinary course of business, the original
cost of the asset 1s charged to accumulated depreciation. With respect
to the retirement or disposal of all other assets, except for natural
gas and oil production properties as described in natural gas and oil
properties in Note 1, the resulting gains or losses are recognized as a
component of income. The Company is permitted to capitalize an
allowance for funds used during construction (AFUDC) on regulated
construction projects and to include such amounts 1in rate base when the
related facilities are placed in service. In addition, the Company
capitalizes interest, when applicable, on certain construction projects
associated with its other operations. The amount of AFUDC and interest
capitalized was $7.4 million, $7.6 million and $6.6 million in 2003,
2002 and 2001, respectively. Generally, property, plant and equipment
are depreciated on a straight-line basis over the average useful lives
of the assets, except for depletable reserves, which are depleted based
on the units-of-production method based on recoverable deposits, and
natural gas and oil production properties, which are amortized on the
units-of-production method based on total reserves.



Property, plant and equipment at December 31, 2003 and 2002, was as
follows:

Estimated
Depreciable

2003

2002

Life

in Years

Regulated:
Electraic:
Electric generation, distribution

(Dollars in thousands,

and transmission plant $ 639,893 S 619,230
Natural gas distribution:
Natural gas distribution plant 252,591 244,930
Pipeline and energy services:
Natural gas transmission,
gathering and storage
facilities 340,841 262,971
Nonregulated:
Utility services:
Land 2,505 2,601
Buildings and improvements 10,123 8,768
Machinery, vehicles and equipment 58,843 54,833
Other 5,400 4,458
Pipeline and energy services:
Natural gas gathering
and other facilities 119,613 108,179
Energy services 1,339 1,270
Natural gas and oil production:
Natural gas and oil properties 862,839 748,843
Other 8,518 6,945
Construction materials and mining:
Land 89,545 85,376
Buildings and improvements 48,907 43,144
Machinery, vehicles and equipment 569,295 493,349
Construction in progress 14,392 10,151
Depletable reserves 171,841 172,235
Independent power production and
other:
Electric generation 153,947 58,000
Construction i1n progress 29,805 19,342
Land 2,001 2,001
Other 15,381 15,182
Less accumulated depreciation,
depletion and amortization 1,175,326 1,019,438
Net property, plant and equipment $2,222,293 $1,942,370

as applicable)

5-30

3-20



(a) Amortized on the units-of-production method based on total proved
reserves at an Mcf equivalent rate of $.89, $.80, and $.78 for the
years ended December 31, 2003, 2002 and 2001, respectively.
Includes natural gas and oil production properties accounted for
under the full-cost method, of which $104,339 and $§145,692 were
excluded from amortization at December 31, 2003 and 2002,
respectively.

(b) Depleted based on the units-of-production method based on
recoverable deposits.

Impairment of long-lived assets

The Company reviews the carrying values of its long-lived assets,
excluding goodwill, whenever events or changes 1in circumstances indicate
that such carrying values may not be recoverable. The determination of
whether an i1mpairment has occurred is based on an estimate of
undiscounted future cash flows attributable to the assets, compared to
the carrying value of the assets. If an impairment has occurred, the
amount of the impairment recognized 1is determined by estimating the fair
value of the assets and recording a loss if the carrying value is
greater than the fair value. No long-lived assets have been impaired
and, accordingly, no impairment losses have been recorded in 2003, 2002
and 2001. Unforeseen events and changes in circumstances could require
the recognition of other impairment losses at some future date.

Goodwill

Goodwill represents the excess of the purchase price over the fair value
of 1dentifiable net tangible and intangible assets acquired in a
business combination. On January 1, 2002, the Company adopted SFAS No.
142, "Goodwill and Other Intangibles," and ceased amortization of its
goodwill. Goodwill is required to be tested for i1mpairment annually or
more frequently 1f events or changes in circumstances indicate that
goodwill may be impaired. In accordance with SFAS No. 142, the Company
performed its transitional goodwill impairment testing as of January 1,
2002, and performed its annual goodwill impairment testing as of

October 31, 2003 and 2002, and determined that no impairments existed at
those dates. Therefore, no impairment loss has been recorded for the
years ended December 31, 2003 and 2002. For more information on
goodwill, see Note 3.

Natural gas and oil properties

The Company uses the full-cost method of accounting for its natural gas
and oil production activities. Under this method, all costs incurred in
the acquisition, exploration and development of natural gas and oil
properties are capitalized and amortized on the units-of-production
method based on total proved reserves. Any conveyances of properties,
including gains or losses on abandonments of properties, are treated as
adjustments to the cost of the properties with no gain or loss
recognized. Capitalized costs are subject to a "ceiling test" that
limits such costs to the aggregate of the present value of future net
revenues of proved reserves based on single point-in-time spot market
prices, as mandated under the rules of the Securities and Exchange
Commission, and the lower of cost or fair value of unproved properties.



Future net revenue is estimated based on end-of-quarter spot market
prices adjusted for contracted price changes. If capitalized costs
exceed the full-cost ceiling at the end of any gquarter, a permanent
noncash write-down 1s required to be charged to earnings in that quarter
unless subsequent price changes eliminate or reduce an indicated write-
down.

At December 31, 2003 and 2002, the Company’s full-cost ceiling exceeded
the Company’s capitalized cost. However, sustained downward movements
in natural gas and oil prices subsequent to December 31, 2003, could
result i1n a future write-down of the Company’s natural gas and o1l
properties.

The following table summarizes the Company’s natural gas and oil
properties not subject to amortization at December 31, 2003, 1n total
and by year in which such costs were incurred:

Year Costs Incurred

2000
Total 2003 2002 2001 and prior
(In thousands)

Acguisition $ 48,355 S 630 $17,108 S--- $30,617

Development 359,160 28,351 5,120 -—- 5,689

Exploration 4,885 4,828 --- 23 34

Capitalized interest 11,939 5,642 6,297 --- ---
Total costs not subject

to amortization $104,339 $39,451 $28,525 S 23 $36,340

Costs not subject to amortization as of December 31, 2003, consisted
primarily of lease acquisition costs, unevaluated drilling costs and
capitalized interest associated with coalbed development in the Powder
River Basin of Montana and Wyoming. The Company expects that the
majority of these costs will be evaluated over the next three- to five-
year period and included in the amortization base as the properties are
developed and evaluated and proved reserves are established or
impairment 1s determined.

Revenue recognition

Revenue is recognized when the earnings process is complete, as
evidenced by an agreement between the customer and the Company, when
delivery has occurred or services have been rendered, when the fee 1s
fixed or determinable and when collection is probable. The Company
recognizes utility revenue each month based on the services provided to
all utility customers during the month. The Company recognizes
construction contract revenue at its construction businesses using the
percentage-of-completion method as discussed later. The Company
recognizes revenue from natural gas and oil production activities only
on that portion of production sold and allocable to the Company's
ownership interest in the related well. Revenues at the independent
power production operations are recognized based on electricity
delivered and capacity provided, pursuant to contractual commitments.
The Company recognizes all other revenues when services are rendered or



goods are delivered.

Percentage-of-completion method

The Company recognizes construction contract revenue from fixed price
and modified fixed price construction contracts at its construction
businesses using the percentage-of-completion method, measured by the
percentage of costs incurred to date to estimated total costs for each
contract. Costs 1n excess of billings on uncompleted contracts of $31.8
million and $19.4 million for the years ended December 31, 2003 and
2002, respectively, represents revenues recognized 1in excess of amounts
billed and was included in receivables, net. Billings in excess of
costs on uncompleted contracts of $20.4 million and $24.5 million for
the years ended December 31, 2003 and 2002, respectively, represents
billings in excess of revenues recognized and was included 1in accounts
payable. Also included in receivables, net were amounts representing
balances billed but not paid by customers under retainage provisions in
contracts that amounted to $34.3 million and $25.6 million asg of
December 31, 2003 and 2002, respectively, which are expected to be paid
within one year or less.

Derivative instruments

The Company’'s policy allows the use of derivative instruments as part of
an overall energy price, foreign currency and interest rate risk
management program to efficiently manage and minimize commodity price,
foreign currency and interest rate risk. The Company’s policy prohibits
the use of derivative instruments for speculating to take advantage of
market trends and conditions and the Company has procedures in place to
monitor compliance with its policies. The Company is exposed to credit-
related losses in relation to derivative instruments in the event of
nonperformance by counterparties. The Company’s policy reguires
settlement of natural gas and o1l price derivative instruments monthly
and all interest rate derivative transactions must be settled over a
period that will not exceed 90 days, and any foreign currency derivative
transaction settlement periods may not exceed a 12-month period. The
Company has policies and procedures that management believes minimize
credit-risk exposure. These policies and procedures include an
evaluation of potential counterparties’ credit ratings and credit
exposure limitations. Accordingly, the Company does not anticipate any
material effect to 1ts financial position or results of operations as a
result of nonperformance by counterpartaies.

Advertising

The Company expenses advertising costs as incurred and the amount of
advertising expense for the years 2003, 2002 and 2001, was $3.9 million,
$3.4 million and $2.9 million, respectively.

Natural gas costs recoverable or refundable through rate adjustments
Under the terms of certain orders of the applicable state public service
commissions, the Company is deferring natural gas commodity,
transportation and storage costs that are greater or less than amounts
presently being recovered through its existing rate schedules. Such
orders generally provide that these amounts are recoverable or
refundable through rate adjustments within a period ranging from 24
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months to 28 months from the time such costs are paid. Natural gas
costs recoverable through rate adjustments amounted to $10.5 million at
December 31, 2003, which 1s included in prepayments and other current
assets. Natural gas costs refundable through rate adjustments amounted
to $2.4 million at December 31, 2002, which 18 included in other accrued
liabilities.

Insurance

Certain subsidiaries of the Company are insured for workers'’
compensation losses, subject to deductibles ranging up to $500,000 per
occurrence. Automobile liability and general liability losses are
insured, subject to deductibles ranging up to $500,000 per accident or
occurrence. These subsidiaries have excess coverage on a claims first-
made basis beyond the deductible levels. The subsidiaries of the
Company are retaining losses up to the deductible amounts accrued on the
basis of estimates of liability for claims incurred and claims incurred
but not reported.

Other income - net
Other income - net consisted of the following:

Years ended December 31, 2003 2002 2001
(In thousands)
Interest and dividend income $ 6,722 S 8,160 S 5,734
Earnings from equity method
investments (Note 2) 5,968 1,341 154
Other income 9,517 4,071 20,933
Total other income - net $22,207 $13,572 $26,821

Income taxes

The Company provides deferred federal and state income taxes on all
temporary differences between the book and tax basis of the Company’s
assets and liabilities. Excess deferred income tax balances associated
with the Company’s rate-regulated activities resulting from the
Company's adoption of SFAS No. 109, "Accounting for Income Taxes," have
been recorded as a regulatory liability and are included in other
liabilities. These regulatory liabilities are expected to be reflected
as a reduction in future rates charged to customers in accordance with
applicable regulatory procedures.

The Company uses the deferral method of accounting for investment tax
credits and amortizes the credits on electric and natural gas
distribution plant over various periods that conform to the ratemaking
treatment prescribed by the applicable state public service commissions.



Foreign currency translation adjustment

The functional currency of the Company’s investment in a 220-megawatt
natural gas-fired electric generating facility in Brazil, as further
discussed in Note 2, 1s the Brazilian real. Translation from the
Brazilian real to the U.S. dollar for assets and liabilities 1is
performed using the exchange rate in effect at the balance sheet date.
Revenues and expenses have been translated using the weighted average
exchange rate for each month prevailing during the period reported.
Adjustments resulting from such translations are reported as a separate
component of other comprehensive income (loss) in common stockholders’
equity.

Transaction gains and losses resulting from the effect of exchange rate
changes on transactions denominated in a currency other than the
functional currency of the reporting entity are recorded in income.

Common stock split
On August 14, 2003, the Company's Board of Directors approved a three-
for-two common stock split. For more information on the common stock
split, see Note 11.

Earnings per common share

Basic earnings per common share were computed by dividing earnings on
common stock by the weighted average number of shares of common stock
outstanding during the year. Diluted earnings per common share were
computed by dividing earnings on common stock by the total of the
weighted average number of shares of common stock outstanding during the
year, plus the effect of outstanding stock options, restricted stock
grants and performance share awards. For the years ended December 31,
2003, 2002 and 2001, 209,805 shares, 3,674,925 shares and 225,945
shares, respectively, with an average exercise price of $24.56, $20.08
and $24.57, respectaively, attributable to the exercise of outstanding
options, were excluded from the calculation of diluted earnings per
share because their effect was antidilutive. For the years ended
December 31, 2003, 2002 and 2001, no adjustments were made to reported
earnings in the computation of earnings per share. Common stock
outstanding includes issued shares less shares held in treasury.

Stock-based compensation

The Company has stock option plans for directors, key employees and
employees. In 2003, the Company adopted the fair value recognition
provisions of SFAS No. 123, "Accounting for Stock-Based Compensation, "
and began expensing the fair market value of stock options for all
awards granted on or after January 1, 2003. Compensation expense
recognized for awards granted on or after January 1, 2003, for the year
ended December 31, 2003, was $41,000 (after tax).

As permitted by SFAS No. 148, "Accounting for Stock-Based Compensation -

Transition and Disclosure - an amendment of SFAS No. 123," the Company
accounts for stock options granted prior to January 1, 2003, under APB
Opinion No. 25, "Accounting for Stock Issued to Employees." No

compensation expense has been recognized for stock options granted prior
to January 1, 2003, as the options granted had an exercise price equal
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to the market value of the underlying common stock on the date of the
grant.

Since the Company adopted SFAS No. 123 effective January 1, 2003, for
newly granted options only, the following table illustrates the effect
on earnings and earnings per common share for the years ended

December 31, 2003, 2002 and 2001, as if the Company had applied SFAS No.
123 and recognized compensation expense for all outstanding and unvested
stock options based on the fair value at the date of grant:



2003 2002 2001

(In thousands, except per share amounts)

Earnings on common stock, as

reported $174,607 $147,688 $155,087
Stock-based compensation expense

included i1in reported earnings,

net of related tax effects 41 --- ---
Total stock-based compensation

expense determined under fair

value method for all awards,

net of related tax effects (2,139) (2,862) (3,799)
Pro forma earnings on common stock $172,509 $144,826 $151,288
Earnings per common share -- basic --

as reported:
Earnings before cumulative effect

of accounting change $ 1.64 S 1.39 S 1.54
Cumulative effect of accounting
change (.07) --- ---
Earnings per common share -- basic S 1.57 S 1.39 S 1.54
Earnings per common share -- basic --

pro forma:
Earnings before cumulative effect

of accounting change S 1.62 S 1.36 $ 1.50
Cumulative effect of accounting
change (.07) - ---
Earnings per common share —-- basic $ 1.55 S 1.36 S 1.50
Earnings per common share -- diluted

-- as reported:
Earnings before cumulative effect

of accounting change $ 1.62 $ 1.38 S 1.52
Cumulative effect of accounting
change (.07) --- ---
Earnings per common share --
diluted $ 1.55 $ 1.38 S 1.52
Earnings per common share -- diluted

-- pro forma:
Earnings before cumulative effect

of accounting change $ 1.60 S 1.36 S 1.49
Cumulative effect of accounting
change (.07) --- ---
Earnings per common share --
diluted S 1.53 S 1.36 S 1.49

For more information on the Company's stock-based compensation, see
Note 12.
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Use of estimates

The preparation of financial statements in conformity with accounting
principles generally accepted in the United States of America requires
the Company tc make estimates and assumptions that affect the reported
amounts of assets and liabilities and disclosure of contingent assets
and liabalities at the date of the financial statements and the reported
amounts of revenues and expenses during the reporting period. Estimates
are used for items such as i1mpairment testing of long-lived assets,
goodwill and natural gas and oil properties; fair values of acgquired
assets and liabilities under the purchase method of accounting; natural
gas and oil reserves; property depreciable lives; tax provisions;
uncollectible accounts; environmental and other loss contingencies;
accumulated provision for revenues subject to refund; costs on
construction contracts; unbilled revenues; actuarially determined
benefit costs; asset retirement obligations; the valuation of stock-
based compensation; and the fair value of derivative instruments,
including the fair value of an embedded derivative in a power purchase
agreement related to an equity method investment in Brazil, as discussed
in Note 2. As additional information becomes available, or actual
amounts are determinable, the recorded estimates are revised.
Consequently, operating results can be affected by revisions to prior
accounting estimates.

Cash flow information
Cash expenditures for interest and income taxes were as follows:

Years ended December 31, 2003 2002 2001
(In thousands)

Interest, net of amount capitalized $47,474 $37,788 S$42,267

Income taxes $31,737 $60,988 $75,284

Reclassifications

The Consolidated Statements of Income have been reclassified to include
additional disclosures relating to the components comprising operating
revenues and operation and maintenance expense.

Certain other reclassifications have been made in the financial
statements for prior years to conform to the current presentation. Such
reclassifications had no effect on net income or stockholders’ equity as
previously reported.

New accounting standards

The Company has stock option plans for directors, key employees and
employees. In 2003, the Company adopted the fair value recognition
provisions of SFAS No. 123, and began expensing the fair market value of
stock options for all awards granted on or after January 1, 2003.

For a discussion of the effect of the adoption of the fair value
recognition provisions of SFAS No. 123 on earnings and earnings per
share, see stock-based compensation in Note 1.

In June 2001, the Financial Accounting Standards Board (FASB) approved
SFAS No. 143, "Accounting for Asset Retirement Obligations." SFAS No.
143 requires entities to record the fair value of a liability for an
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asset retirement obligation in the period in which it 1s incurred. When
the liability is initially recorded, the entity capitalizes a cost by
increasing the carrying amount of the related long-lived asset. Over
time, the liability is accreted to its present value each period, and
the capitalized cost is depreciated over the useful life of the related
asset. Upon settlement of the liability, an entity either settles the
obligation for the recorded amount or incurs a gain or loss. SFAS No.
143 1s effective for fiscal years beginning after June 15, 2002. For
more information on the adoption of SFAS No. 143, see Note 9.

In April 2002, the FASB approved SFAS No. 145, "Rescission of FASB
Statements No. 4, 44 and 64, Amendment of FASB Statement No. 13, and

Technical Corrections." FASB No. 4 required all gains or losses from
extinguishment of debt to be classified as extraordinary items net of
income taxes. SFAS No. 145 requires that gains and losses from

extinguishment of debt be evaluated under the provisions of APB Opinion
No. 30, and be classified as ordinary items unless they are unusual or
infrequent or meet the specific criteria for treatment as an
extraordinary item. SFAS No. 145 1s effective for fiscal years
beginning after May 15, 2002. The adoption of SFAS No. 145 did not have
a material effect on the Company's financial position or results of
operations.

In November 2002, the FASB issued FASB Interpretation No. 45,
"Guarantor's Accounting and Disclosure Requirements for Guarantees,
Including Indirect Guarantees of Indebtedness of Others" (FIN 45).

FIN 45 clarifies the disclosures to be made by a guarantor in its
interim and annual financial statements about its obligations under
certain guarantees that it has 1ssued. FIN 45 also requires a guarantor
to recognize, at the inception of a guarantee, a liability for the fair
value of the obligation undertaken in i1ssuing certain types of
guarantees. Certain types of guarantees are not subject to the initaial
recognition and measurement provisions of FIN 45 but are subject to 1its
disclosure requirements. The initial recognition and initial
measurement provisions of FIN 45 are applicable on a prospective basis
to guarantees issued or modified after December 31, 2002, regardless of
the guarantor's fiscal year-end. The guarantor's previous accounting
for guarantees issued prior to the date of the initial application of
FIN 45 1s not required to be revised or restated. The disclosure
requirements i1n FIN 45 are effective for financial statements of interam
or annual periods ended after December 15, 2002. The Company 1is
applying the initial recognition and i1nitial measurement provisions of
FIN 45 to guarantees issued or modified after December 31, 2002. For
more information on the Company's guarantees and the disclosure
requirements of FIN 45, as applicable to the Company, see Note 19.

In April 2003, the FASB issued SFAS No. 149, "Amendment of Statement 133
on Derivative Instruments and Hedging Activities." SFAS No. 149
provides clarification on the financial accounting and reporting of
derivative instruments, including certain derivative instruments
embedded in other contracts, and hedging activities; and requires
contracts with similar characteristics to be accounted for on a
comparable basis. SFAS No. 149 is generally effective for contracts
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entered into or modified after June 30, 2003, and for hedging
relationships designated after June 30, 2003. The adoption of SFAS No.
149 did not have a material effect on the Company’s financial position
or results of operations.

In May 2003, the FASB 1issued SFAS No. 150, "Accounting for Certain
Financial Instruments with Characteristics of Both Liabilities and
Equity." SFAS No. 150 establishes standards for how an issuer
classifies and measures certain financial instruments with
characteristics of both liabilities and equity. It requires that an
1ssuer classify a financial instrument that is within the scope of SFAS
No. 150 as a liability (or an asset i1n some circumstances). SFAS No.
150 1s effective for financial instruments entered into or modified
after May 31, 2003, and otherwise is effective at the beginning of the
first interim period beginning after June 15, 2003. The Company will
apply SFAS No. 150 to any financial instruments entered into or modified
after May 31, 2003. Beginning in 2003, the Company reported its
preferred stock subject to mandatory redemption as a liability in
accordance with SFAS No. 150. The transition to SFAS No. 150 did not
have a material effect on the Company'’'s financial position or results of
operations.

In December 2003, the FASB issued FASB Interpretation No. 46 (revised
2003), "Consolidation of Variable Interest Entities" (FIN 46 (revised)),
which revised FASB Interpretation No. 46, "Consolidation of Variable
Interest Entities" (FIN 46). FIN 46 (revised) clarifies the application
of Accounting Research Bulletin No. 51, "Consolidated Financial
Statements," to certain entities in which equity investors do not have
the characteristics of a controlling financial interest or do not have
sufficient equity at risk for the entity to finance 1ts activities
without additional subordinated support. An enterprise shall
consolidate a variable interest entity if that enterprise is the primary
beneficiary. An enterprise is considered the primary beneficiary 1£f it
has a variable interest that will absorb a majority of the entity’s
expected losses, receive a majority of the entity’s expected residual
returns or both.

FIN 46 (revised) shall be applied to all entities subject to FIN 46
(revised) no later than the end of the first reporting period that ends
after March 15, 2004. However, an entity that applied FIN 46 to an
entity prior to the effective date of FIN 46 (revised) shall either
continue to apply FIN 46 until the effective date of FIN 46 (revised) or
apply FIN 46 (revised) at an earlier date.

The Company had evaluated the provisions of FIN 46 and determined that
MPX is a variable interest entity. MPX was formed in August 2001, as a
result of MDU Brasil Ltda. (MDU Brasil), an indirect wholly owned
Brazilian subsidiary of the Company, entering into a joint venture
agreement with a Brazilian firm. MDU Brasil has a 49 percent interest
in MPX. Although the Company has determined that MPX is a variable
interest entity, MDU Brasil is not considered the primary beneficiary of
MPX because MDU Brasil does not absorb a majority of MPX's expected
losses, receive a majority of MPX'’s expected residual returns or both.
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Therefore, MDU Brasil does not have a controlling financial interest in
MPX and is not required to consolidate MPX in its financial statements.
MPX 1s being accounted for under the equity method of accounting. For
more 1information on this equity method investment, see Note 2. The
adoption of FIN 46 did not have an effect on the Company's financial
position or results of operations. The Company will continue to apply
FIN 46 until the effective date of FIN 46 (revised).

In December 2003, the FASB i1ssued SFAS No. 132 (revised 2003),
"Employers' Disclosures about Pension and Other Postretirement

Benefits." SFAS No. 132 (revised 2003) retains the disclosure
requirements contained in SFAS No. 132, "Employers' Disclosures about
Pensions and Other Postretirement Benefits," and requires additional

disclosures about the assets, obligations, cash flows and net periodic
benefit cost of defined benefit pension plans and other postretirement
benefit plans. SFAS No. 132 (revised 2003) is effective for financial
statements with fiscal years ending after December 15, 2003. The
interim-period disclosures required by SFAS No. 132 (revised 2003) are
effective for interim periods beginning after December 15, 2003. The
Company applied SFAS No. 132 (revised 2003) to its consolidated
financial statements issued after December 15, 2003. For more
information on the Company's pension and other postretirement benefits,
see Note 16.

In January 2004, the FASB i1ssued FASB Staff Position No. FAS 106-1,
"Accounting and Disclosure Requirements Related to the Medicare
Prescription Drug, Improvement and Modernization Act of 2003." FASB
Staff Position No. FAS 106-1 permits a sponsor of a postretirement
health care plan that provides a prescription drug benefit to make a
one-time election to defer accounting for the effects of the Medicare
Prescription Drug, Improvement and Modernization Act of 2003 (2003
Medicare Act). SFAS No. 106, "Employers' Accounting for Postretirement
Benefits Other than Pension," requires enacted changes in relevant laws
to be considered in current period measurements of postretirement
benefit costs and accumulated postretirement benefit obligation. The
Company provides prescription drug benefits to certain eligible
employees and has elected the one-time deferral of accounting for the
effects of the 2003 Medicare Act. These consolidated financial
gstatements and accompanying notes do not reflect the effects of the 2003
Medicare Act on the postretirement benefit plans. The Company intends
to analyze the 2003 Medicare Act, along with the authoritative guidance,
when 1ssued, to determine if its benefit plans need to be amended and
how to record the effects of the 2003 Medicare Act. Specific guidance
on the accounting for the federal subsidy provided by the 2003 Medicare
Act is pending and that guidance, when issued, could reguire the Company
to change previously reported postretirement benefit information. For
more i1nformation on the Company's postretirement benefits, see Note 16.
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Comprehensive income

Comprehensive income is the sum of net income as reported and other
comprehensive income (loss). The Company's other comprehensive income
(loss) resulted from gains and losses on derivative instruments
qualifying as hedges, minimum pension liability adjustments and foreign
currency translation adjustments.

The components of other comprehensive income (loss), and their related
tax effects for the years ended December 31, 2003, 2002 and 2001, were
as follows:

2003 2002 2001
(In thousands)

Other comprehensive income (loss):
Net unrealized gain (loss) on
derivative instruments
qualifying as hedges:
Unrealized loss on deraivative
instruments at January 1,
2001, due to cumulative
effect of a change in
accounting principle,
net of tax of $3,970 in 2001 $ - S --- S(6,080)
Net unrealized gain (loss)
on deraivative instruments
arising during the period,
net of tax of $2,132,
$2,903 and $1,448 in 2003,
2002 and 2001, respectively (3,335) (4,541) 2,218
Less: Reclassification adjustment
for gain (loss) on derivative
instruments included in
net income, net of tax of $2,903,
$1,448 and $3,970 1in 2003, 2002
and 2001, respectively (4,541) 2,218 (6,080)
Net unrealized gain (loss) on
derivative instruments qualifying
as hedges 1,206 (6,759) 2,218
Minimum pension liability
adjustment, net of tax of $38
and $2,876 in 2003 and 2002,

respectively 21 (4,464) I
Foreign currency translation
adjustment 1,048 (799) S

Total other comprehensive income
(loss) $ 2,275 $(12,022) S 2,218
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The after-tax components of accumulated other comprehensive income
(loss) as of December 31, 2003, 2002 and 2001, were as follows:

Net

Unrealized
Gain (Loss) on Total
Derivative Minimum Foreign Accumulated
Instruments Pension Currency Other
Qualifying Liability Translation Comprehensive
as Hedges Adjustment Adjustment Income (Loss)

(In thousands)

Balance at December 31, 2001 s 2,218 $ --- $ --- $ 2,218
Balance at December 31, 2002 $(4,541) $(4,464) $(799) $(9,804)
Balance at December 31, 2003 $(3,335) $(4,443) $ 249 $(7,529)

NOTE 2

Equity Method Investments

The Company has a number of equity method investments, including MPX,
which was formed in August 2001 when MDU Brasil entered into a joint
venture agreement with a Brazilian firm. MDU Brasil has a 49 percent
interest in MPX, which 1s being accounted for under the equity method of
accounting, as discussed in Note 1. MPX, through a wholly owned
subsidiary, owns a 220-megawatt natural gas-fired electric generating
facility (Brazil Generating Facility) in the Brazilian state of Ceara.
At December 31, 2003, MPX has assets of approximately $109.6 million and
long-term debt of approximately $86.8 million, including a loan of $20.0
million from Centennial Energy Resources International Inc, an indirect
wholly owned subsidiary of the Company. Petrobras, the Brazilian state-
controlled energy company, has agreed to purchase all of the capacity
and market all of the Brazil Generating Facility’s energy. The power
purchase agreement with Petrobras expires in May 2008. Petrobras also
is under contract to supply natural gas to the Brazil Generating
Facility during the term of the power purchase agreement. This natural
gas supply contract i1s renewable by a wholly owned subsidiary of MPX for
an additional 13 years. The functional currency for the Brazil
Generating Facility is the Brazilian real. The power purchase agreement
with Petrobras contains an embedded derivative, which derives i1ts value
from an annual adjustment factor, which largely indexes the contract
capacity payments to the U.S. dollar. For the year ended December 31,
2003, the Company’s 49 percent share of the loss from the change in the
fair value of the embedded derivative in the power purchase agreement
was $11.3 million (after tax). For the year ended December 31, 2002,
the Company's 49 percent share of the gain from the change in the fair
value of the embedded derivative in the power purchase agreement was
$13.6 million (after tax). The Company's 49 percent share of the
foreign currency gain resulting from the revaluation of the Brazilian
real was $2.8 million (after tax) for the year ended December 31, 2003.
The Company’s 49 percent share of the foreign currency loss resulting
from devaluation of the Brazilian real was $9.4 million (after tax) for
the year ended December 31, 2002. The Company’s investment 1in the
Brazil Generating Facility was approximately $25.2 million, including
undistributed earnings of $4.6 million at December 31, 2003. The
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Company’s investment in the Brazil Generating Facility was approximately
$27.8 million at December 31, 2002.

The Company’s share of income from its equity method investments,
including MPX, was $6.0 million, $1.3 million and $154,000 for the years
ended December 31, 2003, 2002 and 2001, respectively, and was included
in other income - net.

NOTE 3

Goodwill and Other Intangible Assets

On January 1, 2002, 1n accordance with SFAS No. 142, "Goodwill and Other
Intangible Assets," the Company ceased amortization of its goodwill
recorded in business combinations that occurred on or before June 30,
2001. The following information 1s presented as if SFAS No. 142 was
adopted as of January 1, 2001. The reconciliation of previously
reported earnings and earnings per common share to the amounts adjusted
for the exclusion of goodwill amortization, net of the related income
tax effects, for the years ended December 31, 2003, 2002 and 2001, were
as follows:

2003 2002 2001

(In thousands, except per share amounts)

Reported earnings on common stock $174,607 $147,688 $155,087

Add: Goodwill amortization, net of tax -—-- --- 3,649

Adjusted earnings on common stock $174,607 $147,688 $158,736
Reported earnings per common

share -- basic $ 1.57 s 1.39 s 1.54

Add: Goodwill amortization, net of tax --- - - .03
Adjusted earnings per common

share -- basic $ 1.57 s 1.39 8§ 1.57

Reported earnings per common

share -- diluted ] 1.55 S 1.38 S 1.52
Add: Goodwill amortization, net of tax --- --- .04
Adjusted earnings per common

share -- diluted S 1.55 s 1.38 S 1.56
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The changes in the carrying amount of goodwill for the year ended

December 31, 2003,

were as follows:

Balance Goodwill Balance
as of Acquired as of
January 1, During December 31,
2003 the Year 2003
(In thousands)
Electrac S --- g --- ] ---
Natural gas
distribution --- --- -
Utility services 62,487 117 62,604
Pipeline and energy
services 9,494 --- 9,494
Natural gas and o1l
production --- --- ---
Construction materials
and mining 111,887 8,311 120,198
Independent power production
and other 7,131 -—- 7,131
Total $190,999 $8,428 $199,427

The changes in the carrying amount of goodwill for the year ended

December 31, 2002,

were as follows:

Balance Goodwill Balance
as of Acquired as of
January 1, During December 31,
2002 the Year 2002
(In thousands)
Electrac S --- s --- S ---
Natural gas
distribution --- --- ---
Utility services 61,909 578 62,487
Pipeline and energy
services 9,336 158 9,494
Natural gas and oil
production --- --- ---
Construction materials
and mining 102,752 9,135 111,887
Independent power production
and other -—- 7,131 7,131
Total $173,997 $17,002 $190,999
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Other intangible assets at December 31, 2003 and 2002, were as follows:

2003 2002
(In thousands)

Amortizable intangible assets:

Leasehold rights $186,419 $172,496
Accumulated amortization (11,779) (7,494)
174,640 165,002

Noncompete agreements 12,075 12,075
Accumulated amortization (9,690) (9,366)
2,385 2,709

Other 17,734 7,224
Accumulated amortization (2,265) (374)
15,469 6,850

Unamortizable intangible assets 960 1,603
Total $193,454 $176,164

Acquired aggregate reserves at our construction materials and mining
business are classified based on type of ownership. Owned mineral
rights are classified as property, plant and equipment, whereas leased
mineral rights are classified as leasehold rights in other intangible
assets, net.

The unamortizable intangible assets were recognized in accordance with
SFAS No. 87, "Employers' Accounting for Pensions," which requires that
if an additional minimum liability is recognized an equal amount shall
be recognized as an intangible asset, provided that the asset recognized
shall not exceed the amount of unrecognized prior service cost. The
unamortizable intangible asset will be eliminated or adjusted as
necessary upon a new determination of the amount of additional
liability.

Amortization expense for amortizable intangible assets for the years
ended December 31, 2003 and 2002, was $5.9 million and $3.4 million,
respectively. Estimated amortization expense for amortizable intangible
assets is $6.2 million in 2004, $6.4 million in 2005, $5.2 million in
2006, $5.2 million in 2007, $5.2 million in 2008 and $164.3 million
thereafter.

SFAS No. 142 discontinues the practice of amortizing goodwill and
indefinite lived intangible assets and initiates an annual review for
impairment. Intangible assets with a determinable useful life will
continue to be amortized over that period. The amortization provisions
apply to goodwill and intangible assets acquired after June 30, 2001.
SFAS No. 141, "“Business Combinations,” and SFAS No. 142 clarify that
more assets should be distinguished and classified between tangible and
intangible. The Company did not change or reclassify contractual
mineral rights included in property, plant and equipment related to its
natural gas and oil production business upon adoption of SFAS No. 142.
The Company has included such mineral rights as part of property, plant
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and equipment under the full-cost method of accounting for natural gas
and o1l properties. An issue has arisen within the natural gas and o1l
industry as to whether contractual mineral rights under SFAS No. 142
should be classified as intangible rather than as part of property,
plant and equipment. This accounting matter i1s anticipated to be
addressed by the FASB’s Emerging Issues Task Force. The resolution of
this matter may result in certain reclassifications of amounts in the
Consolidated Balance Sheets, as well as changes to Notes to Consolidated
Financial Statements in the future. The applicable provisions of SFAS
No. 141 and SFAS No. 142 only affect the balance sheet and associated
footnote disclosure, so any reclassifications that might be required in
the future will not affect the Company's cash flows or results of
operations. The Company believes that the resolution of this matter
will not have a material effect on the Company’s financial position
because the mineral rights acquired by its natural gas and oil
production business after the June 30, 2001, effective date of SFAS No.
142 were not material.

NOTE 4

Regulatory Assets and Liabilities

The following table summarizes the individual components of unamortized
regulatory assets and liabilities as of December 31:

2003 2002
(In thousands)

Regulatory assets:

Deferred income taxes $ 29,850 $ 27,378
Natural gas costs recoverable
through rate adjustments 10,519 ---
Long-term debt refinancing costs . 4,519 5,627
Plant costs 2,697 2,330
Postretirement benefit costs 562 616
Other 7,159 4,788
Total regulatory assets 55,306 40,739
Regulatory liabilities:
Plant removal and decommissioning costs 76,176 68,551
Reserves for regulatory matters 11,970 9,856
Taxes refundable to customers 11,751 11,699
Deferred income taxes 10,663 5,491
Natural gas costs refundable
through rate adjustments --- 2,396
Other 658 2,779
Total regulatory liabilities 111,218 100,772
Net regulatory position $(55,912) $ (60,033)

As of December 31, 2003, substantially all of the Company's regulatory
assets, other than certain deferred income taxes, were being reflected
1in rates charged to customers and are being recovered over the next one
to 19 years.

If, for any reason, the Company's regulated businesses cease to meet the
criteria for application of SFAS No. 71 for all or part of their
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operations, the regulatory assets and liabilities relating to those
portions ceasing to meet such criteria would be removed from the balance
sheet and included in the statement of income as an extraordinary item
in the period in which the discontinuance of SFAS No. 71 occurs.

NOTE 5

Derivative Instruments

The Company adopted SFAS No. 133, "Accounting for Derivative Instruments
and Hedging Activities," as amended, on January 1, 2001. SFAS No. 133
establishes accounting and reporting standards requiring that every
derivative instrument (including certain derivative instruments embedded
in other contracts) be recorded on the balance sheet as either an asset
or liabilaty measured at its fair value. SFAS No. 133 requires that
changes in the derivative instrument’s fair value be recognized
currently in earnings unless specific hedge accounting criteria are met.
Special accounting for qualifying hedges allows derivative gains and
losses to offset the related results on the hedged item in the income
statement and requires that a company must formally document, designate
and assess the effectiveness of transactions that receive hedge
accounting treatment.

SFAS No. 133 requires that as of the date of initial adoption, the
difference between the fair market value of derivative instruments
recorded on the balance sheet and the previous carrying amount of those
derivative instruments be reported in net income or other comprehensive

income (loss), as appropriate, as the cumulative effect of a change in
accounting principle in accordance with APB Opinion No. 20, "Accounting
Changes." On January 1, 2001, the Company reported a net-of-tax

cumulative-effect adjustment of $6.1 million in accumulated other
comprehensive loss to recognize at fair value all derivative instruments
that are designated as cash flow hedging instruments, which the Company
reclassified into earnings during the year ended December 31, 2001. The
transition to SFAS No. 133 did not have an effect on the Company’s net
income at adoption.

In the event a derivative instrument being accounted for as a cash flow
hedge does not qualify for hedge accounting because 1t 1s no longer
highly effective in offsetting changes in cash flows of a hedged item;
or if the derivative instrument expires or is sold, terminated or
exercised; or 1f management determines that designation of the
derivative instrument as a hedge instrument is no longer appropriate,
hedge accounting will be discontinued, and the derivative instrument
would continue to be carried at fair value with changes in i1ts fair
value recognized in earnings. In these circumstances, the net gain or
loss at the time of discontinuance of hedge accounting would remain in
accumulated other comprehensive income (loss) until the period or
periods during which the hedged forecasted transaction affects earnings,
at which time the net gain or loss would be reclassified into earnings.
In the event a cash flow hedge 1s discontinued because it 1s unlikely
that a forecasted transaction will occur, the derivative instrument
would continue to be carried on the balance sheet at its fair value, and
gains and losses that had accumulated in other comprehensive income
(loss) would be recognized immediately 1in earnings. In the event of a
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sale, termination or extinguishment of a foreign currency derivative,
the resulting gain or loss would be recognized immediately 1in earnings.
The Company’s policy requires approval to terminate a derivative
instrument prior to its original maturity.

As of December 31, 2003, an indirect wholly owned subsidiary of the
Company held derivative instruments designated as cash flow hedging
instruments.

Hedging activities

The subsidiary of the Company utilizes natural gas and oil price swap
and collar agreements to manage a portion of the market risk associated
with fluctuations in the price of natural gas and oil on the
subsidiary’s forecasted sales of natural gas and oil production. Each
of the natural gas and oil price swap and collar agreements was
designated as a hedge of the forecasted sale of natural gas and oil
production.

On an ongoing basis, the balance sheet is adjusted to reflect the
current fair market value of the swap and collar agreements. The
related gains or losses on these agreements are recorded 1n common
stockholders’ equity as a component of other comprehensive income
(loss). At the date the underlying transaction occurs, the amounts
accumulated in other comprehensive income (loss) are reported in the
Consolidated Statements of Income. To the extent that the hedges are
not effective, the ineffective portion of the changes in fair market
value is recorded directly in earnings.

For the years ended December 31, 2003, 2002 and 2001, the subsidiary of
the Company recognized the ineffectiveness of cash flow hedges, which is
included in operating revenues for the natural gas and oil price swap
and collar agreements. For the years ended December 31, 2003, 2002 and
2001, the amount of hedge ineffectiveness recognized was immaterial.

For the years ended December 31, 2003, 2002 and 2001, the subsidiary did
not exclude any components of the derivative instruments’ gain or loss
from the assessment of hedge effectiveness and there were no
reclassifications into earnings as a result of the discontinuance of
hedges.

Gains and losses on derivative instruments that are reclassified from
accumulated other comprehensive income (loss) to current-period earnings
are included in the line item in which the hedged item is recorded. As
of December 31, 2003, the maximum term of the subsidiary’s swap and
collar agreements, in which the subsidiary of the Company is hedging 1its
exposure to the variability in future cash flows for forecasted
transactions, is 12 months. The subsidiary of the Company estimates
that over the next 12 months net losses of approximately $3.3 million
will be reclassified from accumulated other comprehensive income (loss)
into earnings, subject to changes in natural gas and o1l market prices,
as the hedged transactions affect earnings.

Foreign currency derivative

MDU Brasil has a 49 percent equity investment in the Brazil Generating
Facility, which has a portion of its borrowings and payables denominated
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in U.S. dollars. MDU Brasil has exposure to currency exchange risk as a
result of fluctuations in currency exchange rates between the U.S.
dollar and the Brazilian real. On August 12, 2002, MDU Brasil entered
into a foreign currency collar agreement for a notional amount of $21.3
million with a fixed price floor of R$3.10 and a fixed price ceiling of
R$3.40 to manage a portion of its foreign currency risk. The term of
the collar agreement was from August 12, 2002, through February 3, 2003,
and the collar agreement settled on February 3, 2003. The foreign
currency collar agreement was not designated as a hedge and was recorded
at fair value on the Consolidated Balance Sheets. Gains or losses on
this derivative instrument were recorded in other income - net. The
Company recorded a gain of $39,000 (after tax) on the foreign currency
collar agreement for the year ended December 31, 2003, and a gain of
$566,000 (after tax) for the year ended December 31, 2002.

Energy marketing

The Company had entered into other derivative instruments that were not
designated as hedges in 1ts energy marketing operations. In the third
quarter of 2001, the Company sold the vast majority of its energy
marketing operations. Net unrealized gains and losses on these
derivative instruments were not material for the year ended December 31,
2001.

NOTE 6

Fair Value of Other Financial Instruments

The estimated fair value of the Company's long-term debt and preferred
stock subject to mandatory redemption is based on quoted market prices
of the same or similar issues. As discussed 1in Note 1, the Company,
upon adoption of SFAS No. 150 in 2003, began reporting its preferred
stock subject to mandatory redemption as a liability. The estimated
fair values of the Company's natural gas and oil price swap and collar
agreements were included in current liabilities at December 31, 2003 and
2002. The estimated fair value of the Company's foreign currency collar
agreement was included in current assets at December 31, 2002. The
estimated fair values of the Company's natural gas and o1l price swap
and collar agreements and foreign currency collar agreement reflect the
estimated amounts the Company would receive or pay to terminate the
contracts at the reporting date based upon quoted market prices of
comparable contracts.

The estimated fair value of the Company's long-term debt, preferred
stock subject to mandatory redemption, natural gas and oil price swap
and collar agreements and foreign currency collar agreement at
December 31 was as follows:
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2003 2002

Carrying Fair Carrying Fair
Amount Value Amount Value
(In thousands)
Long-term debt $967,096 $1,012,547 $841,641 $888,066

Preferred stock

subject to mandatory

redemption S --- $ --- $ 1,300 S 1,168
Natural gas and oil

price swap and

collar agreements S (5,467) s (5,467) S (7,444) S (7,444)
Foreign currency
collar agreement $ --- $ --- S 903 S 903

The carrying amounts of the Company's remaining financial instruments
included in current assets and current liabilities (excluding unsettled
derivative instruments) approximate their fair values because of their
short-term nature.

NOTE 7

Short-term Borrowings

MDU Resources Group, Inc.

At December 31, 2002, $8.0 million of MDU Resources Group, Inc. (MDU
Resources) commercial paper program borrowings were classified as short-
term borrowings. The commercial paper borrowings classified as short
term were supported by short-term bank lines of credit. There were no
amounts outstanding under the bank lines of credit at December 31, 2002.
MDU Resources did not have any short-term bank lines of credit at
December 31, 2003. For more information on MDU Resources' commercial
paper program, see Note 8.

International operations

A subsidiary of the Company had a short-term credit agreement that
expired i1n 2003. Under this agreement $12.0 million was outstanding at
December 31, 2002.
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NOTE 8
Long-term Debt and Indenture Provisions
Long-term debt outstanding at December 31 was as follows:

2003 2002

(In thousands)

First mortgage bonds and notes:
Pollution Control Refunding Revenue
Bonds, Series 1992,
6.65%, due June 1, 2022 $ 20,850 S 20,850
Secured Medium-Term Notes,
Series A at a weighted
average rate of 7.59%, due on
dates ranging from October 1, 2004

to April 1, 2012 110,000 110,000
Senior Notes, 5.98%, due December 15, 2033 30,000 ---
Total first mortgage bonds and notes 160,850 130,850

Senior notes at a weighted

average rate of 6.24%, due on

dates ranging from October 30, 2004

to October 30, 2018 718,000 549,100
Commercial paper at a weighted average

rate of 1.12%, supported by revolving

credit agreements 72,500 151,900
Term credit agreements at a weighted

average rate of 5.14%, due on dates

ranging from July 15, 2004

to December 1, 2013 14,286 7,873
Pollution control note obligation,

6.20%, due March 1, 2004 1,500 2,000
Discount (40) (82)
Total long-term debt 967,096 841,641
Less current maturities 27,646 22,083
Net long-term debt $939,450 $819,558

The amounts of scheduled long-term debt maturities for the five years
and thereafter following December 31, 2003, aggregate $27.6 million 1in
2004; $70.9 million in 2005; $173.2 million in 2006; $105.8 million in
2007; $160.2 million in 2008 and $429.4 million thereafter.

Certain debt instruments of the Company and its subsidiaries, including
those discussed below, contain restrictive covenants, all of which the
Company and its subsidiaries were in compliance with at December 31,
2003.

MDU Resources Group, Inc.

MDU Resources has a revolving credit agreement with various banks
totaling $90 million at December 31, 2003. There were no amounts
outstanding under the credit agreement at December 31, 2003 and 2002.
The credit agreement supports MDU Resources' $75 million commercial
paper program. Under the MDU Resources' commercial paper program, $40
million was outstanding at December 31, 2003, which was classified as
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long-term debt, and $58.0 million was outstanding at December 31, 2002,
of which $8.0 million was classified as short-term borrowings and $50.0
million was classified as long-term debt. As discussed in Note 7, the
commercial paper borrowings classified as short term were supported by
short-term bank lines of credit. The commercial paper borrowings
classified as long-term debt are intended to be refinanced on a long-
term basis through continued MDU Resources commercial paper borrowings
and as further supported by the credit agreement, which expires on
July 18, 2006.

In order to borrow under the MDU Resources credit agreement, MDU
Resources must be 1in compliance with the applicable covenants and
certain other conditions. The significant covenants include maximum
leverage ratios, minimum interest coverage ratio, limitation on sale of
assets and limitation on investments. MDU Resources was in compliance
with these covenants and met the required conditions at December 31,
2003.

There are no credit facilities that contain cross-default provisions
between MDU Resources and any of its subsidiaries.

MDU Resources’ issuance of first mortgage debt is subject to certain
restrictions imposed under the terms and conditions of its Indenture of
Mortgage. Generally, those restrictions require MDU Resources to pledge
$1.43 of unfunded property to the trustee for each dollar of
indebtedness incurred under the Indenture and that annual earnings
(pretax and before interest charges), as defined i1n the Indenture, equal
at least two times its annualized first mortgage bond interest costs.
Under the more restrictive of the two tests, as of December 31, 2003,
MDU Resources could have 1ssued approximately $313 million of additional
first mortgage bonds. )

Approximately $421.2 million of the Company’s net electric and natural
gas distribution properties at December 31, 2003, with certain
exceptions, are subject to the lien of the Indenture of Mortgage dated
May 1, 1939, as supplemented, amended and restated, from the Company to
The Bank of New York and Douglas J. Maclnnes, successor trustee, and are
subject to the junior lien of the Indenture dated as of December 15,
2003, as supplemented, from the Company to The Bank of New York, as
trustee.

Centennial Energy Holdings, Inc.

Centennial Energy Holdings, Inc. (Centennial) has two revolving credit
agreements with various banks that support $275 million of
Centennial’s $350 million commercial paper program. There were no
outstanding borrowings under the Centennial credit agreements at
December 31, 2003 or 2002. Under the Centennial commercial paper
program, $32.5 million and $101.9 million were outstanding at
December 31, 2003 and 2002, respectively. The Centennial commercial
paper borrowings are classified as long-term debt as Centennial
intends to refinance these borrowings on a long-term basis through
continued Centennial commercial paper borrowings and as further
supported by the Centennial credit agreements. The Centennial credit
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agreements are for $137.5 million each. One of these agreements
expires on September 3, 2004, and allows for subsequent borrowings up
to a term of one year. The other agreement expires on September 5,
2006. Centennial intends to negotiate the extension or replacement of
these agreements prior to their maturities.

Centennial has an uncommitted long-term master shelf agreement that
allows for borrowings of up to $400 million. Under the terms of the
master shelf agreement, $384.0 million was outstanding at December 31,
2003, and $360.6 million was outstanding at December 31, 2002. The
amount outstanding under the uncommitted long-term master shelf
agreement 1s included in senior notes in the preceding long-term debt
table.

In order to borrow under Centennial’s credit agreements and the
Centennial uncommitted long-term master shelf agreement, Centennial and
certain of its subsidiaries must be in compliance with the applicable
covenants and certain other conditions. The significant covenants
include maximum capitalization ratios, minimum interest coverage ratios,
minimum consolidated net worth, limitation on prioraity debt, limitation
on sale of assets and limitation on loans and investments. Centennial
and such subsidiaries were in compliance with these covenants and met
the required conditions at December 31, 2003.

Certain of Centennial's financing agreements contain cross-default
provisions. These provisions state that if Centennial or any subsidiary
of Centennial fails to make any payment with respect to any indebtedness
or contingent obligation, in excess of a specified amount, under any
agreement that causes such indebtedness to be due prior to its stated
maturity or the contingent obligation to become payable, the applicable
agreements, will be in default. Certain of Centennial's financaing
agreements and Centennial’s practice limit the amount of subsidiary
indebtedness.

Williston Basin Interstate Pipeline Company

Williston Basin Interstate Pipeline Company (Williston Basin), an
indirect wholly owned subsidiary of the Company, has an uncommitted
long-term master shelf agreement that allows for borrowings of up to
$100 million. Under the terms of the master shelf agreement, $55.0
million and $30.0 million was outstanding at December 31, 2003 and 2002,
respectaively.

In order to borrow under Williston Basin’s uncommitted long-term master
shelf agreement, it must be in compliance with the applicable covenants
and certain other conditions. The significant covenants include
limitation on consolidated indebtedness, limitation on priority debt,
limitation on sale of assets and limitation on investments. Williston
Basin was in compliance with these covenants and met the required
conditions at December 31, 2003.
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NOTE 9

Asset Retirement Obligations

The Company adopted SFAS No. 143 on January 1, 2003, as discussed in
Note 1. The Company recorded obligations related to the plugging and
abandonment of natural gas and o1l wells, decommissioning of certain
electric generating facilities, reclamation of certain aggregate
properties and certain other obligations associated with leased
properties. Removal costs associated with certain natural gas
distribution, transmission, storage and gathering facilities have not
been recognized as these facilities have been determined to have
indeterminate useful lives.

Upon adoption of SFAS No. 143, the Company recorded an additional
discounted liability of $22.5 million and a regulatory asset of
$493,000, increased net property, plant and equipment by $9.6 million
and recognized a one-time cumulative effect charge of $7.6 million (net
of deferred income tax benefits of $4.8 million). The Company believes
that any expenses under SFAS No. 143 as they relate to regulated
operations will be recovered in rates over time and accordingly,
deferred such expenses as a regulatory asset upon adoption. The Company
will continue to defer those SFAS No. 143 expenses that 1t believes will
be recovered in rates over time. In addition to the $22.5 million
liability recorded upon the adoption of SFAS No. 143, the Company had
previously recorded a $7.5 million liability related to retirement
obligations.

A reconciliation of the Company's liability for the year ended
December 31 was as follows:

2003

(In thousands)

Balance at January 1, 2003 $29,997
Liabilities incurred 2,405
Liabilities acquired 1,803
Liabilities settled (1,555)
Accretion expense 1,906
Revisions in estimates 77
Balance at December 31, 2003 $34,633

This liability is included in other liabilities. If SFAS No. 143 had
been in effect during 2002 and 2001, the Company's liability would have
been approximately $30.0 million at December 31, 2002, and $27.0 million
at December 31, 2001.

The fair value of assets that are legally restricted for purposes of
settling asset retirement obligations at December 31, 2003, was $5.1
million.

28



NOTE 10
Preferred Stocks
Preferred stocks at December 31 were as follows:

2003 2002

(Dollars in thousands)

Authorized:
Preferred --
500,000 shares, cumulative,
par value $100, issuable in series
Preferred stock A --
1,000,000 shares, cumulative, without par
value, 1ssuable 1n series (none outstanding)
Preference --
500,000 shares, cumulative, without par
value, issuable 1in series (none outstanding)

Outstanding:
Subject to mandatory redemption --
Preferred --
5.10% Series - 13,000 shares 1in 2002 $ - S 1,300
Other preferred stock --
4.50% Series -- 100,000 shares 10,000 10,000
4.70% Series -- 50,000 shares 5,000 5,000
15,000 15,000
Total preferred stocks 15,000 16,300
Less sinking fund requirements --- 100
Net preferred stocks $15,000 $16,200

As discussed in Note 1, the Company upon adoption of SFAS No. 150 in
2003, began reporting its preferred stock subject to mandatory
redemption as a liability. Restatement of prior year information is not
permitted under SFAS No. 150.

The 4.50% Series and 4.70% Series preferred stocks outstanding are
subject to redemption, in whole or in part, at the option of the Company
with certain limitations on 30 days notice on any quarterly dividend
date at a redemption price, plus accrued dividends, of $105 and $102,
respectively.

In the event of a voluntary or involuntary liquidation, all preferred
stock series holders are entitled to $100 per share, plus accrued
dividends.

The affirmative vote of two-thirds of a series of the Company’s
outstanding preferred stock is necessary for amendments to the Company’s
charter or by-laws that adversely affect that series; creation of or
increase 1in the amount of authorized stock ranking senior to that series
(or an affirmative majority vote where the authorization relates to a
new class of stock that ranks on parity with such series); a voluntary
liquadation or sale of substantially all of the Company’s assets; a
merger or consolidation, with certain exceptions; or the partial
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retirement of that series of preferred stock when all dividends on that
series of preferred stock have not been paid. The consent of the
holders of a particular series 1s not required for such corporate
actions 1f the equivalent vote of all outstanding series of preferred
stock voting together has consented to the given action and no
particular series is affected differently than any other series.

Subject to the foregoing, the holders of common stock exclusively
possess all voting power. However, if cumulative dividends on preferred
stock are 1n arrears, in whole or in part, for one year the holders of
preferred stock would obtain the right to one vote per share until all
dividends in arrears have been paid and current dividends have been
declared and set aside.

NOTE 11

Common Stock

On August 14, 2003, the Company's Board of Directors approved a three-
for-two common stock split to be effected in the form of a 50 percent
common stock dividend. The additional shares of common stock were
distributed on October 29, 2003, to common stockholders of record on
October 10, 2003. Common stock information appearing in the
accompanying consolidated financial statements has been restated to give
retroactive effect to the stock split. Additionally, preference share
purchase rights have been appropriately adjusted to reflect the effects
of the split.

At the Annual Meeting of Stockholders held on April 23, 2002, the
Company's common stockholders approved an amendment to the Certificate
of Incorporation increasing the authorized number of common shares from
150 million shares to 250 million shares with a par value of $1.00 per
share.

The Company's Dividend Reinvestment and Direct Stock Purchase Plan
(Stock Purchase Plan) provides interested investors the opportunity to
make optional cash investments and to reinvest all or a percentage of
their cash dividends in shares of the Company's common stock. The
Company's 401 (k) Retirement Plan (K-Plan) is partially funded with the
Company's common stock. Since January 1, 2001, the Stock Purchase Plan
and K-Plan, with respect to Company stock, have been funded by the
purchase of shares of common stock on the open market. At December 31,
2003, there were 12.1 million shares of common stock reserved for
original issuance under the Stock Purchase Plan and K-Plan.

In November 1998, the Company's Board of Directors declared, pursuant to
a stockholders' rights plan, a dividend of one preference share purchase
right (right) for each outstanding share of the Company's common stock.
Each right becomes exercisable, upon the occurrence of certain events,
for two-thirds of one one-thousandth of a share of Series B Preference
Stock of the Company, without par value, at an exercise price of $125,
subject to certain adjustments. The rights are currently not
exercisable and will be exercisable only if a person or group (acguiring
person) either acquires ownership of 15 percent or more of the Company's
common stock or commences a tender or exchange offer that would result
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in ownership of 15 percent or more. In the event the Company 1s
acquired in a merger or other business combination transaction or 50
percent or more of its consolidated assets or earnings power are sold,
each right entitles the holder to receive, upon the exercise thereof at
the then current exercise price of the right multiplied by the number of
two-thirds of one one-thousandth of a Series B Preference Stock for
which a right 1s then exercisable, in accordance with the terms of the
rights agreement, such number of shares of common stock of the acgquiring
person having a market value of twice the then current exercise price of
the right. The rights, which expire on December 31, 2008, are
redeemable i1n whole, but not in part, for a price of $.00667 per right,
at the Company's option at any time until any acquiring person has
acquired 15 percent or more of the Company's common stock.

NOTE 12

Stock-based Compensation

The Company has stock option plans for directors, key employees and
employees. In 2003, the Company adopted the fair value recognition
provisions of SFAS No. 123 and began expensing the fair market value of
stock options for all awards granted on or after January 1, 2003. As
permitted by SFAS No. 148, the Company accounts for stock options
granted prior to January 1, 2003, under APB Opinion No. 25.

For a discussion of the adoption of SFAS No. 123 and the effect on
earnings and earnings per common share for the years ended December 31,
2003, 2002 and 2001, as if the Company had applied SFAS No. 123, and
recognized compensation expense for all outstanding and unvested stock
options based on the fair value at the date of grant, see Note 1.

Options granted to key employees automatically vest after nine years,
but the plan provides for accelerated vesting based on the attainment of
certain performance goals or upon a change in control of the Company,
and expire 10 years after the date of grant. Options granted to
directors and employees vest at date of grant and three years after date
of grant, respectively, and expire 10 years after the date of grant.

A summary of the status of the stock option plans at December 31, 2003,
2002 and 2001, and changes during the years then ended was as follows:

2003 2002 2001
Weighted Weighted Weighted
Average Average Average
Exercise Exercise Exercise
Shares Price Shares Price Shares Price
Balance at
beginning of year 4,861,268 $18.58 5,208,311 $18.60 1,837,439 $13 74
Granted 27,015 17.29 160,605 19.15 4,039,680 20 09
Forfeited (188,486) 20.05 (453, 840) 19.77 (111,423) 18.16
Exercised (517,341) 13.88 (53,808) 12 20 (557,385) 13 49
Balance at end
of vear 4,182,456 19.09 4,861,268 18.58 5,208,311 18 60
Exercisable at
end of vyear 611,404 $15.06 1,135,050 $14 56 1,155,213 $14 27
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Summarized information about stock options outstanding and exercisable
as of December 31, 2003, was as follows:

Options Outstanding Options Exercisable

Remaining Weighted Weighted

Contractual Average Average

Range of Number Life Exercise Number Exercise
Exercisable Prices Outstanding in Years Price Exercisable Price
$ 8.22 - 13 00 23,451 2 5 $ 9 77 23,451 $ 9 77
13 01 - 17 00 647,085 4 3 14 13 511,453 14 15
17 01 - 21 00 3,302,115 7.2 19 77 36,000 19 54
21 01 - 25.70 209,805 7.2 24 56 40,500 25 70
Balance at end of year 4,182,456 6.7 19 09 611,404 15 06

The fair value of each option is estimated on the date of grant using
the Black-Scholes option pricing model. The weighted average fair value
of the options granted and the assumptions used to estimate the fair
value of options were as follows:

2003 2002 2001

Weighted average fair value of

options at grant date $4.67 $5.38 $4.92
Weighted average risk-free

interest rate 3.91% 5.14% 5.19%
Weighted average expected

price volatility 32.28% 30.80% 26.05%
Weighted average expected

dividend yield 3.43% 3.43% 3.53%
Expected life in years 7 7 7

In addition, the Company granted restricted stock awards under a long-
term incentive plan and deferred compensation agreements totaling
525,588 shares in 2001. The restricted stock awards granted vest to the
participants at various times ranging from two years to nine years from
date of issuance, but certain grants may vest early based upon the
attainment of certain performance goals or upon a change in control of
the Company. The weighted average grant date fair value of the
restricted stock grant in 2001 was $21.03. The Company also has granted
stock awards totaling 31,855 shares, 21,390 shares and 19,009 shares in
2003, 2002 and 2001, respectively, under a nonemployee director stock
compensation plan. The weighted average grant date fair value of the
stock grants was $21.40, $19.20 and $20.09, in 2003, 2002 and 2001,
respectively. Nonemployee directors may receive shares of common stock
instead of cash in payment for directors' fees under the nonemployee
director stock compensation plan. Compensation expense recognized for
restricted stock grants and stock grants was $4.8 million, $5.2 million
and $4.9 million in 2003, 2002 and 2001, respectively.

In 2003, key employees of the Company were awarded performance share

awards. Entitlement to performance shares is based on the Company's
total shareholder return over designated performance periods as measured
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against a selected peer group. Target grants of performance shares were
made for the following performance periods:

Target Grant

Grant Date Performance Period of Shares
February 2003 2003-2004 57,655
February 2003 2003-2005 57,655

Participants may earn additional performance shares 1f the Company's
total shareholder return exceeds that of the selected peer group. The
final value of the performance units may vary according to the number of
shares of Company stock that are ultimately granted based on the
performance criteria. Compensation expense recognized for the
performance share awards for the year ended December 31, 2003, was
$879,000.

The Company is authorized to grant options, restricted stock and stock
for up to 14.3 million shares of common stock and has granted options,
restricted stock and stock on 6.2 million shares through December 31,
2003.

NOTE 13
Income Taxes
Income tax expense for the years ended December 31 was as follows:

2003 2002 2001
(In thousands)
Current:
Federal $26,313 $46,389 $66,211
State 7,408 9,082 11,160
Foreign 264 --- (44)
33,985 55,471 77,327
Deferred:
Income taxes --
Federal 55,660 26,373 16,972
State 9,861 4,632 4,773
Foreign (338) 338 ---
Investment tax credit (596) (584) (731)
64,587 30,759 21,014
Total income tax expense $98,572 $86,230 $98,341
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Components of deferred tax assets and deferred tax liabilities
recognized at December 31 were as follows:

2003 2002
(In thousands)

Deferred tax assets:

Regulatory matters $ 37,072 S 34,792
Accrued pension costs 12,122 12,112
Deferred compensation 9,090 6,395
Asset retirement obligations 7,017 263
Bad debts 3,188 2,798
Deferred investment tax credit 954 1,185
Other 21,269 18,444
Total deferred tax assets 90,712 75,989

Deferred tax liabilities:
Depreciation and basis differences

on property, plant and equipment 406,589 354,842
Basis differences on natural gas
and oil producing properties 105,826 70,464
Regulatory matters 10,663 5,491
Other 9,309 10,412
Total deferred tax liabilities 532,387 441,209
Net deferred income tax liability $(441,675) $(365,220)

As of December 31, 2003 and 2002, no valuation allowance has been
recorded associated with the above deferred tax assets.

The following table reconciles the change in the net deferred income tax
liability from December 31, 2002, to December 31, 2003, to deferred
income tax expense:

2003
(In thousands)

Net change in deferred income tax

liability from the preceding table $ 76,455
Deferred taxes associated with acquisitions (15,056)
Deferred taxes associated with the cumulative effect of

accounting change 4,821
Deferred taxes associated with other comprehensive income (809)
Other (824)
Deferred income tax expense for the period $ 64,587
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Total 1ncome tax expense differs from the amount computed by applying
the statutory federal income tax rate to income before taxes. The
reasons for this difference were as follows:

Years ended December 31, 2003 2002 2001

Amount % Amount % Amount %
(Dollars in thousands)

Computed tax at federal
statutory rate $98,520 35.0 $82,136 35.0 $88,966 35.0
Increases (reductions)
resulting from:
State income taxes,
net of federal

income tax benefait 11,857 4.2 10,279 4.4 11,311 4.5
Investment tax credit
amortization (596) (.2) (584) (.3) (731) (.3)
Depletion allowance (3,117) (1.1) (2,200) (.9) (1,820) (.7)
Renewable electricity
production credit (3,395) (1.2) --- --- --- ---
Other items (4,697) (L.7) (3,401) (1.5) 615 .2
Total income tax expense $98,572 35.0 $86,230 36.7 $98,341 38.7

The Company considers earnings from its foreign equity method investment
1n a natural gas-fired electric generating facility in Brazil to be
reinvested indefinitely outside of the United States and, accordingly,
no U.S. deferred income taxes are recorded with respect to such
earnings. Should the earnings be remitted as dividends, the Company may
be subject to additional U.S. taxes, net of allowable foreign tax
credits.

NOTE 14

Business Segment Data

The Company's reportable segments are those that are based on the
Company's method of internal reporting, which generally segregates the
strategic business units due to differences in products, services and
regulation. The Company has six reportable segments consisting of
electric, natural gas distribution, utility services, pipeline and
energy services, natural gas and oil production, and construction
materials and mining. During the fourth quarter of 2002, the Company
separated independent power production and other operations from 1its
reportable segments. The independent power production and other
operations do not individually meet the criteria to be considered a
reportable segment. Substantially all of the operations of independent
power production and other began in 2002; therefore, financial
information for years prior to 2002 has not been presented.

The vast majority of the Company's operations are located within the
United States. The Company also has investments in foreign countries,
which largely consist of an investment in a natural gas-fired electric
generating facility in Brazil, as discussed in Note 2. The electric
segment generates, transmits and distributes electricaity, and the
natural gas distribution segment distributes natural gas. These
operations also supply related value-added products and services 1in the
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northern Great Plains. The utility services segment specializes 1in
electrical line construction, pipeline construction, 1inside electrical
wiring and cabling and the manufacture and distribution of specialty
equipment. The pipeline and energy services segment provides natural
gas transportation, underground storage and gathering services through
regulated and nonregulated pipeline systems primarily in the Rocky
Mountain and northern Great Plains regions of the United States. The
pipeline and energy services segment also provides energy-related
management services, including cable and pipeline magnetization and
locating. The natural gas and oil production segment is engaged 1in
natural gas and oil acquisition, exploration and production activities,
primarily in the Rocky Mountain region of the United States and in and
around the Gulf of Mexico. The construction materials and mining
segment mines aggregates and markets crushed stone, sand, gravel and
related construction materials, including ready-mixed concrete, cement,
asphalt and other value-added products, as well as performs integrated
construction services, in the central and western United States and in
the states of Alaska and Hawaii. The independent power production and
other operations own electric generating facilities in the United States
and have an investment in an electric generating facility in Brazil.
Electric capacity and energy produced at these facilities are primarily
sold under long-term contracts to nonaffiliated entities. These
operations also include 1investments 1in opportunities that are not
directly being pursued by the Company’s other businesses.

In 2001, the Company sold its coal operations to Westmoreland Coal
Company for $28.2 million in cash and recorded a gain of $10.3 million
($6.2 million after tax) included in other income - net. The sale of
the Company’s coal operations included active coal mines in North Dakota
and Montana, coal sales agreements, reserves and mining equipment, and
certain development rights at the Company’s former Gascoyne Mine site in
North Dakota. The Company retained ownership of lignite deposits and
leases at its former Gascoyne Mine site in North Dakota, which were not
part of the sale of the coal operations. The Gascoyne Mine site was
closed in 1995 due to the cancellation of the coal sale contract. These
lignite deposits are currently not being mined and are not associated
with an operating mine. These lignite deposits are of a high moisture
content and 1t 1s not economical to mine and ship the lignite to other
distant markets. However, should a power plant be constructed near the
area, the Company may have the opportunity to participate in supplying
lignite to fuel a plant. As of December 31, 2003, Knife River had under
ownership or lease, deposits of approximately 26.9 million tons of
recoverable lignite coal.

The information below follows the same accounting policies as described
in the Summary of Significant Accounting Policies. Information on the

Company's businesses as of December 31 and for the years then ended was
as follows:
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2003 2002 2001
(In thousands)

External operating revenues:

Electric $ 178,562 $ 162,616 S 168,837

Natural gas distribution 274,608 186,569 255,389

Pipeline and energy services 187,892 110,224 479,108

641,062 459,409 903,334

Utility services 434,177 458,660 364,746

Natural gas and oil production 140,281 148,158 148,653
Construction materials and mining 1,104,408 962,312 806,899 (a)

Independent power production

and other 32,261 2,998 ---

1,711,127 1,572,128 1,320,298

Total external operating revenues $2,352,189 $2,031,537 $2,223,632

Intersegment operating revenues:

Electric $ --- $ - $ S
Natural gas distribution -——- — N
Utility services - --- 4
Pipeline and energy servaices 64,300 55,034 52,006
Natural gas and oil production 124,077 55,437 61,178

Construction materials and mining --- --- ---
Independent power production

and other 2,728 3,778 ---

Intersegment eliminations (191,105) (114,249) (113,188)
Total intersegment

operating revenues $ -—- S --- S ---

Depreciation, depletion and

amortization:

Electric $ 20,150 S 19,537 S 19,488
Natural gas distribution 10,044 9,940 9,337
Utility services 10,353 9,871 8,395
Pipeline and energy services 15,016 14,846 14,341
Natural gas and oil production 61,019 48,714 41,690
Construction materials and mining 63,601 54,334 46,666

Independent power production
and other 8,154 719 -~ -

Total depreciation, depletion
and amortization $ 188,337 $ 157,961 $ 139,917

Interest expense:

Electric $ 8,013 $ 7,621 S 8,531
Natural gas distribution 3,936 4,364 3,727
Utilaty services 3,668 3,568 3,807
Pipeline and energy services 7,952 7,670 9,136
Natural gas and oil production 4,767 2,464 1,359
Construction materials and mining 18,747 18,422 19,339
Independent power production
and other 5,865 1,122 ---
Intersegment eliminations (154) (216) ---
Total interest expense $ 52,794 S 45,015 S 45,899
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2003 2002 2001
(In thousands)

Income taxes-

Electric S 9,862 S 9,501 S 10,511
Natural gas distribution 1,823 (1,325) 1,067
Utility services 3,905 4,781 9,131
Pipeline and energy services 11,188 12,462 11,633
Natural gas and o1l production 42,993 30,604 40,486
Construction materials and mining 28,168 29,415 25,513
Independent power production
and other 633 792 ---
Total income taxes $ 98,572 $ 86,230 ) 98,341

Cumulative effect of accounting
change (Note 9):
Electric $ —— $ - $ -
Natural gas distribution —-- S -
Utility services --- - -
Pipeline and energy services .- .- -
Natural gas and oil production (7,740) - -
Construction materials and mining 151 --- ---
Independent power production
and other --- -—— _——-
Total cumulative effect of
accounting change $ (7,589) _§ --- $ -

Earnings on common stock:

Electric $ 16,950 S 15,780 $ 18,717
Natural gas distribution 3,869 3,587 677
Utility services 6,170 6,371 12,910
Pipeline and energy services 18,158 19,097 16,406
Natural gas and o1l production 63,027 53,192 63,178
Construction materials and mining 54,412 48,702 43,199
Independent power production
and other 12,021 959 ---
Total earnings on common stock S 174,607 S 147,688 § 155,087

Capital expenditures:

Electrac $ 28,537 S 27,795 S 14,373
Natural gas distribution 15,672 11,044 14,685
Utility services 7,820 17,242 70,232
Pipeline and energy services 93,004 21,449 51,054
Natural gas and oil production 101,698 136,424 118,719
Construction materials and mining 128,487 106,893 170,585
Independent power production
and other 112,858 95,748 ---
Net proceeds from sale or
disposition of property (14,439) (16,217) (51,641)
Total net capital expenditures $§ 473,637 $ 400,378 S_ 388,007
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2003 2002 2001
(In thousands)

Identifiable assets:

Electric (b) $ 327,899 S 322,475 $ 301,982
Natural gas distribution (b) 234,948 208,502 217,402
Utility services 221,824 230,888 239,069
Pipeline and energy services 405,904 312,858 354,336
Natural gas and oil production 602,389 554,420 476,105
Construction materials and mining 1,248,607 1,137,697 1,035,929
Independent power production
and other 263,941 148,770 ---
Corporate assets (c) 75,080 81,311 51,155
Total identifiable assets $3,380,592 $2,996,921 $2,675,978

Property, plant and equipment:

Electric (b) $ 639,893 $ 619,230 $ 597,080
Natural gas distribution (b) 252,591 244,930 235,771
Utility services 76,871 70,660 59,190
Pipeline and energy services 461,793 372,420 369,775
Natural gas and oil production 871,357 755,788 630,826
Construction materials and mining 893,980 804,255 711,410
Independent power production
and other 201,134 94,525 ---
Less accumulated depreciation,
depletion and amortization 1,175,326 1,019,438 889,816
Net property, plant and equipment $2,222,293 $1,942,370 $1,714,236

{(a) In accordance with the provision of SFAS No. 71, intercompany coal
sales of $§5,016 in 2001 were not eliminated.

(b) Includes allocations of common utility property.

(c) Corporate assets consist of assets not directly assignable to a
business (i.e., cash and cash equivalents, certain accounts receivable
and other miscellaneous current and deferred assets).

Earnings from electric, natural gas distribution and pipeline and energy
services are substantially all from regulated operations. Earnings from
utility services, natural gas and oil production, construction materials
and mining, and independent power production and other are all from
nonregulated operations. Capital expenditures for 2003, 2002 and 2001,
related to acquisitions, in the preceding table included the following
noncash transactions: 1ssuance of the Company’s equity securities of
$42.4 million, $47.2 million and $57.4 million in 2003, 2002 and 2001,
respectively.

NOTE 15

Acquisitions

In 2003, the Company acquired a number of businesses, none of which was
individually material, including construction materials and mining
businesses in Montana, North Dakota and Texas and a wind-powered
electric generation facility in California. The total purchase
consideration for these businesses and adjustments with respect to
certain other acquisitions acquired in 2002, including the Company's
common stock and cash, was $175.0 million.
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In 2002, the Company acquired a number of businesses, none of which was
individually material, including utility services companies in
California and Ohio, construction materials and mining businesses 1in
Minnesota and Montana, an energy development company 1in Montana and
natural gas-fired electric generating facilities in Colorado. The total
purchase consideration for these businesses, consisting of the Company's
common stock and cash, was $139.8 million.

In 2001, the Company acquired a number of businesses, none of which was
individually material, including construction materials and mining
businesses in Hawaii, Minnesota and Oregon; utility services businesses
based in Missouri and Oregon; and an energy services company
specializing in cable and pipeline locating and tracking systems. The
total purchase consideration for these businesses, consisting of the
Company's common stock and cash, was $170.1 million.

On April 1, 2000, Fidelity Exploration & Production Company (Fidelity),
an indirect wholly owned subsidiary of the Company, purchased
substantially all of the assets of Preston Reynolds & Co., Inc.
(Preston), a coalbed natural gas development operation based in Colorado
with related oil and gas leases and properties in Montana and Wyoming.
Pursuant to the asset purchase and sale agreement, Preston could, but
was not obligated to purchase, acquire and own an undivided 25 percent
working interest (Seller’s Option Interest) 1in certain oil and gas
leases or properties acquired and/or generated by Fidelity. Fidelity
had the right, but not the obligation, to purchase Seller’s Option
Interest from Preston for an amount as specified in the agreement. On
July 10, 2002, Fidelity purchased the Seller's Option Interest.

The above acquisitions were accounted for under the purchase method of
accounting and, accordingly, the acquired assets and liabilities assumed
have been preliminarily recorded at their respective fair values as of
the date of acquisition. Final fair market values are pending the
completion of the review of the relevant assets, liabilities and issues
identified as of the acquisition date on certain of the above
acquisitions made in 2003. The results of operations of the acquired
businesses are included in the financial statements since the date of
each acquisition. Pro forma financial amounts reflecting the effects of
the above acquisitions are not presented, as such acquisitions were not
material to the Company's financial position or results of operations.
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NOTE 16

Employee Benefit Plans

The Company has noncontributory defined benefit pension plans and other
postretirement benefit plans for certain eligible employees. The
Company uses a measurement date of December 31 for all of i1ts pension
and postretirement benefit plans. These financial statements and this
Note do not reflect the effects of the 2003 Medicare Act on the
postretirement benefit plans. For more information on the 2003 Medicare
Act, see new accounting standards in Note 1. Changes in benefit
obligation and plan assets for the years ended December 31 and amounts
recognized in the Consolidated Balance Sheets at December 31 were as
follows:

Other
Pension Postretirement
Benefits Benefits
2003 2002 2003 2002
(In thousands)
Change in benefit obligation:
Benefit obligation at
beginning of year $224,766 $204,046 $ 74,917 $67,019
Service cost 5,897 5,135 1,857 1,460
Interest cost 15,211 14,877 5,281 4,915
Plan participants’ contributions --- --- 977 834
Amendments 210 372 754 ---
Actuarial loss 27,701 12,324 10,338 5,678
Benefits paid (12,450) (11,988) (5,743) (4,989)
Benefit obligation at
end of year 261,335 224,766 88,381 74,917
Change in plan assets.
Fair value of plan assets at
beginning of year 189,143 224,667 40,889 45,175
Actual gain (loss) on plan assets 43,087 (26,543) 6,148 (4,196)
Employer contribution 3,263 3,007 4,963 4,065
Plan participants’ contributions --- --- 9717 834
Benefits paid (12,450) (11,988) (5,743) (4,989)
Fair value of plan assets at end
of year 223,043 189,143 47,234 40,889
Funded status - over (under) (38,292) (35,623) (41,147) (34,028)
Unrecognized actuarial loss 41,422 35,662 11,862 3,484
Unrecognized prior service cost 8,556 9,501 706 ---
Unrecognized net transition
obligation {(asset) (297) (1,247) 19,362 21,513
Prepaid (accrued) benefit cost $ 11,389 S 8,293 $ (9,217) $ (9,031)
Amounts recognized in the
Consolidated Balance Sheets
at December 31:
Prepaid benefit cost $ 19,671 $ 16,175 S 614 $ 780
Accrued benefit liability (8,282) (7,882) (9,831) (9,811)
Additional minimum liability --- (4,905} --- ---
Intangible asset --- 533 -—- ---
Accumulated other
comprehensive loss -—- 4,372 --- ---
Net amount recognized $ 11,389 S 8,293 $ (9,217) $ (9,031)
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Employer contributions and benefits paid in the above table include only
those amounts contributed directly to, or paid directly from, plan
assets.

The accumulated benefit obligation for the defined benefit pension plans
reflected above was $212.0 million and $186.4 million at December 31,
2003 and 2002, respectively.

The projected benefit obligation, accumulated benefit obligation and
fair value of plan assets for the pension plans with accumulated benefit
obligations in excess of plan assets at December 31, 2003, were as
follows:

2003 2002

(In thousands)
Projected benefit obligation $38, 845 $32,768
Accumulated benefit obligation $28,840 $24,656
Fair value of plan assets $24,508 $20,615

Components of net periodic benefit cost (income) for the Company’s
pension and other postretirement benefit plans were as follows:

Other
Pension Postretirement
Benefits Benefits
Years ended December 31, 2003 2002 2001 2003 2002 2001
(In thousands)
Components of net periodic
benefit cost:
Service cost $ 5,897 $ 5,135 $ 4,716 $§ 1,857 $ 1,460 $ 1,376
Interest cost 15,211 14,877 14,498 5,281 4,915 4,691
Expected return on assets (20,730) (21,110) (20,672) (3,933) (3,843) (3,619)
Amortization of prior
service cost 1,156 1,148 1,247 48 --- ---
Recognized net actuarial
gain (417) (1,855) (2,687) (255) (566) (930)
Settlement (gain) loss --- --- (884) --- --- 15
Amortization of net
transition obligation
(asset) (950) (947) (965) 2,151 2,151 2,227
Net periodic benefit cost
(1ncome) 167 (2,752) (4,747) 5,149 4,117 3,760
Less amount capitalized 14 (352) (391) 601 404 329
Net periodic benefit cost
_{income) S 153 $ (2,400) $(4,356) $ 4,548 $ 3,713 $ 3,431

Weighted average assumptions used to determine benefit obligations at
December 31 were as follows:

Other
Pension Postretirement
Benefits Benefits
2003 2002 2003 2002
Discount rate 6.00% 6.75% 6.00% 6 75%
Rate of compensation increase 4.70% 4.50% 4.50% 4 50%
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Weighted average assumptions used to determine net periodic benefit cost
for the years ended December 31 were as follows:

Other
Pension Postretirement
Benefits Benefits
2003 2002 2003 2002
Discount rate 6.75% 7.25% 6.75% 7 25%
Expected return on plan assets 8.50% 8.50% 7.50% 7 50%
Rate of compensation increase 4.50% 5.00% 4.50% 5 00%

The expected rate of return on plan assets 1s based on the targeted
asset allocation of 70 percent equity securities and 30 percent fixed
income securities and the expected rate of return from these asset
categories. The expected return on plan assets for other postretirement
benefits reflects insurance-related investment costs.

Health care rate assumptions for the Company’s other postretirement
benefit plans as of December 31 were as follows:

2003 2002
Health care trend rate assumed for next year 6.0%-9.5% 6 0%-11 0%
Health care cost trend rate - ultimate 5.0%-6.0% 5.0%-6 0%
Year i1n which ultimate trend rate achieved 1999-2012 1999-2011

The Company’s other postretirement benefit plans include health care and
life insurance benefits for certain employees. The plans underlying
these benefits may require contributions by the employee depending on
such employee’s age and years of service at retirement or the date of
retirement. The accounting for the health care plans anticipates future
cost-sharing changes that are consistent with the Company’s expressed
intent to generally increase retiree contributions each year by the
excess of the expected health care cost trend rate over 6 percent.

Assumed health care cost trend rates may have a significant effect on
the amounts reported for the health care plans. A one percentage point
change in the assumed health care cost trend rates would have had the
following effects at December 31, 2003:

1 Percentage 1 Percentage
Point Increase Point Decrease
(In thousands)

Effect on total of service

and interest cost components S 250 S (972)
Effect on postretirement benefit
obligation $3,479 $(9,554)

The Company's defined benefit pension plans asset allocation at December
31, 2003 and 2002, and weighted average targeted asset allocations at
December 31, 2003, were as follows:
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Weighted Average

Percentage Targeted Asset

of Plan Allocation

Assets Percentage

Asset Category 2003 2002 2003
Equity securities 72% 56% 70%
Fixed income securities 25 40 30%*

Other 3 4 ---
Total 100% 100% 100%

*Includes target for both fixed income securities and other.

The Company's pension assets are managed by nine outside 1investment
managers. The Company's other postretirement assets are managed by one
outside investment manager. The Company's investment policy with
respect to pension and other postretirement assets is to make
investments solely in the interest of the participants and beneficiaries
of the plans and for the exclusive purpose of providing benefits accrued
and defraying the reasonable expenses of administration. The Company
strives to maintain investment diversification to assist in minimizing
the risk of large losses. The Company's policy guidelines allow for
investment of funds in cash equivalents, fixed income securities and
equity securities. The guidelines prohibit investment in commodities
and future contracts, equity private placement, employer securities and
leveraged or derivative securities. The guidelines also prohibit short
selling and margin transactions. The Company's practice is to
periodically review and rebalance asset categories based on 1ts targeted
asset allocation percentage policy.

The Company's other postretirement benefit plans asset allocation at
December 31, 2003 and 2002, and weighted average targeted asset
allocation at December 31, 2003, were as follows:

Weighted Average

Percentage Targeted Asset

of Plan Allocation

Assets Percentage

Asset Category 2003 2002 2003
Equity securities 66% 50% 70%
Fixed income securities 30 45 30%*

Other 4 5 ---
Total 100% 100% 100%

*Includes target for both fixed income securities and other.

The Company expects to contribute approximately $1.6 million to 1its
defined benefit pension plans and approximately $5.0 million to its
postretirement benefit plans in 2004.

In addition to company-sponsored plans, certain employees are covered
under multi-employer defined benefit plans administered by a union.
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Amounts contributed to the multi-employer plans were $27.2 million,
$27.8 million and $19.9 million in 2003, 2002 and 2001, respectively.

In addition to the qualified plan defined pension benefits reflected 1in
the table at the beginning of Note 16, the Company also has an unfunded,
nonqualified benefit plan for executive officers and certain key
management employees that provides for defined benefit payments upon the
employee's retirement or to their beneficiaries upon death for a 15-year
period or as an equivalent life annuity. Investments consist of life
insurance carried on plan participants, which is payable to the Company
upon the employee's death. The cost of these benefits was $5.3 million,
$5.1 million and $4.3 million in 2003, 2002 and 2001, respectively. The
total projected obligation for this plan was $51.1 million and $40.5
million at December 31, 2003 and 2002, respectively. The accumulated
benefit obligation for this plan was $40.7 million and $33.3 million at
December 31, 2003 and 2002, respectively. The additional minimum
liability relating to this plan was $8.2 million and $4.0 million at
December 31, 2003 and 2002, respectively. The Company has a related
intangible asset recognized as of December 31, 2003 and 2002, of $1.0
million and $1.1 million, respectively. A discount rate of 6.0 percent
and 6.75 percent at December 31, 2003 and 2002, respectively, and a rate
of compensation increase of 4.75 percent and 4.50 percent at December
31, 2003 and 2002, respectively, were used to determine benefit
obligations.

A discount rate of 6.75 percent and 7.25 percent at December 31, 2003
and 2002, respectively, and a rate of compensation increase of 4.50
percent and 5.00 percent at December 31, 2003 and 2002, respectively,
were used to determine net periodic benefit cost. The increase in
minimum liability included in other comprehensive income was $2.6
million in 2003 and $1.8 million in 2002.

The Company sponsors various defined contribution plans for eligible
employees. Costs incurred by the Company under these plans were
$9.8 million in 2003, $9.6 million in 2002 and $7.2 million in 2001.
The costs incurred in each year reflect additional participants as a
result of business acquisitions.

NOTE 17

Jointly Owned Facilities

The consolidated financial statements include the Company's 22.7 percent
and 25.0 percent ownership interests in the assets, liabilities and
expenses of the Big Stone Station and the Coyote Station, respectively.
Each owner of the Big Stone and Coyote stations 1s responsible for
financing its investment in the jointly owned facilities.

The Company's share of the Big Stone Station and Coyote Station

operating expenses was reflected in the appropriate categories of
operating expenses in the Consolidated Statements of Income.
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At December 31, the Company's share of the cost of utility plant in
service and related accumulated depreciation for the stations was as
follows:

2003 2002
(In thousands)

Big Stone Station:
Utility plant in service $ 52,154 S 53,018
Less accumulated depreciation 34,993 34,456
$ 17,161 S 18,562

Coyote Station:

Utility plant in service $124,086 $122,476
Less accumulated depreciation 72,850 70,778
$ 51,236 $ 51,698

NOTE 18

Regulatory Matters and Revenues Subject To Refund

On May 30, 2003, Montana-Dakota Utilities Co. (Montana-Dakota), a public
utility division of MDU Resources, filed an application with the North
Dakota Public Service Commission (NDPSC) for an electric rate increase.
Montana-Dakota requested a total of $7.8 million annually or 9.1 percent
above current rates. On July 23, 2003, Montana-Dakota and the NDPSC
Staff filed a Settlement Agreement with the NDPSC agreeing on the issues
of rate of return, capital structure and cost of capital components. On
October 22, 2003, the NDPSC approved the Settlement Agreement. On
November 19, 2003, Montana-Dakota and the NDPSC Staff filed an
additional Settlement Agreement to resolve all remaining outstanding
1ssues with the NDPSC. This Settlement Agreement reflected an increase
of $1.0 million annually and a sharing mechanism between Montana-Dakota
and retail customers of wholesale electric sales margins. On December
18, 2003, the NDPSC approved the November 2003 Settlement Agreement and
required Montana-Dakota to file a compliance filing with the NDPSC. On
January 14, 2004, the NDPSC approved Montana-Dakota’s compliance filing,
which was filed on January 7, 2004, with rates effective with service
rendered on and after January 23, 2004.

In December 2002, Montana-Dakota filed an application with the South
Dakota Public Utilities Commission (SDPUC) for a natural gas rate
increase. Montana-Dakota requested a total of $2.2 million annually or
5.8 percent above current rates. On October 27, 2003, Montana-Dakota
and the SDPUC Staff filed a Settlement Stipulation with the SDPUC
agreeing to an increase of $1.3 million annually. On December 2, 2003,
the SDPUC approved the Settlement Stipulation effective with service
rendered on and after December 2, 2003.

In October 2002, Great Plains Natural Gas Co. (Great Plains), a public
utility division of MDU Resources, filed an application with the
Minnesota Public Utilities Commission (MPUC) for a natural gas rate
increase. QGreat Plains requested a total of $1.6 million annually or
6.9 percent above current rates. In December 2002, the MPUC 1ssued an
Order setting interim rates that approved an interim increase of $1.4
million annually effective December 6, 2002. Great Plains began
collecting such rates effective December 6, 2002, subject to refund

46



until the MPUC issued a final order. On October 9, 2003, the MPUC
issued a Final Order authorizing an increase of $1.1 million annually
and requiring Great Plains to file a compliance filing with the MPUC.
On January 16, 2004, the MPUC issued an Order accepting Great Plains’
compliance filing, which was filed on November 10, 2003, effective with
service rendered on and after January 16, 2004.

Reserves have been provided for a portion of the revenues that have been
collected subject to refund for certain of the above proceedings. The
Company believes that such reserves are adequate based on its assessment
of the ultimate outcome of the proceedings.

In December 1999, Williston Basin filed a general natural gas rate
change application with the FERC. Williston Basin began collecting such
rates effective June 1, 2000, subject to refund. In May 2001, the
Administrative Law Judge (ALJ) issued an Initial Decision on Williston
Basin's natural gas rate change application. The Initial Decision
addressed numerous issues relating to the rate change application,
including matters relating to allowable levels of rate base, return on
common equity, and cost of service, as well as volumes established for
purposes of cost recovery, and cost allocation and rate design. On July
3, 2003, the FERC i1ssued its Order on Initial Decision. The Order on
Initial Decision affirmed the ALJ’s Initial Decision on many of the
issues 1including rate base and certain cost of service items as well as
volumes to be used for purposes of cost recovery, and cost allocation
and rate design. However, there are other issues as to which the FERC
differed with the ALJ including return on common equity and the correct
level of corporate overhead expense. On August 4, 2003, Williston Basain
requested a rehearing of a number of issues including determinations
associated with cost of service, throughput, and cost allocation and
rate design, as discussed in the FERC's Order on Initial Decision. On
September 3, 2003, the FERC 1issued an Order granting Williston Basin'’s
request for rehearing of the July 3, 2003, Order on Initial Decision.
The Company is awaiting a decision from the FERC on the merits of the
Company’s rehearing request and is unable to predict the timing of the
FERC’s decision.

Reserves have been provided for a portion of the revenues that have been
collected subject to refund with respect to Williston Basin’s pending
regulatory proceeding. Williston Basin believes that such reserves are
adequate based on its assessment of the ultimate outcome of the
proceeding.

NOTE 19

Commitments and Contingencies

Litigation

In January 2002, Fidelity 0Oil Co. (FOC), one of the Company’s natural
gas and oil production subsidiaries, entered into a compromise agreement
with the former operator of certain of FOC’s oil production properties
in southeastern Montana. The compromise agreement resolved litigation
involving the interpretation and application of contractual provisions
regarding net proceeds interests paid by the former operator to FOC for
a number of years prior to 1998. The terms of the compromise agreement
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are confidential. As a result of the compromise agreement, the natural
gas and oil production segment reflected a nonrecurring gain in 1its
financial results for the first quarter of 2002 of approximately $16.6
million after tax. As part of the settlement, FOC gave the former
operator a full and complete release, and FOC is not asserting any such
claim against the former operator for periods after 1997.

In June 1997, Jack J. Grynberg (Grynberg) filed a Federal False Claims
Act suit against Williston Basin and Montana-Dakota and filed over 70
similar suits against natural gas transmission companies and producers,
gatherers, and processors of natural gas. Grynberg, acting on behalf of
the United States under the Federal False Claims Act, alleged improper
measurement of the heating content and volume of natural gas purchased
by the defendants resulting in the underpayment of royalties to the
United States. In April 1999, the United States Department of Justice
decided not to intervene in these cases. In response to a motion filed
by Grynberg, the Judicial Panel on Multidistrict Litigation consolidated
all of these cases in the Federal District Court of Wyoming.

The matter 1s currently in the discovery stage. Grynberg has not
specified the amount he seeks to recover. Williston Basin and Montana-
Dakota are unable to estimate their potential exposure and will be
unable to do so until discovery is completed. Williston Basin and
Montana-Dakota believe that the Grynberg case will ultimately be
dismissed because Grynberg is not, as is required by the Federal False
Claims Act, the original source of the information underlyaing the
action. Failing this, Williston Basin and Montana-Dakota believe
Grynberg will not recover damages from Williston Basin and Montana-
Dakota because insufficient facts exist to support the allegations.
Williston Basin and Montana-Dakota believe the claims of Grynberg are
without merit and intend to vigorously contest this suit. Williston
Basin and Montana-Dakota believe it is not probable that Grynberg will
ultimately succeed given the current status of the litigation.

Fidelity has been named as a defendant in, and/or certain of its
operations are the subject of, 11 lawsuits filed in connection waith its
coalbed natural gas development in the Powder River Basin in Montana and
Wyoming. These lawsuits were filed in federal and state courts in
Montana between June 2000 and December 2003 by a number of environmental
organizations, including the Northern Plains Resource Council and the
Montana Environmental Information Center as well as the Tongue River
Water Users’ Association and the Northern Cheyenne Tribe. Two of the
lawsuits have been transferred to Federal District Court in Wyoming.

The lawsuits 1involve allegations that Fidelity and/or various government
agencies are in violation of state and/or federal law, including the
Federal Clean Water Act and the National Environmental

Policy Act. The lawsuits seek injunctive relief, invalidation of
various permits and unspecified damages. Fidelity is unable to quantify
the damages sought, and will be unable to do so until after completion
of discovery. Fidelity is vigorously defending all coalbed-related
lawsuits in which it is involved. If the plaintiffs are successful in
these lawsuits, the ultimate outcome of the actions could have a
material effect on Fidelity’s existing coalbed natural gas operations
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and/or the future development of 1ts coalbed natural gas properties.

Montana-Dakota has joined with two electric generators in appealing a
finding by the North Dakota Department of Health (Department) in
September 2003 that the Department may unilaterally revise operating
permits previously issued to electric generating plants. Although it 1s
doubtful that any revision of Montana-Dakota’s operating permits by the
Department would reduce the amount of electricity 1ts plants could
generate, the finding, if allowed to stand, could increase costs for
sulfur dioxide removal and/or limit Montana-Dakota’s ability to modify
or expand operations at its North Dakota generation sites. Montana-
Dakota and the other electric generators filed their appeal of the order
on October 8, 2003, in the Burleigh County District Court in Bismarck,
North Dakota. Proceedings have been stayed pending discussions with the
United States Environmental Protection Agency (EPA), the Department and
the other electric generators.

In a related case, the Dakota Resource Council filed an action in
Federal District Court in Denver, Colorado, on September 30, 2003, to
require the EPA to enforce certain air quality standards in North
Dakota. If successful, the action could require the curtailment of
discharges of sulfur dioxide into the atmosphere by existing electric
generating facilities and could preclude or hinder the construction of
future generating facilities in North Dakota. The Company has filed a
Motion to Intervene in the lawsuit and has joined in a brief supporting
a Motion to Dismiss filed by the EPA.

The Cémpany cannot predict the outcome of the Department or Dakota
Resource Council matters or their ultimate impact on its operations.

The Company is also involved in other legal actions in the ordinary
course of its business. Although the outcomes of any such legal actions
cannot be predicted, management believes that the outcomes with respect
to these other legal proceedings will not have a material adverse effect
upon the Company's financial position or results of operations.

Environmental matters

In December 2000, Morse Bros., Inc. (MBI), an indirect wholly owned
subsidiary of the Company, was named by the EPA as a Potentially
Responsible Party in connection with the cleanup of a commercial
property site, acquired by MBI 1in 1999, and part of the Portland,
Oregon, Harbor Superfund Site. Sixty-eight other parties were also
named in this administrative action. The EPA wants responsible parties
to share in the cleanup of sediment contamination in the Willamette
River. To date, costs of the overall remedial investigation of the
harbor site for both the EPA and the Oregon State Department of
Environmental Quality (DEQ) are being recorded, and initially paid,
through an administrative consent order by the Lower Willamette Group
(LWG), a group of 10 entities that does not include MBI. The LWG
estimates the overall remedial investigation and feasibility study will
cost approximately $10 million. It 1s not possible to estimate the cost
of a corrective action plan until the remedial investigation and
feasibility study has been completed, the EPA has decided on a strategy,
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and a record of decision has been published. While the remedial
investigation and feasibility study for the harbor site has commenced,
it is expected to take several years to complete. The development of a
proposed plan and record of decision on the harbor site is not
anticipated to occur until 2006, after which a cleanup plan will be
undertaken.

Based upon a review of the Portland Harbor sediment contamination
evaluation by the DEQ and other information available, MBI does not
believe it is a Responsible Party. In addition, MBI has notified
Georgia-Pacific West, Inc., the seller of the commercial property site
to MBI, that it intends to seek indemnity for any and all liabilitaes
incurred in relation to the above matters, pursuant to the terms of
their sale agreement.

The Company believes it 1s not probable that it will incur any material
environmental remediation costs or damages 1in relation to the above
administrative action.

Operating leases

The Company leases certain equipment, facilities and land under
operating lease agreements. The amounts of annual minimum lease
payments due under these leases as of December 31, 2003, were

$18.1 million in 2004, $12.4 million in 2005, $8.7 million in 2006, $5.1
million in 2007, $3.9 million in 2008 and $22.1 million thereafter.

Rent expense was approximately $27.2 million, $26.9 million and $31.5
million for the years ended December 31, 2003, 2002 and 2001,
respectively.

Purchase commitments

The Company has entered into various commitments, largely natural gas
and coal supply, purchased power, natural gas transportation,
construction materials supply and electric generation construction
contracts. These commitments range from one to 21 years. The
commitments under these contracts as of December 31, 2003, were

$167.2 million in 2004, $67.2 million in 2005, $50.1 million 1n 2006,
$31.0 million in 2007, $30.9 million in 2008 and $146.3 million
thereafter. Amounts purchased under these various commitments for the
yvears ended December 31, 2003, 2002 and 2001, were approximately $204.6
million, $152.1 million and $193.0 million, respectively. These
commitments are not reflected in the Company’s consolidated financial
statements.

Guarantees

Centennial has unconditionally guaranteed a portion of certain bank
borrowings of MPX in connection with the Company’s equity method
investment in the natural gas-fired electric generating facility in
Brazil, as discussed in Note 2. The Company, through MDU Brasil, owns
49 percent of MPX. The main business purpose of Centennial extending
the guarantee to MPX's creditors is to enable MPX to obtain lower
borrowing costs. At December 31, 2003, the aggregate amount of
borrowings outstanding subject to these guarantees was $45.5 million and
the scheduled repayment of these borrowings 1s $11.0 million in 2004,
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$10.7 million in 2005, $10.7 million ain 2006, $10.7 million in 2007 and
$2.4 million in 2008. The individual investor (who through EBX
Empreendimentos Ltda. (EBX), a Brazilian company, owns 51 percent of
MPX) has also guaranteed a portion of these loans. In the event MPX
defaults under its obligation, Centennial and the individual investor
would be required to make payments under their guarantees. Centennial
and the individual investor have entered i1nto reimbursement agreements
under which they have agreed to reimburse each other to the extent they
may be required to make any guarantee payments in excess of their
proportionate ownership share in MPX. These guarantees are not
reflected on the Consolidated Balance Sheets.

In addition, WBI Holdings, Inc. (WBI Holdings), an indirect wholly owned
subsidiary of the Company, has guaranteed certain of 1ts subsidiary’s
natural gas and oil price swap and collar agreement obligations. The
amount of the subsidiary’s obligations at December 31, 2003, was $1.8
million. There is no fixed maximum amount guaranteed in relation to the
natural gas and oil price swap and collar agreements, as the amount of
the obligation is dependent upon natural gas and oil commodity prices.
The amount of hedging activity entered into by the subsidiary 1s limited
by corporate policy. The guarantees of the natural gas and oil price
swap and collar agreements at December 31, 2003, expire in 2004;
however, the subsidiary continues to enter into additional hedging
activities and, as a result, WBI Holdings from time to time may issue
additional guarantees on these hedging obligations. At December 31,
2003, the amount outstanding was reflected on the Consolidated Balance
Sheets. In the event the above subsidiary defaults under its
obligations, WBI Holdings would be required to make payments under its
guarantees.

Certain subsidiaries of the Company have outstanding guarantees to third
parties that guarantee the performance of other subsidiaries of the
Company that are related to natural gas transportation and sales
agreements, electric power supply agreements, 1insurance policies and
certain other guarantees. At December 31, 2003, the fixed maximum
amounts guaranteed under these agreements aggregated $46.4 million. The
amounts of scheduled expiration of the maximum amounts guaranteed under
these agreements aggregate $20.1 million in 2004; $5.9 million in 2005;
$3.5 million in 2006; $500,000 in 2007; $900,000 1in 2009; $12.0 million
in 2012; $500,000, whaich 1s subject to expiration 30 days after the
receipt of written notice and $3.0 million, which has no scheduled
maturity date. The amount outstanding by subsidiaries of the Company
under the above guarantees was $372,000 and was reflected on the
Consolidated Balance Sheets at December 31, 2003. In the event of
default under these guarantee obligations, the subsidiary issuing the
guarantee for that particular obligation would be required to make
payments under 1ts guarantee.

Fidelity and WBI Holdings have outstanding guarantees to Williston
Basin. These guarantees are related to natural gas transportation and
storage agreements that guarantee the performance of Prairielands Energy
Marketing, Inc. (Prairielands), an indirect wholly owned subsidiary of
the Company. At December 31, 2003, the fixed maximum amounts guaranteed
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under these agreements aggregated $22.9 million. Scheduled expiration
of the maximum amounts guaranteed under these agreements aggregate $2.9
million in 2005 and $20.0 million in 2009. 1In the event of
Prairielands’ default in its payment obligations, the subsidiary issuing
the guarantee for that particular obligation would be required to make
payments under its guarantee. The amount outstanding by Prairielands
under the above guarantees was $837,000, which was not reflected on the
Consclidated Balance Sheet at December 31, 2003, because these
intercompany transactions are eliminated in consolidation.

In addition, Centennial has issued guarantees related to the Company’s
purchase of maintenance items to third parties for which no fixed
maximum amounts have been specified. These guarantees have no scheduled
maturity date. In the event a subsidiary of the Company defaults under
its obligation in relation to the purchase of certain maintenance items,
Centennial would be required to make payments under these guarantees.
Any amounts outstanding by subsidiaries of the Company for these
maintenance items were reflected on the Consolidated Balance Sheet at
December 31, 2003.

As of December 31, 2003, Centennial was contingently liable for the
performance of certain of its subsidiaries under approximately

$360 million of surety bonds. These bonds are praincipally for
construction contracts and reclamation obligations of these subsidiaries
entered into in the normal course of business. Centennial indemnifies
the respective surety bond companies against any exposure under the
bonds. The purpose of Centennial’s indemnification is to allow the
subsidiaries to obtain bonding at competitive rates. In the event a
subsidiary of the Company does not fulfill its obligations in relation
to its bonded contract or obligation, Centennial may be required to make
payments under its indemnification. A large portion of these contingent
commitments are expected to expire within the next 12 months; however,
Centennial will likely continue to enter into surety bonds for its
subsidiaries in the future. The surety bonds were not reflected on the
Consolidated Balance Sheets.
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Independent Auditors’ Report

To the Board of Directors and Stockholders of
MDU Resources Group, Inc.:

We have audited the accompanying consolidated balance sheets of MDU
Resources Group, Inc. (the “Company”) as of December 31, 2003 and 2002,
and the related consolidated statements of income, common stockholders’
equity, and cash flows for the years then ended. Our audits also
included the 2003 and 2002 financial statement schedules listed in the
Index at Item 15. These consolidated financial statements and financial
statement schedules are the responsibility of the Company’s management.
Our responsibility is to express an opinion on these consolidated
financial statements based on our audits. The consolidated financial
statements and financial statement schedule of the Company for the year
ended December 31, 2001, before the adjustments described in Note 11,
additional transitional disclosures described in Notes 3 and 9, and the
reclassifications to the consolidated financial statements described in
Note 1, were audited by other auditors who have ceased operations.

Those auditors expressed an unqualified opinion on those consolidated
financial statements and stated that such 2001 financial statement
schedule, when considered in relation to the 2001 basic consolidated
financial statements taken as a whole, presented fairly, in all material
respects, the information set forth therein, in their reports dated
January 23, 2002.

We conducted our audits in accordance with auditing standards generally
accepted in the United States of America. Those standards require that
we plan and perform the audit to obtain reasonable assurance about
whether the consolidated financial statements are free of materaal
misstatement. An audit includes examining, on a test basis, evidence
supporting the amounts and disclosures in the consolidated financial
statements. An audit also includes assessing the accounting principles
used and significant estimates made by management, as well as evaluating
the overall financial statement presentation. We believe that our
audits provide a reasonable basis for our opinion.

In our opinion, the 2003 and 2002 consolidated financial statements
present fairly, in all material respects, the financial position of the
Company as of December 31, 2003 and 2002, and the results of its
operations and its cash flows for the years then ended in conformity
with accounting principles generally accepted in the United States of
America. Also, in our opinion, the 2003 and 2002 financial statement
schedules, when considered in relation to the 2003 and 2002 consolidated
financial statements taken as a whole, present fairly, in all material
respects, the information set forth therein.

As discussed above, the consolidated financial statements of the Company
for the year ended December 31, 2001 were audited by other auditors who
have ceased operations. As described in Note 11, those consolidated
financial statements have been revised to give effect to the stock split
on October 29, 2003. We audited the adjustments described in Note 11
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that were applied to revise the 2001 consolidated financial statements
for such stock split. Our audit procedures included (1) comparing the
amounts shown 1n the earnings per share disclosures for 2001 to the
Company'’s underlying accounting analysis obtained from management,

(2) comparing the previously reported shares outstanding and income
statement amounts per the Company’s accounting analysis to the
previously issued consolidated financial statements, and

(3) recalculating the additional shares to give effect to the stock
split and testing the mathematical accuracy of the underlying analysis.
Also, as described in Note 3, these consolidated financial statements
have been revised to include the transitional disclosures required by
Statement of Financial Accounting Standards (“SFAS”) No. 142, Goodwill
and Other Intangible Assets, which was adopted by the Company as of
January 1, 2002. Our audit procedures, with respect to the disclosures
in Note 3 with respect to the 2001 disclosures, included (a) comparing
the previously reported net income to the previously issued consolidated
financial statements and the adjustments to reported net income
representing amortization expense (including any related tax effects)
recognized in those periods related to goodwill that 1s no longer being
amortized as a result of initially applying SFAS No. 142 (including any
tax effects) to the Company’s underlying analysis obtained from
management, and (b) testing the mathematical accuracy of (i) the
reconciliation of adjusted net income to reported net income and

(ii) the related earnings per share amounts. Also, as described in Note
1, these consolidated financial statements have been reclassified to
include additional disclosures relating to the components comprising
operating revenues and operation and maintenance expenses. Our audit
procedures with respect to 2001 as it relates to the reclassifications
described in Note 1 included (1) comparing the previously reported
operating revenues and operation and maintenance expenses to previously
issued consolidated financial statements, (2) comparing the operating
revenues and operation and maintenance expenses to the Company’s
underlying analysis obtained from management, and (3) testing the
mathematical accuracy of the underlying analysis. Also, as described in
Note 9, these consolidated financial statements have been revised to
include disclosures required by SFAS No. 143, Accounting for Asset
Retirement Obligations, which was adopted by the Company as of January
1, 2003. Our audit procedures with respect to the disclosures in Note 9
as they relate to 2001 included testing the mathematical accuracy of the
underlying analysis. In our opinion, the 2001 adjustments for the stock
split described in Note 11 have been properly applied, the goodwill
disclosures for 2001 in Note 3 and the asset retirement disclosures for
2001 in Note 9 are appropriate, and the reclassifications to the
consolidated financial statements described in Note 1 have been properly
applied. However, we were not engaged to audit, review, or apply any
procedures to the 2001 consolidated financial statements of the Company
other than with respect to such adjustments, reclassifications, and
disclosures and, accordingly, we do not express an opinion or any other
form of assurance on the 2001 consolidated financial statements taken as
a whole.
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As daiscussed in Notes 1 and 9 to the consolidated financial statements,
effective January 1, 2003, the Company changed its method of accounting
for asset retirement obligations; and as discussed i1in Notes 1 and 3 to
the consolidated financial statements, effective January 1, 2002, the
Company changed its method of accounting for goodwill.

/s/ DELOITTE & TOUCHE LLP
DELOITTE & TOUCHE LLP

Minneapolis, Minnesota
February 17, 2004
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THIS IS A COPY OF A REPORT PREVIOUSLY ISSUED BY ARTHUR ANDERSEN LLP.
THIS REPORT HAS NOT BEEN REISSUED BY ARTHUR ANDERSEN LLP NOR HAS ARTHUR
ANDERSEN LLP PROVIDED A CONSENT TO THE INCLUSION OF ITS REPORT IN THIS
ANNUAL REPORT.

Report of Independent Public Accountants

To MDU Resources Group, Inc.:

We have audited the accompanying consolidated balance sheets of MDU
Resources Group, Inc. (a Delaware corporation) and Subsidiaries as of
December 31, 2001 and 2000, and the related consolidated statements of
income, common stockholders’ equity and cash flows for each of the three
years 1n the period ended December 31, 2001. These financial statements
are the responsibility of the company's management. Our responsibility
is to express an opinion on these financial statements based on our
audits.

We conducted our audits in accordance with auditing standards generally
accepted 1in the United States. Those standards require that we plan and
perform the audit to obtain reasonable assurance about whether the
financial statements are free of material misstatement. An audit
includes examining, on a test basis, evidence supporting the amounts and
disclosures in the financial statements. An audit also includes
assessing the accounting principles used and significant estimates made
by management, as well as evaluating the overall financial statement
presentation. We believe that our audits provide a reasonable basis for
our opinion.

In our opinion, the financial statements referred to above present
fairly, in all material respects, the financial position of MDU
Resources Group, Inc. and Subsidiaries as of December 31, 2001 and 2000,
and the results of their operations and their cash flows for each of the
three years in the period ended December 31, 2001, in conformity with
accounting principles generally accepted in the United States.

As explained in Note 1 to the consolidated financial statements,
effective January 1, 2001, the company changed 1ts method of accounting
for derivative instruments due to the adoption of a new accounting
pronouncement.

/s/ ARTHUR ANDERSEN LLP
ARTHUR ANDERSEN LLP

Minneapolis, Minnesota
January 23, 2002
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THIS IS A COPY OF A REPORT PREVIOUSLY ISSUED BY ARTHUR ANDERSEN LLP.
THIS REPORT HAS NOT BEEN REISSUED BY ARTHUR ANDERSEN LLP NOR HAS ARTHUR
ANDERSEN LLP PROVIDED A CONSENT TO THE INCLUSION OF ITS REPORT IN THIS
ANNUAL REPORT.

To MDU Resources Group, Inc.:

We have audited in accordance with auditing standards generally accepted
in the United States, the financial statements included i1n MDU Resources
Group, Inc.’s annual report to stockholders incorporated by reference in
this Form 10-K, and have 1ssued our report thereon dated January 23,
2002. Our audit was made for the purpose of forming an opinion on those
statements taken as a whole. Schedule II 1s the responsibility of the
company’s management and i1s presented for purposes of complying with the
Securities and Exchange Commission’s rules and is not part of the basic
financial statements. This schedule has been subjected to the auditing
procedures applied in the audit of the basic financial statements and,
in our opinion, fairly states in all material respects the financial
data required to be set forth therein in relation to the basic financial
statements taken as a whole.

/S/ ARTHUR ANDERSEN LLP
ARTHUR ANDERSEN LLP

Minneapolis, Minnesota,
January 23, 2002
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MDU RESOURCES GROUP, INC.
SUPPLEMENTARY FINANCIAL INFORMATION

Quarterly Data (Unaudited)
The following unaudited information shows selected items by quarter for
the years 2003 and 2002:

First Second Third Fourth
Quarter Quarter Quarter Quarter
(In thousands, except per share amounts)
2003
Operating revenues $467,753 $548,219 $716,099 $620,118
Operating expenses 414,806 473,534 600,433 551,344
Operating 1income 52,947 74,685 115,666 68,774
Income before cumulative effect
of accounting change 27,697 43,473 65,521 46,222
Cumulative effect of accounting
change (7,589) --- --- ---
Net income 20,108 43,473 65,521 46,222
Earnings per common share --
basic:
Earnings before cumulative
effect of accounting change .25 .39 .58 .41
Cumulative effect of accounting
change (.07) --- --- ---
Earnings per common share --
basic .18 .39 .58 .41
Earnings per common share --
diluted:
Earnings before cumulative
effect of accounting change .25 .39 .58 .40
Cumulative effect of accounting
change (.07) --- --- ---
Earnings per common share --
diluted .18 .39 .58 .40
Weighted average common shares
outstanding:
Basic 110,318 110,602 112,359 112,618
Diluted 111,094 111,532 113,368 113,804
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First Second Third Fourth
Quarter Quarter Quarter Quarter
(In thousands, except per share amounts)

2002
Operating revenues $381,935 $480,218 $612,398 $556,986
Operating expenses 336,138 429,023 522,227 478,032
Operating income 45,797 51,195 90,171 78,954
Net income 23,722 24,853 53,931 45,938
Earnings per common share:

Basic .23 .23 .51 42

Diluted .22 .23 .50 42
Weighted average common shares

outstanding:

Basic 104,203 105,684 106,385 108,142

Diluted 105,020 106,540 107,017 108,864

Pro forma amounts assuming
retroactive application of
accounting change:

Net 1income $ 23,126 $ 24,255 $ 53,332 $ 45,339
Earnings per common share --

basic .22 .23 .50 .42
Earnings per common share --

diluted .22 .23 .50 .41

Certain Company operations are highly seasonal and revenues from and
certain expenses for such operations may fluctuate significantly among
gquarterly periods. Accordingly, quarterly financial information may not
be indicative of results for a full year.

Natural Gas and Oil Activities (Unaudited)

Fidelity is involved in the acquisition, exploration, development and
production of natural gas and oil resources. Fidelity's activities
include the acquisition of producing properties with potential
development opportunities, exploratory drilling and the operation and
development of natural gas production properties. Fidelity shares
revenues and expenses from the development of specified properties
located primarily in the Rocky Mountain region of the United States and
1in and around the Gulf of Mexico in proportion to its ownership
interests.

Fidelity owns in fee or holds natural gas leases for the properties 1t
operates in Colorado, Montana, North Dakota and Wyoming. These rights
are 1n the Bonny Field located in eastern Colorado, the Cedar Creek
Anticline in southeastern Montana and southwestern North Dakota, the
Bowdoin area located in north-central Montana and in the Powder River
Basin of Montana and Wyoming.

The information that follows includes Fidelity's proportionate share of
all 1ts natural gas and oil interests.
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The following table sets forth capitalized costs and accumulated
depreciation, depletion and amortization related to natural gas and o1l
producing activities at December 31:

2003 2002 2001
(In thousands)

Subject to amortization $758,500 $603,151 $506,155

Not subject to amortization 104,339 145,692 122,354

Total capitalized costs 862,839 748,843 628,509
Less accumulated depreciation,

depletion and amortization 305,349 239,964 195,469

Net capitalized costs §557,490 $508,879 $433,040

Capital expenditures, including those not subject to amortizataion,
related to natural gas and oil producing activities were as follows:

Years ended December 31, 2003* 2002 2001
(In thousands)
Acquisitions $ 3,027 S 31,439 S 1,695
Exploration 19,193 5,325 13,938
Development ** 77,583 94,943 102,670
Total capital expenditures $99,803 $131,707 $118,303

* Excludes $14,724 of additions to property, plant and equipment
related to the recognition of future liabilities associated with
the plugging and abandonment of natural gas and oil wells in
accordance with SFAS No. 143, as discussed 1in Note 9.

**Tncludes expenditures for proved undeveloped reserves of $23.3
million, $10.1 million and $15.0 million for the years ended
December 31, 2003, 2002 and 2001, respectively.

The following summary reflects income resulting from the Company's
operations of natural gas and oil producing activities, excluding
corporate overhead and financing costs:
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Years ended December 31, 2003 2002%* 2001
(In thousands)

Revenues:

Sales to external customers $140,034 $145,170 $139,939

Sales to affiliates 124,077 55,437 61,178
Production costs 67,292 52,520 44,435
Depreciation, depletion and

amortization 60,072%% 48,064 41,223
Pretax income 136,747 100,023 115,459
Income tax expense 51,925 36,886 45,245
Results of operations for

producing activities before

cumulative effect of accounting

change 84,822 63,137 70,214
Cumulative effect of accounting

change (7,740) --- ---
Results of operations for

producing activities $ 77,082 S 63,137 S 70,214

* Includes the compromise agreement as discussed in Note 19.

**Tncludes $1,356 of accretion of discount for asset retirement
143, as discussed

obligations in 2003 in accordance with SFAS No.

in Note 1.

The following table summarizes the Company's estimated quantities of
proved natural gas and oil reserves at December 31, 2003,

and reconciles the changes between these dates.

assumptions.

For these reasons,

2002 and 2001,

Estimates of
economically recoverable natural gas and oil reserves and future net
revenues therefrom are based upon a number of variable factors and

estimates of economically recoverable

reserves and future net revenues may vary from actual results.
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2003 2002 2001
Natural Natural Natural
Gas 0il Gas 011 Gas 011
(In thousands of Mcf/barrels)
Proved developed and
undeveloped reserves:
Balance at beginning
of year 372,500 17,500 324,100 17,500 309,800 15,100
Production (54,700) (1,900) (48,200) (2,000) (40,600) (2,000)
Extensions and
discoveries 113,300 3,300 80,100 2,200 66,400 2,000
Purchases of proved
reserves 900 - 1,200 100 1,000 100
Sales of reserves
in place --- (100) (4,400) (300) --- ---
Revisions of previous
estimates (20,300) 100 19,700 --- (12,500) 2,300
Balance at end
of vear 411,700 18,900 372,500 17,500 324,100 17,500
Proved developed reserves:
January 1, 2001 263,400 14,200
December 31, 2001 291,300 17,100
December 31, 2002 331,300 14,800
December 31, 2003 342,800 15,000
All of the Company's interests in natural gas and oil reserves are

located in

the United States and in and around the Gulf of Mexico.

The standardized measure of the Company's estimated discounted future
net cash flows of total proved reserves associated with its various
natural gas and oil interests at December 31 was as follows:

2003 2002 2001
(In thousands)

Future cash inflows $2,547,400 $1,726,000 S 974,200
Future production costs 651,300 513,200 361,600
Future development costs 67,100 61,200 64,600
Future net cash flows before

income taxes 1,829,000 1,151,600 548,000
Future income tax expense 601,000 324,000 112,000
Future net cash flows 1,228,000 827,600 436,000
10% annual discount for estimated

timing of cash flows 491,200 321,300 174,000
Discounted future net cash flows

relating to proved natural gas

and oil reserves $ 736,800 S 506,300 s 262,000
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The following are the sources of change in the standardized measure
of discounted future net cash flows by year:

2003 2002 2001

(In thousands)
Beginning of year $ 506,300 S 262,000 S 921,300
Net revenues from production (220,000) (112,900) (153,500)
Change in net realization 318,600 296,100 (1,119,700)

Extensions, discoveries and
improved recovery, net of

future production-related costs 245,800 117,000 40,200
Purchases of proved reserves 2,800 3,700 2,600
Sales of reserves in place (600) (8,900) -
Changes in estimated future

development costs (4,000) (1,100) (6,700)
Development costs incurred

during the current year 35,300 19,400 31,600
Accretion of discount 62,400 27,300 122,700
Net change in income taxes (172,000) (124,700) 436,500
Revisions of previous

estimates (35,500) 30,000 (11,700)
Other (2,300) (1,600) (1,300)
Net change 230,500 244,300 (659,300)
End of vyear $ 736,800 $ 506,300 S 262,000

The estimated discounted future cash i1nflows from estimated future
production of proved reserves were computed using year-end natural gas
prices and oil prices. Future development and production costs
attributable to proved reserves were computed by applying year-end costs
to be incurred in producing and further developing the proved reserves.
Future development costs estimated to be spent in each of the next three
years to develop proved undeveloped reserves are $37.1 million in 2004,
$6.7 million in 2005 and $4.4 million in 2006. Future income tax
expenses were computed by applying statutory tax rates (adjusted for
permanent differences and tax credits) to estimated net future pretax
cash flows.

The standardized measure of discounted future net cash flows does not
purport to represent the fair market value of natural gas and o1l
properties. There are significant uncertainties inherent in estimating
quantities of proved reserves and in projecting rates of production and
the timing and amount of future costs. In addition, future realization
of natural gas and o1l prices over the remaining reserve lives may vary
significantly from current prices.
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Case No
Statement B
Page 1 of 2

MDU RESOURCES GROUP, INC.

NONCONSOLIDATED INCOME STATEMENT
TWELVE MONTHS ENDING DECEMBER 31, 2003

Operating Income

Electric Utilit
Operating Revenues

Operating Expenses

Operation Expenses
Maintenance Expenses
Depreciation Expenses
Taxes Other Than Income Taxes
Income Taxes
Federal Taxes on Income
State Taxes on Income
Deferred Income Taxes

Total Electric Expenses

Net Electric Operation

Gas Utiity
Operating Revenues
Operating Expenses
Operation Expenses
Maintenance Expenses
Depreciation Expenses
Taxes Other Than Income Taxes
Income Taxes
Federal Taxes on Income
State Taxes on Income
Deferred income Taxes
Total Gas Expenses

Net Gas Operation

Net Utility Operating Income

Revenues from Merchandising, Jobbing and Contract Work
(Less) Costs and Exp Of Merch , Jobbing and Contract Work
Revenues from Nonutility Operations

Equity in Earnings of Subsidiary Companies

Interest and Dividend Income

Miscellaneous Nonoperating Income

Gain on Disposition of Property
Total Other Income

Loss on Disposition of Property
Miscellaneous Income Deductions
Total Other Income Deductions

$178,561,980

101,790,710
13,176,267
20,150,400

7,683,325

7,844,316
1,381,596
1,383,686

153,410,300

$25,151,680

$274,607,103

250,033,668
2,792,254
10,044,705
5,234,669

(3,267,639)
(564,828)
4,510,834

268,783,663
$5,823,440
$30,975,120

$12,638,073
11,055,815
211,102
153,788,920
3,636,870
743

54,123

159,274,016

9,749
2,564,974

2,574,723



MDU RESOURCES GROUP, INC.
NONCONSOLIDATED INCOME STATEMENT
TWELVE MONTHS ENDING DECEMBER 31, 2003

Taxes other than Income Taxes
Income Taxes - Federal
income Taxes - State
Prowvision for Deferred Income Taxes
Investment Tax Credits
Total Taxes on Other Income and Deductions

Net Other Income and Deductions

Interest On Long-Term Debt

Amortization of Debt Discount and Expense

Other Interest Expense

{(Less) Allow for Borrowed Funds Used during Const
Net Interest Charges

Net Income

Case No

Statement B

Page 2 of 2

5,120

1,377,137

221,809
(606,763)
(596,333)

400,970
$156,298,323

10,629,946
1,252,461
250,711
217,797

11,915,321

$175,358,122




Case No
Statement C
Page 1 of 6

MONTANA-DAKOTA UTILITIES CO.
PLANT IN SERVICE
GAS UTILITY - NORTH DAKOTA
FOR THE TWELVE MONTHS ENDED DECEMBER 31, 2003

Balance @ Balance @ Average

Function 12/31/02 12/31/03 2003
Distribution $56,767,544 $59,033,353 $57,900,449
General 7,167,081 6,340,261 6,753,671
Intangible Plant - General 181,686 180,280 180,983
Common 5,539,841 5,607,000 5,573,420
Intangible Plant - Common 2,010,760 2,066,890 2,038,825
Gas Plant Leased to Others 11,374 11,374 11,374
Acquisition Adjustment 97,266 97,266 97,266
Construction Work in Progress (CWIP)

In Service not yet Classified 405,134 449173 427,154

Total Plant in Service $72,180,686 $73,785,597 $72,983,142




374 1
374 2
375
376
378
379
380
381
383
385
386 1
386 2
387 1
387 2

389

390

391 1
3913
392 1
392 2
393

394 1
394 2
394 3
394 4
395

396 1
396 2
397 1
397 2
397 3
3975
397 8
398

MONTANA-DAKOTA UTILITIES CO

PLANT IN SERVICE

GAS UTILITY - NORTH DAKOTA

Case No
Statement C
Page 2 of 6

FOR THE TWELVE MONTHS ENDED DECEMBER 31, 2003

Account

Distribution Plant
Land
Rights of Way
Structures & Improvements
Mains
Meas & Reg Equip -General
Meas & Reg Equip -City Gate
Services
Positive Meters
Service Regulators
Ind Meas & Reg Station Eqpt
Misc Property on Cust Premise
Other Property on Cust Premise
Cathodic Protection Equip
Other Distribution Equip

Total Distribution Plant

General Plant
Land
Structures and Improvements
Furniture and Fixtures
Computer Equip - PC
Trans Equip , Non-Unitized
Trans Equip , Unitized
Stores Equipment
Tools,Shop&Gar Eq -Non-Un
Tools,Shop&Gar Eq -Unitized
Vehicle Maintenance Equip
Vehicle Refueling Equip
Laboratory Equipment
Power Operated Equip
Work Equipment Trailers
Radio Comm Equip -Fixed
Radio Comm Equip -Mobile
General Tele Comm Equip
Supervisory & Tele Equip
Network Equipment
Miscellaneous Equipment
Total General Plant

Balance @ Balance @ Average

12/31/02 12/31/03 Balance
$41,999 $41,687 $41,843
49,075 49,074 49,075
180,117 180,117 180,117
27,754,953 28,904,066 28,329,509
572,331 588,208 580,270
174,002 174,002 174,002
12,434,694 12,956,082 12,695,388
12,579,688 13,088,403 12,834,045
1,712,228 1,783,339 1,747,784
370,108 370,108 370,108
1,680 1,680 1,680
113,207 113,207 113,207
451,864 451,864 451,864
331,598 331,516 331,557
$56,767,544 $59,033,353 $57,900,449
$154,460 $154,772 $154,616
892,950 889,138 891,044
218,802 49,595 134,199
287,816 361,058 324,436
41,617 41,617 41,617
2,173,356 2,265,130 2,219,243
74,396 45,588 59,992
1,115,009 550,760 832,884
123,956 39,059 81,508
6,615 6,615 6,615
97,809 63,469 80,639
172,593 137,257 154,924
114,117 111,701 112,909
1,370,028 1,343,917 1,356,973
119,094 130,522 124,808
100,180 101,606 100,893
28,055 15,659 21,857
1,830 915
11,988 11,999 11,994
62,410 20,799 41,605
$7,167,081 $6,340,261 $6,753,671



303

389

390

3911
391.2
3913
3915
392 1
3922
392 3
393

394 1
394 3
394 4
396 2
397 1
3972
3973
3975
397 8
398

303

386 3

114 2

MONTANA-DAKOTA UTILITIES CO.
PLANT IN SERVICE
GAS UTILITY - NORTH DAKOTA

Case No

Statement C

Page 3 of 6

FOR THE TWELVE MONTHS ENDED DECEMBER 31, 2003

Account

Intangible Plant - General

Common Plant
Land
Structures and Improvements
Furmiture and Fixtures
Computer Equip - Bull/AS400
Computer Equip - PC
Computer Equip - Other
Trans Equip, Non-Unitized
Trans Equip , Unitized
Aircraft
Stores Equipment
Tools, Shop & Gar Equip
Vehicle Maint Equip
Vehicle Refueling Equip
Work Equipment Trailers
Radio Comm Equip -Fixed
Radio Comm Equip -Mobile
General Tele Comm Equip
Supervisory & Tele Equip
Network Equipment
Miscellaneous Equipment
Total Common Plant

Intangible Plant - Common
Gas Plant Leased to Others

Acquisition Adjustment

Total Gas Plant in Service

Balance @ Balance @ Average

12/31/02 12/31/03 Balance
$181,686 $180,280 $180,983
$213,977 $215,955 $214,965
2,504,686 2,565,285 2,534,986
482,943 296,124 389,533
12,498 2,028 7,263
557,843 560,899 559,371
110,507 9,876 60,192
36,746 36,464 36,605
675,194 672,455 673,824
144,636 629,292 386,964
5,210 5,244 5,227
39,294 39,921 39,607
16,045 17,712 16,879
112,825 114,538 113,682
32,647 15,472 24,060
92,108 55,797 73,952
167,505 122,577 145,041
101,520 92,273 96,897
10,199 9,944 10,072
130,996 53,988 92,492
92,462 91,156 91,808
$5,539,841 $5,607,000 $5,573,420
$2,010,760 $2,066,890 $2,038,825
11,374 11,374 11,374
97,266 97,266 97,266
$71,775,552 $73,336,424 $72,555,988




MONTANA-DAKOTA UTILITIES CO.
DETAILED COST OF PLANT

GAS UTILITY

FOR THE TWELVE MONTHS ENDED DECEMBER 31, 2003

Acct Balance @ Balance @
No Account 12/31/02 Additions Retirements Transfers 12/31/03
Distrnibution Plant

374 1 Land $109,547 $0 ($384) ($312) $108,851
374.2 Rights of Way 95,588 1,496 (65) 0 97,019
375 Structures & Improvements 521,210 10,178 (450) 0 530,938
376 Mains 80,182,712 3,785,387 (234,006) 0 83,734,093
378 Measuring & Regulating Equip - Gen 1,423,150 45,097 (10,744) 0 1,457,503
379 Measuring & Regulating Equip - City Gate 1,009,137 23,172 (4,388) 0 1,027,921
380 Services 33,733,349 2,103,050 (163,649) 0 35,672,750
381 Meters 32,113,684 1,433,811 (13,398) 0 33,534,097
383 Service Regulators 4,402,528 208,127 (11,656) 0 4,598,999
385 Industrial Measuring & Regulating Equip 578,786 55,439 (6,164) 0 628,061
386 1 Misc Property on Customer Premise 1,680 0 0 0 1,680
386 2 Other Property on Customer Premise 432,812 0 0 0 432,812
387 1 Cathodic Protection Equipment 1,476,915 44,534 (5,054) 0 1,516,395
387 2 Other Distribution Equipment 557,184 1,415 (1,945) 0 556,654

Total Distribution Plant $156,638,282 $7,711,706 ($451,903) ($312) $163,897,773

General Plant

389 Land $851,350 ($107) $0 $312 $851,555
390 Structures & Improvements 5,689,188 22,040 (9,314) 0 5,701,914
3911 Office Furniture & Equipment 755,201 18,121 (404,720) 3,483 372,085
3913 Computer Equip -PC 786,659 244 662 (57,519) 0 973,802
3921 Transportation Equipment - Non-Un 155,417 16,065 0 0 171,482
3922 Transportation Equipment - Unitized 6,457,020 902,779 (551,428) 103,664 6,912,035
393 Stores Equipment 192,629 14,254 {(63,868) 0 143,015
3941 Tools,Shop&Gar Equip -Non-Un 2,610,721 144,680 (1,286,765) 0 1,468,636
394 2 Tools,Shop&Gar Equip -Non-Un 299,810 0 (193,745) 0 106,065
394 3 Vehicle Maintenance Equipment 31,177 0 0 0 31,177
394 4 Vehicle Refueling Equipment 361,344 0 (168,497) 0 192,847
395 Laboratory Equipment 324,158 0 (111,337) 0 212,821
396 1 Wark Equipment Trailers 359,619 0 (5,323) 0 354,296
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MONTANA-DAKOTA UTILITIES CO.

DETAILED COST OF PLANT
GAS UTILITY
FOR THE TWELVE MONTHS ENDED DECEMBER 31, 2003

Acct Balance @ Balance @
No Account 12/31/02 Additions Retirements Transfers 12/31/03
396 2 Power Operated Equipment 4,120,765 1,718,894 (1,487,415) 136,299 4,488,543
397 1 Radio Communication Equip - Fixed 482,215 0 27,488 0 509,703
397 2 Radio Communication Equip - Mobile 413,977 1,226 1,427 0 416,630
397 3 General Tele Comm Equip 101,422 0 (58,268) 0 43,154
3975 Supervisory & Tele Equip 124,167 0 (123,043) 0 1,124
3976 Scada System 30,894 0 (30,894) 0 0
3978 Network Equipment 31,698 7,899 0 (308) 39,289
398 Miscellaneous Equipment 147,510 542 {101,445) 0 46,607

Total General Plant $24,326,941 $3,091,055 ($4,624,666) $243,450 $23,036,780
303 General Intangible 477,530 0 0 0 477,530
Common Plant - Gas 1/ 19,155,659 19,728,338

Gas Plant Leased to Others
386 3 CNG DemolLease 25,773 0 0 0 25773
114 3 Acquisition Adjustments 97,266 0 0 0 97,266
Total Gas Plant in Service $200,721,451 $10,802,761 ($5,076,569) $243,138 $207,263,460

1/ Common plant is either directly assigned or allocated to gas and electric plant Total common plant additions, retirements,
transfers and adjustments for the twelve months ended December 31, 2003 are $6,361,627, $5,558,638, and ($790,319) respectively

9 Jo G abed
O juswajels

ON ase)



MONTANA-DAKOTA UTILITIES CO.

GAS CWIP IN SERVICE

GAS UTILITY - NORTH DAKOTA
FOR THE TWELVE MONTHS ENDED DECEMBER 31, 2003

Work
Order
Number Description State Total Distribution General Common
J138318  Upgrade Bismarck | P system ND ($11,717) ($11,717)
J142889  Extend 10,500 feet of 4" plastic | P - Minot ND (2,521) (2,521)
J133977 Replace meter reading system ND (457) (457)
J136907 Replace Conguest aircraft ND (1,546) (1,546)
J141071  Reconstruct Transportation building ND (554) (554)
J141541  Purchase welding truck ND 373 373
J143593 Remodel Annex ND (38) (38)

Small items grouped 1/

(115)  Distnibution ND 386,063 386,063

(33) General ND 56,026 56,026

(22) Common ND 23,544 23,544

Total $449,173 371,825 53,804 23,544

1/ Numbers in brackets indicate the number of work orders involved in each item of construction
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Function

Distribution

General

Intangible Piant - General
Common

Intangible Plant - Common
Gas Plant Leased to Others

Acquisition Adjustment

Page 1 of 2
MONTANA-DAKOTA UTILITIES CO.
ACCUMULATED RESERVE FOR DEPRECIATION
GAS UTILITY - NORTH DAKOTA
FOR THE TWELVE MONTHS ENDED DECEMBER 31, 2003
Balance @ Balance @ Average
12/31/02 12/31/03 2003

$41,390,274 $43,570,560 $42,480,417
3,764,369 2,879,364 3,321,866
175,819 176,497 176,158
2,796,890 2,468,018 2,632,454
904,330 1,120,967 1,012,649
4,697 5,760 5,228
29,837 14,919
$49,036,379 $50,251,003 $49,643,691

Total Accumulated Reserve

Case No

StatementD




MONTANA-DAKOTA UTILITIES CO.
BOOK CHANGES IN ACCUMULATED PROVISION FOR
DEPRECIATION AND AMORTIZATION - GAS UTILITY
FOR THE TWELVE MONTHS ENDED DECEMBER 31, 2003

Beginning Ending
Balance Annual Retirements Removal Balance
Gas Utility 12/31/02 Provision (Onginal Cost) Salvage Costs Adjustments 12/31/03
Account 111 2 - Intangible $447 917 $10,455 $458,372
Account 108
Distribution 105,038,561 6,785,125 $799,928 $129,163 $437,618 $256,182 110,971,485
General 9,493,634 1,193,769 4,050,001 1,053,238 1,008 (949,952) 6,739,680
Total Account 108 114,532,195 7,978,894 4,849,929 1,182,401 438,626 (693,770) 117,711,165
Account 115 - Acquisition Adjustment 0 29,837 29,837
Total $114,980,112 $8,019,186 $4,849,929 $1,182,401 $438,626 ($693,770) $118,199,374
Common 1/ $6,858,790 $7,704,993
1/ Common Plant I1s assigned by state on an actual site and use basis when applicable, and the remainder is allocated by state to
gas and electric on a plant in service basis Total common changes for the twelve months ended December 31, 2003 are
Beginning Ending
Balance Annual Retirements Removal Balance
Common Utility 12/31/02 Provision {Oniginal Cost) Salvage Costs Adjustments 12/31/03
Account 111 4 $6,426,442 $1,358,967 $0 $0 $0 $0 $7,785,409
Account 108 19,876,689 2,215,960 4,772,909 831,296 11,992 (1,142,452) 16,996,592
Total Accounts 111 4 and 108 $26,303,131 $3,574,927 $4,772,909 $831,296 $11,992 ($1,142,452) $24,782,001
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MONTANA-DAKOTA UTILITIES CO.
SUMMARY OF WORKING CAPITAL AND

Case No

Statement E

CUSTOMER ADVANCES FOR CONSTRUCTION
GAS UTILITY - NORTH DAKOTA
FOR THE TWELVE MONTHS ENDED DECEMBER 31, 2003

Working Capital

Matenals and Supplies
Fuel Stocks
Prepayments

Gas IRP

Total Working Captal

Customer Advances for Construction

Page 1 of 6
Balance @ Balance @
12/31/02 12/31/03

$376,334 $409,023
23,626 25,616
33,397 65,958
70,984 17,984
$504,341 $518,581
$286,881 $307,320




Case No
Statement E
Page 2 of 6

MONTANA-DAKOTA UTILITIES CO.
MATERIALS AND SUPPLIES
GAS UTILITY - NORTH DAKOTA
TWELVE MONTHS ENDING DECEMBER 31, 2003

Amount
December 2002 $376,334
January 2003 370,904
February 407,668
March 503,799
April 545,338
May 499,717
June 534,146
July 539,959
August 506,734
September 487,922
October 508,818
November 482,851

December 409,023



Case No
Statement E
Page 3 of 6

MONTANA-DAKOTA UTILITIES CO.
FUEL STOCKS
GAS UTILITY - NORTH DAKOTA
TWELVE MONTHS ENDING DECEMBER 31, 2003

Amount
December 2002 $23,626
January 2003 23,626
February 23,962
March 12,712
Apni 22,233
May 22,562
June 16,648
July 19,003
August 19,085
September 21,249
October 21,276
November 33,614

December 25,616



Case No
Statement E
Page 4 of 6

MONTANA-DAKOTA UTILITIES CO.
PREPAID INSURANCE
GAS UTILITY - NORTH DAKOTA
TWELVE MONTHS ENDING DECEMBER 31, 2003

Amount
December 2002 $33,397
January 2003 9,962
February 163,774
March 143,887
April 231,145
May 202,805
June 189,541
July 166,072
August 133,274
September 109,823
October 99,155
November 110,003

December 65,958



Case No
Statement E
Page 5 of 6

MONTANA-DAKOTA UTILITIES CO.
GAS INTEGRATED RESOURCE PLAN
GAS UTILITY - NORTH DAKOTA
TWELVE MONTHS ENDING DECEMBER 31, 2003

Amount
December 2002 $70,984
January 2003 66,567
February 62,150
March 57,734
April 53,317
May 48,900
June 44,484
July 40,067
August 35,651
September 31,234
October 26,817
November 22,401

December 17,984



CaseNo ___

Statement E
Page 6 of 6

MONTANA-DAKOTA UTILITIES CO.
CUSTOMER ADVANCES FOR CONSTRUCTION
GAS UTILITY - NORTH DAKOTA
TWELVE MONTHS ENDING DECEMBER 31, 2003

Amount
December 2002 $286,881
January 2003 239,365
February 191,455
March 191,701
April 224,387
May 223,824
June 239,570
July 240,610
August 241,173
September 288,906
October 311,456
November 311,960

December 307,320



Long Term Debt
Preferred Stock
Common Equity

Total

Case No

Statement F

MONTANA-DAKOTA UTILITIES CO. Page 1 of 3
AVERAGE UTILITY CAPITAL STRUCTURE
2003
Capital Required
Balance Ratio Cost Return
$147,600,000 45783% 8 878% 4 065%
16,250,000 5 040% 4622% 0 233%
158,539,438 49177% 11 500% 5 655%
$322,389,438 100 000% 9 953%




Long Term Debt
Preferred Stock
Common Equity

Total

Case No
Statement F

Page 2 of 3
MONTANA-DAKOTA UTILITIES CO.
AVERAGE UTILITY CAPITAL STRUCTURE
PROJECTED 2004
Capttal Required
Balance Ratio Cost Return
$154,100,000 45 589% 8 624% 3 932%
16,150,000 4778% 4618% 0221%
167,772,745 49 633% 11 500% 5708%
$338,022,745 100 000% 9861%




Case No
Statement F

Page 3 of 3
MONTANA-DAKOTA UTILITIES CO
AVERAGE UTILITY CAPITAL STRUCTURE
PROJECTED 2005
Capital Required
Balance Ratio Cost Return
Long Term Debt $153,350,000 43 535% 8 518% 3 708%
Preferred Stock 16,050,000 4 557% 4 614% 0210%
g
Common Equity 182,843,012 51 908% 11 500% 5 969%
Total $352,243,012 100 000% 9 887%




Case No
Statement F

Schedule F-1
MONTANA-DAKOTA UTILITIES CO. Page 1 of 7
AVERAGE LONG-TERM DEBT
2003
Adjusted
Balance Annual Embedded
Outstanding Cost Cost

First Mortgage Bonds
Balance at 12/31/02 $130,850,000 $11,743,442 8 975%
Amortization of Gain/Loss 361,666

130,850,000 12,105,108
Balance at 12/31/03 160,850,000 13,604,942 8 458%
Amortization of Gain/Loss 268,627

160,850,000 13,873,569
Average Balance $145,850,000 $12,674,192 8 690%
Average Amort of Gain/Loss 315,147

$145,850,000 $12,989,339 8 906%

Pollution Control Bonds
Balance at 12/31/02 $2,000,000 $131,120 6 556%
Balance at 12/31/03 1,500,000 98,340 6 556%
Average Balance $1,750,000 $114,730 6 556%
Total Average Long Term Debt $147,600,000 $13,104,069 8 878%




First Mortgage Bonds

Balance at 12/31/03
Amortization of Gain/Loss

Balance at 12/31/04
Amortization of Gain/Loss

Average Balance
Average Amort of Gain/Loss

Pollution Control Bonds

Balance at 12/31/03
Balance at 12/31/04

Average Balance

Case No
Statement F

Schedule F-1
Page 2 of 7
MONTANA-DAKOTA UTILITIES CO.
AVERAGE LONG-TERM DEBT
PROJECTED 2004
Adjusted
Balance Annual Embedded
Outstanding Cost Cost
$160,850,000 $13,604,942 8 458%
268,627
160,850,000 13,873,569
145,850,000 12,433,292 8 525%
174,668
145,850,000 12,607,960
$153,350,000 $13,019,117 8 490%
221,648
$153,350,000 $13,240,765 8 634%
$1,500,000 $98,340 6 556%
0 0
$750,000 $49,170 6 556%
$154,100,000 $13,289,935 8 624%

Total Average Long Term Debt




Case No
Statement F
Schedule F-1

p
MONTANA-DAKOTA UTILITIES CO. age 3 of 7

AVERAGE LONG-TERM DEBT
PROJECTED 2005

Adjusted
Balance Annual Embedded
Qutstanding Cost Cost
First Mortgage Bonds
Balance at 12/31/04 $145,850,000 $12,433,292 8 525%
Amortization of Gain/Loss 174,668
145,850,000 12,607,960
Balance at 12/31/05 160,850,000 13,483,292 8 383%
Amortization of Gain/Loss 34,738
160,850,000 13,518,030
Average Balance $153,350,000 $12,958,292 8 450%
Average Amort of Gain/Loss 104,703
$153,350,000 $13,062,995 8 518%
Pollution Control Bonds
Balance at 12/31/04 $0 $0
Balance at 12/31/05 0 0
Average Balance $0 $0
Total Average Long Term Debt $153,350,000 $13,062,995 8 518%




MONTANA-DAKOTA UTILITIES CO

LONG-TERM DEBT CAPITAL
DECEMBER 31, 2003

Loss on Reacquirement Redemptiol

Principal Underwnters' Commission and Issuance Expense
Date of Date of Interest Amount Gross % Gross % Gross
Description Issuance Matunty Rate of Issue Proceeds Amount Proceeds Amount Proceeds
First Mortgage Bonds
Secured Medium-term Notes, Senes A
825% 04/01/92 04/01/07 8 250% $30,000,000 $30.,000,000 $225,000 0750% $3.663,204 12211%
86% 04/01/92 04/01/12 8 600% 35,000,000 34,911,100 306,250 0877% 5,698,318 16 322%
6 52% 09/30/197 10/01/04 6 520% 15,000,000 15,000,000 90,000 0 600% 827,077 5514%
671% 09/30/97 10/01/09 6 710% 15,000,000 15,000,000 93,750 0625% 1,417,846 9452%
5 83% 09/18/98 10/01/08 5 830% 15,000,000 15,000,000 93,750 0625% 92,336 06167
5 98% - Senor Note 12/15/03 12/15/33 5 980% 30,000,000 30,000,000 262,500 0875% 280,668 0 936¢
Pollution Control Refunding Revenue Bonds
Mercer County 6 65% 06/01/92 06/01/22 6 650% 15,000,000 15,000,000 0 0 000% 938,724 6 258%
Richland County 6 65% 06/01/92 06/01/22 6 650% 3,250,000 3,250,000 0 0 000% 186,323 5733%
Morton County 6 65% 06/01/92 06/01/22 6 650% 2,600,000 2,600,000 0 0 000% 179,014 6 885%
Pollution Control Notes
Grant County 6 2% 03/01/74 03/01/04 6 200% 5,600,000 5,600,000 84,000 1500% 88,958 1 589%
$166,450,000 $166,361,100 $1,155,250 $13,372,468
Net Proceeds Cost of Principal Embedded
Description Amount Per Unit Money 1/ Outstanding Annual Cost Cost
First Mortgage Bonds
Secured Medium-term Notes, Series A
825% $26,111,796 87 039% 10 177% $30,000,000 $3,053,100
86% 28,906,532 82 590% 11 020% 35,000,000 3,857,000
6 52% 14,082,923 93 886% 7811% 15,000,000 1,171,650
671% 13,488,404 89 923% 8 195% 15,000,000 1,229,250
583% 14,813,914 98 759% 6 086% 15,000,000 912,900
5 98% - Senior Note 29,456,832 98 189% 6 205% 30,000,000 1,861,500
Pollution Control Refunding Revenue Bonds
Mercer County 6 65% 14,061,276 93 742% 7 288% 15,000,000 1,093,200
Richtand County 6 65% 3,063,677 94 267% 7 243% 3,250,000 235,398
Morton County 6 65% 2,420,986 93 115% 7 344% 2,600,000 190,944
Tnno
Total First Mortgage Bonds 146,406,340 160,850,000 13,604,942 8 458% % % §>: 8
] o ®
~23 =z
oz 8 o©°
Pollution Control Notes :," m =
Grant County 6 2% 5,427,042 96 911% 6 556% 1,500,000 98,340 6 556% L
Total Long-Term Debt Capital $162,350,000 $13,703,282 8 441%

_$151833,382

1/ Yield to matunty based upon the life, net proceeds, semiannual compounding of stated interest rate, and amortization of indenture revision costs



Case No

Statement F
Schedule F-1
MONTANA-DAKOTA UTILITIES CO. Page 5 of 7
AMORTIZATION OF LOSS ON REACQUIRED DEBT
2003
Projected
Average

Amortization

Acct 1890 - Unamortized Loss

9 1/8% due 05-15-06 1/03 - 12/03 $361,666

9 1/8% due 05-15-06 1/04 - 12/04 268,627

Average at 12/31/03 $315,147




Case No

Statement F

Schedule F-1

P
MONTANA-DAKOTA UTILITIES CO. age 6 of 7

AMORTIZATION OF LOSS ON REACQUIRED DEBT
PROJECTED 2004

Projected
Average
Amortization

Acct 1890 - Unamortized Loss

9 1/8% due 05-15-06 1/04 - 12/04 $268,627

9 1/8% due 05-15-06 1/05 - 12/05 174,668

Average at 12/31/04 $221,648




Case No

Statement F
Schedule F-1
Page 7 of 7
MONTANA-DAKOTA UTILITIES CO.
AMORTIZATION OF LOSS ON REACQUIRED DEBT

PROJECTED 2005
Projected
Average
Amortization
Acct 1890 - Unamortized Loss
9 1/8% due 05-15-06 1/05 - 12/05 $174.,668
9 1/8% due 05-15-06 1/06 - 12/06 34,738

Average at 12/31/05 $104,703




Description

Balance at 12/31/02

Redemptions
5 1% Series

Balance at 12/31/03

Average Preferred Stock

Case No
Statement F

Schedule F-2
MONTANA-DAKOTA UTILITIES CO. Page 1 of 4
AVERAGE PREFERRED STOCK
2003
Adjusted
Balance Annual Embedded
Outstanding Cost Cost
$16,300,000 $753,705 4 624%
(100,000) (5,285)
$16,200,000 $748,420 4 620%
$16,250,000 $751,063 4 622%




Description
Balance at 12/31/03

Redemptions
5 1% Series

Balance at 12/31/04

Average Preferred Stock

Case No
Statement F

Schedule F-2
MONTANA-DAKOTA UTILITIES CO Page 2 of 4
AVERAGE PREFERRED STOCK
PROJECTED 2004
Adjusted
Balance Annual Embedded
Qutstanding Cost Cost
$16,200,000 $748,420 4 620%
(100,000) (5,285)

$16,100,000 $743,135 4 616%
$16,150,000 $745,778 4 618%




Description

Balance at 12/31/04

Redemptions
5 1% Series

Balance at 12/31/05

Average Preferred Stock

Case No

Statement F

Schedule F-2
Page 3 of 4
MONTANA-DAKOTA UTILITIES CO
AVERAGE PREFERRED STOCK
PROJECTED 2005
Adjusted
Balance Annual Embedded
Qutstanding Cost Cost
$16,100,000 $743,135 4616%
(100,000) (5,285)
$16,000,000 $737,850 4 612%
$16,050,000 $740,493 4 614%




Description
4 5% Series

4 7% Series
5 1% Series

Description

4 5% Series
4 7% Series
5 1% Series

Total

MONTANA-DAKOTA UTILITIES CO.

PREFERRED STOCK CAPITAL

DECEMBER 31, 2003

Call Gross Underwriters' Commission Issuance Expense
Date of (Redemption) Dividend Par Value Proceeds % Gross % Gross
Issuance Price Rate of Issue (000's) Amount Proceeds Amount Proceeds
01/01/51 $105 4 5% $100 $10,000
12/07/55 102 47% 100 5,000
05/23/61 100/102 51% 100 5,000 $25,000 0 50% $27,452 054
Net Proceeds December 31, 2003
Amount Cost of Principal Annual Embedded Method of
(000's) Per Unit Money 1/ 2/ Outstanding Cost Cost Offering
$10,000 100 000% 4 500%  $10,000,000 $450,000 Public
5,000 100 000% 4 700% 5,000,000 235,000 Public
4,948 98 951% 5285% 1,200,000 63,420 Private
$16,200,000 $748,420 4 620%
1/ Yield to maturity based upon the life, net proceeds, and quarterly compounding of the stated dividend rate of each i1ssue
2/ 4 5% Series and 4 7% Series 1ssue expense fully recovered
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MONTANA-DAKOTA UTILITIES CO.
AVERAGE UTILITY COMMON EQUITY
2003

Description

Amount

Common Equity - 12/31/02

Unappropriated Retained Earnings of Subsidiaries
Additional Equity of Subsidiaries (Centennial)

$1,287,371,219

430,566,718
700,137,104

Utility Common Equity - 12/31/02

$156,667,397

Common Equity - 12/31/03

Unappropriated Retained Earnings of Subsidiaries
Additional Equity of Subsidiaries (Centennial)

$1,439,261,641

528,082,638
750,767,525

Utihty Common Equity - 12/31/03

$160,411,478

Average Common Utility Equity - 12/31/03

$158,539,438

CaseNo
Statement F
Schedule F-3
Page 1 of 3



Case No

Statement F

Schedule F-3
MONTANA-DAKOTA UTILITIES CO. Page 2 of 3
AVERAGE UTILITY COMMON EQUITY
PROJECTED 2004

Description Amount
Common Equity - 12/31/03 $1,439,261,641

Unappropriated Retained Earnings of Subsidiaries 528,082,638

Additional Equity of Subsidiaries 750,767,525
Utilty Common Equity - 12/31/03 $160,411,478

Common Equity Infusion 18,000,000

Projected Equity Earnings 14,662,000

Less Utility Dividends (17,939,466)
Utihty Common Equity - 12/31/04 $175,134,012

Average Common Utility Equity - 12/31/04 $167,772,745




Case No

Statement F

Schedule F-3

Page 3 of 3
MONTANA-DAKOTA UTILITIES CO

AVERAGE UTILITY COMMON EQUITY

PROJECTED 2005
Description Amount
Utiity Common Equity - 12/31/03 $160,411,478
Common Equity Infusion 18,000,000
Projected Equity Earnings 14,662,000
Less Utihty Dividends (17,939,466)
Utility Common Equity - 12/31/04 $175,134,012
Common Equity Infusion $10,000,000
Projected Equity Earnings 17,955,000
Less Utihty Dividends (12,537,000)
Utiity Common Equity - 12/31/05 $190,552,012

Average Common Utiity Equity - 12/31/05 $182,843,012




Case No
Statement F
Schedule F-4

MDU RESOURCES GROUP, INC.
STOCK DIVIDENDS, STOCK SPLITS OR
CHANGES IN PAR OR STATED VALUE
FOR THE FIVE-YEAR PERIOD ENDING DECEMBER 31, 2003

On April 30, 1999, the MDU Resources Group, Inc. Certificate of Incorporation was
amended pursuant to stockholder approval The amendment to the Certificate of

Incorporation increased the number of shares of common stock which the company
is authorized to issue from 75,000,000 shares of common stock with a par value of

$3.33 to 150,000,000 shares with a par value of $1.00.

On October 29, 2003, MDU Resources Group, Inc i1ssued 37,862,129 additional
shares of Common Stock, Par value $1 00, in connection with a three-for-two

Common Stock split to be effected in the form of a fifty percent stock dividend



Year Ended December 31
1999
2000
2001
2002
2003

Twelve Months

January 2003
February
March

Apnil

May

June

July
August
September
October
November
December

MDU RESOURCES GROUP, INC.

FOR THE FIVE YEARS ENDED DECEMBER 31, 2003

COMMON STOCK DATA

Avg Number Annual
of Shares Diluted Annual Dividend/ Average Price/ Dividend/
Outstanding Earnings Dividends Earnings Market Earnings Price
(000's) 2/ {per share) 2/ (per share) 2/ Ratio Price 1/ Ratio Ratio

82,306 101 0 5467 54% 1527 151 36%

92,085 120 05733 48% 16 02 134 36%
101,803 152 0 6000 39% 2017 133 30%
106,863 138 0 6266 45% 17 59 127 36%
112,460 155 0 6600 43% 2091 1356 32%
107,427 128 0 6266 49% 17 54 137 36%
107,845 125 3/ 06333 51% 17 46 140 36%
108,362 133 06333 48% 18 09 136 35%
108,831 136 06333 47% 1909 140 33%
109,232 140 0 6400 46% 20 30 145 32%
109,610 148 0 6400 43% 2218 150 29%
110,083 153 0 6400 42% 2184 14 3 29%
110,601 156 0 6500 42% 2167 139 30%
111,117 157 0 6500 41% 22 68 14 4 29%
111,648 158 0 6500 41% 2322 147 28%
112,155 155 0 6600 43% 2297 148 29%
112,460 155 0 6600 43% 2384 154 28%

1/ The average market price 1s based on monthly high and low for the year
2/ Common stock amounts reflect the Company's three-for-two common stock split effective October 29, 2003
3/ Includes the cumulative effect of the change in accounting for asset retirement obligations as required by the adoption of Statement of Financial

Accounts Standards No 143 (February - December 2003)
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Case No
Statement F
Schedule F-6

MONTANA-DAKOTA UTILITIES CO.
REACQUISITION OF BONDS OR PREFERRED STOCK
FOR THE FIVE-YEAR PERIOD ENDING DECEMBER 31, 2003

First Mortgage Bonds

There was no reacquisition of bonds during the five years ending December 31,
2003.

Preferred Stock

Principal Reacquisition Gain or
Title Amount Cost (Loss)

Preferred Stock:
5.1% Preferred Stock $500,000 $500,000 $0



MONTANA-DAKOTA UTILITIES CO.

SALES AND TRANSPORTATION REVENUE

GAS UTILITY - NORTH DAKOTA

TWELVE MONTHS ENDING DECEMBER 31, 2003

Sales
Residential
Firm General
Arr Force
Firm
Interruptible
Total Air Force

Small Interruptible
Large Interruptible

Total Sales

Transportation
Small Interruptible

Large Interruptible
Total Transportation

Unbilled Revenue

Total Throughput

Other Revenue
Miscellaneous Service Revenue
Rent from Property
Other Revenue
Total Other Revenue

Dk Revenue
8,083,189 $55,219,376
5,742,272 36,194,291

37,297 205,237

840,351 3,649,414

877,648 3,854,651

712,806 3,580,856

63,410 326,534
15,479,325 $99,175,708

768,415 $408,789
2,387,332 365,559
3,155,747 $774,348

2,733,102
18,635,072 $102,683,158

$38,475
301,707
65,566

$405,748

Case No
Statement G
Page 1 of 3



MONTANA-DAKOTA UTILITIES CO.
SUMMARY OF REVENUES

GAS UTILITY - NORTH DAKOTA

FOR THE TWELVE MONTHS ENDED DECEMBER 31, 2003

Per Books Per Books @ Current Rates 1/ Normalized
Rate Reporting Class Bilhing Units Dk Revenue Billing Units Dk Revenue Biling Units Dk Revenues
Sales
Residential
Residential 73,259 8,063,775 $55,037,296 73,259 8,063,775 $65,991,048 73,259 8,090,297 $66,182,5¢
Propane 240 19,414 182,080 240 19,414 165,612 240 19,482 166,103
Total Residential 73,499 8,083,189 55,219,376 73,499 8,083,189 66,156,660 73,499 8,109,779 66,348,693
Arr Force 3 877,648 3,854,651 3 877,648 4,973,911 3 879,865 4,986,326
Firm General
Firm General 11,325 5,695,814 35,838,635 11,325 5,695,814 43,609,455 11,325 5,714,153 43,738,818
Seasonal 11 15,098 93,462 11 15,098 111,137 11 15,098 111,137
Propane 73 31,360 262,194 73 31,360 237,602 73 31,473 238,400
Total Firm General 11,409 5,742,272 36,194,291 11,409 5,742,272 43,958,194 11,409 5,760,724 44,088,355
Interruptible
Small Interruptible 98 712,806 3,580,856 98 712,806 4,345,365 84 572,810 3,498,909
Large Interruptible 2 63,410 326,534 2 63,410 382,818 0 0 0
Total Interruptible 100 776,216 3,907,390 100 776,216 4,728,183 84 572,810 3,498,909
Total Sales 85,011 15,479,325 99,175,708 85,011 15,479,325 119,816,948 84,995 15,323,178 118,922,2¢
Transportation
Small Interruptible 44 768,415 408,789 44 768,415 406,845 58 815,573 451,881
Large Interruptible 8 2,387,332 365,559 8 2,387,332 332,989 10 2,563,692 411,152
Total Transportation 52 3,155,747 774,348 52 3,155,747 739,834 68 3,379,265 863,033
Total Sales & Transportation 85,063 18,635,072 $99,950,056 85,063 18,635,072 $120,556,782 85,063 18,702,443 $119,785,316

1/ Gas rates effective with service rendered on and after September 1, 2003, PGA effective with bills rendered on and after February 1, 2004,

exclusive of surcharge
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MONTANA-DAKOTA UTILITIES CO.
SUMMARY OF REVENUES
GAS UTILITY - NORTH DAKOTA
PROJECTED 2004 AND PROJECTED 2005

Projected 2004 Projected 2005
Rate Reporting Class Billing Units Dk Revenues Bilhng Units Dk Revenues
Sales
Residential
Residential 73,908 8,130,836 $66,544,060 74,677 8,133,381 $66,643,837
Propane 241 19,462 166,064 242 19,347 165,340
Total Residential 74,149 8,150,298 66,710,124 74,919 8,152,728 66,809,177
Air Force 3 879,865 4,986,326 3 879,865 4,986,326
Firm General
Firm General 11,386 5,727,177 43,849,268 11,448 5,701,080 43,683,941
Seasonal 11 15,098 111,137 11 15,098 111,137
Propane 73 31,351 237,539 73 31,038 235,331
Total Firm General 11,470 5,773,626 44,197,944 11,5632 5,747,216 44,030,409
Interruptible
Small Interruptible 82 570,263 3,481,200 82 570,263 3,481,200
Large Interruptible 0 0 0 0 0 0
Total interruptible 82 570,263 3,481,200 82 570,263 3,481,200
Total Sales 85,704 15,374,052 119,375,594 86,536 15,350,072 119,307,112
Transportation
Small Interruptible 57 703,084 401,449 57 703,084 401,449
Large Interruptible 10 2,229,392 381,588 10 2,229,392 381,588
Total Transportation 67 2,932,476 783,037 67 2,932,476 783,037
Total Sales & Transportation 85,771 18,306,528 $120,158,631 86,603 18,282,548 $120,090,149

1/ Gas rates effective with service rendered on and after September 1, 2003, PGA effective with bills rendered on and after

February 1, 2004, exclusive of surcharge
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MONTANA-DAKOTA UTILITIES CO

SUMMARY OF OPERATION AND MAINTENANCE EXPENSES
GAS UTILITY - NORTH DAKOTA

FOR THE TWELVE MONTHS ENDED DECEMBER 31, 2003

Cost of Gas

Other Gas Supply
Distribution

Customer Accounts
Customer Service & Infor
Sales

Administrative and General

Total Operation and Maintenance Expenses

Total
Company North Dakota
$181,536,759 $81,904,699
441,640 209,668
13,577,649 5,557,824
7,190,582 2,763,194
291,830 166,788
1,244,148 496,319
13,537,918 5,498,904
$217,820,526 $96,597,396

Case No
Statement H
Page 1 0of 3




Account
No

804
805
808 1
808 2
812
813

870
871
874
875
876
877
878
879
880
881

885
886
887
889
890
891
892
893
894

901
902
903
904
905

MONTANA-DAKOTA UTILITIES CO.
SUMMARY OF OPERATION AND MAINTENANCE EXPENSES
GAS UTILITY - NORTH DAKOTA

FOR THE TWELVE MONTHS ENDED DECEMBER 31, 2003

Other Gas Supply Expenses
Natural Gas City Gate Purchases
Purchased Gas Cost Adjustments
Gas Withdrawn from Storage
Gas Delivered to Storage
Gas Used for Other Utility Operations - Cr
Other Gas Supply Expenses
Total Other Gas Supply Expenses

Distribution Expenses
Operation
Supervision and Engineering
Distribution Load Dispatching
Mains and Services
Measuring & Reg Station Exp - General
Measuring & Reg Station Exp - Industnal
Measuring & Reg Station Exp - City Gate
Meters and House Regulators
Customer Installations
Other Expenses
Rents
Total Operation Expenses

Maintenance
Supervision & Engineering
Structures & Improvements
Mains
Measuring & Reg Station Exp - General
Measuring & Reg Station Exp - Industrial
Measuring & Reg Station Exp - City Gate
Services
Meters and House Regulators
Other Equipment
Total Maintenance Expenses

Total Distribution Expenses

Customer Accounts Expenses

Operation

Supervision

Meter Reading Expenses

Customer Records and Collection Exp

Uncollectible Accounts

Misc Customer Accounts Expenses
Total Customer Accounts Expenses

Case No
Statement H
Page 2 of 3

Total
Company North Dakota
$197,660,433 $86,313,563
(13,034,226) (4,387,234)
39,049,256 17,813,204

(42,138,704)

(17,834,834)

441,640 209,668
$181,978,399 82,114,367
$1,560,936 $561,859
175,037 72,026
2,607,450 988,155
77,124 37,387
49,653 28,955
31,758 5,227
1,655,081 660,887
2,235,403 895,890
3,384,375 1,475,119
71,259 22,228
11,748,076 4,747,733
631,581 289,936
4,029 2,484
237,645 107,431
46,416 21,043
24,257 2,943
2,091 224
167,028 100,102
227,091 99,852
489,435 186,076
1,829,573 810,091
$13,577,649 $5,557,824
$617,329 $262,999
1,554,294 572,434
3,957,171 1,591,194
604,262 178,014
457,526 158,553
$7,190,582 $2,763,194




Account

No

907
908
909
910

911
912
913
916

920
921
923
924
925
926
927
928
930 1
930 2
931

935

MONTANA-DAKOTA UTILITIES CO.
SUMMARY OF OPERATION AND MAINTENANCE EXPENSES
GAS UTILITY - NORTH DAKOTA

FOR THE TWELVE MONTHS ENDED DECEMBER 31, 2003

Customer Service & Information Expenses
Operation
Supervision
Customer Assistance Expenses
Informational and Instructional Expenses
Misc Customer Service & Info Exp

Total Customer Service & Info Exp

Sales Expenses

Operation
Supervision

Demonstrating and Selling Expenses
Advertising Expenses
Misc Sales Expenses

Total Sales Expenses

Administrative & General Expenses
Operation
Administrative and General Salaries
Office Supplies and Expenses
Outside Services Employed
Property Insurance
Injuries and Damages
Employee Pensions and Benefits
Franchise Requirements
Regulatory Commission Expenses
General Advertising Expenses
Miscellaneous General Expenses
Rents

Total Operation Expenses

Maintenance
Maintenance of General Plant

Total Administrative & General Expenses

Total Operation & Maintenance Expenses

Case No
Statement H
Page 3 of 3

Total
Company North Dakota
$42,938 $28,682
185,303 106,187
57,417 25,981
6,172 5,938
$291,830 $166,788
$297,490 $133,722
777,615 298,413
89,324 34,221
79,719 29,963
$1,244,148 $496,319
$3,872,624 1,534,164
2,164,380 853,116
567,873 219,243
409,344 162,164
1,175,336 427,908
3,919,744 1,609,730
162,519 43,222
157,980 112,485
277,962 102,566
313,923 208,057
13,021,685 5,272,655
516,233 226,249
$13,537,918 $5,498,904
$217,820,526 $96,597,396




MONTANA-DAKOTA UTILITIES CO.

DEPRECIATION EXPENSE AND AMORTIZATION

GAS UTILITY - NORTH DAKOTA
FOR THE TWELVE MONTHS ENDED DECEMBER 31, 2003

Distribution

General

Common

Amortization of Intangible Plant - General
Amortization of Intangible Plant - Common
Gas Plant Leased to Others

Amortization of Acquisition Adjustment

Total Depreciation and Amort Expense

Case No

Statement |
Page 1 of 6
Total North
Company Dakota
$6,782,714 $2,358,371
506,088 165,893
581,985 235,781
10,013 2,035
564,093 201,313
2,409 1,063
29,837 29,837
$8,477,139 $2,994,293




Case No
Statement |
Page 2 of 6

MONTANA-DAKOTA UTILITIES CO.
DEPRECIATION AND AMORTIZATION EXPENSES
GAS UTILITY — NORTH DAKOTA
TWELVE MONTHS ENDING DECEMBER 31, 2003

See Pages 3 through 5 for Montana-Dakota’s depreciation rates as authorized in
Case No. PU-399-02-183 and derived from a study by AUS Consultants as of

December 31, 2001 for gas and common plant.



Account
No
(a)

374 20
37500
376 00
378 00
379 00
380 00
38100
383 00
385 00

386 10

386 20

387 10
387 20

390 00
39110

391 30

39210
392 20

383 00

394 10
394 20
394 30
394 40

395 00

396 10
396 20

Montana-Dakota Utilities Company
Gas Diwviston

SETTLEMENT POSITION

Summary or Originat Cost of Utility Plant in Service as of December 31, 2001
and Related Annual Depreciation Expense Under Present and Proposed Rates

Descrnption
(b)

DEPRECIABLE PLANT

Distnbution Plant
Rights of Way
Distr Meas & Reg Station Structures
Mains
Meas & Reg Station Equip-General
Meas & Reg Station Equip-City Gate
Services
Meters
Service Regulators
Industnal Meas & Reg Station Equipment

MISCELLANEQUS EQUIPMENT
Miscellaneous Property on Customers Premise
CNG Refueling station
TOTAL Account 386

OTHER EQUIPMENT
Cathodic Protection Equipment
Other Distribution Equipment
TOTAL Account 387
TOTAL Distnbution Plant

General Plant
General Structures

OFFICE FURNITURE & EQUIPMENT

Office Furniture & Equipment
Computer Equipment - PC
TOTAL Account 391

TRANSPORTATION EQUIPMENT
Transportation Equipment (Trailers)
Transportation Equipment (Cars & Trucks)
TOTAL Account 392
Stores Equipment

TOOLS, SHOP & GARAGE EQ

Tools, Shop & Garage Equip (Non-Unitized)
Tools, Shop & Garage Equip (Unitized)
Vehicle Maintenance Equipment
Vehicle Refueling Equipment
TOTAL Account 394
Laboratory Equipment

POWER OPERATED EQUIPMENT
Work Equipment (Trailers)
Power Operated Equipment

TOTAL Account 396

Onginal
Cost
12/31/01
(c)

89,641
521,210
78,334,154
1,367,334
1,009,137
32 476,717
30,462,008
4,296,862
578,200

1,680
432,811
434,491

1,450,657
557,184
2,007,841
151,577,594
1,922,983
544,275
780,995
1,325,269
147,187
6,080,561
6,227,748
186,729
2,495,422
299,810
31,177
361,344
3,187,752
271,033
293,543
4,081,768

4,375,312

Present Rates

Case No

Statement |
Page 3 of 6

Proposed Rates

Rate %

(d)

2 58%
2 40%
4 05%
2 30%
274%
7 60%
258%
237%
191%

9 35%
9 35%
9 35%
521%
521%
521%
4 46%
2 34%
4 05%
12 50%
903%
574%
574%
574%
0 90%
357%
4 83%
421%
9 35%
4 35%
232%
4 83%
4 83%

4 83%

Annual Annual
Accrual Rate % Accrual
(e) U] @)

2,313 075% 672
12,509 257% 13,395
3172,533 192% 1,504,016
31,449 2 96% 40,473
27,650 354% 35,723
2,468,231 566% 1,838,182
785,920 319% 971,738
101 836 259% 111,289
11,044 304% 17,577
4,533,066
157 519% 87
40,468 370% 16,014
40,625 371% 16,101
75,579 575% 83,413
29,029 142% 7,912
104,609 4 55% 91,325
6,758,717 306% 4,640,492
44,998 373% 71,727
22,043 497% 27,034
97,624 2613% 204,035
119,667 17 44% 231,069
8,449 4 36% 6,417
349,024 21 13% 1,284,823
357,473 2073% 1,291,240
1,681 249% 4,658
89,087 6 62% 165,153
14,481 240% 7,201
1,313 578% 1,803
33,786 472% 17,065
138,666 6 00% 191,222
6,288 767% 20,801
14,178 576% 16,908
197,149 0 00% 0
211,328 039% 16,908

Net
Change

Depr Exp
)

-1,640
886
-1,668,517
9,024
8,073

-630 048
185,818
9,453
6,534

-70
-24,454
-24,524

7,834
21,117
13,284

-2,118,225

26,729

4,991
106,411
111,401

2,031
935,798
933,767
2,978
76,067
-7,280
491
-16,721
52,557
14,513
2,730
-197,149

194,419



Account
No
(a)

397 10
397 20
397 30
397 50
397 60
397 80

398 00

374 10
38300

303 00

Montana-Dakota Utilities Company
Gas Division
SETTLEMENT POSITION

Summary or Onginal Cost of Utility Plant in Service as of December 31, 2001
and Related Annual Depreciation Expense Under Present and Proposed Rates

Descnption
()

COMMUNICATION EQUIPMENT
Radio Communication Equip (Fixed)
Radio Communication Equip (Mobile)
General Telephone Communication Equip
Supervisory & Telemetering Equip
SCADA System
Network Equipment
TOTAL Account 397
Miscellaneous Equipment
TOTAL General Plant
TOTAL Depreciable Plant

NON-DEPRECIABLE PLANT

Land (Distribution)
Land & Land Rights (General)

Total Land

INTANGIBLE PLANT
Miscellaneous Intangible Plant

Total Intangible Plant
TOTAL Non-Depreciable Plant

TOTAL Plant in Service

Case No

Statement |
Page 4 of 6

Proposed Rates

Onginal Present Rates
Cost Annual
12/31/01 Rate % Accrual
(c) (d) (e}
481,655 367% 17,677
401,528 367% 14,736
90,518 6 56% 5,938
124,167 667% 8,282
30,894 1507% 4,656
30,338  1250% 3,792
1,159,100 4 75% 55,081
145,270 0 59% 82,199
18,801,196 541% 1,017,380
170,378,791 4 56% 7,776,097
108,920
301,149
410,069
477,530
477,530
887,598

171,266,389

Rate %

U}

737%
7 34%
9 88%
025%
0 00%
26 26%

709%
127%
1017%

385%

Annual

_Accrual

(9)

35,511
29,469
8,941
311

0
7,968

82,199
1,851
1,911,676

6,552,168

Net
Change
_Depr Exp
h)

17,834
14,733
3,003
-7,971
-4,656
4,176

27,119
-80,348
894,296

-1,223,929



Account
No
(a)

3900

3911
3912
3913
3915

3921
3922

3930

3941
3943
394 4

396 2
3971
397 2
3973

3975
3978

3880

3823

3890

3030

Montana-Dakota Utilities Company
Common Plant

MDU Settlement

Summary or Original Cost of Utility Plant in Service as of December 31, 2001
and Related Annual Depreciation Expense Under Present and Proposed Rates

Description
(0)

DEPRECIABLE PLANT

General Plant
General Structures

OFFICE FURNITURE & EQUIPMENT
Office Furniture & Equipment
Computer Equipment - Honeywell
Computer Equipment - PC
Computer Equipment - Other

TOTAL Account 391

TRANSPORTATION EQUIPMENT
Transportation Equipment (Trailers)
Transportation Equipment (Cars & Trucks)
TOTAL Account 392

Stores Equipment

TOOLS, SHOP & GARAGE EQ

Tools, Shop & Garage Equip (Non-Unitized)

Vehicle Maintenance Equipment
Vehicle Refueling Equipment

TOTAL Account 394
Power Operated Equipment

COMMUNICATION EQUIPMENT
Radio Communication Equip (Fixed)
Radio Communication Equip (Mobile)
General Telephone Communication Equip
Supervisory & Telemetering Equip
Network Equipment
TOTAL Account 397
Miscellaneous Equipment
Sub-Total (General Plant) Amortization
TOTAL General Plant
TOTAL Depreciable Piant

Amortizable Plant

Aircraft Equipment
TOTAL Amortizable Plant

NON-DEPRECIABLE PLANT

Land & Land Rights (General)
Total Land

INTANGIBLE PLANT
Miscellaneous Intangible Plant

Total Intangible Plant
TOTAL Non-Depreciable Plant

TOTAL Plant in Service

Case No

Statement |
Page 5 of 6

Onginal Present Rates Proposed Rates
Cost Annual Annual
12/31/01 Rate % Accrual Rate % Accrual
(c) (d) (e) (U] (@)
18,048,459 30 376% 678,622 07 293% 528,819 86
3,716,416 91 148% 55,002 97 4 95% 184,032 14
93,392 30 14 17% 13,233 69 152% 1,416 58
4,212,743 17 12 50% 526,592 90 23 29% 981,147 88
820,399 57 26 51% 217,487 93 0 46% 3,797 58
8,842,951 95 919% 812,317 49 13 24% 1,170,394 18
251,165 84 574% 14,416 92 0 00% 000
4,429,701 58 574% 254,264 87 1333% 590,479 22
4,680,867 42 574% 268,681 79 1261% 590,479 22
47,385 55 3 36% 1,592 15 280% 1,327 61
235,026 00 344% 8,084 89 6 11% 14,362 50
102,746 14 4 46% 4,582 48 475% 4,877 05
838,830 77 8 42% 70,629 55 4 38% 36,709 31
1,176,602 91 7 08% 83,296 92 476% 55,948 86
157,572 62 483% 7,610 76 269% 4,238 70
646,187 02 4 33% 27,979 90 4 99% 32,241 83
1,285,023 00 6 68% 85,839 54 4 08% 52,474 26
779,821 23 10 62% 82,817 01 8 72% 68,036 36
48,295 94 0 59% 284 95 0 35% 170 00
824,948 21 12 50% 103,118 53 17 95% 148,037 04
3,584,275 40 837% 300,039 93 8 40% 300,959 49
592,894 94 251% 14,881 66 241% 14,291 82
10,031,367 58 683% 685,535 25 560% 561,774 08
37,131,010 08 5 84% 2,167,042 77 7 18% 2,666,459 74
37,131,010 09 5 84% 2,167,042 77 7 18% 2,666,459 74

1,024,349 51

1,024,349 51

1,547,408 83

1,547,408 83

13,553,859 20
13,553,859 20
15,101,268 03

53,256,627 63

Net
Change

Depr Exp
(h)

-149,802 21

129,029 17
11,817 11
454,554 98
-213,690 35

358,076 69
14,416 92
336,214 35
321,797 43

-264 54
6,277 61
294 57
-33,920 24
-27,348 06
-3,372 06
426193
-33,365 28
-14,780 65
11495
44,918 51
919 56
-589 84

123,761 17
499,416 97

499,416 97



Case No
Statement |
Page 6 of 6

MONTANA-DAKOTA UTILITIES CO.
RECONCILIATION OF DEPRECIABLE GAS PLANT
GAS UTILITY - NORTH DAKOTA
FOR THE TWELVE MONTHS ENDED DECEMBER 31, 2003

Balance Balance Average
@ 12/31/02 @ 12/31/03 Balance
Depreciable Plant
Distribution $56,725,545 $58,991,666 $57,858,606
General 3,189,547 2,384,065 2,786,805
General - Amortized 181,686 180,280 180,983
Gas Plant Leased to Others 11,374 11,374 11,374
$60,108,152 $61,567,385 $60,837,768
Depreciable Plant Charged to a Clearing Account
Transportation Equipment $2,214,973 $2,306,747 $2,260,860
Tools, Shop & Garage Equipment - Unitized 123,956 39,059 81,508
Power Operated Equipment 114,117 111,701 112,909
Work Equipment 1,370,028 1,343,917 1,356,973
$3,823,074 $3,801,424 $3,812,250
Non-Depreciable Plant
Distribution $41,999 $41,687 $41,843
General 154,460 154,772 154,616
$196,459 $196,459 $196,459
Common Plant in Service - Gas
Depreciable $4,436,641 $4,037,362 $4,237,002
Charged to Clearing Account 889,223 1,353,683 1,121,453
Depreciable - Amortized 2,010,760 2,066,890 2,038,824
Non-Depreciable 213,977 215,955 214,965
$7,550,601 $7,673,890 $7,612,244
Acquisition Adjustment - Amortized $97,266 $97,266 $97,266
Total Gas Plant in Service $71,775,552 $73,336,424 $72,555,987




MONTANA-DAKOTA UTILITIES CO

Case No
Statement J
Page 1 of 2

TAXES OTHER THAN INCOME
GAS UTILITY - NORTH DAKOTA

FOR THE TWELVE MONTHS ENDED DECEMBER 31, 2003

Total
Type of Tax Company North Dakota
Ad Valorem 1/ $2,665,287 $627,260
O&M Related Taxes
Payroll
FICA $1,433,129 $614,541
Federal & State Unemployment 76,009 19,898
Total Payroll $1,509,138 $634,439
Delaware Franchise 62,155 24,850
Totat O&M Related Taxes $1,571,293 $659,289
Other
Hettinger Franchise $12,075 $12,075
Wyoming Franchise 84,234
Montana Consumer Counsel 66,214
Montana PSC 163,885
South Dakota Special Hearing Fund 52,574
Wyoming Revolving Fund 30,731
Secretary of State 674 270
Highway Use Tax 560 203
Total Other $410,947 $12,548
Total Taxes Other Than Income $4,647,527 $1,299,097

1/ Statement J, page 2




MONTANA-DAKOTA UTILITIES CO.

TAXES OTHER THAN INCOME

GAS UTILITY - NORTH DAKOTA

FOR THE TWELVE MONTHS ENDED DECEMBER 31, 2003

Type of Tax

Ad Valorem
Montana
Distribution
General
Common
Total Montana

North Dakota
Distribution
General
Common
Intangible - General
Total North Dakota

South Dakota
Distribution
General
Common
Intangible - General
Total South Dakota

Wyoming
Distribution
General
Common
Intangible - General
Total Wyoming

Total Ad Valorem Taxes

Total
Company

$1,308,097
75,596
96,466

$1,480,159

$512,281
54,208
57,915
2,856

$627,260

$403,141
79,594
31,264
872

$514,871

$28,992
1,243
12,610
152
$42,997

$2,665,287

Case No
Statement J
Page 2 of 2



MONTANA-DAKOTA UTILITIES CO.

CALCULATION OF RECORDED STATE AND FEDERAL INCOME TAXES
GAS UTILITY - NORTH DAKOTA

FOR THE TWELVE MONTHS ENDED DECEMBER 31, 2003

Operating Revenue

Operating Expense
O&M Expense
Depreciation Expense
Taxes Other than Income
Total Operating Expense

Operating Income

Interest Expense
Book Taxable Income before Adjustments

Deductions and Adjustments to Book Income
Tax Deductions 1/
Preferred Dividend Paid Deduction
Total Deductions and Adjustments

Taxable Income - Before State Income Tax
Less State income Taxes
Federal Taxable Income

Federal Income Taxes @ 35%
Credits and Adjustments
State Income Taxes

Federal and State Income Taxes

Closing, Filing, and Out of Period Adjustment
Total Federal and State Income Taxes

1/ See page 2

Case No
Statement K
Page 1 of 5

Total
Company North Dakota
$237,207,834 $103,088,906
217,820,526 96,597,396
8,477,139 2,994,293
4,647,527 1,299,097
230,945,192 100,890,786
6,262,642 2,198,120
3,265,633 975,871
2,997,009 1,222,249
12,715,396 4,311,402
52,184 15,397
12,767,580 4,326,799
(9,770,571) (3,104,550)
(582,346) (367,346)
(9,188,225) (2,737,204)
(3,215,879) (958,021)
(7,532) (3,011)
(582,346) (367,346)
(3,805,757) (1,328,378)
(318,854) (133,496)

($4,124,611)

($1,461,874)




MONTANA-DAKOTA UTILITIES CO.
CALCULATION OF RECORDED STATE AND FEDERAL INCOME TAXES

TAX DEDUCTIONS

GAS UTILITY - NORTH DAKOTA
FOR THE TWELVE MONTHS ENDED DECEMBER 31, 2003

1900 Account M-1's
Management incentive Compensation
Pension Expense

Sundry Reserves

Property Insurance Adjustment
Bad Debt Expense

Accrued Vacation

Capitalized Overheads
Customer Advances

FAS 106 - OPRB

Deferred Compensation

BOD Retirement

Demand Charges

PCB related income

Restricted Stock Bonus Plan

2820 Account M-1's

Liberalized Depreciation and Other
Property Timing Differences

Contributions in Aid of Construction

Acquisition Adjustments

2830 Account M-1's

Purchased Gas Cost Adjustment

Rate Case Expense

Amortization of Loss on Bond Retirements
FAS 106 - Deferred Expense

Gas IRP

Permanent M-1's

Meals & Entertainment

Federal Nonhwy Use Tax Credit

Preferred Stock Compensation
Total M-1 Deductions

Case No
Statement K
Page 2 of 5

Total
Company North Dakota

($191,611) ($76,609)
657,311 262,803
914 270
214,996 76,732
(82,083) (19,647)
(201,310) (80,487)
(104,056) (41,603)
148,585 (20,439)
4,836 1,934
(226,864) (90,704)
14,173 5,667
345,925 118,336
11,720 4,468
(241,823) (96,684)
(364,589) (172,087)
(147,896) (134,406)
(29,837) (29,837)
13,427,981 4,780,020
47,577 12,039
(321,439) (94,840)

(54,531)
(88,708) (53,000)
(86,095) (34,422)
(8,169) (3,266)
(9,611) (2,836)
$12,715,396 $4,311,402




MONTANA-DAKOTA UTILITIES CO.

DEFERRED INCOME TAXES
GAS UTILITY - NORTH DAKOTA

Case No
Statement K
Page 3 of 5

FOR THE TWELVE MONTHS ENDED DECEMBER 31, 2003

Gas Utility - Rate Base Deductions:

Depreciation, Retirements and Other Timing

Differences Required to be Normalized

Contributions In Aid of Construction
Customer Advances
Acquisition Adjustment

Total Rate Base Deductions

Gas Utility - Current Timing Differences:

Management Incentive Compensation

Pension Expense
Sundry Reserves
Property Insurance Adjustment
Bad Debt Expense
Accrued Vacation
Capitalized Overheads
FAS 106
Deferred Compensation
BOD Retirement
Demand Charges
PCB Related Income
Restricted Stock Bonus Plan
Unrecovered Purchased Gas Cost
Rate Case Expense
Amort of Loss on Bond Retirements
Gas IRP
Closing and Filing
Total Current Timing Differences

Total Deferred Income Taxes

Total Utihty North Dakota
($358,397) ($161,023)
(56,870) (562,149)
57,569 (8,096)
{11,577) (11,577)
(369,275) (232,845)
(73,055) (30,345)
250,609 104,096
344 106
81,544 30,393
(31,301) (7,782)
(76,752) (31,880)
(39,673) (16,479)
(18,943) 766
(86,494) (35,927)
5,404 2,244
131,774 46,873
4,469 1,770
(92,199) (38,297)
5,097,135 1,893,366
14,749 4,769
(121,000) (37,566)
(35,062) (20,993)
328,924 141,108
5,340,473 2,006,222
$4,971,198 $1,773,377




Gas Utility - Rate Base Deductions

MONTANA-DAKOTA UTILITIES CO.

ANALYSIS OF ACCUMULATED DEFERRED INCOME TAXES

GAS UTILITY - NORTH DAKTOA

FOR THE TWELVE MONTHS ENDED DECEMBER 31, 2003

Total Company

North Dakota

Depreciation, Retirements and Other Timing

Differences Required to be Normalized
Contributions In Aid of Construction

Full Normalization

Customer Advances for Construction

Montana Net Salvage
Acquisition Adjustment
Total

Balance Balance Balance Balance Average

12/31/02 12/31/03 12/31/02 12/31/03 Balance
$10,128,333 $10,308,699 $3,746,094 $3,715,814 3,730,954
(241,476) (300,282) (103,405) (157,479) (130,442)
339,490 122,555 465,365 374,305 419,835
(275,701) (218,132) (101,031) (109,127) (105,079)
369,676 410,444 0
(11,577) (11,577) (5,789)
$10,320,322 $10,311,707 $4,007,023 $3,811,936 $3,909,479

G jo t abeyd
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Case No
Statement K
Page 5 of 5

MONTANA-DAKOTA UTILITIES CO.
ANALYSIS OF UNAMORTIZED INVESTMENT TAX CREDITS
GAS UTILITY - NORTH DAKOTA
FOR THE TWELVE MONTHS ENDED DECEMBER 31, 2003

Total North
Company Dakota
Balance @
December 31, 2002 $518,742 $235,403
December 31, 2003 $413,147 $178,210

Average Balance $465,945 $206,807




Case No

MONTANA-DAKOTA UTILITIES CO. Statement L

INCOME STATEMENT Page 1 of 4
GAS UTILITY - NORTH DAKOTA
TWELVE MONTHS ENDED DECEMBER 31, 2003
Total
Company North Dakota Other Reference

Operating Revenues

Sales $233,447 443 $101,923,886 $131,523,557 Statement G
Transportation 2,756,722 759,272 1,997,450 Statement G
Other 1,003,669 405,748 597,921 Statement G
Total Revenues 237,207,834 103,088,906 134,118,928
Operating Expenses
Operation and Maintenance
Cost of Gas 181,536,759 81,904,699 99,632,060 Statement H
Other O&M 36,283,767 14,692,697 21,591,070 Statement H
Total O&M 217,820,526 96,597,396 121,223,130
Depreciation 8,477,139 2,994,293 5,482,846 Statement |
Taxes Other Than Income 4,647,527 1,299,097 3,348,430 Statement J
Current Income Taxes (4,124,611) (1,461,874) (2,662,737) Statement K
Deferred Income Taxes 4,971,198 1,773,377 3,197,821 Statement K
Total Expenses 231,791,779 101,202,289 130,589,490
Operating Income $5,416,055 $1,886,617 $3,529,438




Case No

StatementL

Page 2 of 4
MONTANA-DAKOTA UTILITIES CO.
RATE BASE
GAS UTILITY - NORTH DAKOTA
TWELVE MONTHS ENDED DECEMBER 31, 2003
Total
Company North Dakota Other Reference

Gas Plant In Service $207,228,077 $73,336,424 $133,891,653 Statement C
Accumulated Reserve for Depreciation 126,784,629 50,251,003 76,533,626 Statement D

Net Gas Plant in Service 80,443,448 23,085,421 57,358,027
CWIP in Service Pending Reclassification 1,194,868 449173 745,695 Statement C

Total Gas Plant in Service 81,638,316 23,534,594 58,103,722
Additions

Matenals and Supplies 1,151,403 409,023 742,380 Statement E

Fuel Stocks 25,616 25,616 0 Statement E

Gas in Underground Storage 6,112,241 0 6,112,241

Prepayments 1,378,658 65,958 1,312,700 Statement E

Other 214,751 17,984 196,767 Statement E

Total Additions 8,882,669 518,581 8,364,088

Total Before Deductions $90,520,985 $24,053,175 $66,467,810
Deductions

Accumulated Deferred Income Taxes 10,311,707 3,811,936 6,499,771 Statement K

Accumulated Investment Tax Credits 413,147 178,210 234,937 Statement K

Customer Advances 587,187 307,320 279,867 Statement E

Total Deductions 11,312,041 4,297,466 7,014,575
Total Rate Base $79,208,944 $19,755,709 $59,453,235




Case No
Statement L

Page 3 of 4
MONTANA-DAKOTA UTILITIES CO.
AVERAGE RATE BASE
GAS UTILITY - NORTH DAKOTA
TWELVE MONTHS ENDED DECEMBER 31, 2003
2002 2003 Average
Gas Plant in Service $71,775,552 $73,336,424 $72,555,988
Accumulated Reserve for Depreciation 49,036,379 50,251,003 49,643,691
Net Gas Plant in Service 22,739,173 $23,085,421 22,912,297
CWIP in Service Pending Reclassification 405,134 449,173 427,154
Total Gas Plant in Service 23,144 307 23,534,594 23,339,451
Additions
Materials and Supplies 376,334 409,023 392,679
Fuel Stock 23,626 25,616 24,621
Prepayments 33,397 65,958 49,677
Other 70,984 17,984 44,484
Total Additions 504,341 518,581 511,461
Total Before Deductions $23,648,648 $24,053,175 $23,850,912
Deductions
Accumulated Deferred Income Taxes 4,007,023 3,811,936 3,909,479
Accumulated Investment Tax Credits 235,403 178,210 206,807
Customer Advances 286,881 307,320 297,101
Total Deductions 4,529,307 4,297,466 4,413,387
Total Rate Base $19,119,341 $19,755,709 $19,437,525




Case No
Statement L

Page 4 of 4
MONTANA-DAKOTA UTILITIES CO.
PROJECTED OPERATING INCOME AND RATE OF RETURN
REFLECTING ADDITIONAL REVENUE REQUIREMENTS
GAS UTILITY - NORTH DAKOTA
PROJECTED 2005
(000s)
Before Reflecting
Additional Additional Additional
Revenue Re- Revenue Revenue
guirements Requirements Requirements
Operating Revenues
Sales $119,307 | $3,337 | $122,644
Transportation 783 783
Other 406 406
Total Revenues 120,496 3,337 123,833
Operating Expenses
Operation and Maintenance
Cost of Gas 99,473 99,473
Other O&M 17,546 17,546
Total O&M 117,019 117,019
Depreciation 2,615 2,615
Taxes Other Than Income 1,421 1,421
Current Income Taxes 263 1,320 1,583
Deferred Income Taxes (873) (873)
Total Expenses 120,445 1,320 121,765
Operating Income $51 $2,017 $2,068
Rate Base $20,914 $20,914

Rate of Return 0.244% 9.887%]|




MONTANA-DAKOTA UTILITIES CO.

REVENUES UNDER CURRENT AND PROPOSED RATES

GAS UTILITY - NORTH DAKOTA

Proposed Final Rates
Total Proposed
Projected 2005 Proposed Revenue Percent
Customer Class/Rate Customers Dk Revenue Revenue Increase Increase
Residential - Rate 60 74,919 8,152,728 $66,809,177 $69,145,273 $2,336,096 35%
Firm General Service - Rate 70 11,532 5,747,216 44,030,409 45,028,539 998,130 2 3%
Air Force - Rate 64
Firm 1 37,297 252,218 252,218 0 00%
interruptible 2 842,568 4,734,108 4,734,108 0 00%
Total Arr Force 3 879,865 4,986,326 4,986,326 0 00%
Small Interruptible
Sales - Rate 71 82 570,263 3,481,200 00%
Transport - Rate 81 57 703,084 401,449 00%
Total Small Interruptible 139 1,273,347 3,882,649 3,882,649 0 00%
Large Interruptible
Sales - Rate 85 0 0 0
Transport - Rate 82 10 2,229,392 381,588
Total Large Interruptible 10 2,229,392 381,588 381,588 0 0 0%
Total North Dakota 86,603 18,282,548 $120,090,149 $123,424,375 $3,334,226 28%
Y,
0
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MONTANA-DAKOTA UTILITIES CO.

GAS UTILITY - NORTH DAKOTA
EMBEDDED CLASS COST OF SERVICE STUDY
COST OF SERVICE BY COMPONENT
PROJECTED 2005

Total Residential Firm General
Cost of Service By Component North Dakota Demand Energy Customer l Demand Energy Customer |

Projected Rate Base 20,914,274 3,896,450 8,412 8,944,297 2,700,477 13,588 4,258,247
Operating Income for Proposed Return 2,067,794 385,242 832 884,323 266,996 1,343 421,013
Projected Operating Income 50,905 (1,006,616) 2,993,218 (2,404,887) (697,639) 1,528,433 (643,206)

Increase in Operating Income 2,016,889 1,391,858 (2,992,386) 3,289,210 964,635 (1,527,090) 1,064,219
Related Taxes for Increase

Federa! Income 1,319,571 910,637 (1,957,798) 2,151,998 631,122 (999,113) 696,276

Total Increase in Revenue 3,336,460 2,302,495 (4,950,184) 5,441,208 1,595,757 (2,526,203) 1,760,495

Projected Revenues before Increase 120,495,896 11,654,512 47,292,339 8,119,292 8,215,021 32,372,868 3,571,687
Total Cost of Service
Required From Rates 123,832,356 13,957,007 42,342,155 13,560,500 9,810,778 29,846,665 5,332,182
Less Projected Cost of Gas 99,473,000 11,590,339 42,062,661 0 8,170,536 29,648,464 0
Net Distribution Costs 24,359,356 2,366,668 279,494 13,560,500 1,640,242 198,201 5,332,182
Buling Units at Customer

Dk Throughput 8,152,728 8,152,728 0 5,747,216 5,747,216 0

Bills 0 0 899,028 0 0 138,384
Unit Cost of Service

$ Per Dk 0290 0034 0 000 0285 0034 0 000

$ Per Customer Per Month 0 000 0 000 15084 0 000 0 000 38 532

1Z J0 | abed
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MONTANA-DAKOTA UTILITIES CO
GAS UTILITY - NORTH DAKOTA
EMBEDDED CLASS COST OF SERVICE STUDY
COST OF SERVICE BY COMPONENT
PROJECTED 2005

Air Force Small Interruptible
Cost of Service By Component Demand Energy Customer | Demand Energy Customer |

Projected Rate Base 36,066 0 70,472 214,615 0 446,319
Operating Income for Proposed Return 3,566 0 6,968 21,219 0 44,127
Projected Operating Income (8,591) 48,535 (11,055) (55,434) 311,874 (131,450)

Increase in Operating Income 12,157 (48,535) 18,023 76,653 (311,874) 175,577
Related Taxes for Increase

Federal Income 7,954 (31,754) 11,792 50,151 (204,047) 114,873

Total Increase in Revenue 20,111 (80,289) 29,815 126,804 (515,921) 290,450

Projected Revenues before Increase 326,219 4,645,834 16,375 200,712 3,484,791 209,263
Total Cost of Service
Required From Rates 346,330 4,565,545 46,190 327,516 2,968,870 499,713
Less Projected Cost of Gas 324,411 4,535,589 0 197,204 2,943,796 0
Net Distribution Costs 21,919 29,956 46,190 130,312 25,074 499,713
Billing Units at Customer

Dk Throughput 879,865 879,865 0 1,273,347 1,273,347 0

Bills 0 0 36 0 0 1,662
Unit Cost of Service

$ Per Dk 0025 0034 0 000 0 102 0 020 0 000

$ Per Customer Per Month 0 000 0 000 1,283 056 0 000 0 000 300 670
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MONTANA-DAKOTA UTILITIES CO
GAS UTILITY - NORTH DAKOTA
EMBEDDED CLASS COST OF SERVICE STUDY
COST OF SERVICE BY COMPONENT
PROJECTED 2005

Large Interruptible

Cost of Service By Component [  Demand Energy Customer |
Projected Rate Base 147,578 0 177,753
Operating Income for Proposed Return 14,591 0 17,574
Projected Operating Income (38,125) 167,526 (1,678)

52,716 (167,526) 19,252

Increase in Operating Income

Related Taxes for Increase

Federal Income 34,490 (109,606) 12,596
Total increase in Revenue 87,206 (277,132) 31,848
Projected Revenues before Increase 2,404 294,688 89,891
Total Cost of Service
Required From Rates 89,610 17,556 121,739
Less Projected Cost of Gas 0 0 0
Net Distribution Costs 89,610 17,556 121,739
Billing Units at Customer
Dk Throughput 2,229,392 2,229,392 0
Bills 0 0 120
Unit Cost of Service
$ Per Dk 0040 0008 0000
$ Per Customer Per Month 0000 0000 1,014 492
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MONTANA-DAKOTA UTILITIES CO.
GAS UTILITY - NORTH DAKOTA
EMBEDDED CLASS COST OF SERVICE STUDY

SUMMARY REPORT
PROJECTED 2005

Projected
Operating Income and Total Firm Small Large
Rate of Return North Dakota Residential General Air Force Interruptible  Interruptible
Operating Revenues 120,495,896 67,066,143 44,159,576 4,988,428 3,894,766 386,983
Operating Expenses
O&M Cost of Purchased Gas 99,473,000 53,653,000 37,819,000 4,860,000 3,141,000 0
Other O&M Expense 17,546,697 11,967,948 4,924,935 70,841 443,213 139,760
Total Operation & Maint Exp 117,019,697 65,620,948 42,743,935 4,930,841 3,584,213 139,760
Depreciation 2,614,999 1,606,629 886,116 7,287 84,559 30,408
Taxes Other Than Income Taxes 1,420,998 925,163 435,245 5,623 39,871 15,096
Fed & State Inc Taxes - Current 262,296 (157,342) 214,921 35,310 88,424 80,983
Deferred Income Taxes (872,999) (510,970) (308,229) (19,522) (27,291) (6,987)
Total Operating Expenses 120,444,991 67,484,428 43,971,988 4,959,539 3,769,776 259,260
Operating Income 50,905 (418,285) 187,588 28,889 124,990 127,723
Rate Base 20,914,274 12,849,159 6,972,312 106,538 660,934 325,331
0243% -3 255% 2 690% 27 116% 18 911% 39 259%

Rate of Return
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MONTANA-DAKOTA UTILITIES CO.
GAS UTILITY - NORTH DAKOTA

EMBEDDED CLASS COST OF SERVICE STUDY

RATE BASE REPORT

PROJECTED 2005
Projected Total Firm Small Large
Rate Base North Dakota  Residential General Air Force Interruptible  Interruptible
Gas Plant in Service 77,873,268 48,079,957 26,018,803 297,628 2,418,280 1,058,600
Less Accumulated Depreciation 53,571,997 33,204,051 17,863,948 179,033 1,634,586 690,379
Net Gas Plant in Service 24,301,271 14,875,906 8,154,855 118,595 783,694 368,221
CWIP in Service 0 0 0 0 0 0
Total Plant 24,301,271 14,875,906 8,154,855 118,595 783,694 368,221
Additions
Materials & Supplies 475,000 293,271 158,706 1,815 14,750 6,458
Fuel Stocks 22,000 8,412 13,588 0 0 0
Prepaid Insurance 190,000 117,307 63,483 727 5,900 2,583
Gas IRP Costs - Other 0 0 0 0 0 0
Rate Case Expense 0 0 0 0 0 0
Total Additions 687,000 418,990 235,777 2,542 20,650 9,041
Total Before Deductions 24,988,271 15,294,896 8,390,632 121,137 804,344 377,262
Deductions
Accumulated Deferred Income Tax (3,673,998) (2,268,374) (1,227,546) (14,042) (114,092) (49,944)
Investment Tax Credit Balance (145,999) (90,142) (48,781) (557) (4,533) (1,986)
Customer Advances For Constr (254,000) (87,221) (141,993) 0 (24,786) 0
Total Deductions (4,073,997) (2,445,737) (1,418,320) (14,599) (143,411) (51,930)
Total Rate Base 20,914,274 12,849,159 6,972,312 106,538 660,933 325,332
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MONTANA-DAKOTA UTILITIES
GAS UTILITY - NORTH DAKOTA

EMBEDDED CLASS COST OF SERVICE STUDY
PROJECTED CHANGES IN OPERATING INCOME

Projected Changes Total Firm Small Large
in Operating Income North Dakota  Residential General Air Force Interruptible  Interruptible
Revenue @ Current Rates
Sales Revenue 20,140,093 11,589,801 7,836,118 1,131,675 (106,996) (310,505)
Unbilled Revenue (2,733,100) (1,509,956) (989,720) (105,404) (109,095) (18,925)
Total Revenue 17,406,993 10,079,845 6,846,398 1,026,271 (216,091) (329,430)
Cost of Gas 17,568,301 9,478,869 6,678,717 854,435 556,280 0
Labor Expense
Other Gas Supply 16,999 11,578 4,785 70 431 135
Distribution 548,999 330,253 189,780 2,507 19,565 6,894
Customer Accounts 237,000 205,026 31,559 8 380 27
Customer Service & Information 16,001 13,841 2,131 1 26 2
Sales 46,000 39,794 6,125 2 74 5
Administrative & General 206,000 140,304 57,983 840 5,230 1,643
Total Labor Expense 1,070,999 740,796 292,363 3,428 25,706 8,706
Benefits Expense 1,325,002 902,441 372,953 5,405 33,638 10,565
Insurance Expense (45,000) (30,649) (12,666) (184) (1,143) (358)
Advertising Expense (35,000) (30,278) (4,661) 1) (56) 4)
Postage Expense (1,000) (865) (133) 0 (2) 0
Industry Dues (4,001) (2,724) (1,126) (17) (102) (32)
Rate Case Expense 82,000 55,849 23,081 334 2,082 654
Uncollectible Accounts 75,000 64,881 9,987 3 120 9
Vehicles & Work Equipment 315,999 215,224 88,945 1,288 8,022 2,520
Energy Share 10,999 6,081 3,981 423 438 76
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MONTANA-DAKOTA UTILITIES

GAS UTILITY - NORTH DAKOTA
EMBEDDED CLASS COST OF SERVICE STUDY
PROJECTED CHANGES IN OPERATING INCOME

Projected Changes Total Firm Small Large
in Operating Income North Dakota  Residential General Air Force Interruptible Interruptible
Telephone 6,001 4,087 1,689 25 152 48
All Other O&M 53,001 36,098 14,918 216 1,346 423
Total Other O&M 2,854,000 1,960,941 789,331 10,920 70,201 22,607
Depreciation Expense (379,294) (234,180) (126,729) (1,450) (11,779) (5,156)
Taxes Other than Income
Ad Valorem Tax 42,741 26,389 14,280 164 1,327 581
Other Taxes - Payroll, Franchise, Other 79,160 53,916 22,282 322 2,009 631
Total Taxes Other than Income 121,901 80,305 36,562 486 3,336 1,212
Deferred Income Taxes
Unrecovered Purchased Gas Cost (2,252,365) (1,214,781) (856,352) (110,153) (71,079) 0
Other 131,096 80,941 43,801 501 4,071 1,782
Closing Filing and Out of Period & Fed/State (525,108) (324,208) (175,448) (2,007) (16,307) (7,138)
Total Deferred Income Tax (2,646,377) (1,458,048) (987,999) (111,659) (83,315) (5,356)
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MONTANA-DAKOTA UTILITIES CO
GAS UTILITY - NORTH DAKOTA

EMBEDDED CLASS COST OF SERVICE STUDY
PROJECTED FEDERAL STATE INCOME TAXES

Projected Total Firm Small Large
Federal & State Income Taxes North Dakota  Residential General Air Force Interruptible  Interruptible
Projected Operating Revenues 120,495,896 67,066,143 44,159,576 4,988,428 3,894,766 386,983
Projected Operating Expenses
Cost of Gas 99,473,000 53,653,000 37,819,000 4,860,000 3,141,000 0
Other O&M Expense 17,546,697 11,967,948 4,924,935 70,841 443,213 139,760
Total Operation & Maint Exp 117,019,697 65,620,948 42,743,935 4,930,841 3,584,213 139,760
Projected Depreciation 2,614,999 1,606,629 886,116 7,287 84,559 30,408
Projected Taxes Other 1,420,998 925,163 435,245 5,623 39,871 15,096
Total Projected Operating Expense 121,055,694 68,152,740 44,065,296 4,943,751 3,708,643 185,264
Projected Operating Income Before Taxes (559,798) (1,086,597) 94,280 44,677 186,123 201,719
Adjustment to Interest Expense (200,869) (122,898) (67,424) (993) (6,492) (3,062)
Per Books Interest Expense 975,870 597,063 327,562 4,825 31,541 14,879
Projected Interest Expense 775,001 474,165 260,138 3,832 25,049 11,817
Adjustment to Dividend Deduction (397) (245) (133) (2) (12) (5)
Per Books Dividend Deduction 15,397 9,507 5,144 59 478 209
Projected Dividend Deduction 15,000 9,262 5,011 57 466 204
Other (639,382) (394,763) (213,628) (2,443) (19,856) (8,692)
Purchased Gas Cost Adjustment (5,685,019) (3,066,135) (2,161,452) (278,027) (179,405) 0
Per Books Other Tax Deductions 4,311,400 2,288,704 1,660,796 231,977 136,293 (6,370)
Projected Other Tax Deductions (2,013,001) (1,172,194) (714,284) (48,493) (62,968) (15,062)
Projected Taxable Income 663,202 (397,830) 543,415 89,281 223,576 204,760
Projected Federal & State Income Taxes 262,296 (157,342) 214,921 35,310 88,424 80,983
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MONTANA-DAKOTA UTILITIES CO.
GAS UTILITY - NORTH DAKOTA
EMBEDDED CLASS COST OF SERVICE STUDY
PROJECTED CHANGES IN RATE BASE

Projected Changes Totat Firm Small Large
in Rate Base North Dakota Residential General Air Force Interruptible  Interruptible
Plant in Service R
Distribution Plant 5,101,175 3,149,531 1,704,391 19,496 158,412 69,345
General Plant (62,653) (38,683) (20,934) (239) (1,945) (852)
Common Plant 278,754 172,106 93,137 1,065 8,657 3,789
Total Plant 5,317,276 3,282,954 1,776,594 20,322 165,124 72,282
Accumulated Reserve
Distnbution Plant 3,742,354 2,310,578 1,250,385 14,303 116,215 50,873
General Plant (71,022) (43,851) (23,730) (271) (2,205) (965)
Common Plant 236,898 146,264 79,152 905 7,357 3,220
Acquistion Adjustment 20,081 12,399 6,709 77 623 273
Total Accumulated Res 3,928,311 2,425,390 1,312,516 15,014 121,990 53,401
Elmination of CWIP in Service (427,154) (263,730) (142,720) (1,632) (13,265) (5,807)
Additions to Rate Base
Materials & Supplies 82,320 50,826 27,505 314 2,556 1,119
Fuel Stocks (2,621) (1,002) (1,619) 0 0 0
Prepayments 140,323 86,637 46,884 537 4,358 1,907
Gas IRP - Other (44,484) (23,626) (16,655) (2,550) (1.653) 0
Rate Case Expense 0 0 0 0 0 0
Total Additions 175,538 112,835 56,115 (1,699) 5,261 3,026
Deductions to Rate Base
Accumulated Deferred Income Taxes (235,481) (145,389) (78,678) (900) (7,313) (3,201)
Accumulated Investment Tax Credits (60,809) (37,544) (20,317) (233) (1,889) (826)
Customer Advances (43,101) (37,352) (5,749) 0 0 0 Q-l)j g) 1Y) g))
Total Adjustments (339,391) (220,285) (104,744) (1,133) (9,202) (4,027) @ z ci‘.} e
o2 3
Total Rate Base 1,476,740 926,954 482,217 3,110 44,332 20,127 o % g g
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MONTANA-DAKOTA UTILITIES CO.
GAS UTILITY - NORTH DAKOTA

OPERATING REVENUES

EMBEDDED CLASS COST OF SERVICE STUDY

TWELVE MONTHS ENDED DECEMBER 31, 2003

Per Books Total Firm Small Large
Operating Revenues North Dakota  Residential General Air Force interruptible  Interruptible
Residential 55,219,376 55,219,376 0 0 0 0
Firm General 36,194,291 0 36,194,291 0 0 0
Air Force 3,854,651 0 0 3,854,651 0 0
Small Interruptible 3,989,645 0 0 0 3,989,645 0
Large Interruptible 692,093 0 0 0 0 692,093
Unbilled Revenue 2,733,101 1,509,956 989,720 105,404 109,096 18,925
Total Gas Sales and Transport Revenue 102,683,157 56,729,332 37,184,011 3,960,055 4,098,741 711,018
Other Operating Revenue
Miscellaneous
Reconnect Fees 15,602 13,521 2,081 0 0 0
NSF Check Fees 4,483 3,885 598 0 0 0
Work for Contractors, Municipal & Others 18,389 11,251 6,173 91 594 280
Rent From Gas Property 301,708 184,593 101,271 1,492 9,752 4,600
Other Gas Revenues
Miscellaneous 58,264 39,683 16,400 237 1,479 465
Transport and Penalty Revenue - Net 7,300 4,033 2,644 282 291 50
Total Other Operating Revenue 405,746 256,966 129,167 2,102 12,116 5,395
Total Gas Operating Revenues 103,088,903 56,986,298 37,313,178 3,962,157 4,110,857 716,413
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MONTANA-DAKOTA UTILITIES CO.

GAS UTILITY - NORTH DAKOTA
EMBEDDED CLASS COST OF SERVICE STUDY
OPERATION & MAINTENANCE EXPENSES
TWELVE MONTHS ENDED DECEMBER 31, 2003

Per Books
Operation and Total Firm Small Large

Maintenance Expenses North Dakota Residential General Air Force Interruptible  Interruptible
Cost of Purchased Gas 81,904,699 44,174,131 31,140,283 4,005,565 2,584,720 0

Production Expenses
Other Gas Supply Expenses 209,668 111,359 78,502 12,018 7,789 0
Total Production Expense 209,668 111,359 78,602 12,018 7,789 0

Distnbu