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L INTRODUCTION
Q. Please state your name and occupation.
A. My name is Kavita Maini. I am the principle and sole owner of KM Energy
Consulting, LLC.
0. Please state your business address.
A. My office is located at 961 North Lost Woods Road, Oconomowoc, WI 53066.

Q. Please summarize your educational background and experience

A. I graduated from Marquette University, Milwaukee, Wisconsin with a Masters in
Business (1986) and a Masters in Applied Economics (1991). From 1991 to 1997, I
worked for Wisconsin Power & Light as a Market Research Analyst and Senior Market
Research Analyst. From 1997 to 1998, I worked as Senior Analyst at Regional Economic
Research, Inc. in San Diego, California. From 1998 to 2002, I worked as a Senior
Economist at Alliant Energy Integrated Services’ Energy Consulting Division. Since
2002, I have been an independent consultant.

As an independent consultant, I have assisted industrial, commercial and institutional
customers with issues related to rate design in various regulated states and provided
electricity and natural gas RFP services to such customers in deregulated states. I have
provided technical analysis related to energy policy issues on behalf of an energy user
group called the Wisconsin Industrial Energy Group in various Wisconsin regulatory and
federal regulatory proceedings. I have also conducted workshops on several energy
related matters.

I represent the Wisconsin Industrial Energy Group as a Board Member at the Midwest
Reliability Organization (“MRO”) and also represent Midwest Industrial Customers
(“MIC”) at MISO. The MIC is a coalition of four end user associations including the
Wisconsin Manufacturers” and Commerce, American Forestry & Paper Association,
Wisconsin Paper Council and Wisconsin Industrial Energy Group.

Q. Who are you representing in this proceeding?
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A. I am representing the North Dakota Large Industrial Group (“LIG”) which is
further described in Larry Schedin’s testimony.

0. How are LIG members affected by this rate case proceeding?

A. As can be noted, LIG members represent companies that are a significant source
of employment and tax revenues in North Dakota. All these companies operate in a
highly competitive environment and as such, are constantly driven to be efficient and
drive down costs. These companies have a commitment to energy conservation and have
implemented several energy efficiency initiatives in an effort to be cost competitive. The
current economic downturn has already resulted in job losses and temporary shutdown
for some of our members. Increases in electricity costs are a major concern for the
companies I represent as it directly affects their competitiveness especially those
companies where such costs are a major input.

Q. Has any of your recent experience been with OTP proceedings closely related to
this current case before the North Dakota Public Service Commission (“NDPSC” or
“North Dakota PSC”’)?

A. Yes. I was an expert witness before the North Dakota PSC representing the ND
OTP Large Industrial Group in OTP’s Cost of Fuel Adjustment Clause Tariff Case No.
PU-05-131 in April 2007, and in OTP’s ND Time of Day Tariff Case No. TOD PU-07-
03.

I also recently assisted Larry Schedin who was an expert witness for the Minnesota
Chamber of Commerce (“MN Chamber”) in OTP’s general rate case, MPUC Docket No.
E-002/GR-07-1178 and who is an expert witness in this current rate proceeding as well.

0. Have you representing an industrial users group in these other North Dakota cases
as well?
A. Yes. All the members that I represented in these rate cases are also included in

the current rate case proceeding with one exception: Imation. Imation is not participating
because it shut down its plant in North Dakota and shifted additional manufacturing to
Mexico. Imation participated in the PU-06-290 proceeding regarding time differentiated
rates and provided comments emphasizing its need to stay competitive and the inability
to pass energy cost increases in an intensely competitive environment.

Q. Is your testimony focused on a particular class of service in this rate case
proceeding?

A. Yes. Ifocus principally on the Large General Service (“LGS”) class, but portions

of my testimony pertaining to OTP’s Renewable Resource Rider (“RRR” or “Rider”) will
benefit nearly all customer classes.
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I will outline concerns and well as provide recommendations regarding OTP’s current
and proposed cost recovery approach related to the RRR, as well as OTP’s proposed rate
design changes to rates for the LGS class.

0. Does this testimony include all of the issues you are concerned with?

A. Based on the information we have today, yes. The discovery response period,
timing of when we got all of the initial filings in these proceedings and constrained
timeframe in these cases has limited our ability to thoroughly prepare. LIG has a number
of outstanding information requests or information requests that were received at the time
of filing, which may refine or add concerns. If any supplement is necessary, LIG will
make every effort to do so timely.

II. Renewable Resource Cost Recovery.

0. What issue are you covering in this Section?
In this section, I discuss the issues related to the renewable resource recovery rider.

A. Renewable Resource Recovery Rider (“RRR”).

0. What is the RRR?

A. OTP obtained approval of a separate cost recovery mechanism, the RRR, to
recover costs of owning wind generation in North Dakota.

The North Dakota Public Service Commission (“NDPSC”) granted OTP approval to
recover costs associated with its 40.5 MW ownership of the Langdon Wind Energy
Center (“Langdon”) through the RRR on May 21, 2008, Case No. PU-06-466. In its
Order, the NDPSC determined that:

1. Otter Tail’s investment in the Langdon project was prudent;

2. The investment should be allocated to North Dakota based on its share of
total energy consumed;

3. The RRR should be displayed separately on customers’ bills;
4. Otter Tail must make an annual filing each year by September 1 to update
the RRR for new projects and adjust for any over or under-recoveries of

actual costs; and

5. A return on equity rate of 11.25 percent is to be used until the costs can be
rolled into base rates.

The RRR charge approved to be effective June 1, 2008 was $0.00193/KWh.
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0. Did OTP make its annual filing by September 1, 2008, as required under NDPSC
decision in Case No. PU-06-466?

A. Yes. OTP submitted its filing on August 29, 2008 and sought approval for
revenue requirements associated with 48 MW ownership share in the Ashtabula Wind
Energy Center (“Ashtabula”), which became operational in November 2008. In its filing,
OTP also provided updated costs associated with the Langdon project since the original
filing. Finally, OTP submitted a tracker balance for 2008 that represents a true-up of
approved versus recovered costs.

B. Compliance — Renewable Energy Objective (“REO”)/Renewable Enersy
Standard (“RES”).

Q. Does North Dakota have a Renewable Portfolio Standard (“RPS”) or RES
mandate?

A. No. The North Dakota Legislature has established a state renewable and recycled
energy objective that 10 percent of all retail electricity sold within the state by the year
2015 be obtained from renewable energy and recycled energy sources. South Dakota has
a similar objective.

0. Does OTP have to comply with an RES/RPS mandate in any state?

A. Yes. OTP has to meet the RPS mandate in Minnesota that requires that by 2025,
25 percent of all retail electricity sold in Minnesota be generated from renewable
resources. OTP’s REO/RES Compliance Report submitted to the Minnesota
Commission on January 13, 2009 in Docket No. E-999CI-03-869 (“OTP Compliance
Report”) LIG Exhibit __ (KM -1) indicates the state’s step-wise increase requirements
to meet the 25 percent requirement by 2025.

Q. What is the status of OTP’s acquisition of renewable resources?
A. According to 20 of the OTP Compliance Report:

“With the current renewable resources in existence, under construction,
and planned for the next couple of years, Otter Tail does not expect to add
more resources for REO-RES compliance until about 2023, if even then.
This forecast does not include counting the many small customer owned
units currently being installed.”

The OTP Compliance Report also includes the following chart which demonstrates that
OTP will produce significantly more renewable energy than is required by current
objectives for North Dakota. See OTP Compliance Report, p. 15. For example, by 2010,
OTP expects to serve about 15 percent of its total retail load by renewable resources —
primarily wind.
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0. What do you conclude from OTP’s efforts regarding renewable resources?

A. In particular, I conclude that OTP has acquired renewable resources well in
advance of meeting the needs of North Dakota renewable objectives.

0. Why is building wind generation projects well in advance of the need to fulfill
renewable objectives a concern?

A. Acquiring these resources so far in advance of need is problematic because it
results in unfairly burdening current customers with cost obligations and risks associated
with requirements for future customers. In my opinion, OTP has not adequately proven
that wind resources will be the least-cost resource to meet capacity or energy deficiency,
nor that its addition will not be problematic for the system as wind resources in the region
grow.

C. Acquisition of Wind Generation as a Least-Cost Resource.

0. Does OTP claim that it has acquired the wind generation as least cost resource?

A. Yes. OTP’s Responses to LIG IR Nos. 7 and 78 suggest that OTP has installed
wind because it is a least-cost resource and directs that the Minnesota 2005 IRP be
reviewed. See LIG Exhibit __ (KM -2); LIG Exhibit (KM -3).

Q. After a review of the Minnesota 2005 IRP, OTP’s 2006 and 2008 supplemental
filings and the Minnesota Public Utility Commission’s (“Minnesota PUC”) 2006 Orders,
have you concluded that wind generation up to 160 MW has been chosen since it is a
least cost resource?

A, No. I could not reach that conclusion for reasons discussed below.

Q. What is your understanding of the chronology of events that led to the approval of
up to 160 MW of wind generation by the Minnesota PUC?

STPL-Word:139291.1
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A. My understanding of the chronology of events that led up to 160 MW of approval
of wind generation by Minnesota PUC is as follows:

1.

STPL-Word:139291.1

In OTP’s 2005 IRP (See LIG Exhibit __ (KM -4), it is stated that 70.5
MW of wind was manually implemented in the model (Section 9-4); It is
not indicated whether the manual implementation was forced in spite of
this generation not being least cost; OTP’s 2005 IRP further states that an
additional 20 MW of wind was selected in 2012 if total costs are 3
cents/KWh flat costs over the life of the installation. OTP appears to use
30 years as useful life as indicated under the Wind Sensitivity Section
(Section 9-8).

OTP’s 2005 IRP also indicates minimum load problems at the level of
wind included in the plan (Section 9-8) thereby implying that the solution
was not least cost optimized.

On August 9, 2006, the Minnesota PUC’s Order indicates that up to 75
MW of wind is approved.

OTP’s 2006 IRP supplement indicates that the availability of MISO
wholesale market energy to back up wind generation is a key determinant
in the amount of wind generation the planning model will select. QTP
further states that if energy imports are capped and wind must be backed
up by peaking capacity, the model will select less wind generation. OTP
capped the amount of wind generation due to the back up generation issue.

In November 2006, OTP’s supplemental comments state “[a]dditional wind
had to be forced into the model. IRP Manager determined that it was not
economic to add simple cycle combustion turbines to firm up wind generation
relative to the costs of other alternatives.” (Otter Tail Power Company Reply
Comments, Docket No. E017/RP-05-968 — November 29, 2006 LIG Exhibit
__ (KM -5)).

OTP’s November 2006 supplemental comments to the Minnesota PUC
also indicate that at the Minnesota Department of Commerce’s
(“Minnesota DOC”) request, it made some modeling adjustments that
resulted in the model allowing more wind generation since more back up
spot energy became available as a result of the adjustment. OTP’s
comments further appear to indicate that transmission improvements
would be needed to allow for the back up energy from MISO market. OTP
also indicated that it has not included the cost of such transmission
improvements in the model (Otter Tail Power Company Reply Comments
Docket No. E017/RP-05-968 — November 29, 2006).

In the February 20, 2007 Amended Order by the Minnesota PUC, the
Commission granted OTP’s request to allow the utility to install up to 160
MW of wind. OTP indicated that it would “like to pursue wind in excess of



Yot
OOV OV WN -

11
12
13
14
15
16
17
18
19
20
21
22
23
24
25
26
27
28
29
30
31
32
33
34
35
36
37
38
39
40
41
42
43
44
45
46

PUBLIC-TRADE SECRET DATA OMITTED

75MW?” and that the 7SMW cap was posing as a financial impediment to
securing financing. The Minnesota PUC acknowledged that OTP already has
authority pursuant to the REO and community-based energy development
(C-BED) statutory requirements, to exceed the 75 MW level mentioned in
the Minnesota PUC’s Order. The Minnesota PUC granted approval to
OTP for building up to 160 MW of wind.

Q. What do you conclude from the chronology of these events which led up to 160
MW of wind generation to be approved by Minnesota PUC?

A. I conclude the following:

1.

Since the 75 MW were manually input in the model, it is possible that this
amount was forced in the model due to REO compliance.

OTP acknowledges there are issues related to dumping of surplus energy,
as well as limitations regarding procuring backup generation from the
MISO spot wholesale market without which additional wind generation is
not cost effective. It is unclear how these issues and cost implications
were addressed.

It is not clear whether OTP accounted for the need of additional regulating
reserve associated with wind generation or impact on Revenue Sufficiency
Guarantee (“RSG”) costs. Since RSG costs are created whenever there are
deviations related to load or generator output at MISO, it is likely that
RSG costs will also increase.

Additional wind up to 160 MW appears to be approved based on the
premise that OTP was allowed to build in excess of 75 MW as per
statutory provisions in place for REO/RES compliance and not least cost.

It is not known what assumptions were used to forecast spot prices in the
MISO market in the modeling adjustments identified in OTP’s November
2006 supplemental comments. Since the spot market is being modeled to
purchase back up energy, the results would likely be very sensitive to the
spot market forecast. With the addition of this and other significant
amounts of intermittent resources to the system, the spot market will likely
have much more significant swings in the future.

Cost assumptions used regarding wind in the 2005 plan indicate assumed
flat levelized costs over a useful life of 30 years; as the discussion later in
my testimony indicates, OTP’s proposed revenue requirements are neither
using flat levelized costs nor a 30 year useful life.

0. Did you find any information from NDPSC that provides additional insight
regarding the approval of wind generation of up to 160 MW?
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A. No.

0. OTP has stated that wind generation reduces the Cost of Energy (“COE”). Has
the COE decreased with the inclusion of wind generation?

A. As Larry Schedin’s testimony regarding COE indicates, there is no decrease in
OTP’s average annual COE between 2007 and 2008.

Q. OTP presented a savings analysis using hourly OTP day ahead Locational
Marginal Prices (“LMP”) and output from the Langdon project. Do you agree with these
savings?

A. No. I do not agree with these savings since OTP does not use the appropriate
$/MWh cost to represent Langdon costs that are consistent with OTP’s proposed cost
recovery approach. I discuss this later in this section in my testimony.

Q. So, what do you conclude overall?

A. I conclude that OTP is building wind generation primarily for REO/RES
compliance.

0. In your opinion, why has OTP acquired renewable resources so far in advance of
meeting renewable resource need?

A. I believe that OTP acquired renewable resources so far in advance of need for the
following reasons:
1. Cost recovery mechanisms separate from base rate cases in the form of the
RRR allow for rapid cost recovery of capital investment without a general
rate case.

2. To take advantage of the Federal Production Tax Credit (“FPTC” or
“Production Tax Credit”).

3. To create surplus asset-based energy to sell to the open market.
4. As demonstrated in responses to LIG IR 4 and 5, OTP has non-regulated
ownership and investments in businesses that support the wind industry

and benefit from wind expansion. See LIG Exhibit __ (KM - 6); See LIG
Exhibit __ (KM - 7).

D. Current Cost Recovery Mechanism — RRR.

Q. As a result of the NDPSC Order regarding the RRR on May 21, 2008, Case No.
PU-06-466, the Commission required OTP to make an annual filing by September 1 to
update the Rider for new projects, and to adjust for any over or under-recoveries of actual

11
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costs. Did OTP make its annual filing by September 1, 2008, as required under NDPSC
decision in Case No. PU-06-466?

A. Yes. OTP submitted its filing on August 29, 2008 and sought approval for
revenue requirements associated with 48 MW ownership share in the Ashtabula project,
which became operational in November 2008. In its filing, OTP also provided updated
costs associated with the Langdon Investment since the original filing. Finally, OTP
submitted a tracker balance for 2008 that represents a true-up of actual versus recovered
costs.

0. What are OTP’s proposed revenue requirements for 2009 for the North Dakota
jurisdiction?

A. Table 1 shows the proposed revenue requirements summary for 2009 and
resulting RRR charge in $/KWh (in tracker summary of its August 29, 2008 filing)

Table 1

SUMMARY

2009 projected revenue requirements ( Ashtabula & Langdon) $7,522,598
12/31/08 tracker balance 1,818,580
Carrying charge 99,062
Total revenue requirements $9,440,240
2009 projected sales in mWh 1,851,179
Proposed RR Rider Charge ($/KWh) $0.00510

The 2009 projected revenue requirements of $7.5 million consist of $2.9 million and $4.6
million for OTP’s 40.5 MW and 48 MW ownership in the Langdon and Ashtabula
projects respectively.

OTP’s filing indicates the December 31, 2008 tracker balance of $1.8 million and
represents the amount of under recovery associated with the Langdon investment in 2008.
The tracker account information provided by OTP compares costs and the amount
recovered through North Dakota retail revenue, by month.

The carrying charge of $99,000 for the tracker balance is based on an assumed prime rate
of 5 percent.

The resulting RRR charge for customers after dividing the proposed total revenue
requirement of $9.4 million by 1.85 million MWh sales is $0.0051/KWh. This represents
a 164 percent increase over the previous RRR charge of $0.00193/KWh. The proposed
revenue requirement of $9.44 million is 54 percent higher than the requested base rate
case increase of $6.08 million, and represents an overall 7.97 percent increase as
compared to the base rate increase of 5.14 percent.

0. What 1s your overall concern about this increase?

12
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A. My overall concem is the rate shock implications of a potentially double-digit
increase in rates (5.14 percent for base rates plus 7.97 percent for the RRR). Such an
extraordinary increase is particularly problematic for the LIG members and others during
the current and substantial economic crisis, especially given no recovery is anticipated
anytime soon. The RRR hits high load profile users disproportionately harder, as it is
proposed to be recovered through energy only.

As highlighted in Larry Schedin’s testimony, some LIG members have had extended
shutdown periods since last fall and had a significant number of layoffs. Imposing such
an increase during current economic conditions would further exacerbate an already
adverse situation.

E. Key Concerns About OTP’s Current and Proposed Cost Recovery

Approach,
0. What are your key concerns with OTP’s current and proposed cost recovery
approach?
A. My key concemns are that OTP’s current and proposed cost recovery approach:

1. Exposes ratepayers to all the costs while failing to account for the

considerable benefits obtained through increased asset-based wholesale
margins and renewable energy attributes/credits (collectively “RECs”)

sale opportunities.

2. Unfairly subjects all the cost burdens associated with Otter Tail’s
RES/REO compliance to current ratepayers due to the front-end loading of
costs.

3. While OTP’s savings analysis using levelized costs indicates savings

compared to procuring from MISO’s wholesale spot market, OTP’s
proposed cost recovery approach does not use a levelized approach and
highlights the fact that current ratepayers in fact are exposed to costs as
opposed to savings.

4. Unfairly results in high load factor customers, such as customers in the
LGS class, bearing a larger percent increase as compared to other
ratepayer groups because of the energy only allocation.

F. Recommended Adjustments Regarding Cost Recovery Through The RRR.

0. What are your recommendations regarding the cost recovery for renewable
resources via the RRR?

A. I recommend that the proposed revenue requirements be adjusted to reflect the
following changes:

13
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1. ROE of 10.75 percent with adjustments as proposed in the partial
settlement in the general rate case Docket.

2. Eliminate front-end loading of costs and levelize cost recovery.

3. If Recommendation No. 2 is not pursued, disallow OTP’s proposed

deferral of Production Tax Credit

4, Spread OTP’s tracker balance, due to OTP’s delay in recovery, over a
period of 10 years.

5. Whether pursuing the levelized approach or OTP’s proposed approach,
change useful life to 30 years as identified in the Integrated Resource Plan.

6. Incorporate the benefits from selling or banking RECs, as well as
incremental wholesale margins resulting from freeing up existing
generation after adding wind, renewable energy certificates and any
renewable energy sales made to third parties.

7. Change the method of recovery from ratepayers of an energy only charge
to energy and demand charge.

I will discuss each of these recommendations with the exception of Recommendation No.
6, which will be discussed in Larry Schedin’s Testimony.

G. Recommended Adjustments.

Q. What data did you use to ascertain the impacts of the recommended adjustments
in this Section?

A. Except for the impacts described under levelized cost recovery, I used the
spreadsheet provided in OTP’s Response to LIG IR No. 11 to develop my own
spreadsheet. See LIG Exhibit _ (KM - 8). I went step wise and documented the
impacts of each of the recommended adjustments. In my spreadsheet the results of each
of the adjustments are provided, which were developed from the Tracker Summary tab of
OTP’s Response to LIG IR No. 11, Attachment No. 1. See LIG TS Exhibit __ (KM -
9).

1, Return on Equity
0. Do the proposed revenue requirements for the RRR need to be updated?

A. Yes. The proposed revenue requirements for the Langdon and Ashtabula projects
were based on a return on equity rate of 11.25 percent. As a result of the partial
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settlement in this general rate case (Docket No. PU-08-742), the return on equity should
be adjusted downward to 10.75 percent.

0. What impact does this have on the proposed revenue requirement for the Rider for
20097

A. My spreadsheet referenced above provides the monthly summary results of the
impact on revenue requirements. This decreases the projected 2009 revenue requirement
by [Trade Secret Starts] [Trade Secret Ends] (non-tracker

portion).
2. Levelized Cost Recovery
0. What is OTP’s current amortization method?

A. Presently, OTP is front-end loading its cost recovery. OTP’s chart below which
was provided by OTP indicates the front-loading. See OTP Response to LIG IR No. 93,
attached as LIG Exhibit __ (KM - 10). The chart was presented to demonstrate partial
normalizing of the Production Tax Credit, an issue which is discussed later in my
testimony. Notwithstanding, this chart demonstrates the heavily front-loaded nature of
the cost recovery as proposed (in blue diamonds).

PTC Treatment

$3,000,000 +

$7.000,000 +—

$5,000.000 4=

$5,000,000 1~

$4,000,000 —f———

§3,000.000

Revenue Requirements

$2.000.000 4=

$1,000,000 4=

$0 +—r 4
123 45 6 7 8 & 10111213 14 15 16 17 18 19 20 21 22 23 24 25 2%

Years

| ~4=PTC Smoothed  werPTC Direct Pass Through

Q. What are your concerns with this approach?
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A. Since OTP’s acquisition of renewable resources through primarily wind
generation is built far in advance of need, this approach results in current ratepayers
unfairly and unnecessarily bearing higher costs

0. Is OTP’s proposed method an accepted method by the Commission?

A. Yes. OTP’s current method is a traditionally accepted method of cost recovery.
Like any other utility, OTP appreciates the rapid recovery of costs in earlier years.
However, I am concerned that such an approach is over burdening current customers
especially during these depressed economic times.

Q. Is there an alternative method to OTP’s current cost recovery approach?

A. Yes. An alternative approach is to utilize the levelized method used in wind
PPAs. This is the approach that I recommend to levelize the costs in a manner similar to
the PPAs signed for wind generation. For example, OTP has a 19.5 MW 25-year PPA
with FPL at the rate of [Trade Secret Begins] [Trade Secret Ends]. See
OTP Response to LIG IR No. 27. See LIG Exhibit (KM - 11). There is no front-end
or back-end loading. Rather, this flat rate is levelized over the period of the PPA. Table
2 (BELOW) shows an example of such cost recovery for the 40.5 MW Langdon project.

OTP provided the levelized annual cost per MWh for this investment in response to LIG
IR No. 131, attachment 1, which is attached hereto as LIG Exhibit __ (KM - 12). As
Table 2 below indicates,the product of the $/MWh cost provided by OTP (LIG IR No.
131) and wind output (LIG IR No. 12) results in annual revenue requirements of [Trade
Secret Begins] [Trade Secret Ends] of which the North Dakota
jurisdictional share is [Trade Secret Begins] [Trade Secret Ends]. See
LIG Exhibit __ (KM - 13). This would result in a [Trade Secret Begins]
[Trade Secret Ends] RRR charge every year and would be a more reasonable charge
especially given current economic conditions. A flat revenue requirement would also be a
more equitable way of recovery from current and future ratepayers.

Table 2: Levelized Recovery Approach Results
[Trade Secret Begins]

[Trade Secret Ends]

0. What level of reduction would this resulting RRR charge be compared to the RRR
charges in 2008?

16
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A. This would be a [Trade Secret Begins] [Trade Secret Ends]
reduction over 2008 RRR charges of $0.00193/KWh and a much more significant
reduction compared to the proposed RRR for 2009.

0. Did OTP provide a savings analysis to demonstrate there are savings of owning
wind generation compared to procuring spot purchases from MISO’s wholesale market?

A. Yes. OTP conducted an hourly analysis for 2008, using hourly Langdon output
and multiplying this hourly output with the hourly differential between Langdon’s
levelized cost of [Trade Secret Begins] [Trade Secret Ends] and OTP’s
day ahead LMP. The result indicated a savings of roughly [Trade Secret Begins]
[Trade Secret Ends]. See OTP Response to LIG IR No. 131.

Q. Is OTP using the appropriate $/MWh cost for Langdon as the basis of
comparison? Why or why not?

A. OTP is not using the appropriate $/MWh cost for the basis of comparison since as
pointed out earlier, OTP’s approach is not levelized and results in higher costs in earlier
years. See OTP Response to LIG IR No. 27, Attachment 1. The $/MWh cost that is
consistent with OTP’s approach is [Trade Secret Begins] [Trade Secret
Ends] in 2008, Using this $/MWh cost results in a cost of roughly [Trade Secret Begins]
[Trade Secret Ends] instead of any savings. The computation is attached as LIG
Exhibit _ (KM - _ ). This result further reinforces the recommendation that the
levelized cost approach should be used as it provides a benefit to current ratepayers as
well.

0. Why else should the Commission consider recommending that OTP use the
levelized recovery option that you just described?

A. This approach will result in equitable recovery from current and future ratepayers.
In addition, this approach will also help mitigate the rate shock impact during the current

recession when businesses and ratepayers are really hurting.

3. OTP’s proposal of deferring the Federal Production Tax Credit
(“FPTC” or “Production Tax Credit”)

Is OTP receiving the FPTC for the Langdon and Ashtabula plants?

Yes. OTP is receiving the FPTC for both owned investments.

© > ©

What is the FPTC?

A. The FPTC is equal to the product of the actual wind output multiplied by
$21/MWh and is credited against income taxes for the first 10 years of a project. The
FPTC is intended to reduce the cost of wind energy during the first 10 years of operations
when wind ownership costs are the generally the highest.
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0. How did OTP treat the federal production tax credit in its filing for approval of
the Langdon investment in early 2008?

A. It was proposed to be flowed directly through as credits are received.

0. What change is OTP proposing to make in the treatment of the production tax
credit?

A OTP proposes to partially normalize the PTC by deferring increasing amounts of
the credit over its assumed useful life of 25 years. OTP proposes to do this by increasing
the deferred amount by 10 percent each year. In other words, starting in year 1, there
would be no deferral, in year 2, there would be a 10 percent deferral, in year 3, a 20
percent deferral and so on. The amount deferred is then normalized over the remaining
life of the project — 24 years in year two, 23 years in year three and so on. OTP states
that this will levelize the effects of the credit and smooth the resulting renewable factor
over the life of each project.

0. Did OTP misapply its proposed approach in the treatment of the production tax
credit to derive the proposed revenue requirements for Langdon and Ashtabula?

A. Yes. OTP is deferring 10 percent and 20 percent in 2008 and 2009 for Langdon,
which are years 1 and 2 of its commercial operation respectively. Instead, according to its
proposed approach, it should have not deferred any amount in the first year (2008) and 10
percent in the second year (2009). In addition, Ashtabula commenced commercial
operation in December 2008. However, OTP started deferring 10 percent for Ashtabula
in January 2009. Instead, OTP should not have deferred any FPTC amounts until
December 2009, when it should have deferred the amount by 10 Percent. OTP Response
to LIG IR No. 11, Attachment 1 shows the calculations provided by OTP that indicate
misapplied deferral method. See LIG TS Exhibit __ (KM - 9), Attachment 1, lines 31-
36 Langdon TS Rows E-AH, lines 32-37 Ashtabula TS Rows V-AH.

Q. What impact does correcting for this misapplication have on the proposed revenue
requirements?
A. The revenue requirements reduce by [Trade Secret Starts)

[Trade Secret Ends] million for the Langdon and Ashtabula facilities and the 13/31/08
tracker amount reduces by [Trade Secret Starts]
[Trade Secret Ends] See LIG Exhibit __ (KM - 14).

0. Even if OTP had correctly applied its proposed treatment of the FPTC, do you
agree with proposed approach?

A. No. I believe that the FPTC should be credited as OTP receives it and as QTP
had initially proposed it in its filing for the Langdon project in early 2009.

18
STPL-Word:139291.1



—
OOV XXIN N R WN —

BB DB DD R WUWWWWWWWWWERENDNDNDNDRNDNDNDNN — — o pm e s
QU PBLWNNFPOVILIANANNRWNNR,OLOIAUNDREWNFRL,OWOUKIAWKVDAWLN —

PUBLIC-TRADE SECRET DATA OMITTED

Q. Why do you disagree with OTP’s proposed approach of the treatment of the
FPTC?

A. For two reasons — First, OTP is front-end loading the costs of its Langdon or
Ashtabula projects as described earlier. OTP levelization of the FPTC, and not the
overall investment, will result in an inconsistent treatment of costs.

The FPTC was intended to provide an incentive to build wind resources by reducing the
high cost of ownership during the first 10 years. OTP’s proposed approach does not pass
on that benefit to current ratepayers, but does pass through the high cost of the wind
investment without any normalizing.

Second, given the poor economic conditions and current recession, ratepayers, especially
businesses such as members of the LIG simply cannot afford to take unnecessary electric
rate increases during the current recession and further be at a competitive disadvantage.

Therefore, if OTP continues to utilize its existing method and not levelize costs in a
manner consistent with its PPA arrangements, then I recommend that OTP’s proposed
method of partially deferring the PTC be disallowed.

Q. What are the resulting impacts on the revenue requirements for 0 percent deferral
of the PTC?

A. LIG Exhibit _ (KM - 14) shows the resulting impacts on the revenue
requirement for O percent deferral of the FPTC. As the exhibit indicates, the non-tracker
balance is reduced to [Trade Secret Starts]

[Trade Secret Ends] the same amount as after adjusting for OTP’s
misapplication since PTC was 0 percent deferred in the first year of Langdon and
Ashtabula commercial operations.

0. Will you consider OTP’s approach of smoothing the FPTC reasonable under any
circumstances?

A. I will consider OTP’s approach of smoothing the FPTC reasonable if OTP’s
method of cost recovery uses my recommended levelized approach.

Q. What assumptions does OTP utilize for the useful life for the Langdon and
Ashtabula projects for purposes of amortization?

A. 25 years.
0. Do you recommend a change in this assumption?
A. Yes. I recommend that the useful life be increased to 30 years. Since OTP’s

choice of wind generation was based on the analysis conducted in the Integrated
Resource Plan and OTP assumed 30 years, I recommend that this adjustment be made for
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whichever method is chosen for cost recovery (i.e., current front-end loading or
levelized).

0. What impact does the change in useful life have on the proposed revenue
requirements?
A. This reduces the non-tracker revenue requirement to [Trade Secret Starts]

. [Trade Secret Ends] See LIG Exhibit
__ (KM -14).
0. Are you recommending any other changes to the tracker balance?
A. Yes. I am recommending that the tracker true up amount from the previous year

be amortized over a period of 10 years. The assets (energy produced) that caused these
deferred costs (true-up) are not just providing benefits to ratepayers in 2009. So, while
OTP should be entitled to recovery, it should not be recovering true-up dollars entirely
from 2009 ratepayers as such recovery would be punitive to that group. It is more
reasonable to recover those costs evenly over a 10 year period. Using the approved rate
of return of 8.62 percent over a 10 year period causes an annual net present value of
$224,415 per-year, plus carrying costs. This is a much more economic and reasonable
annual true-up recovery, especially in the current economic downturn compared to $1.8
million plus carrying costs proposed by OTP for 20009.

0. Please summarize all the changes that you have recommended so far aside from
your levelized cost recovery recommended option described earlier

A. Table 3 below provides the summary of adjustments that I am recommending
aside from the levelized cost recovery approach. Note that carrying costs are not
included in demonstrating these adjustments. As can be noted, I am recommending that
the proposed 2009 revenue requirements be adjusted downward by $2.88 million.
Assuming that $/KWh charge is an appropriate method of recovering the revenue
requirements, this reduces the charge from $0.0051/KWh to $0.0035/KWh.

Table 3: Cost Impacts of Recommended
Adjustments to OTP’s Cost Recovery Approach
[Trade Secret Starts]
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[Trade Secret Ends]
Q. Are you recommending any further adjustments?

A. Yes. While OTP is seeking 100 percent recovery for the costs of the Langdon and
Ashtabula wind projects, there is no recognition of the incremental asset-based
intersystem sales opportunity it creates for OTP’s existing generation fleet. In addition,
as the cost of these wind assets have been and are recovered through the Rider, any
energy sold from those assets to third parties should likewise be immediately credited to
ratepayers through the Rider. Similarly, any RECs generated should also be immediately
recovered through the Rider in the year that they are created. Some, though paid for by
North Dakota Ratepayers will be used to satisfy Minnesota requirements. These benefits
are described in Larry Schedin’s Testimony and need to be treated as savings before
finalizing the adjustments to the revenue requirements.

0. What method does OTP use to recover revenue requirements from ratepayers?

A. As discussed earlier, OTP charges a $/KWh charge that is calculated by dividing
the annual revenue requirement by the retail MWh sales.

Q. What are the resulting implications of using this method?
A. High load factor customers unfairly bear a disproportionate share of costs.
Q. Do you find this method reasonable? Why or why not?

A. No. I do not find this method reasonable because wind generation is neither built
to satisfy base load energy use nor peak load requirement. It is an intermittent resource
and is built to primarily fulfill a policy objective. As such, in my opinion, classifying
wind as all energy related as is currently done is not a reasonable assumption. In fact,
OTP has taken capacity credits based on MAPP accreditation rules for the Langdon
project. See OTP Response to LIG IR No. 7, attached LIG Exhibit (KM - 2). OTP
should therefore either use a 50/50 demand to energy split or, in the alternative, use its
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equivalent peaker (“EP”) method to classify wind, as it would any other owned
generation.

0. Did you ask OTP to simulate the OTP proposed revenue requirement (i.e.,
without any adjustments) using the EP method and calculating a resulting $/KW and
$/KWh charge as an example of an alternative approach to use?

A. Yes. OTP provided results of using the EP method and applying 28.11 percent
demand and 71.89 percent energy split and the 2009 sales forecasts used in the rider
filing. Table 4 shows the results (corrected LIG-009, LIG-145 and LIG-151). See LIG
Exhibit __ (KM - 15), LIG Exhibit __ (KM - 16) and LIG Exhibit __ (KM - 17).

OTP also stated in response to LIG IR No. 9 that while it does not agree with this
approach, should such an approach be approved, the demand factor should be 20%
instead of 28.11% as MISO currently uses 20%. MISO is using the 20% as a default
number and is currently in the process of developing an accreditation factor methodology
that would be more location specific. For example, the Langdon plant has a higher
capacity factor at 40% and it is most likely that once MISO’s methodology is finalized,
Langdon’s accredited capacity will be double what it is today.

Therefore, I recommend that the Commission consider a 50/50 energy to demand split or
the energy to demand split from the existing EP method until MISO’s method is
finalized.

Table 4: RRR Charges Using after applying the EP Method
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Q. Should the RRR charges remain as a separate line item in customer bills?

A. Yes. As a separate line item, this increases transparency regarding the cost
recovery regarding wind owned resources. In addition, LIG is recommending that
incremental margins associated with existing displaced generation as a result of wind
owned generation be flowed through as described in Larry Schedin’s Testimony. These
can be facilitated effectively through the existing Rider. Also, to the extent capacity costs
are a part of RRR cost recovery, they cannot be recovered through the FCA.

I  Rate Design.

0. Please describe this section of your testimony.

A, I will compare OTP’s existing and proposed rate design structures for large
customers, point out rate design concerns, and suggest modifications.

Q. Will you be addressing issues related to CCOSS responsibility to the LGS class?

A. No. The issues and proposed changes to the CCOSS are being addressed in
Larry Schedin’s Testimony. To the extent that any changes are approved for the CCOSS
responsibility, they will need to be reflected in the revenue requirements to the LGS
class. I will be addressing issues related to OTP’s proposed rate design changes
assuming OTP’s proposed revenue requirements.
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A. Existing Rates.

Q. What are the existing OTP rate options commonly used by large customers?

A. For purposes of their CCOSS, OTP groups the large customer rate options in a
single class called the Large General Service (“LGS”) rate class. However, specific
major rates within the LGS class are the LGS, Large General Service Time of Day
(“LGS-TOD”) and RTP rates. OTP is also proposing a new rate called the LGS Rider
that lists guidelines in developing a customized interruptible rate.

0. Describe the principal billing determinants of energy and demand included in the
existing Large General Service Rate.

A. OTP’s basic LGS rate is a block rate with two demand blocks and three energy
blocks Table 5 shows the energy and demand charges for the secondary class. The rate
structure format for the primary and transmission voltage levels is identical, with lower
charges related to higher voltage service. The energy charge for all consumption includes
$0.016473 per KWh in base fuel plus purchased energy costs. The rate includes COE and
other charges. The energy and demand charge components are below.

Table 5: Existing LGS Rate — Secondary Service Level

Demand Charge ($/KW) Secondary Service
First 100 KW of Billing Demand $8.33
Excess KW of Billing Demand $6.80
Energy Charge ($/KWh)

All over 360 KWh per KW of Billing Demand $0.02935
First 700,000 KWh $0.03784
Excess $0.02979
Monthly Minimum Demand Charge

0. Please describe the energy and demand charges related to the existing LGS-TOD
rate.

A. This rate is available to any customer with billing demand of 80 KW or higher
and consists of an on peak, shoulder peak and off-peak energy charges. Definition of on,
shoulder peak and off peak hours varies by summer (June through September) and winter
(October through May). The rate incurs a distribution facilities charge ($/KW) that varies
by demand level for secondary service level only. This could be considered an energy
only rate since it has no demand charges reflective of generation capacity. Table 6 shows
the energy and distribution facilities charges for the secondary class. As with the current
LGS rate, the rate structure for the primary and transmission voltage levels is similar,
with lower charges for subsequently higher voltage service levels. The rate incurs COE
and other charges. The demand and energy components are below.
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Table 6 : Existing LGS TOD Rate — Secondary Service Level

Distribution Facilities Charges Secondary Service
Less than 150 KW $0.20
150KW to 299 KW $0.20
300 KW to 499 KW $0.16
Greater than 500 KW $0.13
Energy Charge ($/KWh)

Winter

Peak $0.0692
Shoulder $0.0476
Off Peak $0.0140
Summer

Peak $0.0106
Shoulder $0.0369
Off Peak $0.0129

0. Did the existing LGS-TOD replace a prior one?

A. No. Although OTP has had a time differentiated in the Minnesota jurisdiction, it
did not have one in North Dakota until the current LGS-TOD rate was introduced in
2007. In essence, OTP went from the extreme of having no TOD rate to the other
extreme by introducing a complicated and flawed three-time period differentiated (on
peak, shoulder peak, off peak) and two-season differentiated energy only rate.

0. Are there any customers currently on the LGS-TOD rate?

A, No, none.
Q. In your opinion, why are there no customers on this rate?
A. The existing rate sends erroneous pricing signals as it has no demand charges to

reflect capacity and other fixed costs that do not vary with energy use. Consequently, it is
punitive to high load factor customers. In addition, the rate is complicated by the
inclusion of shoulder peak, which includes weekend hours. I am not aware of any
investor owned utility rate in the Midwest that does not consider all weekend hours as off
peak. Typical time differentiated rates have on peak and off peak energy charges and
summer and winter demand charges where demand charges are based a set definition of
on peak billing demand only. OTP’s present LGS-TOD rate is not set from a practical
perspective and does not consider customers’ ease of understanding and administration
perspective.

My recommended changes discussed later in the testimony will result in a “user friendly”
rate design that customers are accustomed to from their experience in other jurisdictions.

B. OTP’S Proposed Changes to LGS Rate and LGS-TOD Rate.
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Q. What are OTP’s proposed changes to the demand and energy components of the
LGS rate?

A. The LGS rate has been modified to include a single energy charge for summer
months (June through September) and a single energy charge for winter months (October
through May). Demand charges are also seasonally differentiated. There is a facilities
charge that varies for customers less than 1 MW and 1 MW and greater. Table 7 shows
the demand and energy related components of the rate at the secondary service level.

Table 7 : OTP Proposed LGS Rate

Energy Charges ($/KWh) Secondary Service
Summer $0.05065
Winter $0.05113
Demand Charges ($/KW)

Summer $7.13
Winter $2.88
Facilities Charge ($/KW)

Less than 1 MW $0.30
Eq or More than 1 MW $0.15

0. What is the impact of this proposed rate on LGS customers?

A. Witness Prazak’s testimony provides a chart showing the average monthly bill
impacts to the LGS customers. See Witness Prazak Testimony, Figure 10, p. 35.
Witness Prazak explains 95% of the customers will see a decrease and 5% of the
customers with highest usage will see an increase. While the chart in the testimony
indicates that 5% of the customers will receive a 7% increase, a revised chart was later
provided by OTP that revised this increase to 5%. See OTP Response to LIG IR No. 56,
attached as LIG Exhibit __ (KM - 18). Witness Prazak explains that the increase to
customers with the highest usage is due to the removal of declining demand and declining
load factor structures. The remaining customers will receive a 95% decrease with some
customers receiving up to a 15% decrease. The customers receiving the highest increase
are most likely manufacturers who are large employers and contribute significantly to the
North Dakota economy.

Q. Does this result make sense?

A. No.

0. What are OTP’s proposed changes to the LGS-TOD rate?

A. The LGS-TOD rate has been modified to include seasonally and time
differentiated demand charges. The facilities charge is now exactly the same as OTP’s
proposed LGS rate.
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Table 8 : OTP’s Proposed LGS-TOD

Energy ($/KWh) Secondary Service
Summer

On Peak $0.07803
Shoulder $0.05981
Off Peak $0.03562
Winter

On Peak $0.07002
Shoulder $0.05695
Off Peak $0.04020
Demand ($/KW)

Summer

On Peak $5.72
Shoulder $1.58
Winter

On Peak $2.21
Shoulder $0.52
Facilities Charge ($/KW)

Less than 1 MW $0.30

1 MW or greater $0.15

Please describe the time period defined as on, shoulder and off peak?

The below table is extracted from NERA Consulting’s Marginal Cost of Electric Study
Report provided in given in response to LIG IR 29, LIG Exhibit __ (KM - 19). This
figure provides the time periods defined as on, shoulder and off peak. As is demonstrated,
time period differentiations look very complicated. These time period differentiations are
the same as OTP’s existing rate that no customer is currently using.
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Table 1. Costing/Pricing Periods

Summer: June — September
Peak: Monday - Friday, 1 pm - 7 pm
Shouldet: Monday - Friday, 9 am - { pm and 7 pm - 10 pm
Weelends, 9 am - 10 pm
Off-Peak: Monday - Friday, 10 pm - 9 am
Weelends, 10 pm - 9 am

Winter: October — May

Peak: Monday - Friday, 7 am - 12 noon and 5 pm - ¢ pm
Shoulder: Monday - Friday, 6 am - 7 am, 12 noon - 5 pm and 9 pm - 10 pm

Weekends, 6 pm - 10 pm
Off-Pealk: Monday - Friday, 10 pm - 6 am

Weekends, 10 pm - 6 pm

Table 2. Ilustration of Costing/Pricing Periods

SEASON DEFINITION COSTING PERIOD: WINTER (1) COSTING PERIOD: STRMMER {2}
HourZnding  Wechkday Saturday Synrgy HooEnding  Weskdaw Sy Sunday
igrin lnciusion
k| ) 5} o 1 Q . UG
January 2 €] o < 2 =] Q- €
February 3 5] ] ) 3 [o] €] Q
[Mareh z O D ) 4 0 5] [¥]
Aprif 5 Q [3) O 3 0] o] Q
May 3 G o 5] 3 5] 5] 4]
June 7 = ] c 7 Q 0 [e]
uly 2 o 0 g [e] Q [4]
Lucust 3 c ] 9 Q =] [s]
Septemt i0 o o 10 SIS g )
October i1 s 0 [o] hil LS ; aaaE
INuvembef i 12 2 o 12 S8 SRS T
Cecember O [€) 13 8. LS
o < 14 S
COfifeak=0 5] %) 15 oS
Shoulder=8 . 70 0 S0 18 S50
[+] G 17 .58
5] 9] 18 R
T8 SIS IE T
x5 3 : 20
25 21
&S S 22 Sy S
I3 o D a 23 O o Q
4 [} [+ o] 23 2 5] Q

C. OTP’s Proposed Methodology For Rate Design.

0. What methodology are OTP’s proposed changes based on?

A. OTP used marginal cost analysis in order to allocate costs within classes after
embedded costs were allocated by class.

0. Who conducted the marginal cost analysis?
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A. OTP retained the rate design expertise of Witness Parmesano from NERA, a
national economics firm. Witness Prazak then made some further changes to meet OTP’s
design criteria

0. Has Witness Parmesano identified the same rate design objectives as Witness
Prazak?

A. Yes.

0. What is your understanding of how Witness Parmesano conducted the analysis to

estimate marginal costs of providing electricity service?

A. My understanding is that Witness Parmesano developed marginal costs for each
cost component. For marginal costs of energy and generation capacity, she used a
regional forecast. For transmission, she used the costs for wholesale transmission rates.
For distribution sub stations and trunk feeders, she used OTP’s recent and forecast
growth-related expenditures and load growth. For local distribution facilities, she based
estimates on the cost of typical equipment configurations for customers of various types
and sizes. Lastly, marginal customer costs were based on the cost of typical meters and
service drops and recent levels of customer related expenses.

D. Concerns With OTP/NERA Proposed Approach for Rate Design.

Q. Do you have any concerns with the OTP/NERA proposed approach for rate
design?

A. Yes. I have the following concerns with the proposed approach:

1. By using regional forecasts for marginal energy and marginal capacity
costs that are sensitive to the time period that they were generated, OTP
unnecessarily creates an unstable foundation for setting rates.

2. Known factors known to OTP are ignored, such as its plans to construct
Big Stone II to address base load resource deficiency and high
transmission costs associated with CapX 2020 are not reflected in the
demand charges of the LGS rate and LGS-TOD rate.

3. The proposed rates results in over recovery from high load factor
customers with flatter load profiles.

4, The proposed rate unfairly recovers larger than average class increases
from a small portion of the customers and provides decreases to remaining

customers, with some customers receiving double digit decreases.

5. Proposed time of day rate remains complicated
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6. Voltage level discounts for taking service at higher than secondary service
levels are inadequate

I discuss each of these concerns below.

1. Using Regional Forecasts creates an unstable foundation for setting
rates.
0. What is the weakness associated with the regional marginal energy and capacity
forecasts?
A. Regional forecasts, by their very nature, are based on expectations and

assumptions regarding various factors during the time period that they are generated. For
example, the regional forecast would most likely look different if generated today as
opposed to when this analysis was conducted last year. This is because market conditions
driving the forecast including fuel costs have changed. An obvious illustration is the
significant decline in natural gas prices since last year. Using forecasts that change and
become outdated on a daily basis results in an unstable foundation to develop rates. A
more stable foundation is needed.

2. Demand charges are not reflective of known capital investment plans

Q. Has OTP acknowledged that it is expecting high infrastructure investments for the
period 2008 through 2012?

A. Yes. Witness Brause states that its anticipated capital investments for the 5 year
period of 2008 through 2012 are $880 million. See Witness Brause Testimony, p. 15.
These costs include costs of OTP’s share of Big Stone II, which is being constructed to
meet OTP’s growing baseload deficiency and CapX 2020 transmission projects. Id., p.
16.

These costs should be reflected in the form of higher demand charges in rates, which are
a pricing signal for fixed infrastructure costs. Furthermore, since OTP is a winter peaking
utility, the demand charges should be higher than they are proposed, in the LGS and
LGS- TOD rate.

Q. Did OTP rely on the regional marginal capacity pricing forecast to announce its
plans for Big Stone II?

A. No. OTP based its decision to build Big Stone II on its Integrated Resource Plan
that indicated a baseload deficiency.

Q. Should OTP have waited to get a pricing signal from the regional market prior
considering plans to build Big Stone II?
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A. No, because if OTP waited for this pricing signal, it would have already been too
late. Power plants, and in particular baseload plants, have a long lead time of
construction. If OTP were to wait for this pricing signal, ratepayers would be exposed to
high costs until the baseload deficiency is fulfilled.

Q. So, does this mean that for capacity costs that ultimately get reflected in demand
charges in rates, OTP does not need to rely on a regional marginal capacity forecast but
its own investment plan?

A. Yes. OTP operates in jurisdictions with no retail choice and has an obligation to
serve. As such, OTP’s plans to construct Big Stone II are based on an identified base
load deficiency in its Integrated Resource Plan. Costs are approved by the Commission
and are therefore, known costs specific to OTP. Consequently, OTP does not need a
regional forecast to provide a pricing signal to customers. It must use its own known
costs to provide the pricing signal.

3. Over-recovery of costs from high load factor customers.
Q. Please explain how costs are over recovered from high load factor customers.

A. Since OTP’s proposed demand charges do not reflect OTP’s known plans for
capital investment, the pricing signal is distorted. This provides the erroneous signal that
capacity is relatively inexpensive. The result is an under recovery in the demand charges
in the proposed rates and consequently, over recovery in the energy charges to meet the
proposed revenue requirements. This results in being punitive for the high load factor
customers who have more efficient load profiles. High load factor customers also end up
subsidizing low load factor customers.

Example 1, below provides a simple illustration of how this subsidy occurs.

0. Are there any other reasons why you think that costs are over recovered from high
load factor customers in the proposed LGS rate?

A. Yes. Typically, high load factor customers have larger off peak use when OTP’s
variable costs of generating are lower. Using a seasonally differentiated average energy
rate as proposed in the LGS rate, results in over recovery of costs. So, while the resulting
unit cost is lower for a high load factor customer owing to the fact that the costs are
spread over a larger amount of KWhs, the rate increase associated with the proposed LGS
rate demonstrates the over recovery.

0. Please explain with an example.
A. OTP’s response in LIG IR 56 provides an illustrative example of the impact of the

proposed changes to the LGS rate on customers with 50%, 75% and 100% load factor
respectively. As the response indicates, the rate increase to a 50%, 75% and 100% load
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factor customers is 4.5%, 1% and 5.5% respectively. OTP states that the customers with
the highest load factors will continue to pay the lowest unit cost.

Paying the lowest cost is an obvious outcome since the costs are spread over a larger
amount of energy consumptions for a 100% load factor customer as opposed to a 50% or
75% load factor customer. A 100% load factor customer has higher off peak usage
relative to other customers. The example provided by OTP illustrates that even though a
customer with a 100% load factor has higher off peak usage, the rate increase is the
largest. This is an unfair result.
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4. Unfair burden of recovering revenue requirements from a small set of
customers typically manufacturing companies.

Q. Is gradualism one of OTP’s rate structure objectives?
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A. Yes. Witnesses Prazak and Parmesano both cite gradualism as one of the rate
structure objectives?

0. Is the proposed rate design resulting in a fair and gradual change for all customers
in the LGS rate class?

A. No. The proposed rate results in 5% of the customers who are larger sized
bearing higher rate increases than the proposed rate class increase of 1% and 95% of the
customers getting a decrease. In fact, some customers get a 15% rate decrease.

In response to LIG IR 56, OTP states:

Attachment No. 1 in LIG-056 is an updated Duo-Decile chart for the large general
service customers. In the original Decile chart, on page 35 of Mr. Prazak’s
testimony, the COE adjustment for one customer’s estimated bill was incorrectly
applied to all customers’ present year bills based on usage for purposes of the
Decile chart only. OTP has now correctly assigned this COE adjustment to the
correct customer, which is the largest customer overall. The result of this
reallocation is shown in the last Decile, which decreased from a positive 7% (as
filed in testimony) to a positive 4% (corrected in IR ND LIG-056) change in
monthly bill. This reallocation also changed all other deciles, reducing their
decrease. For example in the original Decile chart the first Decile showed a
monthly bill decrease of 20%. In the updated Decile chart the first Decile will
have a monthly bill decrease of 15%.”

5. Concerns with OTP’s proposed LGS-TOD rate.
0. What are your concerns with the OTP’s proposed LGS-TOD rate?

A. No customers are currently using this rate. While the proposed LGS-TOD is an
improvement over the existing rate since it now includes demand charges as a separate
rate component, (1) as stated above, the on peak demand charges are understated —
Demand charges are not reflective of known capital investment plans, and (2) the rate
design remains complicated.

Since OTP has never had a TOD rate prior to the existing problematic rate, that no
customer currently uses, it would be preferable to introduce a simpler rate.

6. Voltage level discounts for taking service at higher than secondary service
levels are inadequate.

What are your concerns about the voltage level discounts?

Table _ shows the voltage level discount from the secondary to the primary level for
OTP’s proposed LGS rate. As the table indicates, the discounts are less than 1%, a very
low amount and could not possibly cover lines losses and the savings associated with
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taking service at a higher voltage level. For example, Xcel Energy’s voltage discount at
the primary level is at $0.85/KW for demand and $0.007/KWh for energy.

Table 9 : OTP’s Proposed Rate — Voltage Level Discount from Secondary to Primary

Level

Secondary

Primary

Voltage Discount

Energy $/KWh

Summer

$0.05065

$0.05045

$0.00020

Winter

$0.05113

$0.05090

$0.00023

Demand $/KW

Summer

$7.13

$7.08

$0.05000

Winter

$2.88 $2.86 $0.02000

E. Proposed Modifications.

L

LGS Rate Modifications.

0. Based on your concerns above, what guidelines are you proposing to modify
OTP’s proposed LGS rate?

A. I am recommending the following modifications OTP’s proposed LGS rate:

1.

STPL-Word:139291.1

The rate increase should be spread more evenly as opposed to a smaller
percent of the customers bearing a more than class average rate increase
and the remaining customers getting a rate increase.

For reasons highlighted in Section D (above), the demand charges should
be set higher and provide a pricing signal that indicates that capacity is not
cheap. For example, one way to get part way is to set the winter demand
charge equal to the summer demand charge. Table 10 shows the billing
determinant for the LGS secondary service level as an illustration (billing
determinants obtained from Witness Prazak’s Testimony. See Witness
Prazak Testimony, Exhibit DGP1 Schedule 2 page 10. Once I modified
the demand related costs, I readjusted the energy charges using the same
Summer/Winter relationship as the OTP proposal.

Table 10: LGS Billing Determinants — Secondary Service
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LGS BILLING DETERMINANTS
SECONDARY SERVICE
EXISTING RATES Units $/Unit Total Amount
Energy over 360 per KW 113,192,890 0.02935 $3,322,211
First 700,000 155,805,630 0.03784 $5,895,685
Excess KWh 102,552,256 0.02979 $3,055,032
ENERGY 371,550,776 $12,272,928
First 100KW of demand 139,916 8.33 1,165,500
Excess KW of demand 585,733 6.8 $3,982,984
DEMAND $5,148,485
Cost of Energy 371,550,776 0.01309 $4,865,193
LIG Rate Proposal OTP Proposed

Units $/Unit Total Amount $/Unit Total Amount
Customer Charge 1505 $40 $60,200 $40 $60,200
Facilities <1MW 343844 $0.30 $103,153 $0.30 $103,153
Facilities >=1MW 502,868 $0.15 $75,430 $0.15 $75,430
Summer - Energy 133,483,932 $0.04538 $6,058,007 $0.05064 $6,759,626
Non Summer - Energy 237,431,610 $0.04581 $10,877,685 $0.05112 | $12,137,504
Summer - Demand 264,134 $7.13 51,883,275 $7.13 $1,883,275
Non Summer - Demand 461,515 $7.13 $3,290,602 $2.88 $1,329,163

$22,348,352 $22,348,352
DEMAND $5,173,877 $3,212,439
High load factor credit Needs development
Source: Exhibit (DGP-1) Schedule 2
3. The energy rates should be set after deducting the amount established for

demand under Recommendation No. 2 above. Winter and summer energy
rates should follow the relationship prevalent in OTP’s existing marginal
energy costs.

4. OTP should develop a high load factor credit to negate the over recovery
of charges from high load factor customers as described in Section D3
above. For example, Xcel Energy’s approved rates in North Dakota have
such a credit to counter the over recovery.

5. OTP needs to reassess the voltage discounts for higher voltage levels
service levels in order to provide the proper price signal.

Q. What should be done about these modifications to OTP’s proposed rate design to
the LGS rate?

A. The NDPSC should order OTP to use these guiding principles and move further
with my idea of raising demand charges, using OTP’s known and existing marginal
energy costs to develop the winter/summer energy rate and introducing a high load factor
credit such that accurate pricing signals are provided regarding high capacity costs,
voltage level differentials, winter/summer energy cost relationships and high load factor
customers do not subsidize low load factor customers.

2. LGS-TOD Rate Modifications.

Q. Based on your concerns above, what modification to OTP’s proposed LGS-TOD
rate should be made?
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A. I am recommending the following guidelines to modify OTP’s proposed LGS-

TOD rate:

1. The rate design should be more conventional and easier to understand to facilitate
acceptance and participation in the rate.

i.

ii.

1il.

iv.

For example, OTP could set a single demand charge for the
summer months and a single demand charge for the winter months.
These charges should be higher for reasons cited earlier. Similar to
Xcel’s Commission-approved rates in North Dakota, OTP could
set the same demand charges for the TOD rate as those set for the
LGS rates.

The energy rates should be set after deducting the amount
established for demand under (i) above. OTP could include an on-
peak and off-peak energy charge that is seasonally differentiated.
OTP could use Xcel’s definition for on- and off-peak in North
Dakota. Also, similar to Xcel’s methodology of utilizing an on-
and off-peak ratio of its existing marginal energy costs to develop
the on- and off-peak energy rate, OTP’s existing marginal energy
cost relationships should be used to develop the resulting on- and
off-peak energy rates.

Introduce a high load factor credit similar to the one approved by
the Commission for Xcel.

OTP needs to reassess the voltage discounts for higher voltage
levels service levels in order to provide the proper price signal.

0. What should be done about these guiding principles to modify OTP’s proposed
rate design to the LGS rate?

A. The Commission should order OTP to use these guiding principles and move
further with my idea of raising demand charges, simplifying the rate and introducing a
high load factor credit such that the rate is simpler, accurate pricing signals are provided
regarding high capacity costs, voltage service differentials on and off peak energy rates
are reflective of OTP’s existing marginal costs and high load factor customers do not
subsidize low load factor customers.

0. Does this conclude your testimony?

A. Yes.
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PREFACE

This document is the biennial report of Otter Tail Corporation, d/b/a Otter Tail Power
Company, to the Minnesota Public Utilities Commission (PUC) on the Company’s efforts
and status on compliance with the Minnesota Renewable Energy Objective (REO) and
Renewable Energy Standard (RES) contained in Minn. Statute §216B.1691. The PUC
has implemented additional requirements and direction applicable to this report in Orders
issued under Docket No. E999/CI-03-869. This particular biennial report is required by
the PUC’s Order dated November 12, 2008, and is required to be submitted by January
15, 20009.

The PUC has required this report and all subsequent REQ-RES Compliance Reports to be
submitted as miscellaneous tariff filings under the Commission’s rules of practice and

procedure.

To protect individual customer data, the names of individual customer-owned generation
facilities is replaced with a customer designation. These facilities tend to be quite small,

generally less than 100 kW each.

Questions and comments regarding the information and data contained herein should be

addressed to Bryan D. Morlock, P.E. at 218-739-8269 or bmorlock@otpco.com.
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I. INTRODUCTION

Pursuant to Minn. Stat. §216B.1691 Subd. 3 and Minnesota Public Utility Commission
Orders dated June 1, 2004 and November 12, 2008 in Docket E-999/CI-03-869, Otter
Tail Corporation, d/b/a Otter Tail Power Company (Otter Tail or Company), makes this
information filing as a miscellaneous tariff filing, Docket E017/M-09-19. This filing
contains information on historical and expected future compliance with the Minnesota

Renewable Energy Objective (REO) and Renewable Energy Standard (RES).

As the following pages of this report demonstrate, Otter Tail is well on the way to
implementing renewable resources as part of its diverse resource portfolio and expects to
be in full compliance of any and all renewable energy objectives and standards within all

three state jurisdictions in which Otter Tail serves.



II. JURISDICTIONAL REQUIREMENTS

Otter Tail serves retail load in Minnesota, North Dakota, and South Dakota. All three
state jurisdictions have some sort of renewable energy objective (REO) or renewable
energy standard (RES). Discussion of compliance efforts with any single jurisdiction
also requires a discussion of the other two jurisdictions so that a complete understanding
of the Company’s compliance efforts can be obtained. The following sections describe

the requirements in each of the state jurisdictions.

Minnesota
Otter Tail is required to make a good faith effort to comply with the state REO through
2011. Beginning with 2012 the requirement switches to an RES. The state requirements’
increase in a step-wise fashion, consisting of:

e 2007 - 1% of retail sales

e 2010 — 7% of retail sales

e 2012 - 12% of retail sales

e 2016 — 17% of retail sales

e 2020 - 20% of retail sales

e 2025 —25% of retail sales.
Eligible energy technologies for compliance include solar, wind, hydroelectric with a
capacity of less than 100 MW, hydrogen,” or biomass. Biomass includes landfill gas,
anaerobic digestion, and mixed municipal solid waste or refuse-derived-fuel from mixed
municipal solid waste as a primary fuel. Electricity generated by the combustion of
biomass through co-firing with other fuels counts up to the percentage amount of biomass
fuel relative to total fuel, only if the generating facility was constructed in compliance
with new source performance standards promulgated under the federal Clean Air Act or
if the facility employs the maximum achievable or best available control technology for

that type of facility.

' These REO and RES requirements only apply to utilities without nuclear generating assets. Utilities with
nuclear generating assets have a more aggressive standard as detailed in Minn. Stat. §216B.1691.

? Provided that after January 1, 2010 the hydrogen must be generated from the other eligible energy
technologies listed.



North Dakota

The state REO is 10% of retail sales by the year 2015, and includes both renewable
energy and recycled energy. The calculation contains a provision to reduce the amount
of retail sales by any hydroelectric energy that cannot be counted toward the REQ.?
Renewable electricity and recycled energy includes electricity generated from solar,
wind, biomass,* geothermal, hydrogen,’ hydroelectric (must be from a facility with an
in-service date of no earlier than January 1, 2007 or from efficiency improvements to a
facility existing as of August 1, 2007), and recycled energy systems producing electricity
from currently unused waste heat resulting from combustion or other processes into
electricity and which do not use an additional combustion process. Recycled energy does

not include any system whose primary purpose is the generation of electricity.

South Dakota

The state REO is 10% of retail sales by the year 2015, and includes both renewable
energy and recycled energy. The legislation appears to be very similar to the North
Dakota requirements. The calculation contains a provision to reduce the amount of retail
sales by any hydroelectric energy from a facility with an in-service date prior to July 1,
2008.° Renewable electricity and recycled energy include electricity generated from
solar, wind, biomass,” geothermal, hydrogen,® hydroelectric (statutes seem to imply it
must be from a facility with an in-service date of no earlier than July 1, 2008), and
recycled energy systems producing electricity from currently unused waste heat resulting
from combustion or other processes into electricity and which do not use an additional
combustion process. Recycled energy does not include any system whose primary

purpose is the generation of electricity.

* North Dakota Century Code §49-02-30.

* Including agricultural crops and wastes and residues, wood and wood wastes and residues, animal wastes,
and landfill gas.

3 Provided that the hydrogen is generated from a source listed in this section of North Dakota Century Code
§49-02-25.

® South Dakota Codified Laws §49-34A-103.

7 Includes agricultural crops and wastes and residues, wood and wood wastes and residues, animal and
other degradable organic wastes, and landfill gas.

% Provided that the hydrogen is generated from a source listed in this section of South Dakota Codified
Laws §49-34A-94.



III. MIDWEST RENEWABLE ENERGY TRACKING SYSTEM

Otter Tail has registered almost all renewable energy resources within the Midwest
Renewable Energy Tracking System (M-RETS). There is a number of small customer
owned units, generally less than 50 kW each, which the Company has not registered. The
customers self-serve a portion of their own load with Otter Tail receiving the remaining
surplus energy. Otter Tail does pay the cost, both initial and annual fees, to register a

facility in M-RETS and the cost per renewable energy credit (REC) can become quite
high on these small units. Otter Tail has raised this issue within the M-RETS
administration and is seeking methods to reduce the registration cost for the small units.
It is expected that at some point these small units will be registered. For 2008, the
amount of unregistered renewable energy was about 260 MWh, only about 0.08% of the
over 308,000 MWh of renewable energy.

Otter Tail has developed an account structure within M-RETS to help segregate RECs by
type and usage. For customer-owned facilities that self-serve customer load, all of the
generation is reported within M-RETS. Otter Tail then transfers RECs associated with
the energy used to self-serve load into an account in the customer’s name, for their use as
they deem appropriate. The RECs associated with energy purchased by Otter Tail will

remain in the Otter Tail account.

The Otter Tail M-RETS accounts include a retirement account by state jurisdiction by
year. Thus it will be easy to verify the amount of RECs retired annually for compliance
with each state’s requirements. RECs associated with Tail Winds, the Company’s green
pricing program, are retired into separate state jurisdiction accounts to ensure proper

accounting for the green pricing tracker balance.

Retired RECs will be tracked on a calendar year basis. The M-RETS system became
operational in the last half of 2007. While Otter Tail began recording renewable energy
within M-RETS late in 2007, the Company intends to begin full use of the M-RETS



system for reporting verification beginning with the first full calendar year commencing

January 1, 2008.

Otter Tail has not sold or purchased any RECs separate from the renewable energy. All
energy currently being used for compliance is energy generated by Otter Tail or energy

purchased by Otter Tail under power purchase agreements.

Otter Tail did sell 3,736,752 kWh of wind generation, including the RECs, during 2008.
This energy came from the Ashtabula wind farm which was in start-up phase prior to the
availability of the transmission outlet facilities. This energy was sold to Minnkota Power

Cooperative through a lower voltage tie.



IV. RENEWABLE ENERGY RESOURCES

The breakdown of existing and potential future renewable energy resources for Otter
Tail, to the extent known, at the time of this report are shown in Appendix A. The data
provided includes the name of the facility, kW rating, vintage, technology and energy
source, whether owned or through a PPA, and state eligibility. For customer-owned

facilities, the customer name is not provided in order to protect customer information.

The information provided includes future resources which may or may not be
constructed, but for which development work has commenced. There are additional
renewable energy facilities which are under discussion, but these have not been included
in the data since they are still in preliminary stages of feasibility studies. The data
includes resources that will count as renewable energy in at least one of the three states,
as well as hydro resources that do not count as renewable energy but are used in the

compliance calculation in North and South Dakota.

Annual generation or purchased energy from the renewable energy resources is detailed

in Appendix C for the years 2005 — 2008.



V. 2005 - 2007 HISTORICAL REO-RES COMPLIANCE

The 2005-2007 REO compliance is shown in Table I for both the Minnesota and non-
Minnesota jurisdictions. The load data and generation data behind these values is shown
in Appendix C. For all resources, except resources used for green pricing, the renewable
energy is allocated via load ratio share for these three years. Green pricing energy does
not count in MN, and the portion counted in the non-Minnesota portion of the service

territory is the actual green pricing energy sold.

'The renewable energy compliance percentage declines from 2005 to 2007 due to the loss
of a major renewable resource. From 1992 — 2006 Otter Tail received 30,000 — 35,000
MWh of wood waste fueled biomass energy from a customer-owned cogeneration
facility. That facility was closed on August 30, 2006 without prior notice to Otter Tail.

The loss of the renewable energy negatively impacted Otter Tail’s compliance.

The Commission approved the addition of 75 MW of new wind generation in its August
9, 2006 Order in Otter Tail’s resource plan filing docket, E-017/RP-05-968. In its
subsequent February 20, 2007 Order the Commission increased the amount of approved
wind additions to 160 MW. The first 60 MW of the new wind generation began
operation in late 2007 and early 2008, and the next 48 MW began commercial operation

in November 2008. These wind additions offset the loss of the biomass generation.

Table 1
2005 - 2007 REO Compliance
Year Minnesota Non-Minnesota
2005 3.35% 3.04%
2006 2.62% 2.26%
2007 2.16% 1.85%

Preliminary 2008 compliance is shown in the next section.
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V1. 2008 REO Compliance

The 2008 REO compliance data is considered preliminary since the year just ended.

Otter Tail has made every effort to ensure that the data is accurate, but changes may
occur. Because of the magnitude of the Company’s recent renewable energy additions
relative to the REO requirement any potential data changes are likely to only have a small

impact on the results.

The Company brought on-line 60 MW of new wind generation at the Langdon Wind
Energy Center’ in late 2007 and early 2008. Otter Tail also began operation of 48 MW!?
of wind turbines in the Ashtabula project in October 2008. All Ashtabula energy and
associated RECs during the October-November 2008 time period were sold to Minnkota
Power Cooperative. The transmission outlet to Otter Tail was not operational until the
beginning of December 2008. The amount of energy and associated RECs sold was

3,736,752 kWh.

The 2008 specific renewable resource generation is shown in Appendix C. The
compliance allocations and calculations beginning in 2008 and going forward are
different than the methodology used in the 2005-2007 time period. Through the use of
the M-RETS system, Otter Tail anticipates optimizing the use of RECs for compliance,
rather than simply doing a load ratio allocation. Otter Tail also intends to bank some
RECs to ensure compliance due to any unanticipated events or issues. At this point in
time Otter Tail hasn’t determined its exact plan for use and allocation of

RECs due to uncertainty surrounding its planned 49.5 MW M-Power project scheduled
for late 20009.

Table II shows 2008 retail load and renewable generation compliance percentage,

assuming all renewable energy is allocated.

° Otter Tail owns 40.5 MW and purchases 19.5 MW from NextEra Energy (formerly FPL Energy).
' The 48 MW of wind generation from Ashtabula is all owned by Otter Tail.

11



Table 11

Otter Tail 2008 REO Compliance

c o Retail Sales Hydro Adj. to Renewable o
Jurisdiction MWh Sales MWh!! MWh REO %

Minnesota 2,179,449 0 169,967.3 7.80%

Non-Minnesota 2,035,993 149,976.7 138,751.7 7.36%

' North Dakota and South Dakota retail sales can be adjusted downward for any hydro energy utilized,
which cannot be counted as renewable energy for REO compliance. Any non-compliance hydro energy

was allocated between the jurisdictions based on load ratio share.
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VII. RENEWABLE RESOURCE PLAN

The second page of Appendix A details the additional renewable energy resources that
are in the planning stage and have moved beyond the initial investigation stage. All of
the additional planned renewable resources would be expected in the next 1 — 2 ¥ years if

they reach operation.

Contracts have been executed for the 49.5 MW M-Power project, scheduled for
construction in 2009. The final project go-ahead has not been given due to the current

economic situation.

The heat recovery project is in the negotiation stages. A term sheet was provided to the
project developer and has been approved to proceed by the developer. While the energy
from this project does not qualify to count toward the Minnesota REO-RES, it does count
toward REO compliance in North and South Dakota. This would free up wind RECs

from those two states to be used for Minnesota compliance.

The 4.5 MW MSW-fueled facility has been in limbo for some time, but a decision should

be made by the project owner in the near future whether this project will proceed.

The rest of the identified resources are individual turbine installations over which Otter
Tail does not have control. The Company is working with these entities to help move
their projects forward toward implementation. Some of the projects are fairly certain to

move forward and be operational in 2009.

Otter Tail has clearly demonstrated its commitment toward compliance, as 108 MW of

the 160 MW approved by the Commission is already in operation. Contracts have been
signed for an additional 49.5 MW in the M-Power project. Eight customer-owned wind
turbines, totaling about 840 kW, have been added in the past 1 % years. Seven more

customer-owned facilities, totaling about 4800 kW, are in the planning stages.
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The addition of the renewable resources is being accomplished within the economic
parameters included in the resource plan evaluation for the 160 MW of wind generation
approved by the Commission. Power purchase agreements (PPAs) are being negotiated
under existing tariffs'” that are based on avoided costs or established by state rules and
requirements, or under avoided cost methodologies. Retail customers have thus been

protected and Otter Tail is working to keep rates as low as possible.

Thus far Otter Tail has not had any entity make use of a C-BED (Community Based
Energy Development) tariff, although a number of C-BED qualifying facilities have been
added to the system. The facility owners thus far have chosen to not use C-BED. Some
of the planned facilities listed in Appendix A do intend to use the C-BED tariff, but those
PPAs are not yet completed. Every C-BED proposal that has been received by Otter Tail
to date has been above avoided cost or above the cost of obtaining other wind generation
resources. Otter Tail does expect to be filing some C-BED tariff PPAs during 2009 that

will be above avoided cost, in an effort to implement state objectives regarding C-BED.

2 Small power producer tariffs and distributed generation tariff.
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VIII. FORECAST OF FUTURE REO-RES COMPLIANCE

Otter Tail is just completing construction of the 48 MW Ashtabula Wind Farm and is
working toward construction of the 49.5 MW M-Power Wind Farm in 2009. Combined
with the 60 MW the Company receives from the Langdon Wind Farm completed in late
2007/early 2008 Otter Tail is well positioned to comply with the renewable energy
objectives and standards in all three states. Final commitments to the M-Power Wind

Farm have not yet been made.

Graph I shows the Company’s expected available renewable energy compared to the
REO-RES requirements going out to 2020. The graph assumes that all RECs are counted
in the year they are generated and are not banked for future compliance use. The graph
does not include new customer-owned facilities that may be developed. Otter Tail is
seeing significant customer interest in owning wind generation. The Company is
obligated to purchase any renewable energy offered from customers under the federal

Public Utility Regulatory Policies Act of 1978 (PURPA).

Graph |
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The North Dakota and South Dakota requirements are very similar and are lumped
together in the graph. As demonstrated in Graph I, Otter Tail expects by the end of 2010
to have sufficient renewable energy available to comply with state REO-RES

requirements until at least 2020.
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IX. BARRIERS TO REO-RES COMPLIANCE

The most significant obstacles fall into four basic categories, including:
e Transmission
o Interconnection queue
o Transmission delivery service
o LMP prices
e Turbine availability
e Developer knowledge

e Economic and financing issues

Interconnection Queue

The Midwest Independent Transmission System Operator (MISO) interconnection queue
has been a major impediment to the development of any resources due to the significant
backlog of requests. In late August 2008 the Federal Energy Regulatory Commission
(FERC) approved revisions to the MISQO interconnection queue process which Otter Tail
believes will help to alleviate the backlog. It is expected that many projects that were
simply attempting to reserve a spot in the queue will drop out, and future requests will
more likely come from serious projects. Previously projects could submit a request and
then remain in suspension for several years, tying up the queue. The ability to suspend a
project in the queue is now limited to a much shorter term and only for force majeure
reasons. All existing projects in the queue will need to transition to the new process, and
MISO has issued a report detailing the status of each interconnection project and the
required steps to complete the transition to the new process. The down side to the
changes is that developers will have to be ready to make their application deposits and

have other benchmarks in place in order to proceed in the new queue process.

Transmission Delivery — As a member of MISO Otter Tail must have firm delivery

transmission service for any project to count as a network resource. At the present time
transmission service is severely hampered by transmission constraints and the ability to

get delivery service is limited. Otter Tail has benefited from the fact that almost 100% of
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the Company’s system is located to the west of the North Dakota Export Boundary, and
generation can generally be delivered to load without crossing that constraint. However,
there are other wind projects being developed in the Otter Tail service territory for other
utilities that are using up the available transmission service. Otter Tail is a part of the
CAPX 2020 group proposing new major high voltage transmission. If approved and
constructed, the CAPX 2020 transmission additions will be a considerable help in
reducing constraints. CAPX 2020 additions currently proposed will not come close to
addressing the future transmission needs of projects in the queue. CAPX 2020 is
studying the situation to determine what other new transmission resources are likely to be

required.

Otter Tail is also one of the participating utilities in Minnesota Public Utility Commission
Docket Nos. CN-05-619 and TR-05-1275, seeking approval to build additional
transmission facilities in southwest Minnesota. This transmission would be constructed
with the capability to be uprated to carry wind generation from the area. At this point in
time more than forty wind generation projects have interconnection requests in the MISO

queue that depend upon the addition of this transmission.

LMP Prices

The Location Marginal Price (LMP) is beginning to be impacted by the magnitude of the
wind development taking place. The lack of adequate transmission for delivery service is
causing wind generation to be economically stranded at times of plentiful wind and less
than peak loads. Otter Tail wind resources at times receive less than full MISO market
price because of inadequate transmission to move the energy where it is needed. Asa
result, the LMP price at the wind farm declines and can become negative at times. Otter
Tail has to pay MISO to keep the wind generation operating at those times. This
situation is being exacerbated as the amount of wind generation on the system increases.
The end result is that wind generation becomes less economic and increases costs to the
customer. The only cure is to increase transmission capability. The previously
mentioned transmission project efforts will help to alleviate the situation, although even

more transmission will be needed.
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Turbine Availability

The lack of available wind turbines is making the addition of wind generation resources
very difficult. Turbines are readily available in small sizes (less than 100 kW), but the
demand is so high for utility scale turbines that manufacturers are reticent to deal with
anyone who is not a major player in the industry. Project developers that want to
construct one or two turbines have asked Otter Tail for assistance in obtaining wind
turbines, but there is little that Otter Tail can do. Even Otter Tail is too small to have
significant direct access to wind turbines. Otter Tail discussed the possibility of
increasing its order size for turbines for the Company’s projects but was unable to do so.
In some cases manufacturers prohibit the reselling of their new turbines. There aren’t
any utility solutions available to the problem, as long as demand for wind turbines

remains high.

Developer Knowledge

The larger developers know what they are doing with wind development. Otter Tail has
experienced difficulty with small developers, community-based wind developers, and
customers who consider building wind generation. These entities in general simply do
not have the background and have not spent the time to learn about wind generation prior
to beginning to investigate a project. Where possible, Otter Tail steers these individuals
to available resources from the states, American Wind Energy Association, and others to

assist with developer education.

Economic and Financing Issues

The recent economic downturn is expected to have a dampening effect on the
development of renewable resources. Some major wind developers have already
announced intentions to scale back their development plans for the near-term future.
While Otter Tail has not seen any specific project delays or cancellations in wind projects
yet, such actions are expected by most wind industry publications. Small wind

development may especially be impacted in their efforts to obtain project financing.
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X. SUMMARY

Otter Tail has stepped forward with its development of renewable resources for a variety
of reasons and is completing new renewable energy facilities at a pace much faster than
needed to comply with REO-RES requirements. The most recent Company integrated
resource plan called for 160 MW of new wind generation. With the M-Power project,
Otter Tail will have completed that amount of wind generation addition to the system.
Part of the reason for accelerated implementation is economics, as the cost of wind
generation is escalating at a rate as fast or faster than any other generating technology.
Also, the federal Production Tax Credit (PTC) is not likely to be available for the long
term, so Otter Tail 1s taking advantage by moving forward early. The PTC reduces the

cost of wind generation by about 33%.

The Company has also taken advantage of significant wind development incentives in
North Dakota. Currently those incentives also have a sunset provision, so early

implementation of wind generation has accessed those incentives.

With the current renewable resources in existence, under construction, and planned for
the next couple of years, Otter Tail does not expect to need to add more resources for
REO-RES compliance until about 2023, if even then. This forecast does not include
counting the many small customer owned units currently being installed. There are many
uncertainties going forward with all forecasts, including load growth, conservation

efforts, and customer-owned renewable resources.

Otter Tail expects its next resource plan filing to provide updated information regarding

the long-term view of REO-RES compliance.
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LIG Exhibit ___ (KM-2)

Information Request No. LIG-007
Page 1 of 1

Otter Tail Corporation d/b/a
OTTER TAIL POWER COMPANY
North Dakota Case No: PU-08-742 and PU-08-862

Response to: Large Industrial User Group
Analyst: Larry Schedin

Date of Request: 1/19/2009

Date Received: 1/19/2009

Date Due: 2/18/2009

Information Request No. ND LIG-007
Please provide a copy of OTP's most recent Resource Plan and the Resource Plan which
committed OTP to the procurement of wind generation.

Otter Tail Power Company’s 2005 Resource Plan and subsequent updates can be found
on the Company’s website at:

http://www.otpco.com/NewsInformation/IntegratedResourcePlan.asp

Responding Witness: Bernadeen Brutlag

Title: Manager, Regulatory Services
Department: Regulatory Services
Telephone: (218) 739-8289

Date of Response: 2/13/2009



LIG Exhibit __ (KM-3)

Information Request No. ND LIG-078
Page 1 of 1

Otter Tail Corporation d/b/a
OTTER TAIL POWER COMPANY
North Dakota Case No: PU-08-742 and PU-08-862

Response to: North Dakota Large Industrial Energy Group
Analyst: Larry Schedin

Date of Request: 2/02/2009

Date Received: 2/02/2009

Date Due: 3/04/2009

Information Request No. LIG-078

Is OTP using 100% of its wind resources to satisfy Minnesota's requirements to acquire
renewable energy generation? If not, please explain what percent is used to satisfy
Minnesota's requirements and how that amount is determined.

No. Our wind resources have been installed as a least cost resource. (See Minnesota’s
2005 IRP included in response to ND 02-183.) The benefits of this least cost resource are
shared equally by customers in all of our jurisdictions. While these resources do help
OTP satisfy its Renewable Energy Standard in Minnesota and the Renewable Energy
Objective in North and South Dakota, they would have been installed with or without
these renewable requirements because they were the least cost resource.

Responding Witness:  Bernadeen Brutlag

Title: Manager Regulatory Services
Department: Regulatory Services
Telephone: (218) 739-8289

Date of Response: 2/13/2009
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LIG Exhibit __ (KM-6)

Information Request No. LIG-004
Page 1 of 1

Otter Tail Corporation d/b/a
OTTER TAIL POWER COMPANY
North Dakota Case No: PU-08-742 and PU-08-862

Response to: Large Industrial User Group
Analyst: Larry Schedin

Date of Request: 1/19/2009

Date Received: 1/19/2009

Date Due: 2/18/2009

Information Request No. ND LIG-004

Please provide information on volume and dollars collected by OTP's affiliates, as well as
OTP's unregulated subsidiaries or divisions, on both the Langdon and Ashtabula wind
farms.

RESPONSE;:
Please see Attachment 1 to ND LIG-004 — TRADE SECRET.

Responding Witness:  Pete Beithon

Title: Manager, Regulatory Economics
Department: Regulatory Services
Telephone: (218) 739-8607

Date of Response: 2/13/2009



LIG Exhibit ___

Information Request No. ND LIG-005
Page 1 of 1

Otter Tail Corporation d/b/a
OTTER TAIL POWER COMPANY
North Dakota Case No: PU-08-742 and PU-08-862

Response to: Large Industrial User Group
Analyst: Larry Schedin

Date of Request: 1/19/2009

Date Received: 1/19/2009

Date Due: 2/18/2009

Information Request No. ND LIG-005

Do OTP's unregulated subsidiaries or divisions provide services to FPL or other partners
in the Langdon and Ashtabula wind farms? If so, specify by the company providing such
service and the year service was provided for 2006, 2007 and 2008.

Ashtabula was constructed in 2008 Langdon was pnmanly constructed in 2007 w1th a
small portion falling into 2008. There was no construction on either wind farm in 2006.
For the Langdon and Ashtabula wind farms, three wholly owned subsidiaries of Otter
Tail Corporation were involved in the chain of supply for both wind farms. They are:
DMI Industries (DMI), Ventus Energy Systems (Ventus), and Lynk3 Technologies
(Lynk3).

Responding Witness: Bernadeen Brutlag

Title: Manager, Regulatory Services
Department: Regulatory Services
Telephone: (218) 739-8289

Date of Response: 2/13/2009

(KM-7)
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LIG Exhibit ___ (KM.9)

Information Request No. LIG-011
Page 1 of 1

Otter Tail Corporation d/b/a
OTTER TAIL POWER COMPANY
North Dakota Case No: PU-08-742 and PU-08-862

Response to: Large Industrial User Group
Analyst: Larry Schedin

Date of Request: 1/19/2009

Date Received: 1/19/2009

Date Due: 2/18/2009

Information Request No. ND LIG-011

Please provide all the revenue requirement calculations and associated financial analysis
and workpapers for the Langdon and Ashtabula wind farms that result in the proposed
energy charge per KWh by jurisdiction. Please provide the financial analysis in an "Excel
spreadsheet format with formulae intact.

RESPONSE:
See Attachment 1 to IR ND LIG-011 (TRADE SECRET).

Responding Witness: Bernadeen Brutlag

Title: Manager, Regulatory Services
Department: Regulatory Services
Telephone: (218) 739-8289

Date of Response: 2/17/2009



LIG Exhibit __ (KM-10)

Information Request No. ND LIG-093
Page 1 of 1

Otter Tail Corporation d/b/a
OTTER TAIL POWER COMPANY
North Dakota Case No: PU-08-742 and PU-08-862

Response to: North Dakota Large Industrial Energy Users
Analyst: Larry Schedin

Date of Request: 2/04/2009

Date Received: 2/04/2009

Date Due: 3/06/2009

Information Request No. ND LIG-093

Provide a year-by-year breakdown of each revenue requirement item in the 25-year
amortization schedule proposed by OTP for the Rider after the addition of the Ashtabula
project.

Also, please provide a levelized amortization schedule of annual revenue requirements
for this same period with the same present value of revenue requirements as the OTP
proposal. Plot the levelized amortization as a straight line on the same graph showing
OTP's Direct Pass-Through method and OTP's Smoothing method.

RESPONSE:

Attachment 1 to IR ND LIG-093 shows the combined North Dakota revenue
requirements for both Langdon and Ashtabula for 25 years. This is only the revenue
requirements for these two projects and does not include possible increases in the tracker
balance caused by lags in cost recovery.

OTP’s proposal does not include a present value component; we are unsure how to
respond to this part of the request.

Attachment 2 to IR ND LIG-093 is a graph showing 25 years of revenue requirements

under two scenarios: (1) OTP’s proposed smoothing method and (2) the direct pass-
through of the PTC.

Responding Witness: Bernadeen Brutlag

Title: Manager, Regulatory Economics
Department: Manager, Regulatory Services
Telephone: (218) 739-8289

Date of Response: 3/6/2009
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North Dakota

Langdon and Ashtabula

Year
2007
2008
2009
2010
2011
2012
2013
2014
2015
2016
2017
2018
2019
2020
2021
2022
2023
2024
2025
2026
2027
2028
2029
2030
2031
2032
2033

ND Revenue
Requirements

0
$3,502,427
7,522,598
6,459,737
5,682,854
5,114,218
4,486,051
4,051,600
3,830,900
3,671,367
3,222,216
3,224,493
3,076,053
3,037,837
3,000,304
2,963,471
2,927,360
2,891,902
2,857,388
2,823,571
2,790,563
2,758,389
2,727,072
2,696,637
2,667,110
3,568,502
2,709,055

North Dakota Case No. PU-08-862
Attachment 1 to IR LIG-093



LIG Exhibit __ (KM-11)

Information Request No. ND LIG-027
Page 1 of 1

Otter Tail Corporation d/b/a
OTTER TAIL POWER COMPANY
North Dakota Case No: PU-08-742 and PU-08-862

Response to: Large Industrial User Group
Analyst: Larry Schedin

Date of Request: 1/19/2009

Date Received: 1/19/2009

Date Due: 2/18/2009

Information Request No. ND LIG-027

Please compare the per KWH and per MW cost of the Langdon PPA and OTP's cost of
recovery to ratepayer's for OTP's ownership of Langdon that is included in the
Renewable Rider, both annually as well as for the term of the PPA. Please also provide a
copy of the PPA.

RESPONSE:

Attachment 1 to IR ND LIG-027 (TRADE SECRET) shows the cost per MWH of the
Langdon PPA and the Langdon wind generation owned by OTP as it is proposed to be
collected in the Renewable Resource Cost Recovery Rider. The PPA price is exclusively
based on delivered energy (MWH).

Attachment 2 to IR ND LIG-027 (TRADE SECRET) is the Langdon PPA.

Responding Witness:  Pete Beithon

Title: Manager, Regulatory Economics
Department: Regulatory Services
Telephone: (218) 739-8607

Date of Response: 2/17/2009



LIG Exhibit ___ (KM-12)

PUBLIC
Information Request No. ND LIG-131
Page 1 of 2

Otter Tail Corporation d/b/a
OTTER TAIL POWER COMPANY
North Dakota Case No: PU-08-742 and PU-08-862

Response to: North Dakota Large Industrial Energy Users
Analyst: Larry Schedin

Date of Request: 2/19/2009

Date Received: 2/19/2009

Date Due: 3/23/2009

Information Request No. ND LIG-131

Please provide savings analysis of utilizing wind generation. Provide hourly and monthly
on- and off-peak numbers to demonstrate the savings. Please provide this analysis for
2007, 2008 and projected for 2009 and 2010. Please describe the methodology used
including references of LMP data used for each of the jurisdictions.

RESPONSE:

Attached as a spreadsheet (Attachment 1 to IR ND LIG-131) is an hourly analysis for the
40.5 MW OTP owned portion of the Langdon wind farm for 2008. The bulk of the
construction took place in late 2007, so there is very little hourly data to analyze for 2007.
The savings as indicated in the spreadsheet is [TRADE SECRET DATA HAS BEEN
EXCISED] for 2008. OTP has not done a detailed projection for 2009 and 2010.

The accompanying spreadsheet (Attachment 1 to IR ND LIG-131) is an hourly analysis
of the 40.5 MW Langdon wind farm performance. The columns are as follows:

A) Date (HE) — this column indicates the date and the hour ending time.

B) 40.5 Rate MWh generated — this column is the actual generation for the hour of
the OTP owned 40.5 MW portion of the Langdon wind farm.

C) OTP Wind Gen Price (Levelized) — this is the 25 year anticipated levelized cost
per MWh for the Langdon wind farm.

D) OTP DA Load Zone LMP — This is the day ahead load zone LMP price for the

entire OTP load zone (OTP does not distinguish between MN, ND, and SD for
load zone purposes).

Responding Witness:  Bernadeen Brutlag

Title: Manager, Regulatory Services
Department: Regulatory Services
Telephone: (218) 739-8289

Date of Response: 3/23/2009



PUBLIC
Information Request No. ND LIG-131
Page 2 of 2

E) Price Diff — This column is a formula (D - C). This column indicates the
difference between market price and the levelized cost for each hour in 2008.

F) Savings (Cost) — This column is a formula (E*B). It indicates the weighted
average benefit/(cost) of the energy produced for that particular hour.

Here are some notes that explain the summary numbers at the top of the spreadsheet that
pertain to this IR.

A) 2008 Langdon Savings levelized vs market - this is a sum of the hourly savings
(cost) column.

B) 2008 Langdon Savings Levelized vs market (MWh) — this is the savings from (A)
divided by the actual MWh generated.

C) Weighted average DA load zone LMP — this cell takes the levelized cost of

Langdon ($31.91) plus the Langdon Savings per MWh ($13.25) to arrive at a
weighted average DA load zone LMP.

Responding Witness:  Bernadeen Brutlag

Title: Manager, Regulatory Services
Department: Regulatory Services
Telephone: (218) 739-8289

Date of Response: 3/23/2009



LIG Exhibit __ (KM-13)

Information Request No. LIG-012
Page 1 of 1

Otter Tail Corporation d/b/a
OTTER TAIL POWER COMPANY
North Dakota Case No: PU-08-742 and PU-08-862

Response to: Large Industrial User Group
Analyst: Larry Schedin

Date of Request: 1/19/2009

Date Received: 1/19/2009

Date Due: 2/18/2009

Information Request No. ND LIG-012

What is the actual capacity factor for the Langdon wind farm? What are the forecasted
capacity factors for both the Langdon and Ashtabula wind farms? Please provide this
information in an Excel spreadsheet format.

RESPONSE: = o S it e s B b
The net capacity factor as used in this response is computed as a percentage, where the .
numerator is the energy actually generated and the denominator is the maximum possible
generation for the time period. This is not the same as the capacity credit we receive
from MAPP. See response to IR LIG-20.

The Langdon wind farm became operational in mid-January 2008 with all wind turbines
on-line by April 2008. The 40.5 MW portion of the wind farm that OTP owns generated
133,583 MWh in 2008.

During the startup period of January 2008 through March 2008 the energy generated
from the Langdon wind farm was 24,233 MWh. The resulting net capacity factor is
27.4%, calculated as follows: 24,233 MWh /[2,184 hours X 40.5 MW].

After the startup period (April 2008 through December 2008) the energy generated from
the Langdon wind farm was 109,350 MWh. The resulting net capacity factor is 40.9%,
calculated as follows: 109,350 MWh / [6,600 hours X 40.5 MW].

The Renewable Resource Cost Recovery Rider filing (PU-08-742) used an estimated net

capacity factor for Langdon of 42% and for Ashtabula of 41% for the purpose of
calculating the Federal production tax credit, which is based on kWh generated.

Responding Witness:  Bernadeen Brutlag

Title: Manager, Regulatory Services
Department: Regulatory Services
Telephone: (218) 739-8289

Date of Response: 2/13/2009
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LIG Exhibit __ (KM-15)

CORRECTED for E2 Allocation Factor
Information Request No. ND LIG-009
Page 1 of 2

Otter Tail Corporation d/b/a
OTTER TAIL POWER COMPANY
North Dakota Case No: PU-08-742 and PU-08-862

Response to: Large Industrial User Group
Analyst: Larry Schedin

Date of Request: 1/19/2009

Date Received: 1/19/2009

Date Due: 2/18/2009

Information Request No. ND LIG-009

Please recalculate the Renewable Rider related charges in cents/KWh (energy charge)
and$/KWh (demand charge) to all customer classes after classifying the wind generation
into demand and energy using OTP's existing equivalent peaker method to classify other
generation. Please provide these charges by service class and by North Dakota and
Minnesota jurisdictions.

RESPONSE:

The following table is corrected to use the E2 energy factor. The original response used
the E1 factor which was not appropriate as some kWh are not included in the E1 factor.

As stated in the original response to IR ND LIG-0009, “OTP does not agree that the
existing equivalent peaker method is appropriate to apply to non-dispatchable wind
generation. However, the following information is provided for North Dakota as directed
in this question. See the table below. This comparison uses the class demand and energy
allocations for North Dakota in this case. A 28.11% demand and 71.89% energy split
was used based on this case and the 2009 sales forecasts used in the rider filing. This
case is only a North Dakota case, thus Minnesota is not provided here.” If a demand
component were to be used for wind generation, 28.11% is not appropriate as wind
generation is not dispatchable. MISO uses a 20% capacity value currently for wind
generation planning purposes.

Responding Witness:  Pete Beithon

Title: Manager, Regulatory Economics
Department: Regulatory Services
Telephone: (218) 739-8607

Date of Response: 3/12/2009



CORRECTED for E2 Allocation Factor
Information Request No. ND LIG-009

Page 2 of 2
Corrected
North Dakota
D&E
kWh by class Rider Rate Rider Revenue Revenue D & E Rev/ikWh

Residential 469,667,495 $0.00510 2,395,116 2,628,789.13 0.00560
Farm 23,340,678 $0.00510 119,028 136,347.69 0.00584
General Service 428,055,767 $0.00510 2,182,913 2,430,179.32 0.00568
Large General Service 679,335,290 $0.00510 3,464,338 3,183,894.10 0.00469
Irrigation 795,240 $0.00510 4,055 2,563.61 0.00322
Outdoor lighting 22,947,135 $0.00510 117,021 112,637.77 0.00490
OPA 17,790,835 $0.00510 90,726 96,514.42 0.00542
Controlled water heating 18,154,083 $0.00510 92,579 81,032.07 0.00446
Controlled interruptible 169,821,863 $0.00510 866,024 687,633.82 0.00405
Controlled Deferred 21,270,404 $0.00510 108,471 80,747.63 0.00380
Total ND 1,851,178,792 9,440,271 9,440,240

As originally included in IR ND LIG-009 using E1 energy allocator

‘Outdoor lighting
O :

Responding Witness:

Title:

Department:
Telephone:

Date of Response:

Pete Beithon

Manager, Regulatory Economics
Regulatory Services

(218) 739-8607

3/12/2009




LIG Exhibit __ (KM-16)

Information Request No. ND LIG-145
Page 1 of 2

Otter Tail Corporation d/b/a
OTTER TAIL POWER COMPANY
North Dakota Case No: PU-08-742 and PU-08-862

Response to: North Dakota Large Industrial Energy Users
Analyst: Larry Schedin

Date of Request: 2/19/2009

Date Received: 2/19/2009

Date Due: 3/23/2009

Information Request No. ND LIG-145
Based on OTP's response to LIG IR No. 009, please provide the resulting $/KWh energy

charge and $/KW demand charge for each customer class after simulating the following
for the OTP Renewable Rider:

1. Please use OTP's current equivalent peaker method to classify wind like any
other OTP owned generation prior to the jurisdictional split. Please provide
the numerical analysis that indicates how the classification is conducted for all
units including wind. Please provide the resulting jurisdictional splits.

2. Next, please allocate to the customer classes by jurisdiction including all
demand metered and non demand metered customers. Include interruptible
load.

3. Provide resulting $/KWh energy charge and $/KW demand charge for 2009.

RESPONSE: ,

Table 1 has columns marked $ Demand and $ Energy showing separately the revenue
requirements from demand and energy using the equivalent peaker method that OTP used
in Case No. PU-08-862. The percent allocated to demand is 28.11% based on OTP’s
base/peak split for 2007 for all units. The balance of the $9,440,271 revenue
requirements is allocated to energy. The revenue requirements are allocated to class
based on OTP’s E2 energy allocator (which includes all kWh for all classes) and OTP’s
D1 demand allocator which is OTP’s peak demand allocation factor. For the purposes of
this exercise, OTP used the 2007 ND Test Year E2 and D1 allocation factors from Case
No. PU-08-862. In Table 1 OTP takes the revenue requirements based on demand and
energy, adds them together for non-demand billed classes and divides them by the total
2009 forecast kWh by class (as used in the filing in Case No. PU-08-742). For large
general service OTP has taken the KW billing and kWh billing determinants from this
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case and divided the KW revenue requirements and kWh revenue requirements to
determine the Rev/KW and the Rev/kWh.

Table 1
North Dakota (A) (B) {C) (D) (E) (F) (G) (H) 0]
Revenue
Demand and

kWh by class Rider Revenue Energy Basis $ Demand $/KW/MO__$ Energy $/kWh D1 Allocator E2 Allocator
Residential 469,667,495 $2,395,116 $2,628,789 $0.00560 32.49991% 26.02714%
Farm 23,340,678 $119,028 $136,348 $0.00584 1.67424% 1.35442%
General Service 428,065,767  $2,182,913  $2,430,179 $0.00568 30.38358% 23.92815%
Large General Service 679,335,290  $3,464,338  §$3,183,894 $821,919 §$0.7189 $2,361,975 $0.00348 30.97313% 34.80357%
Irrigation 795,240 $4,055 $2,564 $0.00322 0.00000%  0.03777%
Qutdoor lighting 22,947,135 $117,021 $112,538 $0.00490 0.88920% 1.31055%
OPA 17,790,835 $90,726 $96,514 $0.00542 1.14303%  0.97519%
Controlled water heating 18,154,083 $92,579 $81,032 $0.00446 0.14196%  1.13849%
Controlled interruptible 169,821,863 $866,024 $687,634 $0.00405 2.07428% 9.32117%
Controlled Deferred 21,270,404 $108,471 $80,748 $0.00380 0.22066% 1.10353%
Total ND 1.851,178,792  $9,440,271 $9,440,240 $2,653,651 $2,361,975 100.00000% 100.00000%

Table 2 below shows the calculation of column (C) in Table 1.

Table 2
A) )] «) [C)] (E) (F) ) () 0 ) 49} €
Demand/Energy ND GENERAL GENERAL OUTDOOR WATER SERVICE SERVICE
Percent Split Factor Percent RESIDENTIAL FARMS SERVICE SERVICE IRRIGATION LIGHTING OPA HEATING INTERRUPT DEFERRED
D1 259,222 84,247 4,340 78,761 80,289 - 2,305 2,963 368 5,377 572
D1 % 41.65% 32.50% 1.67% 30.38% 30.97% 0.00% 0.89% 1.14% 0.14% 2.07% 0.22%|
B2 1,621,989 432,402 24,607 448,292 655,998 - 24,702 18,381 8.940 - 8,667
E2% 39.73% 26.03% 1.35% 23.93% 34.80% 0.04% 1.31% 0.98% 1.14% 9.32% 1.10%
28.11%|Demand $2,653,651 862,434 44,428 806,274 821,919 - 23,596 30,332 3,767 55,044 5,856
71.89%|Energy _$6,786,588 1,766,355 91,919 1,623,905 2,361,975 2,564 88,942 66,182 77.265 632,590 74,892
59,440,240 2,628,789 136,348 2,430,179 3,183,894 2,564 112,538 96,514 81,032 687,634 80,748
Percent Demand/Energy splitis same amount used in Test Year CCOSS and JCOSS in Case No. PU-08-862
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Otter Tail Corporation d/b/a
OTTER TAIL POWER COMPANY
North Dakota Case No: PU-08-742 and PU-08-862

Response to: North Dakota Large Industrial Energy Users
Analyst: Larry Schedin

Date of Request: 2/19/2009

Date Received: 2/19/2009

Date Due: 3/23/2009

Information Request No. ND LIG-151

Regarding LIG IR No. 009, please describe in further detail the methodology used to
calculate the results presented in your response. Show this methodology/numerical
analysis in an Excel spreadsheet format with formulae intact. Additionally, was
interruptible load excluded in doing the reallocation?

RESPONSE:

Interruptible load was not excluded in the reallocation. OTP inadvertently used the E1
factor instead of the E2 factor in the response to IR LIG-009. Attachment 1 to ND LIG-
151 1s an Excel spreadsheet showing the calculations on the corrected IR LIG-009 basis.
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Otter Tail Corporation d/b/a
OTTER TAIL POWER COMPANY
North Dakota Case No: PU-08-742 and PU-08-862

Response fo: Large Industrial User Group
Analyst: Larry Schedin
Date of Request: 1/22/2009
Date Received: 112212009
" Date Due: 2/20/2009

Information Request No. ND LIG-056
On page 35 of witness Prazak's testimony:

1. Please explain how OTP came to the conclusion that only 5%, or approximately 6
customers, will see an increase in their average monthly energy bill.

2. Please provide supporting data, i.e., energy usage (KWh), billed KW, and load
factor.

Please demonstrate, by providing numerical analysis and description of methodology,
how OTP reached the conclusion "the increase for the 5% with highest usage is primarily
due to the removal of the declining demand block and declining energy load factor block
structures”.

RESPONSE: ™~ ..

1. The conclusion from Mr. Prazak’s testimony (p. 36) is based on the result of the
analysis of Figure 10, as described below.

As also described in Mr. Prazak’s Testimony (p. 16), OTP illustrates proposed
customer impacts by using bar charts showing average monthly bill changes
(dollar amounts and percentages) for duo-deciles (20 equal segments), ordered by
‘average monthly kWh or MWh use, from smallest to largest. OTP took each
customer’s billing determinants from2007 and re-billed them on the existing rates
and on the proposed rates. The size of the bar on the chart represents the size of
the increase in dollars for the average customer in that decile on proposed rates.
Bars under the x-axis show a decrease, while the ones above the axis will have an
increase in rates.
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Attachment 1 ND LIG-056 is an updated Duo-Decile chart for the large general
service customers. In the original decile chart, on page 35 of Mr. Prazak’s
testimony, the COE adjustment for one customer’s estimated bill was incorrectly
applied to all customers’ present year bills based on usage for purposes of the
decile chart only. OTP has now correctly assigned this COE adjustment to the
correct customer, which is the largest customer overall. The result of this
reallocation is shown in the last decile, which decreased froma positive 7% (as
filed in testimony) to a positive 4% (corrected in IR ND LIG-056) changein
monthly bill. This reallocation also changed all other deciles, reducing their
decrease. For example in the original decile chart the first decile showed a
monthly bill decrease of 20%. In the updated decile chart the first decile will
have a monthly bill decrease of 15%.

. Please see Attachment 2 of ND LIG-056, which supporis Attachment 1 ND LIG-

056. The attachment contains the average energy, demand, and load factor for the
duo-decile.

Attachment 3 of ND LIG-056 demonstrates, with numerical analysis, how OTP
reached the conclusion "the increase for the 5% with highest usage is primarily
due to the removal of the declining demand block and declining energy load
factor block structures.” To illustrate, three different customers, each with the
same demand but different load factors (50, 75 and 100%) are compared between
present and proposed rates as described below.

On present rates the two customers (75 and 100% load factor) are consuming
most of their energy on the discounted load factor block and the discounted
excess KWh block. Most of their demand is being billed on the discounted
demand block. With these discounted blocks going away under proposed rates
these two customers will pay the same energy and demand rates as the other
Large General Service custormer (i.e. 50% load factor).

Therefore, as Attachment 3 ND LIG-056 illustrates, higher load factor customers
continue to pay less than smaller load factor LGS customers for the average kWh
on their overall bill (see column Present H and Proposed F). This attachment
demonstrates customers with more energy use in the present load factor block and
discounted excess block will have a greater increase in costs primarily due to the
removal of these blocks.
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Bill Changes Proposed Large General Service Only Rate

Option
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Large General Service Duo Decile Data

Load

Decile MWhs MW Factor %
5 24 67.9 55.5%
10 34 71.2 64.9%
15 35 84.6 58.5%
20 39 92.8 58.7%
25 43 94.8 62.9%
30 46 109.6 57.3%
35 50 116.0 58.6%
40 52 125.9 58.1%
45 56 144.2 54.6%
50 64 141.3 63.6%
55 71 167.0 60.4%
60 81 2151 54.0%
65 92 259.8 54.1%
70 106 254.7 59.1%
75 118 248.1 67.1%
80 136 310.5 61.3%
85 195 371.9 72.7%
90 257 555.6 64.8%
95 399 816.3 66.9%
100 4,829 7999.4 77.0%

LGS Decile Data
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LGS Secondary Service Analysis
Load
kW _ Factor % kWhs
3,000 100% 2,190,000
3,000 75% 1,642,500
3,000 50% 1,095,000
Present Rate Bill Calculation
(A) (B8) () (D) (E) (F) (G) H) ()]
First Excess Energy Next COE Total  Avg. Cost Load
100 kKW kW >360*kW 700,000 kWh Excess  Avg. Cost Bill per kWh Factor %
$833  $19,720 $32,579 $26,488 $11,320 $28,733 $119,673 $0.05464  100%
$833  $19,720 $16,509 $26,488  $11,320 $21,650 $96,420 $0.05870  75%
$833  $19,720 $440 $26,488  $11,320 $14,366 $73,168 $0.06682  50%

Proposed Rate Bill Calculation
(A) ()] © (D) (E) (F) (©)

Customer Facilities kW Energy Total  Avg. Cost  Load

Charge Charge  Charge Charge Bill per kWh  Factor %
Summer $40 $450 $21,390 $110,902 $132,782  $0.06063  100%
Summer $40 $450 $21,390 $83,176 $105,056  $0.06396 75%
Summer $40 $450 $21,390 $55,451 $77,331  $0.07062 50%
Winter $40 $450 $8,640 $111,953 $121,083  $0.05528  100%
Winter $40 $450 $8,640 $83,965 $93,095 $0.05668 75%
Winter $40 $450 $8,640 $55,976  $65,106  $0.05946 50%

LF% Comparison
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Otter Tail Corporation d/b/a
OTTER TAIL POWER COMPANY
North Dakota Case No: PU-08-742 and PU-08-862

Response to: Large Industrial User Group
Analyst: Larry Schedin

Date of Request: 1/22/2009

Date Received: 1/22/2009

Date Due: ' 2/20/2009

Information Request No. ND LIG-029
Regarding witness Parmesano's discussion of marginal costing methods starting on page
17:

1. Please provide a copy of marginal cost study and associated work papers.

2. Is this the same marginal cost study that witness Prazak refers to on pages 7
and 8 of his testimony as covering the period 2008 through 2012?

RESPONSE:

1. Please see Attachment 1 of ND LIG-029 (TRADE SECRET), which contains the
2009 OTP Marginal Cost Study, used in this proceeding.

The associated work papers are not included in this response as the request is
overly broad. If specific workpapers on specific subjects are sought, they should
be identified with specificity.

2. Yes.
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IIl. COSTING/PRICING PERIODS

In this study we developed hourly inal cost esti for each time-varying component of
marginal cost: generation (energy and capacity), transmission and higher voltage distribution.
We then used regression analysis to identify several sets of feasible periods that minimize the
squared differences between the individual hourly costs and the average for the period, but also
take into consideration other factors. We constrained the number of seasons to two and number
of diurnal periods to three, based on previous consullations with OTP staff. We gave added
weight to pattems of hourly costs in the colder months within the eight-month “winter” season.
In addition to accurately reflecting cost patterns, we also aimed to define periods that customers
would understand and remember. TOD rates will not be effective if they are so complicated
that customers do not choose to iry them, or so confusing that customers have trouble
remembering when the periods change. Working with OTP staff, we determined that the
periods developed for the Minnesota rate case in 2007 (shown in Tables 1 and 2) are still
applicable.

NERA Economic Consulling
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1. INTRODUCTION

Otter Tail Power Company (OTF) retained NERA Economic Consulting to prepare an estimate
of the company’s marginal costs of supplying electricity for the years 2008-2012, for use in rate
case filings in North Dakota and South Dakota. All costs are expressed in 2009 dollars. This
report describes the methods for estimating marginal i distribution and
customer-related costs and presents summary tables of the results.

What are marginal costs? Marginal cost is defined as the change in total cost with respect to a
small change in output. To quantify the marginal costs of electricity service one must answer
the question: What are the additional costs that would be incurred with changes in kilowatt-
hours of energy, kilowatts of demand and number of customers? Because the cost of additional

ption may differ depending upon the time of the change in output, it is important to
estimate time-differentiated marginal costs of electricity.

Our method for estimating marginal costs is based on the system planning process, and takes
into account the wholesale market and ission access specific to the
environment where the utility operates. We determine the marginal cost of electricity by

the utility’s p to d what drives new investment and
purchase/sale decisions and how changes in consumption affect utility system operations. The
method is not a formula, but a series of guidelines outlining what should be measured and how
the measurements can be made.

NERA Economlc Conauling 1

North Dakota Case No PU-08-862
Attachment 1 to IR ND LIG-29

PUBLIC DOCUMENT - TRADE SECRET DATA HAS BQ&%I&WQNG PERIODS

Table 1. Costing/Pricing Periods

Summer: June — September

Peak: Monday - Friday, 1 pm -7 pm

Shoulder: Monday - Friday, 9 am- 1 pmand 7 pm - 10 pm
Weekends, 9 am - 10 pm

Off-Peak: Monday - Friday, 10 pm - 9 am

Weekends, 10 pm - 9 am
Winter: October - May
Peak: Monday - Friday, 7 am - 12 noon and 5 pm - 9 pm
Shoulder: Monday - Friday, 6 am - 7 am, 12 noon - 5 pm and 9 pm - 10 pm
Weekends, 6 pm - 10 pm
Off-Peak: Monday - Friday, 10 pm - 6 am
Weekends, 10 pm - 6 pm

Table 2. Illustration of Costing/Pricing Periods

COSTING PERIOD; WINTER (1) ‘COSTING PERIOD: SUMMER (2)

Hourfndng Weelday —Sslnday  Sunday | JHowEndion Weeidsy Sauway  Sunday

oo

NERA Economlc Conaulting 3
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Il. MARGINAL GENERATION COSTS

OTP actively participates in the Midwest ISO (MISO) electricity wholesale market, buying and
selling on a short-term and long-tenm basis to minimize the cost of serving its retail customers
and maximize profits on off-system (wholesale) sales. Even if OTP builds new generating units
to meet load growth because it expects the cost of the new unit to be lower than the market
price, the value of that unit’s generation (and OTP’s opportunity cost) is the market price. Thus,
in a competitive electricity market, the marginal cost of generation is defined by market prices.

An increment of native load in any hour requires the utility to purchase more energy or sell less
to the market. Thus the market price of energy is the basis for OTP’s marginal energy cost.' An
increment of load in some hours may require the utility to reduce the size of a capacity sale,
arrange for additional ing capacity, pay penalties for not meeting capacity requirements,
or incur market prices for energy that include a capacity (or shorlage) element, depending on
the timing of the load increase and the rules in effect MISO establishes minimum planning
Teserve requirements for its members. As a result, separate markets for energy and capacity
have developed, with generators recovering some of their fixed costs in the capacity market.
Under these market the inal cost of ion in a given hour is the sum of
the spot price of energy and the hourly equivalent of the market price of capacity.

In applying the conceptual framework outlined above, three specific steps must be followed:

1. estimate the marginal energy cost for each hour based on a forecast of regional spot
market energy prices;,

2. estimate the market price of capacity in the MISO region;
3. convert Lhe capacity markel prices into hourly marginal capacity costs, taking into

account OTP’s probability of peak and the specific MISO reserve requirement rules, as
explained in Section I[11.B.

! The markel prices must be adjusted for cash working capital and losses to produce marginal costs at the customer
melter level.

2 There is often some capacity element in the apol price of energy as well, a3 impending shortages drive the
market-clearing price above the marginal running coat of the marginal unit,

NERA Economic Consulting 4
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Section V1.E. The market prices and marginal energy costs after these two adjustments are
shown on Table 3.

Table 4. 2008-2012 Marginal Energy Cost by Costing Period

Summer Season Winter Season
Peak Shoulder Off-Peak Peak Shoulder Off-Peak
———————— (2009 Cents per kWh) ——— ——— .
m @ €] “@ (O] ©)
2008
Market Price (TRADE SECRET DATA HAS BEEN EXCI
Marginal Energy Costs Adjusted for Losses and Working Capital for Service at:
Transmission (TRADE SECRET DATA HAS BEEN EXCISED)
Primary {TRADE SERCRET DATA HAS BEEN EXCISED]
Secondary (TRADE SECRET DATA HAS BEEN EXCISED]
2009
Market Price [TRADE SECRET DATA HAS BEEN EXCISED)
Marginal Energy Costs Adjusted for Loascs and Working Capital for Service at:
Tranamission [TRADE SECRET DATA HAS BEEN EXCISED]
Primary (TRADE SECRET DATA HAS BEEN EXCISED)
Secondary (TRADE SRCRET DATA HAS BEEN EXCISRD]
2010
Market Price {TRADE SECRET DATA HAS BBEN EXCISED]
Marginal Energy Costs Adjusted for Losses and Working Capital for Service at:
Transmission [TRADE SECRBT DATA HAS BEEN EXCISED]
Primary [TRADE SECRET DATA EAS BEEN EXCIARD]
Secondary (TRADE SECRET DATA HAS BEEN EXCISED]
2011
Market Price (TRADE BECRET DATA HAS BEEN EXCISED]
Marginal Encrgy Costs Adjusted for Losses and Working Capital for Scrvice at:
Transmission (TRADE SECRET DATA HAJ BEEN EXCISED)
Primary [TRADE SECRET DATA HAS BEEN EXCISED]
Secondary (TRADE GECRET DATA HAS BEEN EXCISED]
2012
Marke! Price [TRADE SECRET DATA HAS BEEN BXCISED]
Marginal Energy Costs Adjusted for Losses and Working Capitat for Service at:
Tranamission (TRADE S8ECRET DATA HAE BEEN EXCISED]
Primary {TRADE SECRET DATA HAS BERN EXCISED]
Scw“d‘ry (TRADE SECRET DATA HAS BEEN EXCISED)

B. Marginal Genaeration Capacity Cost

Starting in January 2009, new MISO Resource Adequacy rules will require each load-serving
entity (LSE) to demonstrale that it has sufficient planning reserves to meet their month’s peak
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A. Marginal Energy Cost

OTP provided a May 2008 - April 2012 monthly forecast of market prices at MISO’s
Minnesota Hub, developed by the firm Powerlytix, for MISO’s broadly defined peak and off-
peak periods.”

We shaped these monthly energy peak and off-peak market price forecasis® using monthly
average historical day-ahead hourly prices at the Minnesota hub covering the period May 1,
2006 to April 30, 2008. Table 2 shows the resulting forecast of energy market prices for 2008-
2012, averaged over the costing periods described in Section II.

Table 3. 2008 - 2012 Market Price Forecast by Costing Perlod

Summer Season Winler Season
Peak Shoulder  Off-Peak Peak Shoulder _ Ofl-Peak
e ————— (2009 Conta por kWh) ———— —

[} @ @) “@ ) ®)
{1) 2008 12.4209 9.5776 5.8801 9.7599 7.7185 4.7414
(2) 2009 11.8689 9.1536 5.5700 10.5184 8.5916 6.1157
(3) 2010 10.8282 8.1140 45314 9.6320 7.6840 5.1152
@ 2011 10.5344 7.8445 4.2835 9.1956 7.2127 44913
(5) 2012 10.5851 7.8825 4.3101 9.1664 7.1840 4.4647

To convert (hese to energy marginal costs at customers’ meters, it is necessary to make two

dj The first adj is a small factor to account for the cost of financing working
capital necessary because OTP must pay for energy purchases before it is reimbursed by its
customers. The cost of financing the balance includes a cost-of-capital component (OTP’s
estimaled weighted-average cost of capital) and an income tax component that accounts for the
fact that the equity portion of the financing is taxable. Second, they must be adjusted for
marginal energy losses incurred in moving the energy through OTP’s local transmission and
distribution systems. Marginal energy losses are higher when energy is delivered at lower
voltage levels. In addition, losses increase with the square of the load (all else equal) at any
given voltage level. Thus there is a different loss adjustment factor for each hour and for each
voliage level of service. The derivation of these marginal energy loss factors is described in

? Tho MISO period definition is 83 follows: On-peak is Monday — Friday, houra ending 7-22. Off-peak is lf other
hours.

* Plus sctual average day-ahead prices for the Minnesotn hub for January — April 2008.

NERA Econamic Consuting 5

North Dakota Casa No PU-08-862
Attachment 1 1o IR ND LIG-28

PUBLIC DOCUMENT - TRADE SECRET DATAMA%&IN%E(S%NERNHON COSTS

load plus 15 percent.® The required reserve margin is calculated based upon MISO loss-of-load
expectation (LOLE) studies that take into account the [oad diversity within MISO. At the
beginning of each year each LSE will be required to submit a forecast of its monthly peak loads
for the following 14 months, along with a resource plan that shows how it plans to meet the
monthly peak demands plus the required reserve margin.

Each LSE will have to d that it is in compli with the resource adequacy
requirements 30 days in advance, or be subject to a penalty. Therefore, the very short-term
marginal capacity cost is the prabability of OTP’s not meeting its capacity requirement
multiplied by the applicable penalty.® However, for purposes of this marginal cost study, we
have assumed that OTP plans for sufficient capacity so that it is unlikely 1o face the MISO
penalty.”

On a planning basis, the inal ion capacity cost in a given hour depends on the
market price of capacity in the region, the probability that a marginal increase in OTP’s load in
that hour will require OTP to arrange for additional capacity (either through a capacity
purchase or by selling less to the market) to meet its monthly capacity reserve requirements,
and the required reserve margin.

1. Capacity market price forecasts

The market value of capacity in the region depends upon regional supply and demand
ditions. Ti ions are iated bill ly in the MISO region, as there is no central
clearing house for capacity ions and no } record of prices and terms

agreed.

While in theory capacity transactions in MISO may be done on a monthly basis, OTP Power
Services indicates that short-term capacity transactions in MISO are primarily seasonal, rather
than monthly. For example, if incremental capacity must be purchased for the month of July in
order to meet planning requirements for that month, OTP must typically enter into a capacity
transaction for the entire six-month MISO summer season (May ~ October).

OTP provided estimates of representative summer and winter capacity prices for the years
2008-2012, as shown in Table 4.

 MISO is currcntly completing a study to determine whether the reserve margin required will bo 15% or lower to
silow achieve a Loss of Load Expoctation of I day in 10 yoars. The study is nol expected to be completed until the
end of 2008; therefore we used 15% as a placehoider.

© The penalties for iance have yet to be ined and approved by FERC.
? Real-time pricing options might incorporate short-run, pennlty-based margina! capacity costs.
* Theso prices are also used by OTP for its Integrated Resource Planning (IRP).
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Table 5. Forecast of Regional Capacity Market Prices

Year Summer Capacity Winter Capacity
S per kW-season S per KW-season
_(20098) (20098)
2008 (TRADE GECAET DATA HMAS BEEN BXCIGED) (TRADE SECRXT DATA BAS BEEN IXCISED]
2009 [TRADE SECRET DATA HAS BEEN XXCIEED) (TRADE SECRXT DATA NAS BEKN XICISXD)
2010 (TRADE SXCRET DATA HAS BEKN EXCIGED] (TRADE SECRET DATA HAS BEEN EXCIARD)
2011 [TRADE SECRNT DATA EAS BEXN KXCISND] (TRADE SECAET DATA A4 BERN EXCISED]
2012 [TRADX SECRET DATA HAS BXEN Iicisgp] [TRADE SECRET DATA NAS BERN XICISED]
2. Time-diffe Marginal Capacity Costs

Given the expected requi to purchase capacity on a 1 basis, OTP’s inal

generation capacity cost in any hour is a function of (1) the seasonal price (2) the probability
that the hour will be OTP’s peak hour in the six-month MISO season, and (3) the required
reserve margin. An hour that is not OTP’s seasenal peak hour has zero marginal capacity cost,
because no additional capacity requirement would be triggered if load grew by a small amount
in that hour. If load were reduced by a small amount, OTP could not sell additional capacity
because it would need that capacity to meet its requirement based on that season’s expected
peak demand.

The analysis requires eslimating seasonal probability of peak, which indicates the relative
likelihood that an hour is the season’s peak hour, and therefore affects the level of capacity
required for the entire season. As a result, assuming that the MISO Resource Adequacy rule
requires a 15-percent reserve margin, lhe marginal capacity cost to OTP in a given hour under
the new MISO R Ad q can be exp d ically as follows:

MCCy, = RPP, 5 + 115 MCPs

where:
MCCs, = marginal capacity cost in hour h and season s;
MCP, = market capacity price per kW-season in season s,
RPPyu = relative probability that hour h is OTP’s seasonal peak in season s.

The relative seasonal probabilities of peak (based on OTP’s costing periods) were calculated
using OTP’s hourly native loads for the period 2003-2007.
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Table 6. 2008-2012 Marginal Generation Capaclty Cost by Perlod (cents’kWh)

Summer Season Winter Scason
Peak Shoulder _ _ Ofl-Peak Penk Shoulder _ _ Ol-Peak
o~ (2008 Cents por KWR) e |
m @ 3 @ [&)] ©
2008
Marginal Capacity Costs [TRADE SECRET DATA HAS PEEN EXCISED]
Marginal Generation Capacity Cost, Adjusted for Losses and Working Capital for Service at:
Transmission (TRADE SECRET DATA HAS BEEN EXCISED)
Primary {TRADE SECRET DATA HAS BEEN EXCISED]
Secondary [TRADE SECRET DATA HAS BEEN EXCISED]
2009
Marginal Capacity Costs [TRADE SECRET DATA HAS BEEN EXCISED]
Marginal Generation Capacity Cost, Adjusted for Losscs and Working Capital for Servico at:
Transmission {TRADE SECRET DATA HAS BEEN BXCISED]
Pn'mm-y (TRADE SECRET DATA EAS BEEN EXCISED]
Sccondary {TRADE SECRET DATA HAS BEEN EXCISED]
2010
Marginat Capacity Costs [TRADE SECRET DATA HAS BEEN EXCISED]
Marginal Generation Capacity Cost, Adjusted for Losses and Working Capital for Service at:
Trunsmission (TRADE SECRET DATA HAS BEEN EXCISED]
Primary [TRADE SECRET DATA HAS BEEN EXCISED]
Secondary [TRADE SECRET DATA HAS BEEN EXCISED]
2011
Marginal Capacity Casts [TRADE SECRET DATA HAS BEEN EXCISED]
Marginal Generation Capacity Cost, Adjusted for Losses and Working Copital for Servico at:
Transmission (TRADE SECRET DATA HAS BREN EXCISED]
Primary [TRADR SECRET DATA HAS BEEN BXCISED)
Secondary [TRADE SECRET DATA HAS BEEN EXCISED]
2012
Marginal Capacity Costs {TRADE SECRET DATA HAS BEEN EXCISED]
Marginal Gencration Capacity Cost, Adjusted for Losses and Working Capital for Service at:
Transmission [TRADE SECRET DATA HAS BEEN EXCISEDI
Primary [TRADE SECRET DATA EAS BEEN BXCISED]
Secondary [TRADE SECRET DATA HAS BEEN EXCISED)
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The resulting hourly inal ion capacity costs, calculated according to the formula
above, were then adjusted for marginal energy losses through OTP's transmission and
distribution systems for the various voltage levels of service.” We also applied a factor to
account for financing of cash working capital. The marginal capacity costs, expressed on a per-
kWh basis and averaged over the hours within each costing period, are shown on Table 6.
These same hourly generation capacity costs can be summed across the hours in a period to
yield a marginal cost per kW, as shown in Table 7.

® An additional kWh of consumption (messured at the OTP consumer's meter) that requires a capacity purchase
(or reduced sale), will rigger s transaction that includes marginal energy losses.
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Table 7. 2008-2012 Marginal Generation Capacity Cost by Period ($/kW-month)

Summer Scason ‘Winter Season
Peak Shoulder Off-Peak Peak Shoulder Off-Peak
—_— (2009 Dollars por kKW-month) ]
(O] ()] [©)] [ ) ©

2008
Marginal Capacity Costs [TRADE SECRBT DATA HAS BEEN EXCISED)
Marginal Generation Capacity Cost, Adjusted for Losses and Working Capital for Service al;

Transmission [TRADE SECRET DATA HAS BREN EXCISED]
Primary {TRADE SECRET DATA EAS BEEN EXCISED]
Secondary [TRADE SECRET DATA HAS BEEN BXCISED)

2009

Marginal Capacity Costs [TRADE SECRET DATA HAS BEEN BXCISED]

Marginal Generation Capacity Cost, Adjusted for Losses and Working Capital for Service at:
Transmission [TRADE SECRET DATA HAS BEEN EXCISED)
Primary [TRADE SECRET DATA HAS BEEN EXCISED)
Sccondary {TRADE SECRET DATA HAS BEEN EXCISED]

2010

Marginal Capacity Costs (TRADE SECRET DATA HAS BEEN EXCISED]

Marginal Generation Capacity Coat, Adjusted for Losses and Working Capital for Service at:
Transmission [TRADE SECRET DATA HAS BEEN EXCISED]
Primary (TRADE SECRET DATA HAS BREN EXCISED]
Secondary {TRADE SECRET DATA HAS BEEN EXCISED]

01
Marginal Capacity Coste ~ [TRADE SECRET DATA HAS BEEN EXCISED]

Marginal Generation Capacity Coal, Adjusted for Losses and Working Capital for Servico at:

Transmission [TRADE SECRET DATA HAS BEEN BXCISED]
Primary [TRADE SECRET DATA HAS BEEN BXCISED]
Secondary [TRADE SECRET DATA HAS BEEN EXCISED]

2012
Merginal Capncity Costs ~ |TRADE SECRET DATA HAS BEEN EXCISED]

Marginal Qencration Capacity Cost, Adjusted for Losses and Working Capilal for Service at:

Transmission [TRADE SECRET DATA HAS BEEN EXCISED]
Primary [TRADE SECRET DATA HAS BEEN EXCISED]
Secondary [TRADE SECRET DATA HAS BEEN EXCISED]
NERA Economic Consuling 1
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IV. MARGINAL TRANSMISSION COST

OTP’s transmission system consists of:

® All of Otter Tail’s ked issi luding 345 kV, 230 kV, 115 kV, 69kV
and 41.6 kV facilities. Otter Tail’s networked transmission greater than 100 kV has
been transferred to the funclional control of the Midwest ISO and included as part of the
Midwest ISO’s regional transmission expansion plan.

= Otter Tail retains control of its transmission facilities below 100 kV, with its planning
on these facilitics rolling up to the Midwest ISO’s regional transmission expansion plan.

The costs of all bulk and load-serving facilities defined as transmission that were in service as
of June 2008 within a control arca are recovered at the wholesale level in the FERC-approved
MISO Network Integration Transmission Service rate (NITS). Effective February 4, 2006, a
Network Upgrade Charge (NUC) was established to recover the costs of new facilities above
100 kV,'® with the costs of new projects allocated to sub-regions and pricing zones following
the Midwest ISO’s “Regional Expansion Crileria and Benefits” method (RECBY) as approved
by FERC. " Both NITS and NUC rates are assessed on the basis of a LSE’s monthly peak
demands."?

From the point of view of OTP, the inal cost of ission is the financial effect of using
more or less the transmission system at the time of its monthly peaks. OTP does not write itself
a check to pay for the use of the OTP Pricing Zone transmission facilities {o serve its native
load (the NITS charge).”® However, both calculations of the MISO NITS and NUC charges

assign to OTP a MISO ion owners’ ission revenue requirement based on the
allocation factors and blllmg dclen'mnaan spccnﬁed in the FERC-approved lanﬂ's Therefore,
these charges are implicil} inal cost of ission to OTP.™

" In practice, costs of new facilitics abave 100 kV with  project cost below §5 million will still be recovered in
the NITS rate going forward.

"' The RECB cost allocation ia specified in FF of the MISO TEMT. The Commission
conditionally spproved RECB I on February 3, 2006 and RECB 11 on March 15, 2007. 114 FERC §61, 106 and
118 FERC 1 61, 209, respectively.

' MISO rules (Section 34 of TEMT Modules, pages 331-332) call for these matos to be based on demands at the
time of the MISO pricing zone’s monthly peaks, but in practice individual lnamission user monihly peaks are
uged instead,

* See Midwest JSO. 122 FERC 61,081 (2008).

" The costs of some ancillary scrvices are also marginal financial costs, However, the ancillary scrvices market is
still been Iesied and therefore we wero nol ablo to oblain detailed cost forecasts and did not include an ancillary
services marginal cost component in this study.
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pricing zone within the sub-region based on each zone’s contribution to MISO's 12
CPs.

- Forreliability projects (RECB I}, 80% of the costs are allocated to individual pricing
zones based on MISO’s analysis of “Line Outage Distribution Factors” (LODF).

As aresult, the lotal NUC ission revenue requi 1l d to the OTP Pricing Zone
is the sum of the system-wide allocation, the sub-regional allocati and the
individual LODF allocations corresponding to new pro]ccls ® The tolal dollar revenue
requirement amount is then divided by the sum of 12 CPs in the OTP zone to establish the
corresponding NUC rate.

To estimate the NUC charges corresponding to the OTP Pricing Zone for the period 2008 -
20l2 we first restated in 2009 dollars MISO’s projections of the NUC-related annual

Tevenue requi to be all d to OTP’s pricing zone for the
same period, based on the MTEP 07 Expansion Plan. A draft MTEPOS was released at the time
of completion of the draft report with new approved projects, which we included in our NUC
projection. The MTEPO8 cost allocation was not yet final so the NUC projections are
preliminary.2

We divided the annual revenue requirements from the expected project costs allocated to OTP
pricing zone by the combined OTP and GRE 12 monthly peak forecast in each year.2! Next, we
added the current OTP NUC charge ($0.00367/kW-mo.) adjusted by load growth®® and stated
in 2009 dollars, to the estimated incremental charge to obtain the NUC rate in each year, as
shown in Table 8.

** For transmission associated with a new generator interconnection, 50% of the cost is to bo paid by the generator,
while the remaining 50% allocation is split similar to that noted for RECB I and I such that for projects 345 kv
or greater, the costs aro allosated 20% system-wide and 100% sub-regional basis and projocts below 345 KV are
allocated 80% 1o pricing zones pursuant to the LODF snalysis.

" NUC revenue requirements wero based on MISO MTEPO7-RECB-I and drat MTEPOS RECB, with estimated
Annuat Charges for Allocated Project Cost by Pricing Zone. Provided by Tim Rogelstad and JoAnn Thompson.

* For the forecast of OTP's 12 CPs we applicd the cxpected growth in OTs 12 CP forecast (after load
management) for the period 2008 — 2012, provided by OTP. For the forecast of GRE's 12 CPs we applied the
peak load growth rates forcenst in GRE's 2008 Resource Plan.

* Load growth every year reduces the per-kW impact of the cumrent revenus requirement in the NUC charge.
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A.  Network Integration Transmission Service Rate
The 2008 NITS rate, which recovers the costs of existing transmission facilities within the OTP

Pricing Zone, is $3.26/kW-mo. The NITS rate is charged to each transmission user'® in the
OTP Pricing Zone based on their monthly peak loads. The Otter Tail NITS currently recovers

the annual ion revenue requi for the Great River Energy (GRE) facilities
located in the OTP Pricing Zone and for OTP mmsmlssmn facilities. Missouri River Energy
Services (MRES) has applied to become a ion owner of the Mid 1SO and the bulk

of their transmission facilities are located in the OTP Pricing Zone.

To estimate the NITS charges beyond 2008, NERA estimated the annual increase in NITS
revenue requirement associated with OTP’s applicable new transmission projects, using OTP
budgcls for 115-kV (below $5 million), 41.6 and 69 kV projects expected to come into service
in the period 2008-2012, plus one GRE transmission project below $5M that will go into the
OTP NITS zonal rate by 2011. We applied MISO's estimates of annual carmrying charges to the
budget figures to compute an annual i 1 revenue requi for the OTP Pricing
Zone NITS.

To compute an incremental rate, we divided the additional annual OTP NITS revenue
requirement, stated i in: 2009 dollars, by a forecast of the sum ofOTP 's and GRE’s 12 monthly
peaks in each year, fc g MISO Attact QOp d ' We then added the current
NITS rate ($3.2591/kW-mo. ), adjusted by load growth!” and stated in 2009 dollars, to obtain a
forecast of the total OTP NITS rate in each year, shown in Table 8.

B.  Network Upgrade Charge Rate

Forecasting a NUC is rather complex under the new RECB cost-sharing mechanism. Projects
rated below 345 kV, at a cost greater than $5M, are allocated on a zonal basis. However, for all
new pmjecvs rated 345 kV and above, with a project cost of $5M or greater, 20% of the costs
are d on a sysl ide basis. The ining 80% of the costs are allocated to planning
sub-rcgmns (West, Central and Easl) and pricing zones under a method that differs between
economic and reliability projects.’

~  For economic projects (RECB II), the sub-regional 80% cost allocation is based on the
net present value of the economic benefit associated with each sub-region, as
determined by a power flow analysis. The cost is then allocated to each individual

"% Except for certain grandfathered transmission agreements.

" For the forecast of OTP's 12 CPs we applied the expected growth in OTP 12 CP forecast (after load
manegement) for the period 2008 — 2012, provided by OTP. For the forceast of GRE'a 12 CPs wo npplicd the
poak load growth rates forcenst in GRE's 2008 Resource Plan.

"7 Load growth every year reduces the per-kW impact of the current rovenue requirement in the NITS charge.

" To qualify for regional cost sharing under the RECB postage stemp rate, both Bascline Roiability Projects and
Regionally Beneficial Projects must include facilitics 345kV and above, For transmission projects rated below
345KV, ol costs get allocated on a zonal basis.
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Table 8. Summary of 2008 — 2012 NITS and NUC charges in OTP Pricing Zone

2008 2009 2010 2011 2012
(2009 SAW-mo.)
(1) NITS charges (SkW-mo) $3.3569 $3.0063 $2.9879 $3.0862 29709
3)  NUC cherges (S W-mo) 50.0038 $0.0035 50.0584 $0.0608 520596
(4) Total OTP Trasmission Charges $3.3607 $3.0098 $3.0463 $3,1470 $5.0306
(SkW-mo)

C.  Marginal Financial Transmisslon Cost

The MISO NITS and NUC charges are constant every month, as they reflect 1/12 of the
applicable revenue requirement per kW. Because these charges are assessed on the basis o a
transmission user’s monthly peak demands, we identified marginal transmission costs
responsibility within each month by estimating the relative probability of a given hour's being
the monthly peak. We estimated these probabilities using OTP’s native hourly loads for the
period 2003-2007.

Table 9 shows the resulting time-di iated marginal ission costs for year 2009 by
costing period, after adjustments for losses between the OTP system boundary and OTP
customers’ meters (usmg estimates of marginal energy losses at the time of each monthly peak)
and cash working capital.” Transmission costs for other years covered by the study are shown
in the Appendix.

# The same marginal transmission costs stated on a per kW basia arc shown in the summary tablea at the end of
the roport.
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Table 9. 2009 Time-Differentiated Marginal Transmisslon Costs

Surmmer Scason ‘Winter Season

Peak  Shoulder  OfF-Peak Peak  Shoulder Ofl-Peak
(2009 Cents por kWh) ——— o |
ORI B ©) @  ®» ®

{1) Marginal Transmission Scrvice Costs 19200 0.1823 00058 12772 02638  0.0093

Marginal Transmission Charges by Voliage Level, Adjusted for Losses

(2) Transmission 21187 02014  0.0063 14221 02949 00104
(3) Primary 21870 02080  0.0065 14727 03059 00109
(4) Secondary 2.1983  0.2091 00066 14811 03077  0.0109
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Table 10. INustration of OTP’s Distribution System

Distribution
Dedicated
Tooder Substation <24 kV
C&l Primary
Customer - Served (24,14.4,13.8,12.5,4.16 kV)
from dedicated T

trunkiine equivalent

Trunkline (3 phase Primary)

Tap Line (1, 2 or 3 phase)

Line l
T i
Service
C&I Primary
X cuslomer
Services
£ (<600v)
Residenlial sac%ﬂjary
Customer customer

Customer-related componenl (service) ...

[ Local Diatribution Facliities ] —

Higher voltage distribution components ===

OTP adds distribution substations as load grows, either from connection of new customers or
growth by existing customers. The trunkline feeders from the substation to the point where the
line branches to create a primary tap line also must be upgraded or rerouted as load grows,
Because these more exlensively shared, higher voltage distribution components are expanded
as customer loads grow in critical hours, they are time-differentiated.

Local distribution facilities are designed using engineering design standards that take into
consideration the number of and the i P { loads (or “design demands™)
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V. MARGINAL DISTRIBUTION COSTS

Conceptually, most costing it agree that the design of the distribution system is
determined by two major factors: (1) the number and location of customers and (2) their
demands. Marginal cost studies have traditionally attempted to identify a portion of
distribution costs as lated and the ining portion as d d-related. This has
led to ics ar about the definition of the lated and d d-related
components. In fact, for most distribution systems, this two-part segmentation of distribution
equipment is not consistent with the cost drivers, because it ignores the fact that there are two
types of demand that determine distribution capacity requi for a particul; -
design (or contract) demand and near-term demand at time of likely neighborhood peaks.

The diagram below, Table 10, is a simplified representation of OTP’s distribution system and
the conf ions of typical ions. The various components are categorized as:

= higher voltage distribution components (shown as bold lines and boxes): distribution
substations and primary trunkline feeders.

® local distribution facilities: dary lines, primary-t y and
swilchgear and primary taps (shown as solid boxes);

= dedicated feeders used by some large primary customers (shown as a bold line);2*
and

® customer-related service drops (shown as dashed lines).

 Thia srudy does not calculate separate marginl costs for such customers.,
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of customers who will eventually use those facilities, over the life of the facilities. For
example, on average twice as much capacity is built into the loca! distribution system to serve
an apartment with all electric appliances as one with gas appliances. Local distribution
facilities for ial and industrial are lly designed on 2 by

basis, taking into consideration the expected long-term peak demand by the customer.

Because the marginal cost of local distribution facilities is incurred based on design demand,
and does not vary with a customer’s actual peak load from month to month, these costs are
computed a5 a fixed monthly cost per kW of design (or contract) demand. If necessary, design
demand can be represented by some proxy, such as transformer capacity, contract capacity or
actual peak in the past 12-24 months.

The service drop in most cases serves a single customer. The service, along with the meter and

associated equipment such as current transformer (not shown in the diagram), is treated as part
of the marginal custorner cost for each class.

A.  Distrit Sut and Trunkline Feeder Costs

M o e

To estimate (he marginal cost of typical distribution and feeder

per kW of demand, we typically identify the cost of budgeted load growth-related projects of
this type (excluding any replacement projects that do not add capacity) and the load growth that
is driving the need for the additional capacity.

In the case of OTP, adequately detailed capital budgets for future years were not available due
10 uncertainty in load growth. Consequently, we relied on 2005-2008 information (o estimate
growth-related investment. We divided the sum of growth-related investment (in 2009 dollars)
over the period 2005-2008 by the growth in the sum of weath lized incid
distribution substation annual peaks over the same period** The marginal investment per kW is
shown on Table 11.

% The substation non-coincident demand (NCD} forceast was develaped by Orter Tail using a regression
appronch.
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Table 11. Distribution Substation and Trunkline Feeder Investment

n Invesiment in Growth-Related Additiona to
Distribution Subastation Plant, 2005-2008
(Thoussnds of 2009 Dollars) §8,384

(2] Estimated Additiona to Distribution Subatation
Non-coincident Demand, 2005-2008
™Mw) 83.94

[6)) Marginal Investment in Growth-Related
Diatribution Substation Facilitics por
Non-Coincident Kilowatt
(2009 Dollars) (1}/(2) $99.87

1. Distribution Substation Marginal O&M Expenses

Distribution O&M expenses depend on the amount of plant in service. The addition of
distribution plant to meet increments in customers or design load or peak substation load gives
rise to increased O&M expenses as well. Distribution O&M expenses are, therefore, marginal
costs. OTP’s FERC Form 1 filings provide 2003-2007 distribution O&M expenses by FERC
account. Exp for individual p (e.g., meters, substations, etc.) were allocated a
proportional share of the general overhead O&M categories.” The trends in recent average
levels of each category of distribution O&M were the starting point for our estimates of
marginal O&M expenses.

The 2003-2007 distribution sut ion O&M plus iated heads, were divided
by estimates of the sum of incident peak d ds at the sut and dto
2009 dollars, as shown on Table 12. After reviewing the trend in expense per kW (in constant
dollars), we used the average of the 2005-2007 values as our estimate of marginal substation
O&M expenses.

* These general accounts consist of Operation Supervision and Engineering and Mai Supervision and
incering, and Mi: i Expense.
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Table 13: Probabliity of Peak for Higher-Voltage Distribution Investment

Relative
Probability
of
System Peak
Summer Season
[(Y) Peak 36.77%
Shoulder 25.49%
(2)  Off-Peak 0.33%
(3)  Subtotal 62.55%
Winter Season
@) Peak 14.27%
Shoulder 5.42%
(5)  Off-Peak 17.73%
(6} Subtotal 37.41%
[O)] Total 100.00%

B.  Local Distribution Facllity Costs

1. Local Distribution Facility Investment

OTP developed estimates of the typical investment in secondary lines, transformers, and a
portion of primary taps for various types and sizes of customers, by applying its standard
distribution cost estimatior: to a range of typical customer characteristics.”®

Because the marginal cost of local distribution facilities is incurred based on design demand,
and does not vary with a customer's actual peak load from month to month, we computed these
costs as a monthly cost per kW of design (or contract) demand We used the transformer
capacity divided by the number of customers served from that transformer as the estimated
design demand.

The distribution facilities i for and categories
are shown on Table 14. Retail customers that take service at a transmission voltage are

# OTP uhso used this spproach d lo estimate the cost of customer sorvico drops.
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Table 12. Distribution Substation O&M Expense per kW

Substation Substation
Expenses Por Expenses Per
Total Estimated kW of Weighted kW of
Di i i i Labor and Substation
b inci inci Malerials Noncoincident
Year Expensos Peak Peak Loads Cost Indox. Pesk Loada
(000 Dollars) W) (Dollars)  (2009=1.00) (2009 Dollars)
m/ @ @)/ @
(&) @ 3 (O} ©)
(1) 2003 1,493.15 768,293 1.94 074 261
(2) 2004 1,684.36 793,636 212 0.78 27
(3) 2005 1,869.82 807,232 232 0381 2385
4) 2006 2,143.34 836,949 2.56 0.85 3.00
(5) 2007 2,189.67 855,921 2.56 091 2.81
{6) Eslimated Annual Distribution Substation O&M Costs $2.89
(Average of 2005-2007 Valucs)

2. Time-differentiation of Marginal Distribution Substation Costs

Only load growth when capacity is strained triggers additions to the higher voltage distribution
system. We analyzed hourly loads on a sample of representative OTP distribution substations
for the years 2003-2007.%7

We estimated the relative probability of peak for months, day-types (weekdays, Saturday, and
Sunday) and hours for each substation, taking into account the higher camrying capability of this

in cold temp We then calculated weighted ges of these individual
substation relative probabilities of peak, with weights representing the estimated number of
customers served by substations similar in size and peak season to the sample substations. The
period assignment factors are shown on Table 13.

7 The 2003 data was excluded for two of the representative distribution substations because of irregular or missing
data in that year.
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responsible for the cost of facilities to tap into the OTP transmission system, and so are
excluded from this analysis.

Table 14 also shows distribution facilities (including lighting equip ) i t, provided
by OTP, covering four lighting configurations.

Table 14. Marginal Distributlon Facilities Investment per kW of
Design Demand or per Light

Average Averge
Investment  Investment
Customer Class perkW r Tom)
{2009 Dollars)
m @

Resldential
(1) Urban $150.25
@ Ruml $269.73
(3)  Apartment, Ges $154.14
(4)  Apartment, Elec $72.88
(5) Farm $344.92

Smalt Commerclal
(6)  Stand-Alono customer, overhead $42.50
(7)  Stand-Alonc customer 3ph, ovorhoad $69.12
(8)  Shared-cusiomer 3ph, overhcad $7692
(8)  Stand-Alone customer, underground $104.44
(10)  Sharcd-customer 3ph, underground $170.17

Large Commerclal
(11} 101-150kVas, 3ph $106.46
(12)  151-300kVa, 3ph $63.30
(13)  301-500kVa, 3ph $44.28
(14)  >501 kVa, 3ph $26.84

Lighting
(15)  Arca Light 1 HPS 9 (no pole), underground $1,380.80
(16)  Arca Light 1 HPS 9 (no pole), overhead £1,252.18
(17)  Street Light - (no light, no pols), undorground $798.69
(18) _ Street Light - {no light, no pole), overhead $671.65

2, Local Distribution Facility Operatlon and Malntenance

Re reviewed the 2003-2007 local distribution facilities O&M expenses, and separated line-
related expenses into primary and secondary categories on the basis of miles of conductor. We
divided the expenses for each voltage level by estimates of total design demand of customers
using those facilities. Total design demand was the product of customer counts and per-
customer design demand esti by category, developed from load survey data. We
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used the average of the 2006 and 2007 values as our estimate of marginal distribution facilities
O&M expense.

Table 15. Distribution Facilities O&M Expense per kW of Deslgn Demand

Weighted  Woighted Total
Distribution ~ Laborend  Distribution  Estimated  Lino O&M Expense per kW
Linc O&M Materials  Line 0&M of Design Demand
Year _ Expenses ComlIndex _ Exponses  _Demand  _Sccondary Primary
(000 Dollars)  (2009=1.00) (2009 5) (2009 5)
AY(2)x032  (1/(2)x0.54
m @ [&] (O} ©) 6)
) 2003 4,909.43 07449 659072 1,638,944 $1.30 5217
(2) 2004 5,070.85 07762 653291 1,828,287 sL.i6 $1.93
(3) 2005 5,872.89 08133 722106  1924,131 $1.22 s2.03
@) 2006 7,253.72 08541 849282 1,959,734 $1.41 $2.34
(5) 2007 7,803.63 09098 857730 2,023,113 138 52.29
(6) Estimated Diatribution Facilitics O&M for a Primary Customer
Col. (4) (Average of 2006-2007 Values) s232
(7} Loss Adjustment Factor for Use of Primary Lines
by Secondary Customers 1.023
(8) Loss Adjusted Estimatcd Primary Lines O&M Expenscs
for Secandary Customers Line (6) * Line (7) §237
(9) Total Estimated Distribution Facilitics Linc OZM

for a Sccondary Customer. Line (5) in Col.(3) + Lino (8) 53.75

C.  Meter and Service Costs

1. Meter and Service Investment

OTP provided the installed cost of a typical meter (including current transformer, if applicable)
and service drop for calegories. Approxil Iy one in four takes service
under a base tariff plus a rider requiring a second meter. The typical meter (and associated
equipment} and service drop investments, stated in 2009 dollars are shown on Table 16.
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2. Meter and Service Op: and p

The meter O&M per weighted customer (using relative meter cost as weights) increased
significantly over in the past two years. We uscd the average over the period 2006-2007 as the
estimate of the marginal level of these expenses, as shown on Table 17. Table 18 multiplies the
result by the class weights to yield annual meter O&M by class.

Table 17. Meter O&M Expense per Weighted Customer

Totl Meter Meter
Meter Weighted Expense Weighted Expense
Operation & Average Average Per Labor and Per
Mainlenance Number of Number of Weighted Malerinls Weighted
Year Expenses Custormners Customers Customer Cost Index Customer
(000a Dollars) )= 1.83 (Dollars) (2009=1.00) (2009 Doliars)
[(1) x 1000)/(3) {4)(5)
[¢}] @ @) “ ) ©
(1) 2003 1392.45 177,165 324,863 429 0.74 575
(2) 2004 1,31491 177,666 325,782 4.04 0.78 5.20
(3) 2005 1.495.24 178,268 326,885 457 0.31 562
@) 2006 2,189.58 179,080 328,375 6.67 0.85 781
(5) 2007 231682 178,259 326,869 7.09 0.91 7.79
(6) Estimated Annual Weighted CT and Meter O&M Expense for the Planning Period 7.80
{Average of 2006 and 2007 Valucs)
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Table 16. Investment per Customer in Meters and Services

Mater Servioos Total
Customer Class Tavestments per customer
{2009 Dollarm).
m @ [&)]
Reaidential

ROL (1) Residentiol $76.08 $406.10 548218
R0} (2) Residentisl Controlled Domand 5375.55 $406.10 $781.65
R91  (3) Residential Water Heat Controlled 5257.57 5000 $257.57
102 (4) Residential Controlled Dual Fuct 528008 $0.00 $280.05
103 (5) Residential Controlled Servies Deffirred Load 3373 $0.00 17D
104  (6) Reosidontiel Fixed Time OF Delivery s17.13 $0.00 BT
M2 (1) Strcctand Area Lighting 50.00 50.00 $0.00
(8) Flood Lighting 50.00 $0.00 $0.00

(9) Sign Lighting 50.00 $0.00 5000

(10) Encrgy-Only Strect And Arca Lighting - Motorod 576.08 $0.00 $76.08;

(1) Encrgy-Only Street And Arca Lighting - Nor-Metered $0.00 $0.00 $0.00)

Commerefal and Industrial

G0l {12) Geooral Serviee $32097 $562.07 $883.04
(13) Flood-Athletio Ficld Lighting- South Dakata Ouly $335.26 s0.00 $338.26

G2 (14) Genonal Servica (Control Drmand) 5109490 $492.60  §1,58730)
F61  (15) FarmServico $330.69 s43472 $765.42

C02  (16) Large Commercial Service
Secondary FIRYARES $25,837.94 $27,011.06
Primary  S683LI2  $26611.21  $3344233

C03  (17) Large Genemal Service (Real Timo Pricing) Primary S683L12  S26,611.21  $33,44233
C-04  (18) Lame General Servies (OIf Peak Rider) Primary S683L12  S266I1.21  $33,44233
C09  (19) Lamgo General Scrvice (Time OF Usc) Primary $683L12  $26,611.21  $33,44233
R91  (20) Commercial Watcr Heat Controlled 5257.57 $0.00 $257.57
101 (21) Large Commercial Controllod Dual Fucl $1264.65 $000  §1,26465
102 (22) Smell Commerciat Controlled Dual Fucl $280.05 s0.00 $280.05
103 (23) Small Commercial Controlled Service Deflerred Lond $337.13 $0.00 5337.10
104 (24) Small Comrereial Fixed Tims Of Delivery $337.13 $0.00 $337.3
106 (25) Bulk Interuptible Servics $683112  $26611.21  $33,44233
M03  (26) Irigation Scrvice $906.77 $406.10  S131287]
M04  (27) Commorcial Time Of Use $1,09490 2661121 527,706.11
(28) Strect and Ares Lighting $0.00 $0.00 50,00
(29) Flood Lighting $0.00 $0.00 50.00,
(30) Sign Lighting $0.00 50.00 50.00)
(31) Energy-Only Strect & Arca Lighting - Metered §76.08 50.00 $76.08
(32) Strect & Area, Flood and Sign Lighting $0.00 s0.00 $000
(33) Otber Publio Authority $252.01 $682.11 $979.12}
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Table 18. Meter O&M Expense by Customer Class

Annual
Meter
Weighting Expense
Customer Class Factar Pex Customer
(2009 Dallars)
(1)x57.80
&) @
Residential
R-01 (3)  Residential Service 1.00 57.80|
R-03 (2)  Residential Service (Control Demand) 1.00 57.80)
R-91 (3)  Wator Heating (Controlled) 1.00 $7.80
101 (4)  Controlled Service 1.00 $7.80|
102&103  (5)  Controlled Service 1.00 §7.80]
104 (6)  Fixed Time OF Delivery Service 100 s7.80
(7)  Steetand Area Lighting 0.00 $0.00|
{8)  Flood Lighting 0.00 $0.00
(9)  Sign Lighting 0.00 $0.00,
(10)  Encrgy-Only Street And Arca Lighting - Metered 1.00 §7.80
(1) Energy-Only Street And Area Lighting - Non-Metered 0.00 50.00]
Commercial and Industrial
a-01 (12)  Qeneral Service <20 kW 1.00 $7.80|
a-01 (13)  Genenal Service >= 20 kW 3.1 . os102.24
a-02 {14)  General Service (Control Demand) 1B3a1 $102.24
F61 (15)  Fama Service 1.00 $7.80]
c02 {16)  Large Commercial Sorvice $0.00|
Secondary 2622 5204.47
Primary 26.22 5204.47
C-03 {17)  Large General Service (Real Time Pricing) 15731 $1,226.82/
c-04 {18)  Large General Service (OfT Pesk Rider) 157.31 51,226.82
C-09 (19} Large General Service (Time Ol Use) 15731 51,226.82
R-91 (20)  Water Heating 0.00 50.00
1-01 (21)  Large Controlled Sorvice 2622 5204.47
102 (22)  Small Conrolled Sarvice 9.83 576.68
103 (23)  Small Controlled Service JENTY $102.24
104 (24)  Fixed Time OF Delivery Service 0.00 5000
106 (25)  Bulk Intemuptiblo Service 15731 §1,226.82
M-03 (26)  Irrigation Service 9.83 576,68
M4 (27)  Commercial Time Of Use 26.22 5204.47
M2 (28)  Arca, Flood & Sign Lighting 0,00 50,00
(29)  Streetlighting 0.00 $0.00
(30)  Other Public Authority 13.11 $102.24

Development of lighting O&M is shown on Table 15. OTP books expenses for both lighting
facilities and distribution facilities used by lights in the FERC lighting O&M accounts.
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Table 19. Lighting O&M Expense per Light

Total
Lighting Weighted Lighting
Operation Lighting Labor and Expense
Maintcnence Number of Expenscs Per Materials Per
Year Expenscs Lights Light Cost Index Light
(000 Dollars) (Dollars) (2009-1.00) " (2009 Dollars)
(1)/(2)*1000 34
[$Y) @) @) (] )
(1) 2003 8697 50,928 13.68 0.7449 18.36
() 2008 $924 50,589 18.27 0.7762 23.53
(3) 2005 $979 50,854 19.26 0.8133 23.68
(4) 2006 $1,069 50,930 20.99 0.8541 24.57
(5) 2007 $1,131 51,047 22.15 0.9098 24.35
(6) Estimated Annual Weighted Lighting O8M Expense for Planning Period $24.46
(Average of 2006-2007)
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We developed the customer accounts expense for each customer class by multiplying the class
weighting factor by the expense per weighted customer.®®

Table 21. Customer Accounts Expense by Customer Class

Annual
Customer Accounts
Weighting Expense
Class Factor Per Customer
(2005 Dollars)
(1) x $53.67
[U] @

i) Residential 100 $53.67
@ Farm 1.06 56.86
@ Small Commercinl 147 78.69
@ Large Commercial 128 68.84
® Lighting 0.57 30.55
©) Other Public Authority 1.55 8337
[0 Watcr Heating 070 37.47
@® Deferred Loads 131 7034
© Controlled Loads 0381 43.22
(10)  Irrigstion Servico L13 60.66

B.  Customer Service and Informational Expenses

Customer service and informational expenses, which include the cosls of disseminaling
information lo consumers, vary with the number of customers on the system and are, thercfore,
marginal.™ The same procedure used for was followed to
generate an estimated annual expense per weighted customer (Table 22) and per customer by
class (Table 23), using the class weights developed from OTP's ECOSS. We used an average

* Neto that some tariffs, ¢.g., General Service (Controlled Demand), are assigned costs under two coat of sorvice
groups, in this caso Small Commercial and Water Heating.

*' Noto that expenses nssaciated with CIP, a program mandated by Minnesota to promote demand side measures,
were omitted because the program is only applicable to Minncsota and funding is based an total rovenues before
revenuc taxcs, snd is not technicelly a marginal cost of providing service. Also omisted are expensea related to
equipment provided (o load control customers. Theso are costs of tho load control progmm, and not marginal
customier coats, Leslly, expenses from marketing products and servicos (account 908, activity 880) were
excluded as they are not marginal costs of providing eleciric service.
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VI. OTHER MARGINAL COSTS

A. Cust A E

Customer posed mainly of met ding and billing expenses, are
costs that are the functmn of a number of customers on the system. As a starting point we
reviewed OTP’s FERC Form 1 customer account and service expense levels for the period
2003-2007.

As shown on Table 20, we divided annual customer accounts expenses for 2003- 2007 by
to obtain a expense per weighted customer.” The
wcxghvs reflect the relative cost responsibility of cach class for each sub-account, as measured
by allocators such as number of customers, or revenue. These allocation factors, covering ten
cost-of-service groups employed in OTP’s Embedded Cost of Service Study (ECOSS), were
bined with new that we d ped for specific activities within FERC accounts.
We used the average expense per weighted customer over the entire period as an estimate of
marginal expense.

Table 20. Customer Accounts Expense per Weighted Customer

2003 2004 2005 2006 2007
[0) @ [E)] @ ®

(1) Customer Accounts Expenscs
(Thousand Dollam) 5739896 $7914.07 57,82039 $8,366.48 $9,102.00

(2)  Number of Cuslomers 177,165 172,666 178,268 179,080 178,259

(3)  Weighted Custorroma
(2)x093 173,622 174,113 174,702 175,499 174,694

(4 Expensc per Weightcd

Customer (Dollars)

1)/ (3 x 1000 s4262 $45.45 $H76 $47.67 ss2.11
(5)  Labor Cost Index (2009=1.00) . 0.80 0.83 0.87 050 0.93
(6)  Expenso Per Weighted

Customet in 2009 Dollars

@) $53.36 5445 ss1.66 3.0 $55.87
() Estimated Annual Expemas

Per Weighted Customer For the

Planning Petiod (2009 Dollars)

{Avernge 2003-2007) $53.67

¥ FERC account 902 sctivity 181 (Meter Reading Expense/Meter Tum-on) expenscs were excluded because
connection/reconneetion costs are incurred specifically for customers requiring theso services and aro not partof
goneric marginal customer costs.
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012006 and 2007 expenses per weighted customer because the level of these expenses dropped
off recently.

Table 22. Customer Informational and Service Expense per Welghted Customer

2003 2004 2005 2006 2007
[O] @ ®) @ [©])
(1) Customer Service and
Informational Expenscs
(Thousand Dollars) $2382 $2,433.99 $2.43425 $2373.64 $2,457.69
(2)  Number of Customers 177,165 177,666 178268 179,080 178,259
(3)  Woightod Number of Customers
()x L0 248,031 248,733 249,575 250,712 249,563
(4)  Exponse Per Weighted
Custonmr (Dullars)
1)/ @) x 1000 $9.60 .79 $3.75 59.47 $9.95
(5)  Labor Cont Index (2009+1.00) 030 083 087 090 033
(6} Expensc Por Weighted
Custormer in 2009 Dollarx
/(5 51203 s1Lm2 S1L.25 $10.53 $10.56
() Ertirmtcd Annual Expenss
Per Weighlzd Customer
For tbe Planaing Period (2009 Dallars)
(Average 2006-2007) ——————— 51085 e
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Table 23. Customer Informational and Service Expense by Customer Class

Annual Customer
Service and
Weighting Informational Expense
Clasa Factor Per Customer
(2009 Dollars)
(1)x 51055
(&) 6]
(1)  Residential 1.00 $10.55
(2) Farm 0.76 8.00
(3)  Small Commercial 3.08 3243
(4)  Large Commercial 49.57 52273
(5) Lighting 076 .00
(6)  Other Public Authority 0.76 8.00
(7)  Water Healing 076 .00
(8) Deferred Londs 0.76 8.00
(9) Controlled Loads 0.76 8.00
(10) _Irrigation Service 0.76 8.00

C. Administrative and General Expenses

When a utility adds plant and incurs additional O&M expenses, it typically incurs additional
overhead costs as well. Certain administrative and general (A&G) expenses can grow cither
with plant or with O&M expenses. Genera! plant typically grows with other types of plant.
Our marginal cost study includes plant-related A&G, non-plant-related A&G and general plant
loaders to capture these elements of marginal cost.

Based on our understanding of OTP's classification of costs in the various FERC accounts for
A&G expenses (including social security and unemployment taxes), we divided these expenses
into two categories: (1) those associated with other types of expenses and (2) those associated
with plant We excluded accounts not likely to be marginal with respect to other expenses or
plant.?

We identified as potentially marginal non-plant related FERC A&G Accounts 408.1 (Social
Security and Unemployment Insurance Taxes), 920 (Administrative and General Salaries), 921

¥ We excluded FERC Accounts 922 Administrative Expenses Trunsferred (Credit), 923 Outside Services
927 Franchise Requi 928 and 930.1 Institutional and Goodwill
Adventising Expenses, which we found 1o be not marginal for OTP.
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Table 24. Administrative and General and General Plant Loaders

Estimate of
Loading
Factor

Administrative and General Expenses

and Social Security and Unemployment Taxes
) Applicable to Non-Plant-Related Expenses 1425%
@) Applicable (o Plant-Related Expenses (Distribution Substations) 0.23%
[6)] Applicable to Plant-Related Expenses (Other Distribution) 0.16%
(4) General Plani & the Electric Share of Common Plant 0.00%

E. Marginal Losses

The marginal loss calculations in this study are based on variable and total losses at time of
system peak at each voltage level for which costs are calculated Marginal capacity losses
applied to distribution substation and trunkline feeder costs reflect the fact that, to
accommiodate a kW of additional peak load at the customer’s meter, facilities must be
expanded by successively more than a kW as you move up the distribution system to
accommodate the fixed and variable losses on the system in the peak hour. Peak capacity loss
factors were developed from OTP’s current loss study, the February 2007 System Loss
Evaluation, supplemented by the previous loss study.>

Marginal energy losses reflect the additional losses incurred to move an added kWh through the
system at a particular level of system load. Fixed losses are, by definition, not affected by the
increments of load to a fixed system. Only variable losses come into these calculations.
Marginal energy losses increase in proportion lo the square of the load. We calculated hourly
losses by means of an approximation of quadratic losses based on variable losses at system
peak load (from OTP’s loss studies) and the year 2007 hourly control area loads. These
marginal energy losses were applied to the hourly market price estimates and hourly marginal
transmission costs.

* The 2007 loss study did not provide separate losses for diatribution substations and primary lincs, 50 this
breakdown was taken from the 1995 loss study.
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(Office Supplies and Expenses), 925 (Injuries and Damages), 926 (Employee Pensions), 929
(Transfers and Credils), and 930.2 (Miscellaneous General Expenses).

We opted to divide our analysis of plant-related A&G exp For post employ

benefits where expenditures fl with ial market conditi ime levels, and

employee retirements (FERC Account 926), and for Social Security and Unemployment Taxes

(FERC Account 408.1) which is always marginal, NERA calculatcd the average ratio of these
pendi to total O&M exp (excluding fuel, purchased power, total A&G, and

transmission by others) over the period 1982-2006. Th: average ratio during this period was

0.1425 or 14.25%.

NERA plotted the remaining accounts listed above against O&M expenses and found that the
relationship was fairly consistent between 1982 and 1997, but was emratic in later years and
provides no useful information about recent marginal non-plant-related A&G. As a result, we
set this portion of the non-plant A&G loader to zero. Therefore the total non-plant-related A&G
loader is equal to the average ratio of non-plant-related A&G expenses (FERC Accounts 926
and 408.1) to O&M expenses over the period 1982-2006, or 14.25%.

For plant-related A&G, we identified two A&G FERC accounts that vary with the amount of
plant in service: Maintenance of General Plant and Property Insurance. We used a regression
analysis of the first account on cumulative net additions to total electric plant, all in constant
dollars, for the period 1982 to 2007, yielding a loader of 0.16 percent. For distribution
substations, which require property insurance, we added the average property insurance rate,
$0.0677 per $100 or 0.0677 percent, provided by OTP. The composite loader applicable to
distribution substations is 0.23 percent, while 0.16 percent is applicable to all other distribution
plant. Both plant and non-plant loaders are shown on Table 24.

D.  General Plant

General plant consists of items such as office buildings, warchouses, cars, trucks and other
equipment. The need for general plant typically increases with each marginal increase in
production, transmission and distribution plant. However, since 1996 there has been very little
change in OTP’s general plant. A ion of lative net to general plant on
cumulative net additions to total plant (less general plant) using data from 1996-2007 generated
an insignificant t-statistic for the explanatory coefficient and therefore NERA set the general
plant loader to zero.

* This approach wes adopted on account of the shifting, complicated paticrn of lags related to personncl actions
and over/under-funding of pensions. The year 2007 was excluded from the analysis because of a sharp decline
in pension cxpenses which OTP viewed as imegular duc 1o a significant smount of payroll loading adjustments
in thet year.
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Vil. COMPUTATION OF ECONOMIC CARRYING CHARGES

Section V. above describes the devel of esti of inal i in several
calegones of distribution plant. To be useful in ratemaking and other marginal cost

the i must be d into annual costs using an economic carrying
charge. The annual charge reflects the elements of OTP’s revenue requirement associated with
incremental plant: return to stockholders and bondhelders, depreciation, and taxes. For use ina
marginal cost study, the appropriate stream of annual charges is a stream that rises at the rate of
inflation net of technical progress and yields the total present value of all costs over the life of
the investment. In such a stream, the first year’s charge represents the cost in today's dollars of
owning the plant or equipment for a year. It also represents the rental rate for such an
investment in a competitive market.

Key inputs for the economic carrying charge calculation include: (1) the utility’s incremental
cost of capital (mix of debt and equity and their respective long-term market costs), (2) the
expected inflation rate for that type of plant, net of technical progress, and (3) the average
service life and patterns of failure (“lowa curve™) for that type of plant.

OTP foresees ing of i 1 i through sales of common stock and debt
over the study period, as illustrated below.

Share % Cost %
Common Stock 50.00 10.75
Debt 50.00 6.50

Another inlegral part of the economic carrying charge calculation is the estimation of the rate
of inflation net of technical progress applicable over the life of the investment We used 3.0

percent as an approximation of the rate of future inflation net of technical progress, based on
OTP’s use of 3.0 percent in their 10-year financial model.

Finally, an adjustment is required for the fact that not all plant and equipment will last its
estimated service life. Some components will require early replacement, causing added costs,
while some will last longer than expected and produce savings. The pattern of expected
required replacement for each type of plant is defined by an Iowa Curve. An adjustment for this

di d pattern of repl using Jowa Curves was included in the derivation of the
cconomic carrying charges. The results of |.h=se economic carrying charge calculations are

d below. The adji for disp i are shown on line (2) of this table.
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Table 25. Economle Carrying Charges

Digtribution  Distribution

. . VIIl. COMPUTATION OF ANNUAL MARGINAL COSTS
Substation Fac Meters
0] [6)
. Reaui To compute marginal investment for each distribution component of service to annual marginal

® ng"; Value of Rovonuo ;::mmm $1.459.55 147279 $1,453.05 costs, we adjusted upwards the investment per unit by the general plant loading factor. We

Retated to Incremental $1,000 Invesment . . v multiplied the resulting figures by the annual economic carrying charge percentage plus the
@ :;"""“‘ ‘;‘l’l“"' Cost °“;°P]'“:'E plant-related A&G loading factor to yield the annualized plant costs. To these costs we added

igpersed Retirements Related to . . N .
Tnoremental $1,000 Tnvestment $71.21 $41.93 $90.87 the associated O&M and A&G expenses and the Tevenue requirements for working capital.

(3) Total Presont Value Cost Related to The computation of working capital includes components for cash, materials, supplies and
Incremental $1,000 nveatment (1)+(2) 5153076  SLSI472  §1,54392

prepayments. The working capital needs were estimated based on recent historical amounts.
The revenue requirement for this working capital was developed from OTP’s weighted average

cost of capital plus an income tax component that recognizes that the equity portion of return
on capital is taxable.

(4) First-Year Annual Economic Charge
Related to Incremental $1,000 Investment $86.86 §77.24 $90.00
(5) First-Year Annual Economic Charge Related to

Incrementel Investment [(4)/S1,000) 8.69% 7.12% 9.00%
Table 26 shows the derivation of the annual distribution substation and trunkline feeder costs,
and Table 27 shows those annual costs adjusted for losses and time-differentiated, using
estimates of the relative probability of distribution substation peaks.
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‘Table 26. Derivation of Annual Distribution Substation and Trunkline Feeder Costs

Tables 28 below show the development of the annual marginal cost for local distribution
facilities, and lighting. Tables 29 show the annualization of meters and service drops and also

o lzlm include customer-related expénses.
ollars per
kW .
(1) Morginal Investment por kW 557 ] Table 28 (T). Derivation of Annual Distrlbution Faclllties Costs
) With Genernl Plant Londing (1) x 1.0000 99.87 Rerdential
Single Single
(3)  Annual Economic Camying Charge Relsted to Z',‘L‘."! FR‘:;']Y “Fé‘“m' AE:::‘ am
Capital Investment 8.69% —_— 7503 Dollas pr )
(4)  A&G Loading (plant related) 0.23% @ @ @ @ <)
(5)  Total Annual Carrying Charge (3) + (4) 891%
(1) Marginal Investrent per kW 515025 S0 S1sdld S8 SIS
(6 Anmuslized Costs 2)x(5) 490 (2)  With Goneral Plant Laading (1) % 1.0000 150.25 2%9.73 15414 7288 s
’ (3 Annual Econtomic Corrying Charge Related 10
() O&M Expenses 289 Capital Investment 17.12% 7.72% 7.72% 172% 7.12%
(8)  With A&G Loading (7) x 1.1425 (Non-plant Related) 330 () ARG Loading (plantrebicd) 0.16% a.16% 0.16% 0.16% o.16%
(3)  Tola! Annual Carrying Charge (3) + (4) 788% 7.88% 7.88% 7.88% 788%
)  Subtotl (6) +(8) 12.20 (6)  Aunualized Costs (2)x(5) 18 2126 1215 573 2718
(7)  O&M Expense per kW 375 315 318 315 375
Working Capital @ Wit :ma t:lldin: g)) x 11425 42 428 428 428 B
: . (00n-plact e}
(:?) r"'"““’ and S;"P"(';‘“”(Q x134% (')':: (9)  Distributiom Facilities Related Casts (6) + (8) 1612 2554 1643 1003 3147
() ""p"y"""'"_" @ x_ B y Waorking Capital
a2 Cash Working Capital Allowance (8)x -0.31% -0.01 ao Material and Sapplies (2)x 134% 201 361 207 098 162
a3) Total Working Capital (10) + (11)+ (12) 146 an - Prepymenu (2)x013% 020 035 020 009 045
R Reau for Worki a2) Cash Warking Capital Allowanee (8)x -031% (o1 o1 (001) (@01 001
(14 evenue Requirement for Working a3 Total Working Capital (10) + (11)+(12) 220 395 225 106 506
Capital (13) x 12.19% 0.18 (14 Revenae Requirement for Working
Capial (13)x 12.19% 027 048 021 013 06
(15) _ Toual Distribution Substation Costs (9) + (14) $12.32 {15)  Total Annual Marginal Distribation
Facilities Related Casts (5) +({14) $1639 $26.0 S16.70 $10.5 $32.08
Table 27. Time-Differentiated Distribution and Trunkline Feeder Costs by
Yoltage Level and Period
Annual Cost Scasonal Cost
Period
Assignment
Scconda Prima; Factor Sccondary Primary
(2009 Dailars per KW) (Percent) {2009 Dollars per KW)
M=) 2)x(3)
m @ [©] @ )
(1) Summer Peak Period 12.38 12,66 3% 473 4.65
(2) Summer Shoulder 12.88 12,66 25% 328 EFX)
(3) Summer Off-Peak Period 12.88 12,66 0% 004 0.04
{4) Winter Peak Period 12.88 12.66 14% 184 1.8t
(5) Winter Shoulder 1288 12.66 5% 0.70 0.69
(6) Winter Of-Period 12.88 12.66 18% 228 224
NERA Economic Conauling a8
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Table 28 (3I). Derivation of Annual Distribution Facilities Costs

Table 28 (1H). Derivation of Annual Distribution Facllities Costs

Small Commerdal
VeryLaras
Stnd-Alone  Sinnd-Alane Shared- Stnd-Alone Shaeed- Cammerrial Largs Coowaxrrial
cutomer,  cusiomer 3ph,  custamer3ph,  cusiomer,  customer 3ph, L (Sevendary TOU), (Primury)
overhasd overhead oerhesd _underpround _uadergroond —
et oo — (2009 Dollary pot kW) -— e o e 1AL13&Va  1S1J0ckVe  Jal-fokkVa  JalkVe  JOGOKVI(LGS 300KV  (LGSTOU)
® [&] [&] @ ) b ek dm _TOUIh  _QGSM3ph b |
) Morginal [nvesiment per kW $4250 sav.12 s7692 $104.44 $17017 (6} @ @ @ ) © @
2)  With Generol Plant Landing (1) 1.0000 4250 .12 7692 10444 1017 [ T Er——— SI0646 S80S sBu s 2z 5 12 5 1080
) Aanunl Econcrnic Canying Churge Releted to (1) Wit Geoeral Phrat Laing 1) x 1.0000 10646 610 aun e e 78 we
Capital Inveatinent 7725 7174 172% 272% 2924 G)  Amaa) Ecopomnlo Curying Chargz Relaied b0
) ARO Looding (plentrelnled) o1a% 0.16% 0.16% 016% 0.16%| © o m\:::h:n o e wme o um T b 712 b
" g Loncing (plack 1o % 1% 016% ! ! !
) Total Annual Comying Chargo @) « (4) 78w T i Eid ia (5 Tonl Anmnd Curtying Chargs (1)+6) 2% 3% 780% 7a8% 8% 7a8% 7%
() Annunlized Caste (2)x(5) 335 545 606 b2 1341 ) AcnulindCou @x () [+ a9 149 2 2 02 aw
@) ORM Expacper kW 378 378 328 375 s ) CAM Esprosapertw () s s s s I 232 m
@) With ASGLoading @)x 11425 420 428 428 az 428 @) Wit ASG Londing (7)x 11425 an i an an a 268 265
(non-plant reloted) (ocu-ph relaie)
©) Distrbwaion Fecilitics Related Corta (6) + (1) 769 973 1034 1251 1769 ©)  Distrbaelon Faclies Related Cosus (6)+(8) 1267 .27 m 640 842 228 4
. Warking Capltal
Working Coprinl
a0 Niorialond Supplios (2 LM% 057 093 103 140 . (0 Mushlod Swslie ()3 133% n o ase 036 036 o1 o
() Propwmon @ron% 014 o0 23 00 opt 001 ol
an Prepayments (2)20.13% 0.06 0.09 0.10 0.14 0.22 (1) CubWorking Capiml Allowance () x-011% o1y oon (or) @an @on) ©o1) ()]
[ Cash Warking Copital Allowmnee {8)x -0.31% (a1 @on ©on oo o) 03)  Toal Working Cupital (10)+ (11)+ (12) i35 () [ o1 0 ol o1s
3) Totat Working Cepital (10)+ (1)+(12) 081 1.00 11 152 249 (4)  Revemn Requircment For Worklng
a4 Revonue Requirement for Working Capiat (131 1215% a9 on oo 003 05 oal oo
Copital (13)x12.19% ao7 a2 o4 oly [ 3) Totl Amual Mogiml Disriwtion
(1%) Totu! Anaual Marginad Disribution ®4 04 s1268 1938 s s644 1647 v 185
Fosilitios Relaicd Costa (9) +(14) st .85 $10.88 s1270 $18.00)
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Table 29. Derivation of Annual Lighting Costs, including Distribution Facllities for Lights Table 30 (I). Derivation of Annual Meter, Service and Customer-Related Costs
Lighting
; Realdantia
ArcaLight | Raldmial  Residetid  Residal  Corollnd  Realdential
HPS9 (no ArcaLightl  Street Light-(no  Street Light - (no] Commlled  WmerHeamt  Coolrolled  Defared  Plaod Time  Area, Flood &]
pole), HPS 9 (na light, pa pole),  light, mo palc), Rozidenddl | _Demmd % —DalPel | lesd  _OfDdhey Simliphnag)
onderground El' N n,:;;;du“ nnd:pvlmd owrhead } ™ @ o ("'; ® @ @
T e ars per fixture) --- " _— 1) Meier Cont Evisosnl par Cstarooy M08 $374.93 525757 $280.03 £57.03 LAt $000]
m @ () (O] (2) With Genend Pant Lowding {1}x 19000 750 3238 2157 28008 ny m 000}
(1)  Marginal Investment per fixture 51,380.80 $1,25218 $798.69 S671.65 54 M?ﬂﬂ;mru-ﬂ" o oo
(2} With Genensl Plant Loading (1) x 1.0000 1380.60 T 125208 798.69 67165 il vt o o so% o o
(3) Annual Economic Carrying Charge Related 1o (4)  A&Q Losding (Plast Relatad) 0.re% 0.16% B16% 0.16% 0.16% S.06% 0.16%}
Capital Tavestment 17.72% 172% 7.72% 7.72%| ) Total Currying Chargs Mol (3) ¢ (4] s.16% 216% 2.16% 2.16% s sus% 9.16%)
{4)  A&Q Losding (plant-related) 0.16% 0.16% 0.16% 0.16%,
() Total Annua) Carryiug Charge () +(4) 782 788% 788% 788% (®  Total Ansambized Mtz Corm (23 (3) 6s7 ump us 288 st sox7 os0)
(6) Annualized Costs (2)x(5) 108.83 98,69 6295 3294
vt - Mot vl Do
(7)  Lighting O&M Expenscs 2446 2446 2446 24.46 @ Seavico Con taviniment per Coatommer 406,10 steela 3000 s0.00 som0 s 000
(8) With A2QG Loading (7) x 1.1425 2795 27.95 2795 2795 {2)  With Qencral Plant Loading () x 1.0000 408,10 406,10 000 000 000 0 a,00|
(non-plant related) (3 Annna) Ecagomis Charge Ralsted W
(%) Distibution Facilitics Relaicd Costs (6) +(8) 13677 126.63 90.89 80.88 Cpitl lnvestreat % 2 ™ T % % 2174
Working Capital (10} ARO Loading (Pl Relarat) olex o1e% oen o oaex oo 01w
(10)  Matorial and Supplics (2)x 1.34% 18.50 1678 1070 200 01 Toul Carying Chargs Servcss )+ (4 [ T % wn s i amn
an Propayments (2) x 0.13% 1.80 1.63 104 0.87
a2) Cash Working Cepital Allowance (8)x -0.31% (0.09) (©.09) (©.09) (©.09) €42) Tolal Anazmlirod Sarvice Cants ()2 () 20 20 ow 000 o0 000 om
(13)  Tolal Working Cepital (10) +(11) + (12) 2021 1832 1165 om
(14)  Revonuc Requirement for Working 10 e cutm E , )
. (1) Metar Expemas 20 20 40 720 70 10 2
Copital (13)x 12.19% 246 2 142 19 (1) Cutanss Acsmats Expemaa e s 347 oz 7034 3 038
(15) Total Aanual Marginal Disiibution (19 Coto v o ferunin e 1033 [ [ &0 [ 100
Facilitios Reloted Costs (9) +(14) $139.24 S128.67 59231 $8207) U WA Lot (g azs wa i @ ma b uot
(17} Curlormer-Related Conts (8)+ (10) 121.2 m6) Has hon 123 192 |
Working Copts
(ny Malerials und Supplics (2}x 14% 102 503 245 am 452 s 0.0,
a5 Prepeymons (2)20.10% 010 049 on 036 [ ou acol
@ Guh Werking Cital (10)x 031% 028 e a1 a1 31 o5t a1y
an Revenu Roqirerocstfor Working Cupial
021140 x 5219% o sz om o o037 037 an
() Total Armal Margingl Customer-Rehated
Can (114 (19 size  souas sty s sima simas s
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Table 30 (II). Derivation of Annual Meter, Service and Customer-Related Costs

Gl O Lage L
i Sevics 08 (Coars] Farm Commuarvial &
SW = 20%W D) Savico Seconptary
) Lovesiment - Mg Corte m ® o @ o
(1) Meler Cont trvevtiem per Customner 52097 0097 om0 306 SLma2
@) Wi Omral Plat Loading (1) x 10000 32097 1097 103490 33069 172
®  Aunil Boonmic Chovge Rokaterlto
Copital Investment 900% 9.00% 9.00% 200% 9.00% 9.00%)
@ AQLoxting (Mt Relted) 016% otew 016% 0a6% o1e% Q.16%]
) Toul Carrying Cluxgs Maems (3)+ (1) 9.16% y16% 2.16% 9.16% 9.16% 9.16%)
(6 Touat Aunalizel Moter Costs (2)x (5) 2939 29 10027 1028 10743 a23.59)
L) ovessment - Mgter Service Drorm.
@ Servive Cont Invaatimers per ss2.0 ss6207 9260 HHT AT SMena|
(8 With Gvowral Pt Loating (1) x 1600 36207 56207 a6 PR R A X T
®  Auowl Beonomic Churgo Rekaled (o
Capital vastraact % m% % 7% 772% 772
(1) AT Looding (Plant Relatal) al6% ol ol6% ole% 0.16x)
(1) Total Camying Chargn Sarvicss (1) + (4) T 7% Ta0% 7
(12} Tousl Aumialized Servivs Costs @)1 (8) 230 30 e a6 201640 209235
(1) Meor and CT Q&M Expenscs 10224 10224 780 20447 20447
(14)  Custorper Acvo Brpenscs 769 1616 5686 6184 684
(13)  Customar Sarvico md Information Expenscs 3243 4043 o sy smn
(16)  With ARG Loading (TP(0)~(9)] x 11425 1587 2376 s 0948 .40
(Nooplant Ralaiad)
U7 Customxe-Robtod Carts (6)+(10) 20056 e a8 736 20031 363241
‘Working Copral
am Malarials and Supplian (2) % 1.3:4% 430 130 1467 sa3 B
a9 Propuynenis (2) x0.110% 042 042 142 0 153
0 Comly Werking Capita {10)x 0.31% 042 076 092 a6 28
@n caie Raquiremnens for Werkiag Caprsl
(2R x 12.19% 052 oas s 036 000 1.0
(2)  Totul Anmea] Marpeal Cusiomer-Rolidal
Cauts 1)+ 18) s21008 SN $436.66 Sz suopa  syenn
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Table 30 (IV). Derivation of Annual Meter, Service and Customer-Related Costs

Commorcid  LagaCom.
WeterHew  Comraled Dol
Conmlled | Fesd (101) bripuimm
) iettmers « Mot Coxg m g [
(1) Mrter Cont bvutinent pur Contemar suzs7 e [eoty
@) With Clacwrad Pl Londing (12 10000 s L2686 9067
() Aol Beconmic Charge Relued ©
[ pas— oo 0% 200 900% 200 som 200
@) AND Lowling (Pl Related) osen o16n alen o16% olen nig% o6
9 Tetal Corrying Charge Mecwen ()= (4) 216% n16% sen 216% s 2160 165
(6 Toral Amumlized Mo Conm )5 (2) 9 nsn e 3om Jam 6859 30
b lrveungn - Mets Servoce Droge
(D Sarvics Cont brvetzmes pue Comieemar sa00 saco 500 sam fam  smelLa sa0s.10]
(8) Witk Geraral Flan Lowdung (1)1 10000 000 as0 900 000 00 @3l 40610}
(9 Amms) Exenamic Charpe Ralsted &
Copoad knmmect 7% % ™ 77% 7™ % 77
(19} A%Q Lomking (Pl Raluesd) oten wiex alem a16% ien nies 0.6
Q1) Toud Corrying Chargs Srvicen 014 (5) 7a0% 7 1o 7am% 72w 7am 20
(17) Toml Auminliznd Sarvics Conts @) (5) 000 000 noo 000 000 20933 nol
E
(13) Meicrant CT G&M Exparen 00 20847 %a 10224 2 13502 el
(14) Cniomer Anceurm Espermy na an on on o tizes s0esl
U5} Curtormer Servics el ofcrmation] Expure o 1 10 23 100 021 i
(6 With A& Loabag [(TH5))x 11425 398 mn uan mx 1533 2160 o
i Ralaicd)
(17) CostomerRalused Conte (6)+(10) 7584 . ma 20620 0620 anses 2110
Waking Coiml
n Muterinbt md Suppiles ()2 1.1% 343 1695 238 an s e 12
an Prepmymen (1)%0.130% o1 18 036 o4t ou [ 1ul
Q) CubWorking Coapitel (10) 0313 ars om s au as %62 asi|
an Revetim Rapelrecseps for Werking Capal
OB ] £ 12.17% ou 216 BAs om 034 na L3¢l
(22) Toanl Areoal Marpinal Comtornar.Rolwed
Can gy v19) [ sinio smn rony 06 wima ime)
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Table 30 (III). Derivation of Annual Meter, Service and Customer-Related Costs

LageGIRal  LageOS(Real  Larpe GS(Of  Large@S(OT
Time Pricing)  Time Pricing) Paak Rider) Poak Rider)  Large GS(TOW) Large GS
Scomdury Prlmary Scooudary _(TOU) Primary|
ay [} ® [C]
(1) Meter Cost Livertment per Custaxner sLma2 #8112 $6331.12]
(2)  With Geeral Plant Loading (1)x 1.0000 Limaz LLURES 72 &831.12)
0)  Avmm] Ecoormic Ciesge Related 10
Capital Invertmens 900% so0% 2.00% s.00% 9.00% 9.00%)
{4)  AR0 Lowlng (Phot Reated) 0.16% 015% 0.16% 0% 018% 0.16K)
($)  Toul Camying Chargs Meler (3) + (4) 9.16% $.18% 9.16% 2.16% 9.16% 9.16%|
(6)  Total Anualized Meler Casta (2)x (5) 174 62559 10743 82559 10743 625.59|
b sk st Servien Doy
(@ Service Cost |avestnent per Customer. 25,8794 $26,611.2¢ SIEITH $26,80121)
(®)  With Geocnl Plat Loading (1) x 1.0000 20784 261121 2583784 286021
(9)  Amma) Economlc Charge Rebiled to
Capital brvesmert % 7.7% TN 2% 7% T.I%)
(10)  A&Q Losding (Plant Rebaicad) 0.16% ols% 0.16% ols% Q6% 0.16%|
@1 Toll Cuying Charge Sarvices (0) + (4) THE% 188% 8% TA% 7.68% 7.88%|
(3 Toiat Anmualized Serviee Costs (29 (5) 200640 20038 205640 2735 2640 209733
(13)  Meter ind CT OAM Expenses. Lnsa2 1,226.82 122682 122582 1,226.62 122582)
(14)  Curtamxt Accounts Experes 824 6384 6BEL 6L LAt S8.M]
(15)  Customer Scrvice and Informationa) Expenscs =D s sn 27 san s2n)|
(18)  Wilh A%Q Loading (TSP ()] x L1425 207751 207751 2077251 2,071.51 207251 2077.9))
(Nogplart Rehated)
(7)  Cuwtoter-Rebated Conw (6)+ (10) 422134 4,00043 4214 4,80045 422134 4,00.45)
Working Capital
fel} Materlals d Supplics 2)x 134% 1572 LIRSS 1572 $1.54 572 §1.54)
a9 Prepayments (2) x 0.100% 1.5 LEE 1.53 1.5 L1
P Oub Warking Capital (10)x -031% Er £a4 sad I 449
an Revenue Requlrement for Working Capltal
(2N 1219% L2 1146 12 145 12 1.4
(27)  Total Annual Marginal Custorner-Related
Cants (11)+ (15) H.22266 S4311.50 $4,222.66 HEILS0 H.22286 H.811.90)
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Table 30 (V). Derivation of Annual Meter, Service and Customer-Related Costs

Flood-Athletic  Energy-Only
FieldLighting: ~ Srect & Area  Street & Area.
Commevial  SouthDakos  Lighing-  Floodand Sign  Oher Public
TOU Matered. Lighting Autharity
@005 Dolfars per
2linvesment - Meter Costs. m @ @) @ (0]
(1) Meter Cost Investment per Customor $L054.50 $335.26 7608 s201
(2} With General Plant Laading (1) x 1.0000 109490 3526 76.08 200
(@)  Anntal Economic Charge Related te
Capital Investment 2.00% 9.00% 9.00% 2.00%
@ ARG Loading (Plant Relaled) 0.16% 0.16% 0.16% 0.16%]
(5)  Total Casrying Charge Moters (3) + (4) 9.16% 916% 9.16% 9.16%|
(6)  Total Amualized Meter Cats {2) (5) 10027 170 &9 %71
0 Investment - Meter Service Drops.
) Sarvior Cost Inveataend per Cusiamer $26611.21 000 3000 68211
(8)  With Genernl Plant Loading (1) x 1.0000 161121 0.00 0.00 687.11
@)  Annual Econatic Charge Related to
Capilal Investment 1% T72% TR% 7.72%|
{10) ARG Loading (Plant Rolatad) 0.16% 0.16% 0.16% 0.16%)
(11)  Total Carrying Charge Sarvices (3) + (4) 788% 788% 788% 7.58%|
(12)  Total Annuslized Service Costs (2) x(5) 209735 000 a0 5415
(13)  Meter anid CT O&M Expenses 20447 730 000 000 10224
{14) Customer Accounts Expenscs 68.84 3055 3055 035 8337
US)  Customer Service and Informations] Expenses 2% 800 200 100 800]
(16)  With ARG Loading [(7Y8PE)] x 11425 909.48 5298 01 a4 22120
(Non-plant Related)
(17)  Customer-Relstiod Costs  (6) +(10) 3.107.09 8166 5101 4404 30210
Werking Cepi
[ Matarials and Supplies (2) % 1.34% 1467 449 12 000 9
19 Prepayments (2) x0.130% 142 044 ale 000 038
(0) Cush Working Capizal (10)x 0.31% 282 016 <0.14 .14 0,69,
Qn enma for Working Capita]
Q2P0 x1219% 162 0358 012 002 a4
(@2)  Total Annual Marginal Customer-Related
Conts (11)+(15) $3.108.71 $63.24 $5L13 334,03 $302.54
NERA Economic Cansuking 47



North Dakota Case No PU-08-862
Atachment 1 to IR ND LIG-28

PUBLIC DOCUMENT - TRADE SECRET DATA HAS BEEN &Q@De BAMPARY TABLES

IX. 2009 SUMMARY TABLES

Marginal energy costs, as well as ion capacity, ission and distribution substation
costs, were estimated on an hourly basis, which means they can be expressed in terms of cost
per kWh. This section shows all the 2009 time-differentiated costs (including energy) on a per-
kWh basis, averaged over the hours in the period. Capacity costs are often expressed on a per-
kW basis. Converting hourly margmal costs per kW to period costs per kW requires making an

about how ption changes tt a costing period when
their peak demand in that period changes. For purposes of these summary tables, we summed
the hourly capacity costs within each period. This is consistent with the assumption that a
customer who used an additional kW at the time of his peak within a costing period also uses
an additional kW in all other hours of that period. Finally, we summarized the time-varying
marginal costs with generation capacity, transmission and distribution substation costs stated on
a per-kW basis, and marginal energy costs on a per-kWh basis.
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Table 32. 2009 Summary of Marginal Time-varying Costs, with Capaclty Costs Stated on

a per-kW Basis
Summer Seaton Winter Seasan
Pesk  Shoulder OM-Poak Poak __ Shoulder _OM-Paak

[0 @ G) ) ) ®)

(1) Secondary
Monthly Costa per Kilowat (2009 Dollars per Kilowats)
Geoeration Capacity  [TRADE SECRET DATA EAS BEEN EXCISED
Trosmision  [TRADE SECRET DATA HAS BEEN ByGISED
Distribution Substation  UTRADE SECRET DATA HBAS BEEN EXCISED}

Tosl [TRADE SECRET DATA HAS BEEN EXCISED]
Seasonal  [TRADE SECRET DATA HAS BEEN EXCISED]
Annual (TRADE SECRET DATA HAS BEEN BXCISED]

Encrgy Costs (2009 Cents per KWh) TRADE SECRET DATA HAS BEEN EXCISED
Seasonal TRADE SECRBT DATA HAS BEEN EXCISED
Annual [ TRADE SECRET DATA HAS BEEN EXCISRDI

(2) Primary
Monthly Conly per Kilawat (2009 Dallars per Kilowats)
Generntion Capacity [TRADE SECRET DATA HAS BEEN BXCISED]
Tnosmission ~ [TRADE SECRET DATA EAS BEEN EXCISED]
Distibution Subsution ~ [TRADE SECRET DATA HAS BEEN EXCISED)

Toul {TRADE SECRET DATA HAS BEEN EXCISED}
Seasanal [TRADE SECRET DATA HAS DBEEN EXCISED)
Annual [TRADE SECRET DATA HAS BEEN EXCISED]

Energy Conts (2009 Cents per kWh) [TRADE 9RCRET DATA HAS BEEN EXCISED]
Seasanal [TRADE SECRET DATA HAS BEEN EXCISED)
Annual [TRADE SECRET DATA HAS BEEN EXCISRED)

(3) Trunsmbssion
Monthly Costs per Kilawatt (2009 Dollarw per Kﬂn\Eun)

Generation Capasity ‘TRADE SECRET DATA HAS BEEN BXCISED]

Transmission [TRADE SECRET DATA HAS BEEN EXCISED]

Distribulion Substation [TRADE SECRET DATA HAS BEEN RXCISED]

Total (TRADE SECRET DATA HAS BEEN EXCISED}

Seasonal {TRADE SECRET DATA EAS BEEN EXCISED)

Annual [TRADE SECRET DATA HAS BEEN EXCISED]

Encrgy Coals (2009 Cents per kWh) [TRADE SECRET DATA HAS BEEN RXCISED]
‘Seasonal (TRADE SECRET DATA HAS BEEN EXCISED]

Annual [TRADE SECRET DATA HAS BEEN EXCISED]

Table 32 summarizes monthly marginal local distribution facilities costs per kW of design
demand and on a per customer basis, by class.
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Table 31. 2009 Summary of Marginal Generation, Transmission and Distribution

Substation Costs per KWh
Summer Scason Winler Season
Peak  Shoulder Of-Penk Peak ___ Shoulder _Off-Penk
—————— {2009 Cents per kWh) ——— el
m (6] (O] Q) ) ©
(1) Secondary
Energy {TRADE SECRET DATA HAS BEEN EXCISED]
Generation Capacity [TRADE SECRET DATA HAS BREN BXCISED]
Transmission [TRADE SECRET DATA HAS BEEN EXCISED]
Distribution Substation [TRADE SECRET DATA EAY BEEN EXCISED)
Total [TRADE SECRET DATA HAS BEEN BXCISED}
Seasonal [TRADE SECRET DATA HAS BEEN EXCISED]
Annual [TRADE SECRET DATA HAS BEEN EXCISED]
{2) Primary
Encrgy (TRADE SECRET DATA HAS BEEN EXCISED]
Generation Capacity [TRADE SECRET DATA HAS BEEN EXCISED)
Trnamission [TRADE SECRET DATA HAS BREN EXCISED]
Distribution Substation [TRADE SECRET DATA HAS BREN BXCISED)
Total [TRADE SECRET DATA HAS BEEN EXCISED]
Seasonal [TRADE SECRET DATA HAS BEEN EXCISED]
Annual [TRADE SECRET DATA HAS BEEN EXCISED}
(3) Transmission
Energy [TRADE SECRET DATA HAS BEEN RXCISED)
Generation Capacity [TRADE SECRET DATA HAS BEEN EXCISED]
Transmission (TRADE SECRET DATA HAS BEEN EXCISED)
Distribution Substation [TRADE SECRET DATA HAS BEEN BXCISED]
Total {TRADE SECRET DATA HAS BEEN EXCISED]
Seasonal [TRADE SECRET DATA HAS BEEN EXCISED]
Annual (TRADE SECRET DATA HAS BEEN EXCISED]
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Table 33: 2009 Summary of Monthly Marginal Local Distribution Facllities (and
Lighting) Costs per kW of Design Demand and Per Customer or per Fixture

Monthly
Facility Cost Estimate of
perkW Typicsl Monthly
of Design DesignDemand  Facility Cost
Customer Class Demand by Cllswrn:r per Customer.
(SkW) (8/customer/mo.
[0yl
O} @ [©)]
Resldential
(1)  Urban 5137 3 $11.38
(2)  Runal 217 21 4492
(3)  Apartment, Gas 139 9 12.65
(4)  Apartment, Electric 0.85 5 385
(5) Form 2.67 21 5538
Stmall Commerclal
(6)  Stand-Alonc customer, overhead 0.64 50 32.10
(7)  Stand-Alonc customer 3ph, overhead 0.82 75 61.57
(8)  Shared-customer 3ph, overhead 087 5 65.50
(9)  Stand-Alone customer, underground 106 50 5291
(10)  Sharcd-customer 3ph, underground 1.50 75 112.47
Large Commercial (Secondory Only)
(1) 101-150kVe, 3ph 1.07 150 160.76
(12)  151-300kVa, 3ph 073 300 234.54
(13)  301-500kVa, 3ph 0.65 500 32701
(14)  >501kva, 3ph 0.54 2,600 1,395.86
(15) Very Large Commerclal (Secondary TOU)
3000 kVa (LGS) 0.54 3,000 161630
Large Commerclal (Primary)
(16) 3000 kVa (LGS) 027 3,000 819.34
(17) 5000 kVa (LGS TOU) 029 5,000 1,459.13
Lighting ixture
(18)  AreaLight I HPS9 {no polc), underground 11.60
(19)  Arca Light L HPS 9 (no polc), overhead 1074
(20)  Stroet Light - (no light, no pole), underground 769
(21) _ Streot Light - (no light, no pole), overhead 684
Table 33 summarizes the monthly 1| cost by class.
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Table 34, 2009 Summary of Monthly Marginal Customer Costs

Monthly Marginal Customer
Cost per Customer {20095 /mo.)
Resldential
R-01 Residential swo.11
R-03 Residential Controlled Demand 16.77
R-91 Residential Water Heat Controlled 7.07
102 Residential Controlled Dusl Fuel 7.80
103 Residential Controlled Deferred Load 10.82
104  Residential Fixed Time Of Delivery 10.82
3.67
ghting 1.67
Sign Lighting 367
Energy-Only Street & Area Lighting - Metered 4.26
Energy-Only Street & Arca Lighting - Non-Metered 1.67
Athletic Field Lighting- South Dakota Only 7.02
Commerclal and Industrial
G-01 General Service < 20 kW 17.51
G-01 General Service >= 20 kW 26.50
G-02 Qeneral Service (Control Demand) 36.39
F-61 Farm Service 1234
C-02 Large Commercial Servico
Secondary 254.44
Primary 303.69
C-03 Large General Service (Real Time Pricing)
Sccondary 351.89
Primary 400.99
C04  Large Geneml Scrvice (OfY Peak Rider)
Secondary 351.89
Primary 400.99
€09 Large General Service (Time OfUse)
Secondary 351.89
Primary 40099
R-91 Commercial Water Heat Controlled 6.33
101 Large Commercial Controlled Dual Fuel 34.17
102  Small Commercial Controlled Dual Fue! 1435
1-03  Small Commercial Controlled Deferred Load 17.23
1-04  Small Commercial Fixed Time Of Delivery 17.23
106  Bulk Interreptible 40587
M-03 Irrigation Scrvice 2356
M-04 Commercial Time Of Use 255.06
Street Lighting 3.67
Flood Lighting 2.67
Sign & Area Lighting 3.67
Energy-Only Strect & Arca Lighting - Metered 426
Energy-Only Street & Arva Lighting - Non-Metered 367
Miscellancous
Strecilighting 3.67
Other Public Authority 25.21
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Table 35. 2008 Summary of Marginal Generation, Transmlsslon and Distribution
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APPENDIX

Marginal Generation and Transmission Costs, 2008, 2010 — 2012
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Table 36. 2008 Summary of Marginal Time-varylng Costs, with Capaclty Costs Stated on

a per-kW Basis
Summer Scason Winter Season
Peak _ Shoulder Off-Pesk Pal _ Shoulder _ OMPaak

Substation Costs per kWh
Summer Season Winter Season
Peak  Shouider  Oil-Peak Pesk __ Shouldsr Off-Peak
et e eee (2009 Cents por KWHh) s reee e —
(O] @ ®) @ ®) ©)
(1) Secondary
Encrgy [TRADE SECRET DATA HAS BEEN EXCISED]
Generntion Capacity [TRADE SECRET DATA EAS BEEN EXCISED]
Transmiasion [TRADE SECRET DATA HAS BEEN EXCISED}
Distribution Substation [TRADE SECRET DATA HAS BEEN EXCISED]
Toral [TRADE SECRET DATA HAS BEEN EXCISED]
Seasonal {TRADE SECRET DATA HAS BEEN EXCISED)
Annual (TRADE SECRET DATA HAS BEEN EXCISED]
2) Primary
Encrgy [TRADE SECRET DATA EAS BEEN EXCISED]
Generation Capacity (TRADE SECRET DATA HAS BEEN EXCISED]
Transmission (TRADE SECRET DATA HAS BEEN EXCISED)
Distribution Substation [TRADE SECRET DATA HAS BEEN EXCISED]
Tott (TRADE SECRET DATA HAS BEEN EXCISED)
Seasonal [TRADE SECRET DATA EAS BEEN EXCISED]
Annual [TRADE SECRET DATA HAS BEEN EXCISED)
(3) Transmisslon
Energy [TRADE SECRET DATA HAS BEEN BXCISRD]
Genoration Capacity (TRADR SECRET DATA HAS BEEN EXCISED]
Transmission (TRADE SECRET DATA HAS BEEN EXCISED]
Distribution Substation [TRADE SECRET DATA HAS BEEN BXCISED]
Total {TRADE SECRET DATA HAS BEEN EXCISED)
Seasonal [TRADE SECRET DATA HAS BEEN EXCISED]
Annual [TRADE SECRET DATA EAS BEEN EXCISED)
NERA Economic Consuking 2

(1) Secondary

Geacration Ci
Transmission
Distribution Substation

Tota]
Seasonal
Annual

Encrgy Conts {2009 Cents per kWh)
Seasonal
Annual

(2) Primary
Generation Ci

Tranmisrion
Distribution Substation

Tolal
Seasonal
Annual

Encrgy Coata (2009 Cents per kWh)
Seasonal
Annnal

(3) Transmission
Generation Ca

Transmission
Distribution Substation

Tota!
Seasonal
Annusl

Encrgy Costa (2009 Cents per kWh)
Seasonal
Annos?

Monutbly Costa per Kilowatt (2009 Dollars per Kilowait)
i ity

m @ @) “ ®)

[TRADE SRCRET DATA HAS BEEN BXCISED]
[TRADE SECRET DATA HAS BEEN EXCISED}
[TRADE SECRET DATA HAS BEEN EXCISED)

(TRADE SECRET DATA HAS BEEN EXCISED]
[TRADE SECRRT DATA HAS BBEN EXCISED)
[TRADE SECRET DATA EAS BEEN EXCISED]

{TRADE SECRET DATA HAS BEEN EXCISED]
[TRADE SECRET DATA HAS BEEN EXCISED)
[TRADE SECRET DATA HAY BEEN EXCISED]

Monthly Costa per Kilawait (2009 Dollars per Kilowatt)

[TRADE SBCRET DATA HAS BEEN EXCISRED]
(TRADE 9BCRET DATA HAS BEEN EXCISED]
(TRADE SECRET DATA HAS BREN EXCISED)

{TRADE SECRET DATA HAS BEEN EXCISRD]
[TRADE SBCRET DATA HAS BEEN EXCISED)
[TRADE SECRET DATA HAS BEEN BXCISED]

(TRADE SBCRET DATA HAS BEEN EXCISED]
[TRADE SECRET DATA HAS BEEN EXCISED]
[TRADE SBCRET DATA HAS BEEN EXCISED]

Montbly Casts per Kilawatt (2009 Dollar per Kilowatt)

[TRADE SECRET DATA HAS BEEN EXCISED]
[TRADE SECRBT DATA HAS BREN EXCISED)
[TRADE SECRET DATA HAS BEEN EXCISED]

[TRADE SECRET DATA HAS BEEN EXCISED]
[TRADE SECRET DATA HAS BEEN BXCISED]
[TRADE SECRET DATA HAS BEEN BXCISED]

(TRADE SECRET DATA HAS BEEN EXCISED]
[TRADE SECRET DATA HAS BEEN EXCISED]
[TRADE SECRBT DATA HAS BEEN BXCISED)]

©
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‘Table 37, 2010 Summary of Marginal Generation, Transmission and Distribution
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Table 38. 2010 Summary of Marginal Time-varying Costs, with Capacity Costs Stated on

a per-kW Basls
Summer Seasam Winter Searon
Peak ___ShouMlor _OfPesk Peak  Shoulder _OfFPak

Substation Costs per kWh
Summer Scason Winter Season
Peok __ Shoulder Off-Peak Pesk __ Shoulder Off-Peak
[y L L P ——
0] ) @) (O] ) ©)
(1) Secondsry
Energy [TRADE SECRET DATA HAS BEEN EXCISED]
Generation Capacity [TRADE SECRET DATA HAS BEEN EXCISED]
Transmission {TRADE SECRET DATA HAS BEEN EXCISED]
Distribution Substation [TRADE SECRRT DATA HAS BEEN BXCISED]
Total (TRADE SECRET DATA HAS BEEN EXCISED]
Seasonal [TRADE SECRET DATA HAS BEEN EXCISED]
Annuat {TRADE SECRET DATA HAS BEEN RXCISED]
(2) Primary
Encrgy [TRADE SECRET DATA HAS BEEN EXCISED]
Generation Capacity [TRADE SECRET DATA HAS BEEN EXCISED]
Transmission [TRADE SECRET DATA HAS BEEN RXCISED]
Distribution Substation [TRADE SECRET DATA HAS BEEN BXCISED)
Total [TRADE SECRET DATA HAS BEEN EXCISED]
Seasonal [TRADE SECRET DATA HAS EREN BXCISED]
Annual [TRADE SECRET DATA HAS BEBN EXCISED]
(3) Transmission
Encrgy {TRADE SECRET DATA HAS BEEN EXCISED]
Gencration Capacity (TRADE SECRET DATA HAS BEEN RXCISED}
Transmission [TRADE SECRET DATA HAS BREN BXCISED]
Distribution Substation [TRADE SECRET DATA HAS BBEN EXCISED]
Total [TRADE 9ECRET DATA HAS BEEN EXCISED]
Seasonal (TRADE SECRET DATA HAS BEEN BXCISED]
Annual (TRADE SECRET DATA HAS BEEN EXCISED]
NERA Economic Consuking 4
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Table 39. 2011 Summary of Marginal Generation, Transmisslon and Distribution
Substation Costs per KWh
Summer Scason Winter Season
Peok ___Shoulder Off-Peak Peak __Shoulder Ofi-Peak
J T {11 1T F & |y T S —————"
[&)] &3] (O] ) ) )
{1) Secondary
Energy [TRADE SECRET DATA HAS BEEBN EXCISED]
Generation Capacily (TRADE SECRET DATA HAS BEEN BXCISED]
Transmission [TRADE SECRET DATA HAS BEEN RXCISED]
Distribution Substation (TRADE SECRET DATA EAS BEEN BXCISED)
Total [TRADE SECRET DATA HAS BEEN BXCISED]
Seasonal (TRADE SECRET DATA HAS BEEN EXCISED]
Annust [TRADE SECRET DATA HAS BEEN EXCISED]
(2) Primary
Energy {TRADE SECRET DATA EAS BEEN EXCISED]
Generation Capacity [TRADE SECRET DATA HAS BEEN EXCISED]
Transmission [TRADE SECRET DATA HAS BEEN BXCISED]
Distribution Substation [TRADE SECRET DATA HAS BEEN RXCISED)
Total (TRADE SECRET DATA HAS BEEN EXCISED]
Sessonal [TRADE SECRET DATA HAS BEEN EXCISED]
Annual [TRADE SECRET DATA HAS BEEN EXCISED]
(3) Transmisslon
Energy [TRADE SECRET DATA HAS BEEN EXCISED)
Qencration Capecily (TRADE SECRET DATA HAS BEEN BXCISED]
Transmission [TRADE SECRET DATA HAS BEEN EXCISED]
Distribution Substation [TRADE SECRET DATA EAS BEEN EXCISED)
Total (TRADE SECRET DATA HAS BEEN EXCISED]
Seasonal [TRADE SECRET DATA HAS BEEN EXCISED]
Annual [TRADE SECRRT DATA HAS BEEN BXCISED]
NERA Economic Consuling 8

(1) Seeandary

Gracration Capacity

Encrgy Casts (2009 Cents per kWh)
Seasonal
Annual

(2) Privary

Generation Capacity

Eacrgy Costs (2009 Cents per kWh)

(3) Transmisslon

Energy Costr (2009 Cents per kWh)

Monthly Costa per Kilowalt (2009 Dallam per Kilowatt)
[T

Monbly Conepe Kilowld (2009 Dollar per Kot

m @ (O] @ O]

'RADE SECRET DATA HAS BEEN EXCISED]

Trmmmission  [TRADE SECRET DATA HAS BEEN EXCISED]
Distribution Substation ~ [TRADE SECRET DATA HAS BEEN EXCISED]
Tosl  [TRADE SECRET DATA HAS BEEN EXCISED]

Sewssnal  [TRADE SECRET DATA HAS BEEN EXCISED]

Anmuzi  [TRADE SECRET DATA HAS BEEN EXCISED]

(TRADE SECRET DATA HAS BEEN EXCISED)
[TRADE SECRET DATA HAS BEEN EXCISED)
[TRADE SECRET DATA HAS BEEN EXCISED]

Menthly Cots per Kilowats (2009 Dallam per Kilowaly

[TRADE SECRET DATA HAS BEEN EXCISED)

Trnsmisson  [TRADE SECRET DATA HAS BEEN EXCISED]
Distribution Subsation  [TRADE SECRET DATA HAS BEEN EXCISED]
Toul  (TRADE SECRET DATA HAS BEEN EXCISED]

Seasonsl  [TRADE SECRET DATA HAS BERN EXCISED!

annual | TRADE SECRET DATA HAS BEEN EXCISED

(TRADE SECRET DATA HAS BEEN RXCISED]
(TRADE SBCRET DATA HAS BEEN EXCISED]
[TRADE SECRET DATA HAS BEEN EXCISED]

Generation Capacity E SECRET DATA HAS BEEN EXCISED]
Transmission [TRADE SECRET DATA HAS BEEN EXCISED]
Distribution Subslation [TRADE SECRET DATA EAS BEEN EXCISED]
Tout [TRADE SECRET DATA HAS BEEN EXCISED]

Seasonal [TRADE SECRET DATA HAS BEEN EXCISED]

Annuat [TRADE SECRET DATA EAS BEEN EXCISED]

[TRADE SECRET DATA HAS BEEN EXCISED)

©

Seasonal [TRADE SECRET DATA EAS BEEN EXCISED]
Annual [TRADE SECRET DATA HAS BEEN BXCISED]
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Table 40. 2011 Summary of Marginal Time-varying Costs, with Capacity Costs Stated on
a per-kW Basis

Summer Season Wintcr Scazon
Peak Shoulder OM-Peak Peak Shoulder __ Off-Peak

[th @ @) @ ®) @

(1) Secondary
Monthly Casts per Kilowalt (2009 Dallars per Kilowatt)
Generation Capacity ~ [TRADE SECRET DATA HAS BEEN EXCISED]
‘Trnsmission [TRADE SECRET DATA HAS BEEN BXCISED]
Distribution Subststion  [TRADE SECRET DATA HAS BEEN EXCISED}

Total [TRADE SECRET DATA HAS BEEN EXCISED)
Srasonal  {TRADE SECRRT DATA HAS B EXCISED]
Annusl  [TRADE SECRET DATA HAS BEEN EXCISED)]

Energy Conta (2009 Cenls per kWh)
Seans!  (TRADE SECRET DATA HAS BEEN EXCISED]
Annval  [TRADE SECRET DATA HAY BEEN EXCISED]

(2) Primary
Monthly Costs per Kilowat (2009 Dollars per Kilawalty
cruton Capacity ~ [TRADE SECRET DATA HAS BREN EXCISED]
Trmmission ~ [TRADE SECRET DATA HAS BEEN EXCISED]

Distribution Subatation [TRADE SECRET DATA HAS BEEN EXCISED]
Totsl [TRADE SECRET DATA HAY BEEN BXCISED]

Seasonal [TRADB SECRBT DATA HAS BEEN BXCISED]

Annual {TRADE SECRET DATA HAS BEEN EXCISED]

Energy Costs {2009 Cents por kWh) [TRADE SBCRET DATA HAS BEEN EXCISED)

Seasana) [TRADE SECRET DATA HAS BEEN BXCISED}
Annual [TRADE SECRET DATA HAS BEEN EXCISED]

(3) Transmiaslon
Monthly Casts per Kilowatt (2009 Dollars per Kilowat)
Oenerstion Capacity ~ [TRADE YECRET DATA HAS BEEN EXCISED]
Tnpmisien ~ [TRADE SECRET DATA HAS BEEN EXCISED)
Distribution Substation ~ [TRADE SECRET DATA EAS BEEN EXCISED]

Tol  [TRADR SECRET DATA HAS BEEN EXCISED]
Seassnal  [TRADE SECRET DATA HAS BEBN BXCISED]
Annual  [TRADE SECRRT DATA HAS BEEN EXCISED]

Energy Casts (2009 Cents perkWh)  [TRADE SECRET DATA HAS BEEN EXCISED]
Seasonal  (TRADE SECRET DATA HAS BEEN EXCISED]
Anngsl  [TRADE SECRET DATA HAS BEEN EXCISED]
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Table 41. 2012 Summary of Marginal Generation, Transmission and Distribution

Substation Costs per kWh
Summer Season Winer Senson
Peak __ Shoulder Off-Pesk Peak __ Shoulder  OffPeak
e —eaee— (2009 Conts per KWh) seemeeee —
m @ @) (O] &} ©)
(1) Secondary
Encrgy [TRADE SECRET DATA HAS BEEN EXCISED)
Generation Capacity [TRADE SECRET DATA HAS BEEN EXCISED]
Transmission [TRADE SECRET DATA HAS BEEN EXCISED]
Distribution Substation (TRADE SECRET DATA HAS BEEN EXCISED]
Total [TRADE SECRET DATA HAS BEEN BXCISED)
Seasonal (TRADE SECRET DATA HAS BEEN EXCISED]
Annual [TRADE SECRET DATA HAS BEEN EXCISED]
(2) Primary
Encrgy [TRADE SECRET DATA HAS BEEN EXCISED]
Generation Capacity {TRADE SECRET DATA HAS BEBN EXCISED]
Transmission (TRADE SECRET DATA HAS BEEN BXCISED]
Distribution Substation {TRADE SECRET DATA HAS BEEN EXCISED]
Total [TRADE SECRET DATA HAS BEEN EXCISED]
Seasonal (TRADE SECRET DATA HAS BEEN EXCISED]
Annual [TRADE SECRRT DATA HAS BEEN BXCISED]
(3) Transmission
Energy (TRADE SECRET DATA HAS BEEN EXCISED}
Generation Capacity [TRADE SECRET DATA HAS BEEN BXCISED]
Transmission [TRADE SECRET DATA HAS BEEN EXCISED)
Distribution Substation [TRADE SECRET DATA HAS BEEN BXCISED]
Total [TRADE SECRET DATA HAS BEEN EXCISED]
Seasonal [TRADE SECRET DATA HAS BEEN EXCISED]
Annual {TRADE SECRET DATA HAS BEEN EXCISED]
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Table 42. 2012 Summary of Marginal Time-varying Costs, with Capacity Costs Stated on
a per-kW Basis

Summer Scaron Winter Season
Peak Shoulder  OffPeak Peak Shoulder OIT-Peak

m @ [©] @ [©] ©

(1) Secondary
Monthly Costs per Kilowatt (2009 Dollas per Kilowatty
cration Capacity ~ [TRADE SECRRT DATA HAS BEEN EXCISED)
Trnsmission ~ [TRADE SECRET DATA HAS BEEN EXCISED]
Distribution Substation (TRADE SECRET DATA HAS BEEN EXCISED]
Towl  ITRADE SECRET DATA HAS BEEN BXCISED]
Seasanal [TRADE SECRET DATA HAS BEEN BXCISED]
Annual [TRADE SECRET DATA HAS BEBN EXCISED)
Energy Costs (2009 Cents per kWh) [TRADE SECRET DATA HAS BEEN EXCISED]
Seasanal (TRADE SECRET DATA HAS BEEN EXCISED]
Annual [TRADE SECRET DATA HAS BEEN BXCISED]
(2) Primary

Mouthly Conts per Kilowatt (2009 Dollsrs per Kilowatt)
Genention Capecity  [TRADE SECRET DATA HAS BEEN EXCISED]
_ Tnomision  [TRADE SECRRT DATA HAS BEEN EXCISED)
Distribution Substation [TRADE SECRET DATA HAS BEEN EXCISRD)

Towl  [TRADR SECRET DATA HAS BEEN EXCISED)

Seasonal  [TRADE SECRET DATA HAS BEEN EXCISED]

Annusl  (TRADE SECRET DATA HAS BEEN EXCISED)

Encrgy Costs (2009 Cntaper kWh)  [TRADE SECRET DATA HAS BEEN EXCISED]

Seasondl  [TRADE SECRET DATA HAS BEEN EXCISED]
Annual  [TRADE SECRET DATA HAS BEEN EXCISED]

(3) Transmission
Monthly Costs per Kilowatt (2009 Dellars per Kilowatt)
Generation Capacity ~ [TRADE SRCRET DATA HAS BEEN EXCISED]
Toomissim  [TRADE SECRET DATA HAS BEEN EXCISED]
Distribution Substation ~~ [TRADE SECRET DATA HAS BEEN EXCISED]

Tout  [TRADE SECRET DATA HAS BEEN EXCISED]
Srasoral  [TRADE SECRET DATA HAS BEEN BXCISED]
Amnual  [TRADE SECRET DATA HAS BEEN EXCISED]

Energy Costs (2009 Cents per kWh) [TRADE SECRRT DATA EAS EEEN EXCISED]
Ry Conts (2003 Cen ";__m), (TRADE SECRET DATA HAS BEEN EXCISED)
[TRADE SECRET DATA HAS BEEN EXCISED]

Ann
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