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3
	

DIRECT TESTIMONY OF

	

4
	

KARL R. PAVLOVIC

5 QUALIFICATIONS

6 Q. PLEASE STATE YOUR NAME, POSITION AND BUSINESS ADDRESS.

	

7	 A.	 My name is Karl Richard Paviovic. My business address is 8100 Professional Place,

	

8	 Suite 306, Hyattsville, MD 20785. I am a Senior Consultant with Snavely King Majoros

	

9	 & Associates, Inc. ("Snavely King").

10 Q. PLEASE DESCRIBE SNAVELY KING.

	

11
	

A.	 Snavely King was founded by Charles W. King and the late Carl M. Snavely in 1970 to

	

12
	

conduct research on a consulting basis into the rates, revenues, costs and economic

	

13
	

performance of regulated firms and industries. The firm has a professional staff of 10

	

14
	

economists, accountants, engineers and cost analysts. Most of its work involves the

	

15
	

development, preparation and presentation of expert witness testimony before federal and

	

16
	

state regulatory agencies. Over the course of its 42-year history, members of the firm

	

17
	

have participated in over 1000 proceedings before almost all of the state commissions

	

18
	

and all Federal commissions that regulate utilities or transportation industries.

HAVE YOU PREPARED A SUMMARY OF YOUR QUALIFICATIONS AND

EXPERIENCE?

Yes.	 Attachments A and B to my testimony summarize my qualifications and

experience.

HAVE YOU PREVIOUSLY SUBMITTED TESTIMONY IN REGULATORY

PROCEEDINGS?

Yes. Attachment B is a list of my engagements as an expert and/or expert witness before

state and federal regulatory agencies.

HAVE YOU PREVIOUSLY APPEARED BEFORE THIS COMMISSION?

19	 Q.

20

21	 A.

22

23 Q.

24

25	 A.

26

27 Q.



I	 A.	 No.

2 Q.	 BEFORE WHICH AGENCIES HAVE YOU PREVIOUSLY TESTIFIED IN

3	 REGULATORY PROCEEDINGS?

4	 A.	 I have submitted testimony to the Federal Communications Commission, the Federal

5	 Energy Regulatory Commission, the Alaska Public Utilities Commission, the

6	 Corporation Commission of the State of Kansas, the Delaware Public Service

7	 Commission, the Maryland Public Service Commission, and the Public Service

8	 Commission of the District of Columbia.

9 Q.	 PLEASE SUMMARIZE YOUR QUALIFICATIONS?

10 A.	 I received undergraduate and graduate degrees in Philosophy from Yale College and

11	 Purdue University. By education and professional experience I have expertise in formal

12	 and mathematical logic, statistics, economics, financial analysis, econometrics, and

13	 computer modeling. In the course of my professional career I have gained knowledge in

14	 the areas of commercial and industrial operations in the energy, transportation, and

15	 telecommunications industries and am familiar with a wide range of experimental and

16	 investigative methods in science and engineering. For over 25 years I have served as a

17	 consultant on the economics of regulated industries to clients in the public and private

18	 sectors. In that capacity I have been responsible for the design and execution of

19	 statistical, economic and financial analyses of discrete commercial operations, individual

20	 firms, and industry sectors for use by management and counsel in formulating and

21	 implementing commercial and litigation strategy. In a number of cases, these analyses

22	 have been the basis for testimony by me or others in regulatory and court proceedings.

23	 My consulting assignments in the energy field have included analyses of crude oil and

Fj



petroleum product markets, the operations and costs of petroleum pipelines,

	

2	 investigations of operating and plant investment costs and least cost planning of electric

	

3	 and natural gas utilities, and all aspects of the restructuring of electric markets.

4 Q. PLEASE SUMMARIZE YOUR ELECTRIC REGULATORY EXPERIENCE.

	

5	 Until recently my electric regulatory experience has been primarily before the Public

	

6	 Service Commission of the District of Columbia with regard to the Potomac Electric

	

7	 Power Company (Pepco). I have testified in numerous cases regarding (a) planning

	

8	 reserve margin, (b) "lost revenues" attributable to Demand-Side Management ("DSM")

	

9	 programs, (c) weather emergency response, (d) operational and financial issues with

	

10	 regard to Pepco's divestiture of its generating assets and the subsequent unbundling of its

11	 retail rates, (e) performance of renewable and energy efficiency programs, (f) the

	

12	 performance of Pepco's transmission and distribution facilities, (g) the cost and benefits

	

13	 of the Pepco-Conectiv merger, (h) the procurement of Standard Offer Service ("SOS")

	

14	 electric supply and retail SOS rates, (i) the need for new transmission lines to serve load,

	

15	 and (j) issues of cost allocation, revenue requirement distribution, and rate design. I also

	

16	 served for a number of years as the technical representative of the Office of the People's

	

17	 Counsel of the District of Columbia to Pepco's Productivity Improvement Working

	

18	 Group and on various member working groups within PJM. Most recently I have

	

19	 testified in Maryland and Delaware regarding Baltimore Gas and Electric's and Delmarva

	

20	 Power and Light's electric costs of service, rate designs and reliability investment

21	 recovery mechanisms.

22 Q. WHAT IS THE OBJECTIVE OF YOUR TESTIMONY?

91



	

IA
	

I have been asked by the Advocacy Staff of the North Dakota Public Service Commission

	

2
	

(Staff) to examine the assertions and proposals in this proceeding by Northern States Power

	

3
	

(NSP) regarding its North Dakota jurisdictional and class costs of service, rate design, and

	

4
	 proposed Transmission Cost Recovery (TCR) tracker.

	

5
	

HAVE YOU PREPARED ANY EXHIBITS IN SUPPORT OF YOUR

	6
	

RECOMMENDATIONS?

	7
	

A.	 Yes. I have included eight exhibits.

	

8
	

Exhibit KRP-1: NSP Jurisdictional Allocators by FERC Account

	

9
	

Exhibit KRP-2: 2007 to 2013 NSP System Peak Demand

	

10
	

Exhibit KRP-3: Jurisdictional Rate Base Adjustment Factors

11
	

Exhibit KRP-4: Jurisdictional O&M Expense Adjustment Factors

	

12
	

Exhibit KRP-5: Class Cost of Service Cost Classifications and Allocators

	

13
	

Exhibit KRP-6: Rate Structure Matrix

	

14
	

Exhibit KRP-7: Class Rate Component Matrix

	

15
	

Exhibit KRP-8: "How Should Regulators View Cost Trackers"

16

17 Q. HOW IS YOUR TESTIMONY ORGANIZED?

	18	 A.	 My testimony is organized into four sections. In the first section 1 address NSP's

	

19	 jurisdictional allocation of costs to North Dakota. In the second section I address NSP's

	

20	 allocation of North Dakota jurisdictional costs to North Dakota customer classes. In the

	

21	 third section I address NSP's rate design proposals. In the fourth section I address NSP's

	

22	 proposed Transmission Cost Recovery tracker.

	

23	 I.	 SUMMARY OF TESTIMONY AND CONCLUSIONS

4



I Q. PLEASE SUMMARIZE YOUR TESTIMONY.

	2	 A.	 As explained in my testimony below, NSP's jurisdictional cost assignment methods and

	

3	 procedures are, with the exception of the use of a 12 coincident peak demand allocator,

	

4	 appropriate and in accordance with the principles enunciated in the NARUC Cost Allocation

	

5	 Manual. The 12 coincident peak demand over-allocates system costs to the North Dakota

	

6	 jurisdiction. NSP's class cost assignment methods and procedures are appropriate and

	

7	 consistent with the NARUC cost allocation principles. NSP's proposed customer class

	

8	 revenue distribution is cost based and reasonable. The class cost study does not, however,

	

9	 directly support the current rate structure. NSP's proposed modifications to the rate

	

10	 components, moving customer and demand charges towards full cost recovery, are

	

11	 appropriate and reasonable. NSP's rate structure, however, is overly complex and the tariff

	

12	 is virtually incomprehensible. NSP's application for a Transmission Cost Recovery (T*€-

	

13	 rider does not comport with the statutory requirements for Commission consideration and

	

14	 lacks a demonstration that the costs proposed for the tracker meet the criteria for inclusion in

	

15	 a tracker.

	

16	 My recommendations are:

	

17
	

.	 The Commission should direct NSP to use a single coincident peak demand

	

18
	

allocator for purposes of assigning system costs to the North Dakota

	

19
	

jurisdiction.

	

Fill
	

.	 The Commission should adopt NSP's class cost study for the purposes of

	

21
	

class revenue requirement distribution.

	

22	 •	 The Commission should direct NSP to eliminate the rate classes for which it

	

23	 has no North Dakota customers, eliminate the Residential Time of Day rate

5



	

1
	

classes, and eliminate the customer charge distinction between standard,

	

2
	

underground and space heating customers.

	

3
	

The Commission should also direct NSP to further simplify its rate structure,

	

4
	

reducing the number of rate classes and aligning its class cost study so as to

	

5
	

directly support the simplified rate structure.

	

6
	

S
	

The Commission should direct NSP to overhaul its tariff substituting plain

	

7
	

language for technical terms wherever possible, include a section defining

	

8
	

in plain language the technical terms that are used in the tariff, and place

	

9
	

specific tariff sheet references wherever rate schedules and riders make

	

10
	

reference to other riders or rate schedules.

11

12

13

14

15

16

17	 II.

18

19	 Q.

S
	

The Commission should direct NSP to remove its Account Service Charge

as it is in violation of Administrative Rules: 69-09-02-02.1

• The Commission should defer consideration of NSP's lft& proposal until

such time as NSP submits an application that comports with the statutory

requirements and demonstrates that the tracker costs meet the criteria for

inclusion in a tracker.

DISCUSSION

NSP'S NORTH DAKOTA JURISDICTIONAL ALLOCATION

HAVE YOU EXAMINED NSP'S METHODS AND PROCEDURES UNDERLYING

'A,:
	

ITS ASSIGNMENT OF COSTS TO THE NORTH DAKOTA JURISDICTION?

21
	

A.	 Yes. NSP's North Dakota costs are summarized in Schedule 8 of Exhibit (AEH-1), the

22
	

Direct Testimony of Anne E. Heuer. NSP's jurisdictional methods and procedures are set

23
	

forth in Schedule 12 of Exhibit 	 (AEH-1). 1 have also examined the electronic files



which calculate the North Dakota costs assignments and allocations that are summarized in

	

2	 Schedule 8 and the workpapers to those files.]

3 Q. PLEASE BRIEFLY SUMMARIZE NSP'S JURISDICTIONAL METHODS AND

	4	 PROCEDURES?

	

5	 A.	 The NSP electric system comprises assets and operations in Minnesota, North Dakota and

	

6	 South Dakota. Those assets and operations produce, transmit and deliver electricity to retail

	

7	 and wholesale customers. NSP first functionalizes its facilities investment and operating

	

8	 expenses as distribution, transmission, production, fuel and purchased energy, customer

	

9	 accounts, customer sales, property taxes, and administrative & general based on the Federal

	

10	 Energy Regulatory Commission (FERC) system of accounts. The functionalized system

11	 costs are then either directly assigned based on NSP location coding or allocated by FERC

	

12	 account to the North Dakota jurisdiction. For the allocation of costs NSP uses three

	

13	 allocation methods: (1) 12 coincident peak demand, (2) energy delivered, and (3) number of

	

14	 customers. The allocation method selected for each FERC account is based on cost-

	

15	 causation. Exhibit KRP-1 lists by FERC account the allocators used by NSP.

16 Q. WHAT IS YOUR ASSESSMENT OF NSP'S JURISDICTIONAL METHODS AND

	17	 PROCEDURES?

	18	 A.	 NSP's jurisdictional methods and procedures are, with one exception, appropriate and

	

19	 conceptually in accordance with the principles enunciated in the NARUC Electric Utility

	

20	 Cost Allocation Manual, particularly the principle of cost-causation. The exception is

	

21	 NSP's use of 12 coincident peak demand to allocate production capacity costs and

	

22	 transmission costs, which is inappropriate given NSP's system operation and performance.

Responses to NDPSC 6-001 - 6-007, 10-007 - 10-010, and 11-001 - 11-004.
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I	 Q.

2

	

3	 A.

4

5

6

7

8

9

10

11

12

	

13	 Q.

14	 A.

15

16

17

WHY IS THE 12 COINCIDENT PEAK DEMAND METHOD INAPPROPRIATE

FOR NSP'S SYSTEM?

There are several different methods of calculating coincident peak demand, 2 each of which

is appropriate to the specific peaking pattern experienced by a system. The 12 coincident

peak method calculates system and jurisdictional coincident peak demands as the average of

the system's monthly coincident peak demands and is appropriate for a transmission system

where "significant variations in monthly peak demands are not present" 3 or generation

systems where "monthly peaks lie within a narrow range." 4 NSP's system, however,

experiences significant variation in its monthly peak demand - NSP is a strongly summer

peaking system as can be seen on page 1 of Exhibit KRP-2 where I have graphed NSP's

historical monthly peak demands for the years 2007 through 2012 and NSP's forecast

monthly peak demands for 2013.

WHAT IS THE APPROPRIATE METHOD FOR NSP'S SYSTEM?

For a strongly summer peaking system like NSP's the appropriate method for calculating

coincident peak demand is the single system coincident peak method s which calculates

system and jurisdictional peak demands as the highest monthly system peak demand. As

the NARUC Manual states,

18
	

"[t]he single highest peak demand is the overriding consideration that drives power
19
	

supply cost decisions. Customer contribution to this single annual system peak is
20
	

used to measure customer responsibility. The result is that those customers which
21
	

most heavily contribute to the single monthly peak will pay proportionally large
22
	

amounts of the cost ..."
23

2 NARUC Manual at 44-48 and 77 - 79.
NARUC Manual at 79 (emphasis added)..

' NARUC Manual at 46.
NARUC Manual at 77.
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I Q. HAVE YOU QUANTIFIED AND COMPARED THE IMPACT ON THE NORTH

	

2	 DAKOTA ALLOCATION OF THE SINGLE COINCIDENT PEAK AND 12

	3	 COINCIDENT PEAK METHODS?

	4	 A.	 Yes. On page 2 of Exhibit KRP-2 I have calculated NSP's jurisdictional allocation factors

	

5	 using both methods for the historical years 2007 - 2012 and the forecast year 2013. For all

	

6	 these years the single coincident peak allocation to the North Dakota jurisdiction is

	

7	 significantly less than the 12 coincident peak allocation. For forecast 2013, the test year in

	

8	 this proceeding, the single coincident peak produces a North Dakota allocation factor of

	

9	 5.4942% compared to NSP's 12 coincident peak allocation factor of 6.0227%.

10 Q. DO YOU RECOMMEND THAT THE TEST YEAR NORTH DAKOTA

	

11	 JURISDICTIONAL COSTS BE ADJUSTED TO REFLECT A COINCIDENT PEAK

	12	 DEMAND ALLOCATION FACTOR OF 5.4924%?

	13	 A.	 No. For consistency with the adjustments that Staff proposes that are based three-year

	

14	 financial averages, I recommend that the test year North Dakota jurisdictional costs be

	

15	 adjusted to reflect a single coincident peak allocation factor of 5.0864%, which is the

	

16	 average single coincident peak allocation factor for the years 2010 through 2012. The

	

17	 calculation of this allocation factor is shown on page 2 of Exhibit KRP-2. In Exhibit KRP-3

	

18	 and Exhibit KRP-4, I have calculated adjustment factors for, respectively, rate base items

	

19	 and production and transmission O&M expense items. Table 1, below, summarizes these

	

20	 adjustment factors.

	

21	 TABLE 1 - Rate Base and O&M Adjustment Factors

Plant in Service Adjustment Factor 	 87.1%

Reserve Adjustment Factor	 87.2%



CWIP Adjustment Factor 	 84.8%

Accumulated Deferred Taxes Adjustment 	 87.1%

Factor

Production O&M Adjustment Factor 	 83.3%

Transmission O&M Adjustment Factor 	 84.5%

1

2 Q.

3

4 A.

5

6 Q.

7

8	 A.

9

10

11

12

13

14

15

16	 Q.

17

DO YOU HAVE ANY OTHER RECOMMENDATIONS REGARDING NSP'S

ALLOCATIONS TO THE NORTH DAKOTA JURISDICTION?

Yes. The costs of NSP's Wind2Battery Project and high cost Purchased Power Agreements

(PPAs) should be excluded from the North Dakota jurisdictional costs.

WHY SHOULD THE WIND2BATTERY PROJECT BE EXCLUDED FROM

NORTH DAKOTA JURISDICTIONAL COSTS?

This project is not cost effective. While part of the project was paid for with MN

renewable development funds, there is no reason to allocate any of these costs to the

North Dakota jurisdiction. While Advocacy Staff has ignored some of the high priced

projects that NSP is involved in, it can no longer recommend that the Commission accept

such projects into NSP's North Dakota jurisdictional costs. The Commission should send

in this proceeding a strong signal to both NSP and the Minnesota Commission that North

Dakota will no longer tolerate projects that are uneconomical and, therefore, not in the

best interests of North Dakota customers.

WHAT HIGH COST PPAS DO YOU RECOMMEND BE EXCLUDED FROM

THE NORTH DAKOTA JURISDICTIONAL COSTS?

10



	

I	 A.	 Best Power, Outland Solar, FibroMinn, Laurentian Energy Authority I, St. Paul

	

2	 Cogeneration, KODA Energy LLC, Adams, Danielson Wind Farm, Grant County Wind,

	

3	 LLC, North Community Turbines, North Wind Turbines, Ridgewood Power Partners

	

4	 LLC, Uilk Wind Farm, Valley View Transmission, Winona County Wind, Community

	

5	 Wind South, and Moraine Wind II.

6 Q. WHY DO YOU RECOMMEND THAT NORTH DAKOTA CUSTOMERS NO

	

7	 LONGER PAY THE COSTS OF THESE PPAs?

	8	 A.	 With the exception of the Community Wind South and Moraine Wind II projects, all of

	

9	 the other projects are priced over $60 per MWH. A number of these high priced projects

	

10	 are MN CBED projects. North Dakota customers shouldn't have to pay for high priced

	

11	 Minnesota contracts that are designed to benefit local Minnesota communities. There are

	

12	 also solar projects in this mix. Solar has not been shown to be cost effective in most

	

13	 states and NSP's current solar PPAs are not an exception to this. There are also projects

	

14	 in this mix that have Minnesota legislative mandated prices which again, should not be

	

15	 the responsibility of North Dakota customers. In looking at the Community Wind South

	

16	 and Moraine Wind II projects, while these are below the $60 per MWH cut off, the PPAs

	

17	 were approved at a time when the costs were considered above market. The Minnesota

	

18	 Commission reluctantly approve both of these contracts because of prior commitments

	

19	 which should not be the responsibility of ND customers.

20 Q. ARE THERE ANY SILVER LININGS IN THE ADVOCACY STAFF'S

	21	 POSITIONS ON PPAs?

	22	 A.	 Yes. The Commission has not yet allowed recovery for the Prairie Rose PPA in the fuel

	

23	 clause. While the Company claims that it filed an ADP and recovery should be allowed,

11



I	 the Company didn't file the ADP until early 2012 in spite of signing the contract in mid-

	

2	 2011 and obtaining Minnesota Commission approval a few months later. While the

	

3	 Company claims that it did nothing wrong, Advocacy Staff notes that the Company later

	

4	 promised to file ADPs within 30 days of making filings in Minnesota. Advocacy Staff

	

5	 reminds the Company that in a February 5, 2013 letter to the Minnesota Commission they

	

6	 stated that they have enough RECs through 2020 to comply in all states. And because the

	

7	 North Dakota objective is only 10 percent, the Company will be in compliance for many

	

8	 years beyond 2020 without needing new renewable resources.

	

9	 Advocacy Staff also notes that the Prairie Rose project uses a net zero interconnection

	

10	 with the Anson plant. Prairie Rose is 240 MW and Angus Anson is a 405 MW

	

11	 generating station. It is not clear that there is any need for this wind project and that

	

12	 money could not be saved by operating the Angus Anson Plant?

	

13	 In spite of these concerns and the fact that customers are currently receiving benefits by

	

14	 not including this contract currently in the fuel clause, Staff believes over the long run the

	

15	 project will be acceptably priced and reasonable. Staff recommends its recovery in the

	

16	 fuel clause going forward once final rates are approved in this case. The Company

	

17	 should not, however, be allowed recovery for the costs prior to the conclusion of this case

	

18	 considering that the ADP was not timely and the project is more expensive than current

	

19	 prices.

	

20	 NSP'S CLASS COST OF SERVICE

21 Q. HAVE YOU EXAMINED NSP'S METHODS AND PROCEDURES UNDERLYING

	

22	 ITS ASSIGNMENT OF COSTS TO THE NORTH DAKOTA RATE CLASSES?

12



	

I	 A.	 Yes. NSP's assignment of the North Dakota jurisdictional costs to its North Dakota rate

	

2	 classes is presented and summarized in Schedules 3-5 of Exhibit	 (MAP-1), the Direct

	

3	 Testimony of Michael A. Peppin. NSP's class cost of service methods and procedures are

	

4	 set forth in Schedule 2 of Exhibit _(MAP- 1). I have also examined the electronic files

	

5	 which calculate the class costs assignments and allocations that are presented and

	

6	 summarized in Schedule 3, the workpapers to those files, and NSP system planning

	

7	 documents.6

8 Q. PLEASE BRIEFLY SUMMARIZE NSP'S CLASS COST OF SERVICE METHODS

	9	 AND PROCEDURES.

	10	 A.	 NSP takes the standard three-step approach to class cost assignment of functional izing,

	

1 1	 classifying, and then directly assigning or allocating costs , as appropriate, the North Dakota

	

12	 jurisdictional costs to its customer classes. NSP begins by assigning individual cost items to

	

13	 operational functions, i.e., generation, transmission, distribution, or customer. Within each

	

14	 function individual cost items are then classified as to cost drivers, i.e., capacity required,

	

15	 energy delivered, or customers served. NSP classifies generation plant costs as capacity-

	

16	 driven or energy-driven using ratios based on current replacement costs for each type of

	

17	 generation. In addition, the capacity-driven plant costs are further separated into summer

	

18	 and winter components using an average and excess analysis. Transmission costs and

	

19	 distribution substation and transformer costs are classified as capacity-driven. Distribution

	

20	 primary line, secondary facilities, and services costs are classified into capacity and

	

21	 customer components using the Minimum Distribution System (MDS) method.

	

22	 Distribution metering and customer service costs are classified as customer-driven. Finally,

	

23	 specific customer-dedicated cost items are directly assigned, while the remainder of the

6 Responses to NDPSC 6-013 - 6-016 and 1-0 19.
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classified cost items are allocated to the customer classes using allocations factors that

2	 reflect the classes' cost-causative characteristics, i.e., class kW demand for costs classified

3	 as capacity-driven, class kWh delivered for costs classified as energy-driven, and number of

4	 customers for costs classified as customer-driven. Exhibit KRP-5 reproduces pages from

5	 Schedule 2 that show NSP's cost classification matrix, list and describe the allocators used,

6	 and list the customer classes used.

7 Q. WHAT IS YOUR ASSESSMENT OF NSP'S CLASS COST OF SERVICE

METHODS AND PROCEDURES?

NSP's class cost of service methods and procedures are conceptually in accordance with the

principles enunciated in the NARUC Electric Utility Cost Allocation Manual. There are

theoretical issues regarding the determination of capacity and energy components of

generation plant costs and the determination of capacity/customer components of

distribution plant costs. Most of these issues are a matter of whether class contributions to

system diversity are accurately reflected in NSP's capacity/demand allocators. Resolution

of these issues, however, would require detailed studies and analyses of NSP's system that I

have not undertaken. I found no overt indications of problems in NSP's class cost of service

results.

RATE DESIGN

HAVE YOU EXAMINED NSP'S PROPOSED RATE DESIGN?

Yes. NSP's rate design for the North Dakota jurisdiction is presented and summarized in

pages 3-16 and Schedules 2-8 of Exhibit 	 (SVH- 1), the Direct Testimony of Steven V.

8

9 A

10

11

12

13

14

15

16

17

18

19	 Q.

20 A.

21

14



Huso and the proposed tariff sheets provided in NSP's application. I have also examined

	

2	 the electronic files which calculate NSP's proposed rates and the workpapers to those files.7

3 Q. PLEASE BRIEFLY SUMMARIZE NSP'S CLASS COST OF SERVICE METHODS

	4	 AND PROCEDURES.

	

5	 A.	 NSP proposes to distribute revenue responsibility to the Residential and C&I classes based

	

6	 on full cost of service. For the Lighting classes, NSP proposes what it characterizes as "a

	

7	 modest movement to cost," which results from its proposed reduction in the range of cost

	

8	 differentials for the Lighting classes. 8 As regards rate structure, NSP proposes no changes

	

9	 to its current rate schedules, 9 but does propose changes to the level of the individual

	

10	 components. Specifically, NSP proposes to move the customer charges closer to cost and a

11	 relative reduction in the energy charges for the Residential and Non-Demand C&I schedules

	

12	 and to increase demand charges relative to energy and fuel costs charges for the C&I

	

13	 Demand schedules. For the Lighting schedules NSP proposes a significant increase in the

	

14	 Full Service schedule charges, a very slight increase in the Energy schedule charges, and no

	

15	 increase in the Protective schedule charges.

16 Q. WHAT IS YOUR ASSESSMENT OF NSP'S PROPOSED REVENUE

	17	 RESPONSIBILITY DISTRIBUTION?

	18	 A.	 The cost of service study results demonstrate that the Residential and C&T classes under the

	

19	 current rates are very close to full cost recovery, while the Lighting classes fall significantly

	

20	 short of full recovery. to Bringing the lighting classes to full recovery would, as Mr. Huso

Responses to NDPSC 7-001 - 7-009.
8 Page 5, lines 9-15 of Exhibit 	 (SVH-1).
' Page 6, lines 15-169-15 of Exhibit	 (SVH-1).
'° Exhibit	 (MAP-I), Schedule 3.
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I	 notes, result in significant rate shock to the Full Service subclass." My recommendation is

2	 that NSP's proposed revenue responsibility distribution be adopted by the Commission and

3	 that the revenue requirement approved in this proceeding be distributed to the classes in

4	 proportion to the revenue responsibility proposed in Table 2 of Mr. Huso's testimony. 12

5	 TABLE 2- REVENUE RESPONSIBILITY DISTRIBUTION

Class	 NSP 2013 Proposed	 Percent Distribution
Revenue _(000)_/1

Residential	 $76,777	 38.5%

Non-Demand	 12,537	 6.3%

C&I Demand	 108,334	 54.3%

Lighting	 1,948	 0.9%

Total	 $199,597	 100.0%

/1: Source - Table 2, page 6 of Exhibit_(SVH-1)

7 Q. WHAT IS YOUR ASSESSMENT OF NSP'S PROPOSED RATE STRUCTURE AND

	

8	 PROPOSED RATE COMPONENT MODIFICATIONS?

	9	 A.	 Conceptually, the proposed modifications, all of which move customer and demand rate

	

10	 components towards full cost recovery, are appropriate and wholly consistent with the goal

11	 of having rate components in fact reflect full cost of service and thereby send proper price

	

12	 signals to customers. NSP's current rate structure, however, is overly complex, produces

	

13	 component rate distinctions not clearly based on cost and, as presented in NSP's tariff,

	

14	 virtually incomprehensible.

15 Q. PLEASE GIVE SOME EXAMPLES OF HOW THE RATE STRUCTURE IS

	16	 OVERLY COMPLEX.

Page 14, lines 14-27, Exhibit 	 (SVH-1).
12 Responses to NDPSC 7-001 - 7-009.
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I	 A.	 In Exhibit KRP-6 I have constructed a matrix of NSP's North Dakota rate classes versus rate

	

2	 structure components and rider applications as presented in NSP's Tariff No. 2. What this

	

3	 matrix reveals is that NSP has effectively 30 rate classes that are distinguished from each

	

4	 other by rate structure and/or, in the case of classes with the same structure, different rates.

	

5	 Examples of the latter are the Residential classes which have different customer charges

	

6	 depending on whether the customer is served by underground or overhead facilities. In

	

7	 Exhibit KRP-7 I have constructed a matrix showing the charges for the various rate

	

8	 components of the rate classes shown in Exhibit KRP-7. Of these 30 rate classes, four have

	

9	 no customers (D19, D 34, D62, and D63). Of the four Residential Time of Use rate classes,

	

10	 two have, respectively 1 and 2 customers (D02Res and D02 Rsh) and two have,

	

11	 respectively, 9 and 15 customers (D04Res and D04Rsh). The two D02 rate classes,

	

12	 standard and space heating, are distinguished by (1) energy charges, which is consistent with

	

13	 cost causation and (2) customer charge, which is not consistent with cost causation.

	

14	 Similarly, the two D04 rate classes, standard and space heating, are distinguished by (1)

	

15	 energy charges, which is consistent with cost causation and (2) customer charge, which is

	

16	 not consistent with cost causation. Given the number of customers that have selected the

	

17	 Residential Time of Use rate classes over the regular Residential rate schedules, I question

	

18	 whether even the time of day energy charges reflect the actual cost of service. The

	

19	 customer charge situation is similar with regard to the four regular Residential rate

	

20	 schedules, where the customer charges differ between standard, underground and space

	

21	 heating and also the customer charges for the Residential Time of Day rate classes. On the

	

22	 basis of which I question whether any of Residential rate class customer charges can be said

	

23	 to be cost based, given that the class cost study develops costs for a single Residential

17



1 customer class without regard of the rate structure underlying the eight residential rate

2 classes. A similar situation arises with regard to the twelve commercial rate classes are

3 elaborated upon just three customer classes in the class cost of service study.

4  Q. PLEASE GIVE SOME EXAMPLES OF THE INCOMPRENESIBILITY OF THE

5 TARIFF.

6  A. Commercial” and “non-residential”, which are equivalent terms, are used indiscriminately

7 to no discernible purpose in the tariff. Similarly “Oct-May” and “Other Months”, which are

8 equivalent terms, are used indiscriminately to no discernible purpose in the tariff. There is

9 no clear indication in the tariff that the Energy Controlled Service Rider applies to rate

10 schedule D21. The rider tariff sheets lack specific tariff sheet references to the applicable

11 rate schedule tariff sheets and the rate schedule tariff sheets lack specific tariff sheet

12 references to the rider tariff sheets. There are  a large number of technical terms used in the

tariff sheets that are nowhere defined (e.g.. Tier 1, Tier 2, secondary, primary, transmission.13

14 transmission transformed, disconnecting means, control period, single phase, three phase.

15 etc). There is an apparently arbitrary mixture of rate component charges that are stated in

16 either dollars or cents. All of this turns reading the tariff into a task akin to biblical exegesis.

17 Q. WHAT ARE YOUR RECOMMENDATIONS REGARDING RATE STRUCTURE

18 AND TARIFF NDPSC NO. 2?

19 A. NSP should overhaul its rate structure, reducing the number of rate classes and redesign its

20 class cost study so as to directly support the simplified rate structure and improve the

21 comprehensibility of the tariff in the ways discussed above. As a practical matter, it is not

possible to affect such an overhaul within this proceeding.22 As a consequence my

23 recommendation to the Commission is that it direct NSP to eliminate the rate classes for

18



which it has no North Dakota customers, eliminate the Residential Time of Day rate classes,1

2 and eliminate the customer charge distinction between standard, underground and space

'?br4rV\€_
heating customer charges^purposes of this proceeding. 1  also recommend that the3

4 Commission direct NSP to undertake at the conclusion of this proceeding to simplify its rate

5 structure and align its class cost study with the simplified rate structure. As regards the

6 tariff, 1 recommend that the Commission direct NSP to substitute plain language for

7 technical terms wherever possible in the tariff, include a section defining in plain language

8 the technical terms that are used, and place specific tariff sheet references where ever rate
(y^

schedules and riders make reference to other riders^pfrate schedules.9

10

The Commission should also direct NSP to remove its Account History Charge from its

12 tariff as it doesn’t conform to the Commission Administrative Rules: 69-09-02-02.1.

TRANSMISSION COST RECOVERY (TRCTtRAC ER13

14 Q. PLEASE DESCRIBE NSP’S TRANSMISSION COST RECOVERY TRACKER.

15 A. NSP witnesses McCarten and Heuer present NSP’s proposed Transmission Cost Recovery

(TJtCf tracker. The TRC is a hybrid cost tracker designed to recover both (1) transmission

investment and operating expenses associated with new or modified electric transmission

rc(^
16

17

facilities that are not included in rate base in this proceeding and (2) federally regulated18

19 transmission costs for MISO facilities that increase regional transmission capacity or

20 reliability. On pages 1 and 2 of Schedule 22 of Exhibit (AEH-1), Ms Heuer presents an

21 example of the calculation of the tracker revenue requirement. The revenue requirement for

22 each transmission project is forecasted on a total company basis and a portion then allocated

23 to NSP’s North Dakota Jurisdiction. The revenue requirement includes calculation of

13 McCarten Direct at 3; Heuer Direct at 84-94; Exhibit (AEH-1) Schedule 22.
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separate debt and equity return components to which are added various income statement1

items. The jurisdictional revenue requirements for individual projects are then summed and2

netted against forecast revenues received under MISO 26 and 26A tariffs.3

4  Q. PLEASE DESCRIBE THE SURCHARGE THROUGH WHICH NSP PROPOSES

TO RECOVER TRANSMISSION COSTS.5

Ms Heuer presents an example calculation of the surcharge on page 3 of Schedule 22 of6  A.

Exhibit (AEH-1) and NSP witness Huso presents the rider tariff page. The surcharge is7

a single per kWh charge applicable to all customer classes that is calculated by dividing the8

forecast net revenue requirement by the forecast jurisdictional sales kWh. The tariff page9

presented by witness Huso reflects a single $0.000000 per-kWh charge applicable to all10

classes. NSP intends separately to file later this year for approval of a non-zero surcharge11

14
covering unspecified transmission investments to be effective January 1, 2014.12

CAN YOU BRIEFLY DESCRIBE THE REGULATORY STATUS OF COST13 Q.

RECOVERY TRACKERS?14

While trackers depart from the standard regulatory model in very important ways that result15 A.

in a reduction of the utility’s risk, they are not new to the world of regulated utilities. A16

succinct summary of the regulatory pros and cons of trackers can be found in a 2009

whitepaper from the National Regulatory Research Institute'^, which 1 have included as

Exhibit KRP-8 to my testimony. In the past trackers have been instituted only under

17

18

19

extraordinary circumstances which Commissions have noted in justifying departures from20

the traditional regulatory model. There are two types of tracker. The first and older type of21

tracker is an expense tracker. Examples of extraordinary cost circumstances justifying a22

14
Huso Direct at 15.

“How Should Regulators View Cost Trackers,” National Regulatory Research Institute, September 2009.15

20



departure from the traditional model have been costs that: (1) are outside the control of a

utility; (2) are unpredictable and volatile; or (3) are substantial and recurring. In the electric2

industry the classic examples of this kind of tracker are the ubiquitous fuel adjustment3

4 clauses. These clauses recognize that the electric generation fuel (gas, petroleum, and coal)

5 commodity costs are substantial, unpredictable, volatile, and beyond the control of utility

6 management. The other and more recent type is an investment or capital expenditure

7 tracker. Recently, capital expenditure trackers have been accepted in a number of

8 jurisdictions for recovery of “infrastructure investments. However, Commissions have99

9 generally approved investment trackers only after  a showing that: (1) the tracker targets

incremental investment; (2) the tracker is needed; (3) the tracker will address the identified10

need; and (4) the tracker represents a quantifiable benefit to ratepayers.

12 Q. ARE THERE STATUTORY PROVISIONS IN NORTH DAKOTA THAT ARE

TC€
RELEVANT TO THE PROPOSED 'pKfTRACKER?13

14 A. Yes. Section 49-05-04.3 of the North Dakota Century Code provides that “[t]he

commission may approve, reject, or modify a tariff filed under section 49-05-06 which15

16 provides for an adjustment of rates to recover jurisdictional capital and operating costs

16incurred by a public utility for new or modified electric transmission facilities.17
99

The tariff

18 must:

19 a. Allow the public utility to recover on a timely basis its investment and
assoeiated costs for new or modified electric transmission facilities not reflected

in the utility's general rate schedule;
20

21

22

23 b. Allow a return on the public utility's investment made for new or modified
electric transmission facilities at the level approved in the utility's most recent
general rate case;

24

25

26

27 c. Provide a current return on construction work in progress for new or modified

16
N.D.C.C. 49-05-04.3, sub. 1.
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electric transmission facilities, provided the cost recovery from retail customers of
the allowance for funds used during construction is not sought through any other
means; and

1

2

3

4

d. Terminate cost recovery after the public utility's costs for new or modified
electric transmission facilities have been recovered fully or have been reflected in
the utility's general rate tariffs.

5

6

7

8

The rate adjustment, i.e., surcharge, under the tariff must be accompanied by:

a. A description and quantification of the costs incurred by the public utility for
new or modified electric transmission facilities which are subject to recovery;

9

10

12

b. A schedule for implementation of the applicable transmission facility projects;13

14

c. Calculations to establish that the rate adjustment is consistent with the terms of
the tariff;

rC

15

16
iC

WHAT IS YOUR ASSESSMENT OF NSP’S TRACKER PROPOSAL?17 Q.

Based on my review of the materials presented by Ms. Heuer and Mr. Huso and received in

discovery, NPSM’s proposal is premature because it is incomplete. The Section 49-05

statutory authority cited by NSP clearly requires that the tracker application to the

Commission be documented by quantification of the costs proposed for inclusion, a

schedule for implementation the costs, and calculation of the rate adjustment that would

18 A.

19

20

21

22

result from those costs. NSP states it intends to make a filing later this year that will23

presumably inelude these items, but has not provided them here.24

BASED ON THE INFORMATION NSP DID SUBMIT IN THIS PROCEEDING25 Q.

WHAT IS YOUR ASSESSMENT OF THE PROPOSED TRACKER?

Tce
As regards to the operating expense^rtion of the T^jCfthe transmission operating expenses
NSP proposes to include in the TKtfdo not meet three of the four the criteria for inclusion in

a tracker. Transmission operating expenses are not unpredictable, not volatile, and not

beyond the control of management. While it is not possible at this point to determine

26

27 A.

28

29

30

17 NSP responses to NDPSC 6-010, 6-011, and 6-012.
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whether the operating expenses would be substantial, because NSP has not provided a

2 quantification of those expenses, measured against NSP’s total transmission operating

3 expenses, the operating expenses are not likely to be substantial. As regards the investment

TOR
4 portion of the T^^^the type of transmission investment NSP proposes to include in the

"PRC is appropriate for treatment in tracker providing it is shown that the investment is (1)5

incremental, (2) needed, (3) will meet the identified need, and (4) that tracker recovery will6

7 provide a benefit to ratepayers over revenue requirement recovery.

8 Q. WHAT ARE YOUR RECOMMENDATIONS REGARDING THE TR«

9 PROPOSAL?
tC£.

10 A. I recommend that the Commission defer any consideration of the in this proceeding.

On the assumption that NSP will file an application at some later time that does comport11

12 with the statutory authority and in the interest of the Commission’s most efficient

13 consideration of such an application, I also recommend that the Commission direct NSP to

14 file with any such application analyses demonstrating that the investment costs and

15 operating expenses proposed meet the criteria for inclusion in a tracker.

16 Q. DOES THIS CONCLUDE YOUR TESTIMONY?

17 A. Yes.
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Case No. PU-12-813
NDPSC Data Request 6-007
Attachment A - Page 1 of 6

Northern States Power Company
Electric Utility - State of North Dakota

O&M Expenses and Cost of Goods Sold
FERC Code and Associated Jurisdictional Allocator

Cost of Service Income
Statement Line	 FERC Code	 FERC Code Description	 Jurisdictional Mlocator

A&G	 920	 A&G Salaries	 ECustomerMN/SD/ND
A&G	 920	 A&G Salaries	 EDemandProd
A&G	 920	 A&G Salaries	 EDemandTran
A&G	 920	 A&G Salaries	 EDirectMN
A&G	 920	 A&G Salaries	 EDirectND
A&G	 920	 A&G Salaries	 EDirectSD
A&G	 920	 A&G Salaries	 ETwoFactorAlioc
A&G	 921	 A&G Office & Supplies 	 ECustomerMN/SD/ND
A&G	 921	 A&G Office & Supplies	 EDemandProd
A&G	 921	 A&G Office & Supplies	 EDemandTran
A&G	 921	 A&G Office & Supplies	 EDirectMN
A&G	 921	 A&G Office & Supplies	 EDirectND
A&G	 921	 A&G Office & Supplies	 EDirectSD
A&G	 921	 A&G Office & Supplies	 ETwoFactorAlloc
A&G	 922	 A&G Admn Transfer Crdt 	 EDemandProd
A&G	 922	 A&G Admn Transfer Crdt 	 ETwoFactorAlloc
A&G	 923	 A&G Outside Services 	 ECustomerMN/SD/ND
A&G	 923	 A&G Outside Services 	 EDemandProd
A&G	 923	 A&G Outside Services 	 EDirectMN
A&G	 923	 A&G Outside Services	 EDirectND
A&G	 923	 A&G Outside Services 	 ETwoFactorAlloc
A&G	 924	 A&G Property Insurance 	 EDemandProd
A&G	 924	 A&G Property Insurance 	 ETwoFactorAlloc
A&G	 925	 A&G Injuries & Damages	 ECustomerMN/ND
A&G	 925	 A&G Injuries & Damages	 ECustomerMN/SD/ND
A&G	 925	 A&G Injuries & Damages 	 EDemandProd
A&G	 925	 A&G Injuries & Damages	 EDemandTran
A&G	 925	 A&G Injuries & Damages	 EDirectMN
A&G	 925	 A&G Injuries & Damages	 EDirectND
A&G	 925	 A&G Injuries & Damages	 EDirectSD
A&G	 925	 A&G Injuries & Damages 	 ETwoFactorAlloc
A&G	 926	 A&G Pen & Ben	 ECustomerMN/ND
A&G	 926	 A&G Pen & Ben	 ECustomerMN/SD/ND
A&G	 926	 A&G Pen & Ben	 EDemandProd
A&G	 926	 A&G Pen & Ben	 EDemandTran
A&G	 926	 A&G Pen & Ben	 EDirectMN
A&G	 926	 A&G Pen & Ben	 EDireciND
A&G	 926	 A&G Pen & Ben	 EDirectSD
A&G	 926	 A&G Pen & Ben	 ETwoFactorAlloc
A&G	 928	 A&G Regulatory Comm Exp	 ECustomerMN/SD/ND
A&G	 928	 A&G Regulatory Comm Exp	 EDemandTran
A&G	 928	 A&G Regulatory Comm Exp	 EDirectMN
A&G	 928	 A&G Regulatory Comm Exp	 EDirectND
A&G	 928	 A&G Regulatory Comm Exp	 EDirectSD
A&G	 929	 A&G Duplicate Chrg Crdt	 ETwoFactorAlloc
A&G	 930.1	 A&G General Advertising 	 ECustomerMN/SD/ND
A&G	 930.1	 A&G General Advertising 	 EDirectND
A&G	 930.1	 A&G General Advertising 	 EDirectSD
A&G	 930.1	 A&G General Advertising 	 ETwoFactorAlloc
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Northern States Power Company
Electric Utility - State of North Dakota

O&M Expenses and Cost of Goods Sold
FERC Code and Associated Jurisdictional Allocator

Case No. PU-12-813
NDPSC Data Request 6-007
Attachment A - Page 2 of 6

Cost of Service Income
Statement Line	 FERC Code	 FERC Code Description	 Jurisdictional Allocator

A&G	 930.2	 A&G Misc General Exp	 ECustomerMN/SD/ND
A&G	 930.2	 A&G Misc General Exp	 EDemandProd
A&G	 930.2	 A&G Misc General Exp	 EDemandTran
A&G	 930.2	 A&G Misc General Exp	 EDirectMN
A&G	 930.2	 A&G Misc General Exp	 EDirectND
A&G	 930.2	 A&G Misc General Exp	 EDirectSD
A&G	 930.2	 A&G Misc General Exp	 ETwoFactorAlloc
A&G	 931	 A&G Rents	 ECustomerMN/SD/ND
A&G	 931	 A&G Rents	 EDemandProd
A&G	 931	 A&G Rents	 EDemandTran
A&G	 931	 A&G Rents	 EDirectMN
A&G	 931	 A&G Rents	 EDirectND
A&G	 931	 A&G Rents	 EDirectSD
A&G	 931	 A&G Rents	 ETwoFactorAlloc
A&G	 935	 A&G Maint of Gen PLT	 ECustomerMN/SD/ND
A&G	 935	 A&G Maint of Gen PLT	 EDemandProd
A&G	 935	 A&G Maint of Gen PLT 	 EDirectMN
A&G	 935	 A&G Maint of Gen PLT 	 ETwoFactorAlloc
Customer Accounts 	 901	 Cust Acct Supervise	 ECustomerMN/SD/ND
Customer Accounts 	 902	 Cust Acct Meter Read 	 ECustomerMN/SD/ND
Customer Accounts 	 902	 EDirectMN
Customer Accounts 	 902	 EDirectND
Customer Accounts 	 902	 EDirectSD
Customer Accounts 	 903	 Cust Acct Recrds &Coll	 ECustomerMN/SD/ND
Customer Accounts 	 904	 Cust Acct Uncollect	 ECustomerMN/SD/ND
Customer Accounts 	 904	 EDirectMN
Customer Accounts 	 904	 EDirectND
Customer Accounts 	 904	 EDirectSD
Customer Accounts 	 905	 Cust Acct Misc	 ECustomerMN/SD/ND
Customer Accounts 	 905	 EDirectMN
Customer Information	 908	 Customer Asst Expense 	 ECustomerMN/SD/ND
Customer Information	 908	 Customer Asst Expense	 EDirectMN
Customer Information	 908	 Customer Asst Expense	 EDirectND
Customer Information	 908	 Customer Asst Expense	 EDirectSD
Customer Information	 909	 Cust Set-v Instruct Adver	 ECustomerMN/SD/ND
Customer Information	 909	 Cust Set-v Instruct Adver	 EDirectMN
Customer Information	 909	 Cust Serv Instruct Adver	 EDirectND
Customer Information	 909	 Cust Serv Instruct Adver	 EDirectSD
Customer Sales 	 912	 Sales Demo & Sales	 ECustomerMN/SD/ND
Customer Sales 	 912	 Sales Demo & Sales	 EDirectMN
Distribution	 580	 Dist Oper Sup & Eng	 ECustomerMN/ND
Distribution	 580	 Dist Oper Sup & Eng	 ECustomerMN/SD/ND
Distribution	 580	 Dist Oper Sup & Eng 	 EDirectMN
Distribution	 580	 Dist Oper Sup & Eng	 EDirectND
Distribution	 580	 Dist Oper Sup & Eng	 EDi.rectSD
Distribution	 581	 Dist Load Dispatching	 ECustomerMN/SD/ND
Distribution	 581	 Dist Load Dispatching	 EDirectMN
Distribution	 582	 Dist Op Station Exp	 ECustomerMN/SD/ND
Distribution	 582	 Dist Op Station Exp	 EDirectMN
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Cost of Service Income
Statement Line	 FERC Code	 FERC Code Description	 Jurisdictional Mlocator

Distribution	 582	 Dist Op Station Exp	 EDirectND
Distribution	 582	 Dist Op Station Exp	 EDirectSD
Distribution	 583	 Dist Oper Overhead Lines 	 ECustomerMN/ND
Distribution	 583	 Dist Oper Overhead Lines 	 ECustomerMN/SD/ND
Distribution	 583	 Dist Oper Overhead Lines 	 EDirectMN
Distribution	 583	 Dist Oper Overhead Lines 	 EDirectND
Distribution	 583	 Dist Oper Overhead Lines 	 EDirectSD
Distribution	 584	 Dist Op UG Elec lines	 ECustomerMN/ND
Distribution	 584	 Dist Op UG Elec lines 	 ECustomerMN/SD/ND
Distribution	 584	 Dist Op UG Elec lines	 EDirectMN
Distribution	 584	 Dist Op UG Elec lines	 EDirectND
Distribution	 584	 Dist Op UG Elec lines	 EDirectSD
Distribution	 585	 Dist Oper Streetlight	 ECustomerMN/ND
Distribution	 585	 Dist Oper Streetlight	 ECustomerMN/SD/ND
Distribution	 585	 Dist Oper Streetlight	 EDirectMN
Distribution	 585	 Dist Oper Streetlight 	 EDirectND
Distribution	 585	 Dist Oper Streetlight	 EDirectSD
Distribution	 586	 Dist Oper Meter Exp	 ECustomerMN/ND
Distribution	 586	 Dist Oper Meter Exp	 ECustomerMN/SD/ND
Distribution	 586	 Dist Oper Meter Exp	 EDirectMN
Distribution	 586	 Dist Oper Meter Exp	 EDirectND
Distribution	 586	 Dist Oper Meter Exp 	 EDirectSD
Distribution	 587	 Dist Oper Cust Install 	 ECustomerMN/ND
Distribution	 587	 Dist Oper Cust Install	 ECustomerMN/SD/ND
Distribution	 587	 Dist Oper Cust Install 	 EDirectMN
Distribution	 587	 Dist Oper Cust Install 	 EDirectND
Distribution	 587	 Dist Oper Cust Install 	 EDirectSD
Distribution	 587	 Dist Oper Cust Install 	 ECustomerMN/SD/ND
Distribution	 588	 Dist Oper Misc Exp	 ECustomerMN/ND
Distribution	 588	 Dist Oper Misc Exp	 ECustomerMN/SD/ND
Distribution	 588	 Dist Oper Misc Exp	 EDirectMN
Distribution	 588	 Dist Oper Misc Exp	 EDirectND
Distribution	 588	 Dist Oper Misc Exp	 EDirectSD
Distribution	 589	 Dist Rents	 ECustomerMN/ND
Distribution	 589	 Dist Rents	 ECustomerMN/SD/ND
Distribution	 589	 Dist Rents	 EDirectMN
Distribution	 589	 Dist Rents	 EDirectND
Distribution	 589	 Dist Rents	 EDirectSD
Distribution	 590	 Dist Mtc Super & Eng	 ECustomerMN/SD/ND
Distribution	 590	 Dist Mtc Super & Eng	 EDirectMN
Distribution	 590	 Dist Mtc Super & Eng	 EDirectND
Distribution	 592	 Dist Mt of Station Equip	 ECustomerMN/ND
Distribution	 592	 Dist Mt of Station Equip	 ECustomerMN/SD/ND
Distribution	 592	 Dist Mt of Station Equip	 EDirectMN
Distribution	 592	 Dist Mt of Station Equip	 EDirectND
Distribution	 592	 Dist Mt of Station Equip	 EDirectSD
Distribution	 593	 Dist Mtc of Overhead LInes 	 ECustomerMN/ND
Distribution	 593	 Dist Mtc of Overhead LInes 	 ECustomerMN/SD/ND
Distribution	 593	 Dist Mtc of Overhead LInes	 EDirectMN
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Cost of Service Income
Statement Line	 FERC Code	 FERC Code Description	 Jurisdictional Allocator

Distribution	 593	 Dist Mtc of Overhead LInes 	 EDirectND
Distribution	 593	 Dist Mtc of Overhead LInes 	 EDirectSD
Distribution	 594	 Dist Mt of Undergrnd Line 	 ECustomerMN/ND
Distribution	 594	 Dist Mt of Undergrnd Line 	 EDirectMN
Distribution	 594	 Dist Mt of Undergrnd Line 	 EDirectND
Distribution	 594	 Dist Mt of Undergrnd Line 	 EDirectSD
Distribution	 594	 Dist Mt of Undergrnd Line 	 ECustomerMN/SD/ND
Distribution	 595	 Dist Mt of Line Transform	 ECustornerMN/ND
Distribution	 595	 Dist Mt of Line Transform 	 ECustomerMN/SD/ND
Distribution	 595	 Dist Mt of Line Transform 	 EDirectMN
Distribution	 595	 Dist Mt of Line Transform	 EDirectND
Distribution	 595	 Dist Mt of Line Transform 	 EDirectSD
Distribution	 596	 Dist Mtc of Streetlights 	 ECustomerMN/ND
Distribution	 596	 Dist Mtc of Streetlights 	 ECustomerMN/SD/ND
Distribution	 596	 Dist Mtc of Streetlights 	 EDirectMN
Distribution	 596	 Dist Mtc of Streetlights 	 EDirectND
Distribution	 596	 Dist Mtc of Streetlights 	 EDirectSD
Distribution	 597	 Dist Mtc of Meters	 ECustomerMN/SD/ND
Distribution	 597	 Dist Mtc of Meters	 EDirectMN
Distribution	 597	 Dist Mtc of Meters	 EDirectND
Distribution	 597	 Dist Mtc of Meters	 EDirectSD
Distribution	 598	 Dist Maint of Dist Plant 	 EDirectMN
Fuel and PE	 501	 Stm Gen Fuel	 EEnergy
Fuel and PE	 501.1	 Fuel Forecast	 EEnergy
Fuel and PE	 501.2	 Fuel Forecast	 EEnergy
Fuel and PE	 501.3	 Fuel Forecast	 EEnergy
Fuel and PE	 501.5	 Fuel Forecast	 EEnergy
Fuel and PE	 501.7	 Fuel Forecast	 EEnergy
Fuel and PE	 518	 Fuel Forecast	 EEnergy
Fuel and PE	 518	 Fuel Forecast	 EEnergy
Fuel and PE	 547	 Fuel Forecast	 EEnergy
Fuel and PE	 555.02	 Fuel Forecast	 EDirectMN
Fuel and PE	 555.02	 Fuel Forecast	 EEnergy
Fuel and PE	 557	 Fuel Forecast	 EEnergy
Production	 500	 Stm Prod Op & Supr 	 EDemandProd
Production	 502	 Steam Expenses Major	 EDemandProd
Production	 505	 Stm Gen Elec Exp. Major 	 EDemandProd
Production	 506	 Misc Steam Pwr Exp	 EDemandProd
Production	 507	 Stm Pow Gen Rents 	 EDemandProd
Production	 510	 Stm Mamt Super&Eng	 EEnergy
Production	 511	 Stm Maint of Structures 	 EDemandProd
Production	 512	 Stm Maint of Boiler Ph	 EEnergy
Production	 513	 Stm Maint of Elec Plant 	 EEnergy
Production	 514	 Stm Maint of Misc Stm Plt	 EDemandProd
Production	 517	 Nuc Oper Super & Eng	 EDemandProd
Production	 519	 Nuclear coolants & Wtr	 EDemandProd
Production	 520	 Nuclear Steam Expense	 EDemandProd
Production	 523	 Nuclear Electric Expense 	 EDemandProd
Production	 524	 Nuclear Power Misc Exp	 EDemandProd
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Cost of Service Income
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Production	 525	 Nuclear Gen Rents	 EDemandProd
Production	 528	 Nuc Maint Super & Eng	 EEnergy
Production	 529	 Nuc Mamt of Structures	 EDemandProd

Production	 530	 Nuc Mtc of React Pit Equip 	 EEnergy
Production	 531	 Nuc Maint of Elect Plant 	 EEnergy
Production	 532	 Nuc Mtc of Misc Nuc Plant 	 EDemandProd
Production	 535	 Hyd Oper Super & Eng	 EDemandProd
Production	 538	 Hyd Oper Electric Exp	 EDemandProd
Production	 539	 Hydro Oper Misc Gen Exp 	 EDemandProd

Production	 540	 Hyd Oper Rents	 EDemandProd
Production	 541	 Hydro Mtc Super& Eng	 EDemandProd
Production	 543	 Hydro Mtc Resv, Dams	 EDemandProd
Production	 544	 Hyd Maint of Elec Plant 	 EEnergy
Production	 545	 Hyd Mt Misc Hyd PInt Mjr	 EDemandProd
Production	 546	 0th Oper Super&Eng	 EDemandProd
Production	 548	 0th Oper Gen Exp	 EDemandProd
Production	 549	 0th Oper Misc Gen Exp	 EDemandProd
Production	 550	 0th Oper Rents	 EDemandProd
Production	 551	 0th Maint Super & Eng	 EDemandProd
Production	 552	 0th Maint of Structures	 EDemandProd
Production	 553	 0th Mtc of Gen & Ele Plant	 EDemandPrud
Production	 554	 0th Mtc Misc Gen Plt Mjr	 EDemandProd
Production	 555.01	 Fuel Forecast	 EDemandProd
Production	 556	 Load Dispatch	 EDemandProd
Production	 557	 Other Power 0th Exp 	 EDemandProd
Production	 557	 Other Power 0th Exp 	 EEnergy
Production	 575.1	 Operation Supervision 	 EDemandProd
Production	 575.2	 DA & RT Mkt Admin	 EDemandProd
Production	 575.3	 Trans Rights Mkt Admin 	 EDemandProd
Production	 575.5	 Ancillary Serv Mkt Admin 	 EDemandProd
Production	 575.6	 Mkt Monitoring/Compliance	 EDemandProd
Production	 575.7	 Transmission Exp Budget	 EDemandProd
Production	 575.8	 Regional Market Rents	 EDemandProd
Transmission	 560	 Trans Oper Super & Eng	 EDemandTran
Transmission	 561.1	 Load Disp-Reliability	 EDemandTran
Transmission	 561.2	 Load Disp-Monitor/Operate	 EDemandTran
Transmission	 561.3	 Load Disp-Trans Serv/Sch	 EDemandTran
Transmission	 561.4	 Transmission Exp Budget 	 EDemandTran
Transmission	 561.5	 Rd/Plan/Standards Dcv 	 EDemandTran
Transmission	 561.6	 Trans Service Studies	 EDemandTran
Transmission	 561.7	 Gen Interconn Studies 	 EDemandTran
Transmission	 561.8	 A&G Regulatory Comm Exp	 EDemandTran
Transmission	 561.8	 A&G Regulatory Comm Exp	 EDemandTran
Transmission	 562	 Trans Oper Station Exp	 EDemandTran
Transmission	 563	 Trans Oper OH Lines	 EDemandTran
Transmission	 565.5	 Transmission Exp Budget 	 EDemandTran
Transmission	 565.64	 Transmission Exp Budget 	 EDemandTran
Transmission	 565.81	 Transmission Exp Budget	 EDemandTran
Transmission	 566	 Trans Oper Misc Exp	 EDemandTran



Exhibit _(KRP-1)
Case No. PU-12-813

Page 6 of 6

Northern States Power Company
Electric Utility - State of North Dakota

O&M Expenses and Cost of Goods Sold
FERC Code and Associated Jurisdictional Allocator

Case No. PU-12-813
NDPSC Data Request 6-007
Attachment A - Page 6 of 6
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Transmission	 567	 Trans Rents	 EDemandTran
Transmission	 568	 Trans Mtce Super & Eng	 EDemandTran
Transmission	 570	 Tran Mnt of Station Equip	 EDemandTran
Transmission	 571	 Trans Mt of Overhead Line 	 EDemandTran
Transmission	 573	 Trans Mtc of Misc Plt Mjr 	 EDemandTran
PTax	 408.1	 Tax 0th than Inc Tx-Ut	 ECustomerMN/ND
PTax	 408.1	 Tax 0th than Inc Tx-Ut	 ECustomerMlN/SD/ND
PTax	 408.1	 Tax 0th than Inc Tx-Ut	 EDemandProd
PTax	 408.1	 Tax 0th than Inc Tx-Ut	 EDemandTran
PTax	 408.1	 Tax 0th than Inc Tx-Ut	 EDirectMN
PTax	 408.1	 Tax 0th than Inc Tx-Ut	 EDirectND
PTax	 408.1	 Tax 0th than Inc Tx-Ut	 EDirectSD
PTax	 408.1	 Tax 0th than Inc Tx-Ut	 ETwoFactorAlloc
A&G	 426.1	 Donations	 ECustomerMN/SD/ND
A&G	 426.1	 Donations	 EDirectMN
A&G	 426.1	 Donations	 EDirectND
A&G	 426.1	 Donations	 EDirectSD
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NSPM Total Company Electric Utility -Demand Allocations
Actual kW
2012	 January	 February	 March	 April	 May	 June	 July	 Au ust	 September	 October	 November	 December

Production
Minnesota	 4,662883	 4390,662	 4471,605	 4,126402	 5,345,374	 6,518,707	 7,188,169	 6,556374	 6,221,267	 4,351,210	 4,546028	 4,683,441
North Dakota	 406,845	 328,842	 307,812	 288,840	 361,845	 388,794	 437,821	 368,824	 357,795	 283,858	 359,864	 384,820
South Dakota	 304,800	 288,998	 265,663	 305,897	 371,904	 495,901	 415,902	 501,925	 419,913	 272,917	 298,878	 306,993
NSF-MN Tot:: 	5,374,528	 5,008,502	 5,045,080	 4,721,139	 6,079123	 7,403,402	 0,041,892	 7,427,123	 6,998,975	 4,907,985	 5,204,770	 5,375,254
NSF-MN Total Wholesale	 5,716	 4,461	 3,383	 3,492	 4,737	 6,150	 7,138	 6,303	 5,558	 3,478	 5,352	 5,405
TOTAL	 5,380,244	 5,012,963	 5,048,463	 4,724,631	 6,083,860	 7,409,552	 8,049,030	 7,433,426	 7,004,533	 4,911,463	 5,210,122	 5,380,659

Av,
NSPM Total Company Electric Utility -Demand Allocations
Actual kW
2011	 January	 February	 March	 April	 May	 June	 July	 Au vut	 September	 October	 November	 December

Production
Minnesota	 4,047,661	 4,760,735	 4,513,420	 4,216,962	 4,702,910	 6,936,044	 7,219,460	 6,265,403	 6,525,027	 4,800,869	 4,522,601	 4,699,973
North Dakota	 403,752	 389,716	 380,715	 312,764	 264,810	 328,814	 379,852	 433,870	 373,848	 349,880	 349,875	 374,829
South Dakota	 313,990	 312,703	 293,S81	 248,831	 261,074	 418,907	 476,917	 444,911	 454,896	 309,902	 200,834	 309,823
NSF-MN Total Retail	 5,565,411	 5,469,154	 5,107,716	 4,778,557	 5,229,602	 7,683,765	 8,072,229	 7,144,184	 7,353,771	 5,460,651	 5,161,310	 5,304,625
NSF-MN Total Wholesale	 11,589	 11,306	 10,509	 8,377	 3,502	 6,575	 7,711	 6,149	 6,478	 3,980	 4,462	 4,925
TOTAL	 5,577,000	 5,480,460	 5,190,225	 4,786,934	 5,233,104	 7,690,340	 8,079.940	 7,150,333	 7,360.249	 5,464,631	 5,165,772	 5,389,550

Ay
NSPM Total Company Electric Utility-Demand Allocations
Actual kW
2010	 January 	 February	 March	 April	 May	 June	 July	 Au use	 September	 October	 November	 December

Production
Minnesota	 4,855,345	 4,618,707	 4,272,750	 4,295,367	 6,464,148	 6,285,031	 6,658,483	 6,782,962	 5,040,249	 4,644,459	 4,822,487	 4,921,372
North Dakota	 390,763	 374,773	 325,779	 284,833	 295,837	 325,812	 351,805	 444,784	 308,824	 321,859	 379,861	 404,897
South Dakota	 309,997	 297,713	 256,609	 250,888	 382,998	 421,745	 423,957	 450,924	 325,913	 290,929	 303,010	 318.741
NSF-MN Total Retail 	 5,5S6,105	 5,291,193	 4,055,130	 4,831,008	 7,142,983	 7,032,580	 7,434,245	 7,678,670	 5,674,986	 5,257,247	 5,500,158	 5,645,010
NIP-MN Total Wholesale 	 56,395	 52,312	 44,258	 42,341	 60,080	 60,914	 66,785	 70,542	 59,434	 35.155	 36,354	 39,911
TOTAL	 5,612,500	 1,343,505	 4,099,390	 4,873,429	 7,203,063	 7,093,502	 7,501,030	 7,749,212	 5,734,420	 5,292,402	 5,542,512	 5,604,921

Av
NSPM Total Company Electric Utility -Demand Allocations
Actual kW
2009	 January	 February	 March	 April	 May	 June	 July	 Au ust	 September	 October	 November	 December

Production
Minnesota	 4,857,751	 4,677.394	 4,433,044	 4,083,809	 5,268,158	 6,403,822	 5,522,393	 6,049,661	 5,242,899	 4,264,315	 4,443,641	 4,941,794
North Dakota	 418,726	 391,553	 371,808	 306,750	 282,814	 287,040	 311,820	 329,054	 356,710	 280,061	 326,851	 420,779
South Dakota	 310,743	 201,684	 275,624	 239,999	 335,837	 325,823	 374,914	 411,922	 330,912	 235,891	 259,863	 318,719
NSF-MN Total Retail 	 5,587,220	 5,350,631	 5,080,476	 4,630,558	 5,886,809	 7,017,485	 6,209,127	 6,791,437	 5,938,521	 4,789,067	 5,030,355	 5,681,292
NSF-MN Total Wholesale 	 121,070	 113,181	 111,370	 106,702	 102,408	 133,540	 116,623	 124,860	 105,821	 102,314	 102,882	 119,088
TOTAL	 9,708,296	 5,463,012	 5.191,854	 4,737,260	 5,989,217	 7,151,025	 6,325,750	 6,916,297	 6,036,342	 4,891,381	 5,133,237	 5,801,180

Ay
NSFM Total Company Electric Utility-Demand Allocations
Actual kW
2008	 January	 February	 March	 April	 May	 June	 July	 Au ant	 September	 October	 November	 December

Production
Minnesota	 4,890,300	 4,815,105	 4,488,015	 4,221,060	 4,297,705	 5,920,448	 6,457,770	 6,254,340	 5,473,413	 4,376,334	 4,664,415	 5,024,454

North Dakota	 408,720	 394,733	 370,786	 283,768	 277,784	 355,021	 310,834	 400,800	 284,815	 278,866	 349,942	 400,867
South Dakota	 311,403	 297,711	 273,739	 254,945	 256,869	 351,908	 405,902	 386,916	 256,998	 222,946	 255,751	 326,709
NSF-MN Total Retail	 5,618,511	 5,507,549	 5,138,540	 4,759,773	 4,832,358	 6,620,177	 7,174,506	 7,042,070	 6,015,220	 4,878,146	 5,270,108	 5,752,030
NSF-MN Total Wholesale	 146,109	 141,199	 136,313	 128,041	 123,991	 157,810	 170,512	 161,126	 148,350	 128,473	 138,734	 152,573
TOTAL	 5,764,620	 5,648,748	 5,274,853	 4,887,014	 4,956,349	 6,785,987	 7,345.018	 7,203,196	 6,163,576	 5,006,619	 5,408,842	 5,904,603

Av,
NSPM Total Company Electric Utility -Demand Allocations
Actual kW
2007	 January	 February	 March	 April	 May	 June	 July	 An ust	 September	 October	 November	 December

Production
Minnesota	 4,605,376	 4,754,977	 4,458,971	 4,250,565	 5,415,894	 6,521,696	 6,560,648	 6,475,642	 6,499,772	 4,928,509	 4,813.435	 4,850,555
North Dakota	 395,660	 377,656	 336,745	 321,690	 297,770	 295,776	 300,770	 370,794	 372,815	 280,804	 309,033	 387,719
South Dakota	 278,738	 285,999	 266,631	 247,999	 315,721	 358,920	 413,905	 323,915	 398,915	 338,921	 280,997	 303,997
NSF-MN Total Retail	 5,339,774	 5,418,632	 5,062,347	 4,828,254	 6,029,385	 7,176,392	 7,275,331	 7,178,351	 7,271,502	 5,548,234	 5,484,265	 5,542,271
NSP-MN Total Wholesale	 140,943	 143,743	 136,572	 131,640	 147,181	 172,984	 177,966	 175,306	 174,746	 133,091	 141,297	 145,164
TOTAL	 5,480,717	 5,562,375	 5,198,919	 4,959,894	 6,176,566	 7,349,376	 7,453,297	 7,353,657	 7,446,248	 5,681,325	 5,625,562	 5,007,435

Av

I10TTT0s,:,1wvt37v

Xcel Deer 9 North (Minnesota Company) - Demand Allocations
(Bated on Au ant 2012 Forecast)

2013

2013	 2013 	 20131	 20131	 2013 	 20131	 20131	 2013	 2013 	 20131	 2013	 2013
JAN I	 FEBI	 MARI	 APRI	 MAYI	 JONI	 JULI	 AUGI	 SEP	 OCT I	 NOVI	 DEC

PRODUCTION
MN	 4,772,950	 4,637,538	 4,422,958	 4,171,717	 5,384,966	 6,404,884	 6,396,444	 6,305,151	 5,980,461	 4,628,964	 4,500,846	 4,793,538
NO	 396,111	 400,990	 344,834	 316,381	 305,174	 366,900	 345,220	 409,827	 403,276	 348,717	 370,703	 434,187
SD	 316,533	 300A131,07	 399,289	 431,462	 473,288 	 4,474	 296,561	 295,090	 334 , 445

RETAIL	 5,405,595	 5,330,940	 5,063,587	 4,746,416	 6,031,237	 7,171,073	 7,173,127	 7,188,266	 6,822,212	 5,274,242	 5,246,639	 5,562,170
WHOLESALE	 3.456	 3.926	 3 , 103	 2,627	 3 . 165	 3, 927	 4.637 	 3500	 3 . 588

TOTAL	 5,489,051	 5,342,866	 5,066,690	 4,749,043	 6,034,402	 7,175,000	 7,177,763	 7,192,530	 6,826,072	 5,277,052	 5,250,149	 5,565,758
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I 1-CP 3-Yr Average 2010- 2012

	

Allocation	 Trans Loss	 0505
System Peak 6W Factors 	 Multipliers	 Demand Production

	

21,186,591 88.7278%	 0.9670 20,487,399 88.8616%

	

1,262,457	 5,2871%	 0.9289 1,172,687	 5.0864%

	

1,343,743	 5.6275%	 0.9781 1,314,381	 5,7010%

	

23,792,791 99.6424%	 22,974,467 99.6489%

	

85,391	 0.3576%	 0.9479	 80,944	 0.3511%

	

23,878,182 100.0000%	 23,055,410 100.0000%

NSPM Total Company Electmi 12-CF	 I1-CP
Actual kW	 Allocation	 Trans Loss	 HSDS	 Allocation	 Trans Loss	 HISS

2012	 Total kW	 Factors	 Multipliers	 Demand Production 	 System Peak kW Factors 	 Multipliers	 Demand Production

Minnesota
	 63,062,122	 0802%

	
09646 60,829,723 88.1030%

	
7,180,169 89.3048%
	

09646 6,933,700 893903%

North Dakota
	 4,275,960	 5,97%

	
0.9294	 3.974,077	 5.7559%

	
437,821	 5.4394%
	

0.9294	 406,911	 5.2459%
South Dakota
	

4,249,691	 5.93%
	

0.9041	 4,182,121	 6.0572%
	

415,902	 5,1671%
	

0,9841	 409,289	 5.2766%
NIP-MN Total Retail
	

71,507,773	 99.91%
	

68,981,921 99.9161%
	

8,041,892 99.9113%
	

7,749,908 99.9128%
NIP-MN Total Wholesale
	

61,173	 0.09%
	

0.9472	 17,943	 0.0039%
	

7,138	 0.0887%
	

0,9472	 6,761	 0.0872%

TOTAL
	

71,648,946	 100.00%
	

69,043,064 100.0000%
	

8,049,030 100.0000%
	

7,756,669 100.0000%
1,970,746

NSPM Total Company Electric
Actual kW
	

Allocation
2011
	

Total kW	 Factors

Minnesota	 64,013,065	 80.20%
	

0.9676 61,939,042 88.3621%
	

7,215,460 09.3009%
	

09676 6,981,679 894151%
North Dakota	 4,342,733	 5.98%

	
0.9283	 4.031,359	 5,7511%

	
379,852	 4,7012%
	

0.9283	 352,617	 4.1160%
South Dakota
	

4,135,177	 5.70%
	

0.9703	 4,045,444	 5.7712%
	

476,917	 1.9025%
	

0.9783	 466,568	 5.9714%
NIP-MN Total Retail
	

72,490,971	 99.88%
	

70,015,844 99.8044%
	

8,072,229 99,9045%
	

7,800.064 99.9065%
NIP-MN Total Wholesale	 05,563	 0.12%

	
0.9469	 01,020	 0.1156%

	
7,711	 0.0954%
	

0.9469	 7,302	 0.0935%
TOTAL
	

72,576,530	 100.00%
	

70,096,064 100,0000%
	

8,079,940 100.0000%
	

7,808,165 100,0000%
6,040,041

NIPM Total Company Electric
Actual kW
	

Allocation
2010
	

Total kW	 Factors

Minnesota
	

63,661,360	 87,77%
	

09689 61,681,492 87.9815%
	

6,702,962 07.5310%
	

0.9609 6,572,012 07.7371%
North Dakota
	

4,209,827	 5.80%
	

0.9289	 3,910,508	 5.5779%
	

444,784	 5,7397%
	

0,9209	 413,160	 5.5157%
South Dakota	 4,034,224	 5.56%

	
0.9725	 3,923,283	 5,5961%

	
450,924	 5.0190%
	

0.9725	 438,524	 5,8543%
NIP-MNTotal Retail
	

71,905,411	 99.14%
	

69,515,283 99.1555%
	

7,678,670 99.0897%
	

7,423.695 99.1071%
NSF-MN Total Wholesale
	

624,481	 0.86%
	

0.9481	 592,070	 0.8445%
	

70,542	 0.9103%
	

0.9481	 66,881	 0.8929%
TOTAL
	

72,529,892	 100.00%
	

70,187,353 100.0000%
	

7,749,212 100.0000%
	

7.490,576 100.0000%
6,044,158

NSPM Total Company Electric
Actual kW
	

Allocation
2009
	

Total kW	 Factors

Minnesota	 60,188,601	 86.80%
	

0.9586 58,298,756 87,0760%
	

6,403,822 895511%
	

0.9686 6,202.742 89,7637%
NorthDakota
	

4,094,366	 5.90%
	

0,9279	 3,799,162	 5.6745%
	

287,840	 4,0252%
	

0.9279	 267,007	 3.8652%
South Dakota	 3,701,931	 5.34%

	
0.9627	 3,563,849	 5.3230%

	
325,023	 45563%
	

0,9627	 313,670	 4,5393%
NIP-MN Total Retail
	

67,904,970	 90.04%
	

65,661,760 98.0736%
	

7,017,485 98.1326%
	

6,783,499 98.1681%
NSF-MN Total Wholesale

	 1,350,673	 1.96%
	

0,9479	 1,209,782	 1.9264%
	

133,540	 1.8674%
	

0,9479	 126,503	 1.8319%
TOTAL
	

69,345,651	 100.00%
	

66,911,550 100.0000%
	

7,151,025 100.0000%
	

6,910,081 100.0000%
5,770,804

NSPM Total Company Electric
Actual kW
	

Allocation
2008
	

Total kW	 Factors

Minnesota	 60,891,453	 06.55%
	

0.962 50,577,578 86.7317%
	

6,457,770 07.9204%
	

0.962 6,212,375 08,0490%
NorthDakota	 4,123,744	 1.06%

	
09279	 3,826,422	 5.6655%

	
310,834	 4.2319%
	

0.9279	 208,423	 4,0079%
South Dakota	 3,601,797	 5.12%

	
0.9627	 3,467.450	 1.1340%

	
405,902	 5.5262%
	

0.9627	 390,762	 5.5383%
NSF-MN Total Retail
	

68,616,994	 97.54%
	

65,071,450 97,5312%
	

7,174,506 97.6785%
	

6,891,559 97.6751%
NIP-MN Total Wholesale	 1,733,231	 2.46%

	
0.962	 1,667,360	 2.4600%

	
170,112	 2,3215%
	

0.962	 164,033	 2.3249%
TOTAL
	

70,350,225	 100.00%
	

67,538,810 100.0000%
	

7,345,010 100.01300%
	

7,055,592 100,0000%
5,062,519

NSPM Total Company Electric
Actual kW
	

Allocation
2007
	

Total kW	 Factors

Minnesota	 64,204,040	 85.79%
	

0.9665 62,053,205 06,6511%
	

6,560,648 80.0234%
	

0.9665 6,340.866 07.9043%
North Dakota
	

4,136,040	 5.59%
	

0.985	 4,073.999	 5.6889%
	

300,770	 4,0355%
	

0.985	 296,266	 4.1072%
South Dakota
	

3,814,610	 1.16%
	

0.976	 3,723,106	 5.1989%
	

413,905	 5.5S33%
	

0.976	 403,971	 5.6D03%
NIP-MNTotal Retail
	

72,154,738	 97.54%
	

69,850,310 97.5390%
	

7,275,331 97.6123%
	

7,041,104 97.6110%
NSF-MN Total Wholesale

	
1.020,633	 246%
	

0.968	 1,762,373	 2.4610%
	

177,966	 2.3877%
	

0,960	 172,271	 2.3882%
TOTAL
	

73,975,371	 100.00%
	

71,612,683 100.0000%
	

7,413,297 100,0000%
	

7,213,375 100.0000%
6,164,614

URTTTRmI,r,8yusuc1

a

FORECAST BUDGET
12 Monthl Allocation

	

Total KW I	 Factors

PRODUCTION

	

62,400,417	 07.8195%

	

4,442,319	 6.2439%

	

4,180,766	 5,8763%

	

71,103,503	 99.9397%
03%

	

71.146,302	 100.0000%

0.9646 60,268,610 87,9164%

	

0.9294	 4,120,692	 6.0227%

	

0.9041	 4,114,292	 6,0017%
60,111,594 99.9408%

	

0.9472	 40,611	 0.0192%
68,552,209 100.0000%

	

6,305,151	 07,65%

	

409,027	 5.70%

	

473,288	 6.58%

	

7,180,266	 99.94%

	

4.270	 0.06%

	

7,192,536	 100.00%

0.9546 6,001,949 87.7291%

	

0.9294	 380,893	 9.4942%

	

0.9841	 451,763	 6,7184%
6,928,609 99,9417%

	

0,9472	 4,045	 0.0103%
5,932,649 100.0000%
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Northern States Power Adjustment Factors
Plant in Service (01)

Total NSPM	 Factor	 North Dakota	 Factor	 North Dakota

	

Production 8,882,259,668 	 6.0633%	 538,557,286	 5.0864%	 451,787,256

	

Transmission 2,135,197,421 	 6.0056%	 128,230,656	 5.0864%	 108,604,682

	

Distribution	 3,591,567,206	 4.4218%	 158,813,020	 4.4218%	 158,813,020

	

Totall 14,609,024,2951	 5.6513%1	 825,600,9621	 4.9230%	 719,204,957

	

Adjustment Factor:	 87.1129%

Reserve (02)
Total NSPM	 Factor	 North Dakota	 Factor	 North Dakota

	

Production 4,879,327,102 	 6.0302%	 294,231,701	 5.0864%	 248,182,094

	

Transmission	 662,943,053	 6.0102%	 39,843,990	 5.0864%	 33,719,935

	

Distribution	 1,500,886,284	 4.9152%	 73,772,087	 4.9152%	 73,772,087

	

Tota 11 7,043,156,4391	 5.7907%1	 407,847,7781	 5.0499%1	 355,674,116

	

Adjustment Factor:	 87.2076%

CWIP
Total NSPM

	

Production	 834,156,667

	

Transmission	 341,863,288

	

Distribution	 46,612,482
Totall 1,222,632,437

Factor	 North Dakota

	

6.0227%	 50,238,754

	

6.0227%	 20,589,400

	

3.6224%	 1,688,494

	

5.9312%	 72,516,648

Factor	 North Dakota

	

5.0864%	 42,428,545

	

5.0864%	 17,388,534

	

3.6224%	 1,688,494

	

5.0306%	 61,505,573

	

Adjustment Factor:	 84.8158%

Accumulated Deferred Taxes (05)
Total NSPM	 Factor	 North Dakota	 Factor	 North Dakota

	

Production	 997,751,660	 6.1477%	 61,338,348	 5.0864%	 50,749,640

	

Transmission	 351,217,178	 6.0037%	 21,086,025	 5.0864%	 17,864,311

	

Distribution	 558,031,908	 4.3523%	 24,287,186	 4.3523%	 24,287,186

	

Totall	 1,907,000,7471 	 5.5958%1	 106,711,5601	 4.8716%1	 92,901,137

	

Adjustment Factor:	 87.0582%



Cot. B,..

C WI_P
66111111110103 0030,103 Paso,

14,101a1,O 20301,54 100,0

05101010 & Sopphos

6,842,260 0.882.260 8,082.260 6882,260
4,649,187 9,645,387 9,843,187 9.649,187
4.-.327 4.879.327 4879,327 4,879,327
5,148,542 5,148,542 5,348,542 5.348.542

	

634,157	 834 11	 634,357	 634,157

	

511.545	 511,545	 511,545	 511.545
997,7S4 997,754 967,754 967.754

1,106,755 1.196,759 1,186,759 1,186,759
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IMn Co EMdrk	 Mn C. G..
2013 62d901 NO 611150	 950461611	 182506,1	 0153060161

70,04	 MN	 NO	 SD	 Will5	 MN	 NO	 SD	 215110	 MN	 NO	 SD	 041(0	 MN	 NO

	

2.135,157 2133.197 2130.197 0_las 197 3591567 3,591,507 3591567 3,S91 SOY 	 3.103,587 1,123,537

	

2.471,915 2,471,415 2,471,915 2.471915 3.749.971 3.749.871 	 3,74S,671 3,749,873	 1,161.113 1.161,113
662 943	 662,943	 662.943	 662,943 1.566,886 1,500.886 1596,648 1,500,686	 545,673	 545,673
703,963	 703,968	 703,968	 703,968 1.570.647 1.570.647 1.570,647 1,570,647 	 502,372	 582.372
341,663	 343,863	 341,863	 341,863	 46.612	 46,612	 46,612	 46,612	 4,118	 4,118
S39,012	 539 ,612	 5W612	 S35012	 67,239	 67.239	 67,239	 67,239	 13,305	 13,305
351.217	 351.217	 351.217	 351.217	 538.032	 SS8,032	 558.032	 552.031	 149,901	 149.%7
397,792	 397.792	 397,762	 397.782	 564.360	 566,365	 566.369	 586,369	 48,339	 146.339

	

JUT EJ.ottlo	 J., G..

MN	 NO	 SD	 Wills	 MN	 NO

	

12,661,513 825,601	 684,633	 7.279	 1.019.425 1U,162

	

14,176,559 912,261	 972,025	 8.108	 1,054,143	 306,672

	

0204,664 407,848 426,286 	 4,356	 494,046	 53,627

	

6,538,443 429,926 456,766	 4,081	 527,235	 55,337
1,076,352	 72.517	 73.064	 696	 3,730	 379

962.694	 64,849	 70230	 623	 12,564	 401

	

1,683,233 106,712 116.453	 606	 136,502	 33.495

	

.822.968 115,8S7 125.200 	 896	 135,176	 13,163

StateOteld 06102006*

11481 Op.1:lilgEop.lo.:: 	 081108	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0 I
04p1594041	 52111101	 226,757	 228,757	 228.757	 228,757	 50950	 50950	 50,950	 50,9%	 97,050	 97,059	 97059	 97.059	 42,529	 42.529	 333.333	 21.241	 24.476	 (280)	 38.556	 3,973

P31p0,1y	 M,oaI
0,455 ESIlIlOS 7,0 	 02,001
2035152 111141107559107	 20110.1	 302.043	 102,043	 102.043	 302.643	 46024	 48,024	 46,224	 46,024	 7,514	 7.534	 7.534	 0,514	 116961	 (1,951)	 337,582	 9,054	 8.656	 269	 (1.650)	 (302)

11681720,0	 881001	 302,043	 302,043	 122,043	 302,043	 46,024	 46,024	 46,024	 46,024	 7,534	 7,514	 7,514	 7514	 11.9611	 (3,951)	 137,582	 9,054	 6,656	 289	 (1,6S0(	 (302(1

AFUOC	 6411001	 47,168	 47,168	 47,368	 47,368	 34,003	 34993	 34,993	 34,993	 4,600	 4696	 4.686	 4.600	 546	 546	 76,348	 5,080	 5,262	 49	 523	 23

246,1.668* 100

60015., 003005 00116011110 	 0211141
064(304 1061161,01	 08111,1	 28,627	 26,627	 28,627	 28.627	 24,652	 24,652	 24.652	 24.02	 2,829	 2866	 2,829	 2,829	 277	 277	 49,397	 3,272	 3,406	 32	 273	 4
09011	 63,105]
0753	 02,100]
o

07011	 46306
0616186660206,035	 8011051

113816.6 747063,	 40131151	 28,627	 26,627	 26,627	 28.627	 24,652	 24,652	 24.652	 24,6S2	 2,825	 2,829	 2,829	 2,829	 277	 277	 46,307	 3,272	 3,406	 32	 273	 41

70. Dop,6109111 660,1600]	 631,1,1	 687.813 607.633	 607,633	 607,63317924617524617S.246179246125,993125,®31250031 25,963 	 39.583	 39.583	 864,166	 52,547	 54.762	 495	 36,328	 3,255

0815, 700/0142 1311119 0635151005 	 0211141
1143.11040.4041145	 741,1001	 607,833	 607,513	 607.633	 607,813	 379246	 175246	 (79,244	 79,246	 325.063	 325,003	 125.003	 325,963	 39,583	 39,583	 864,356	 52,587	 54.792	 495	 36,326	 3253 I

0810,5346 C,0360

Ils&IlssC,0460	 631001	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 Dl

Jaorlsdi011on Cash Working Capital

CUSI604IIT,a,4953	 02111,1

1 61134F11&65 P0"005	 02,11151	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 01

116811,ofloo,dP3lss, 	 0811161	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 8	 0	 0	 01

1,101160 2016*1,4161	 0810.1

ITo01L0b6,ORo6I06	 8611101	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 01

E,lpIsynls Poylall 0.6..	 0210.1

P,1657Y Tao	 861001
0,350 EUl,lgo 140	 0210,1

1168115050	 041,1101	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 DI

6010/I (C2l81015l 3411041	 8611141
66154 (5034 B/soUl	 081001

Olsldepafll'el&l	 083,10]
I r'& 601,11 75/5354 606.3055	 08,10,1	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 Dl

08151070,53396511031155

(ItololsIg. P1300463 . CUpasal	 0810,1
11101350380 160II1416l . El,,Ul	 021251

T,51011e05161 . CSpS506	 8611101
llt,,5h,l9, Ag '94543131	 081151
0410611, #50034'91105051	 023115]

ml 0

55,1,505 S P.o/bIos 	 0210,1

1- PSC
1 106101,0,0P010019 6 0 601166	 02,001	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 0	 01



03	 Electric Production	 South Dakota

03	 Electric Production	 Wholesale

05	 Electric Electric Distribution	 Minnesota

05	 Electric Electric Distribution	 North Dakota

05	 Electric Electric Distribution	 South Dakota

05	 Electric Electric Distribution	 Wholesale
05	 Electric Electric Transmission Minnesota
05	 Electric Electric Transmission North Dakota
05	 Electric Electric Transmission South Dakota
05	 Electric Electric Transmission Wholesale
05	 Electric Production 	 Minnesota
05	 Electric Production 	 North Dakota
05
	

Electric Production 	 South Dakota
05
	

Electric Production 	 Wholesale
02
	

Electric Production 	 Wisconsin
05
	

Electric Production 	 Wisconsin
01
	

Gas	 Gas Distribution	 Minnesota
02
	

Gas	 Gas Distribution	 Minnesota

03
	

Gas	 Gas Distribution	 Minnesota
05
	

Gas	 Gas Distribution	 Minnesota

01
	

Gas	 Gas Distribution	 North Dakota

02
	

Gas	 Gas Distribution	 North Dakota

03
	

Gas	 Gas Distribution	 North Dakota

05
	

Gas	 Gas Distribution	 North Dakota

	

50,063,58066	 30,701,39842

	

493,82075	 302,83466
500,062.89132 508,459,28527

	

24,287,186,50	 24,433,14802

	

33,568,81818	 33,359,36245

	

113.012,30	 116,907,19

	

308,911,385.78	 349.873,478.51

	

21,086,02513	 23,883.375.98

	

21,012.502,31	 23.800,099,23

	

207,264.63	 234,761,13

	

874.256.302,23	 964,635,105,37

	

61,338,347,84	 67,540,06334

	

61,871,75497	 68,040,315 09

	

285.25526	 544,19973

	

0,00	 0,00

	

0,00	 000
1,019,424,96610 1,054,143,02398

	

494,046,29464	 527,235,115,76

	

3,739,004,63	 12,903,516,24

	

136,502,252.53	 135,176,444,27

	

104.162,245,80	 106,969,54602

	

51,626,931 56	 55,136,98693

	

379,476,47	 401,40734

	

13,464,683,51	 13.163,038,81

PE1 3N
PE1 3N
PEI3NI
PE1 3N
PE1 3N
PE13N
PE13N
PE13N
PE13N
PE13N
PE13N
PE13N
PE13N
PE13N
PE13N
PE13N
PE13N
PEI3N
PE13N
PE13N
PE13N
PE13N
PE13N
PE13N

	

4,3523%	 4,3140%

	

6.0037%	 6,0040%

	

6,1477%	 6,1358%
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Total Company	Jurisdiction
01 Electric Distribution OlElectrtcMtnoesota

dIElectric Distribution OlElectricNorth Dakota
diElectric Distribution OlElecrrtcSouth Dakota
01 Electric Distribution 01 EtcctricG'holesalc

01 Electric Transmission 0 I ElectrtcMrnnesota
01 Electric Transmission dl ElectricNorth Dakota
dIElectric Transmission OlElcctricSouth Dakota
dIElectric Traatstttissioit 01 ElectricVlliolrsalr

OlPtoduction	 (llRlecrncN'ltisnesota

1)1 Production	 IllElectrscNiirth Dakota
il Production	 01 ElectrscSouth Dakota
01 Production	 OlElectrscWltolrsaie
02Electrsc Disteibutioit02ElcctricMimscsota
02Electrtc Distrtbutioit 02trlectr,cNortlt Dakota
02tilectric D,strtbutiott 02Electr,cSouth Dakota
02Elecotc Distrtbutiott 02ElcctricVl'holesalr
02Elcctnc Tra,tsnussioo O2Elrcd-tc\ltntiesota
02Elcctric Transmission 02ElectricNorth Dakota

02Electric Trastsmission 02EiectnicSouth Dakota
02Elecoic 'Irastsmtssittn 02Elrctric\1"ltt,lesa]e
02Productiott	 02ElrctricMtttnesota
02Prodnctiott	 U2ElectricNorth Dakota

02Productiott	 02ElectricSotith Dakota
02Productiott	 O2ElectncWkolesale

03Elcctnc Distributiott 03ElcctricMittnesota
03F.lectric Distribution 03ElectricNortli Dakota
03Elecoic Distribution OdldrcmcSouth Dakota
03Electric Distribution OdElectricWliolesale
0311rctric Troatsrnission OlElcctnicMittnrsota
03Electrtc Trastsmissioo 03trlectricNorth Dakota
03Electhc Transmission 03ElectnirSouth Dakota
ltdElccoic Transmission 03ElcctrirGltolesale
031'roductiott 	 03ElertnicMinncsota
03Productiritt	 03E1cctricort1t Dakota
031"roducttott 	 03ElrctricSi,utk Dakota
03Prostuctiott	 it3Ilectric\V11olesale

(IdElectric Distribution 03Electrtcs ltnttcsota
OdElcctnc Distribution UdFlcctricNortlt Dakota
03Elrctric Distribution OdElrctricSoutk Dakota

03Elcctnr Distribution l)SEiectrtcG'holrsalc
05EIectric 'l'rattsttatssion l)SElectricMinncsota
05ldcctric Transmission 05ElectricNortlt Dakota
OdElrrtntc Tratismission 05ElccrricSoutls Dakota
I idElectnic l'ransmtssion 050ectu'icG'tiiilcsalc
0511rodttctiiai	 l)SEicctricMinncsota
05Productton	 03ElrctricNortlt Dakota
051 1roducrton	 OdEtectrtcSouth Dakota
05Production	 OdElectric\Xliolrsale
02Prodacnon	 0211ectrtc\Xisconstn
OdProducut,n	 05ElcctticG'isconsin
IliGas Distribution	 OiGasMiatnesrita
02Gas Distribution	 02GasMinnesota
0313as Distribaooit	 03Gasislatttesota
OdGas Distribution	 05Gasii linnrsota
01 Gas Distribution 	 0 IGasNortli Dakota
02Gas Distribution	 02GasNortli Dakota
03Gas Distrtbuttott 	 03GasNortli Dakota
05Cas Distribution	 IldGasNortli Dakota

IReportVie.CoddRelatedlted Utility I	 SubBU	 Jurisdictional	 2013	 1	 2014	 013 ND % of Tota2014 ND % of Total
PE13N	 01	 Electric Electric Distribution	 Minnesota	 3,207.545,538.21 3,348,388,62854

PE13N	 01	 Electric Electric Distribution	 North Dakota	 158,813,019.95	 167,017,157.81 	 4.4218%	 4.4539%

PE13N	 01	 Electric Electric Distribution	 South Dakota	 224,415,921.52	 233,614,581.56

PE13N	 01	 Electric Electric Distribution	 Wholesale	 792,72626	 850,773.91

PE13N	 01	 Electric Electric Transmission Minnesota	 1,877,922,784 45 2,174,042,526.86

PE13N	 01	 Electric Electric Transmission North Dakota 	 128,230,655.96	 148,465,57373	 6.0056%	 6.0061%

PE13N	 01	 Electric Electric Transmission South Dakota 	 127,783,540.26	 147,947.902.74

PE13N	 01	 Electric Electric Transmission Wholesale	 1,260,440A7	 1,459,33916

PE13N	 01	 Electric Production 	 Minnesota	 7,806,044,87767 8,656,127,636,94

PE13N	 01	 Electric Production 	 North Dakota	 538,557,286.18	 596.798,34758	 6.0633%	 60594%

PE13N	 01	 Electric Production 	 South Dakota	 532,431,177.31	 590,462,16628

PE13N	 01	 Electric Production 	 Wholesale	 5,226,32693	 5.798,695.17

PE13N	 02	 Electric Electric Distribution 	 Minnesota	 1,333,131,712A4 1,393,654,33801

PE13N	 02	 Electric Electric Distribution 	 North Dakota	 73.772.08666	 76,988,91953	 4.9152%	 49017%

PE13N	 02	 Electric Electric Distribution 	 South Dakota	 93,662.189.19	 98,667,578.36

PE13N	 02	 Electric Electric Distribution 	 Wholesale	 320,29626	 335,940,40

PE13N	 02	 Electric Electric Transmission Minnesota	 583,002,354.52	 619.082,582,76

PE13N	 02	 Electric Electric Transmission North Dakota 	 39,843,990.39	 42.308,303.11	 6,0102%	 60100%

PE13N	 02	 Electric Electric Transmission South Dakota 	 39,705,062,04	 42,160,782,17

PE13N	 02	 Electric Electric Transmission Wholesale 	 391,645 64	 415,86855

PE13N	 02	 Electric Production	 Minnesota	 4,288.729,443,21 4.525,706,288,41

PE13N	 02	 Electric Production	 North Dakota	 294,231.701.20	 310.628,806,48	 6.0302%	 6,0333%

PE13N	 02	 Electric Production	 South Dakota	 292,722,456,78	 308.880,368,51

PE13N	 02	 Electric Production	 Wholesale	 3,643,501.06	 3,327,666,82

PE13N	 03	 Electric Electric Distribution	 Minnesota	 42.437,183,44	 58.555,153,50

PE13N	 03	 Electric Electric Distribution	 North Dakota	 1.688,493,77	 1,541.147,97	 3,6224%	 2.2920%

PE13N	 03	 Electric Electric Distribution	 South Dakota	 2,486.78769	 7,142,65498

PE13N	 03	 Electric Electric Distribution	 Wholesale	 1726	 20,31

PE13N	 03	 Electric Electric Transmission Minnesota 	 300,553,895,80	 474,407,233,20

PE13N	 03	 Electric Electric Transmission North Dakota 	 20,589,400,25	 32,499.19746	 6.0227%	 6.0227%

PE13N	 03	 Electric Electric Transmission South Dakota 	 20,517,608.96	 32,385,87899

PE13N	 03	 Electric Electric Transmission Wholesale 	 202,383.07	 319.450 16
PE13N	 03	 Electric Production	 Minnesota	 733,360,511,69	 449,731,979,98

PE13N	 03	 Electric Production	 North Dakota	 50.238.75356	 30.808.822,88	 60227%	 60227%
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Total Company	 jurisdiction	 IRe artviewcodelRelatedlteml Utility I	 SubBU	 Jurisdictionel I	 2013	 Isocr Code
locticctaic Distribution lliElcotcicMicaccacta 	 PE13N	 10	 Electrrc Electric Distribution	 Minnesota	 85.117 836 47

l0Elcorrio Tnansnraacaco l0Eleotrioritacaa

nn

caora	 PE13N	 tO	 Electric Electric Transnrissior Minnesota 	 44.809,16392

lliPcodracraoc	 lriElccrraoMaonota
	

PE' 3N	 10	 Electric Producaon	 Minnesota	 201.406.161 57

11 Electric  Distribution 	 IElcctcscMionccora	 PE13N	 11	 Electric Electric Distribution	 Minnesota	 4.137,366 13

11 Elccrcc 'Eracsmouon 

1,

ElcctccMinnecora	 PEI 3N	 11	 Electnc Electric Transmission Minnesota	 30,762,73467

IlProducticc	 IlElcctocMioocoota	 PE13N	 11	 Electric Production	 Minnesota	 41,467,69337

I2Elcorriii	 abDiareorroc l2EleoreriM00ra0coto	 PEt 3N	 12	 Electric Electric Distribution	 Minnesota	 8,396,39435

I2Elcoterc 'I'ruooroiasaoaa l2cticotracMinncsota	 PE13N	 12	 Electric Electric Transmission Minnesota	 40 962,094 40

l2Produotaorr	 I2EtcoreacMinncsota 	 PE13N	 12	 Electric Production	 Minnesota	 90,378,63474

20t(lccterc Distribution 2llthlcotrrcMorncscta	 PE13N	 20	 Electric Electric Distribution 	 Minnesota	 112.319,449.25

2trthlnctric l'cacorrnienion 2oElcornrcManncsota	 PE13N	 20	 Electric Electric Transmission Minnesota	 157,641,95126

20Production	 20thtccrracMiarocsota 	 PEI3N	 20	 Electric Production	 Minnesota	 534 226 823.14

2lElcctric Distrihotii,ur 2lcttcotecMincccota 	 PE13N	 21	 Eleotrto Electric Distribution 	 Minnesota	 2,555,79393

DIElectric 'I'carroocicoaco DlElcotracMinrrraicora 	 PE13N	 21	 Electric Electric Transmission Minnesota 	 21 673.490 22
21trecdocrco	 21Elcutraciitiarrrcsota 	 PE13N	 21	 Electric Production	 Minnesota	 25 167.749 87

23cticotsc Distriborioc 23cticctcioMicncsi,ta	 PE13N	 23	 Electric Electric Distribution 	 Minnesota	 1822.879 771

23cticotrao 'I'rarronnrsoaoo 23cticcreicMirroccoto 	 PE13N	 23	 Electric Electric Transmission Minnesota 	 (484,257 36)

23Producrioe	 231 ilcctcicMioocooto	 PE13N	 23	 Electric Production	 Minnesota	 (967,63360)

IllElcctso Dacteaboticc lOElcctouNoetlr Dakota PE13N	 10	 Electric Electric Distribution 	 North Dakota	 4,218.28028

IoElcctcac Traocnriocioo IllEloctocNocth Dakota PEI3N 	 10	 Electric Electric Transmission North Dakota	 3,060.68308

lOProduction	 lriElcctooNontlr Dakota PE13N 	 10	 Electric Production	 North Dakota	 13.962.07472

II Electric Distaihurico I lElocrnaiNoeth Dakota PE13N 	 11	 Electric Electric Distribution 	 North Dakota	 131.65026

IlElcctooTransmission IlElcctcoNorth Dakota PE13N 	 It	 Electric Electric Transmission North Dakota 	 2,107.39660

II Prodootioc	 I IElrctricNcrth Dakota PE13N	 it	 Electric Production	 North Dakota	 2.960.84778

I2Elcctric Dicrnilruraoo l2cticotecNcetk Dakota PE13N 	 12	 Electric Electric Distribution 	 North Dakota	 145,96023

I2Eloctroc 'l'r000ccrroico 12ElccteacNorrlr Dakota PE13N	 12	 Electric Electric Transmission North Dakota	 2.797.35088

I2Pcoduction	 I2ElocreoNortlr Dakota PEI3N	 12	 Electric Production	 North Dakota	 6,201.70397

D0Elcctcac Distribution DoElcctocNortla Dakota PE13N 	 20	 Electnc Electric Distribution 	 North Dakota	 5.038.14838

Tfltilccrcic Traconniocicar 2riElccrscNoctlr Dakota PE13N 	 20	 Electric Electric Transmission North Dakota 	 10,767.899.70

2(lPrcductico	 20ElrotcicNoreh Dakota PE13N	 20	 Electric PrOducocn 	 North Dakota	 26.780.50390

2lElocaero Diutaibucco 2lcticctcaoNoreli Dakota PEI3N 	 21	 Electric Electric Distribution 	 North Dakota	 62,805.15

21Elooroc Tcancnrocai,n 21ctloctcoNcrth Dakota PE13N	 21Electric Electric Transmission North Dakota 	 1,484.73825

21 Production	 21E	 ric

	

lcctNairtk Dakota PE13N	 21
	

Electric Production	 North Dakota	 1,724.193 56

23ctlecroc Disteibccoo 23cticctccNcrtk Dakota PE13N 	 23	 Electric Electric Distribution	 North Dakota	 (240.56)

23Elcorrrc Trurroasascacar 23ElccrcoNoctla Dakota PE13N	 23	 Electric Electric Transmission North Dakota 	 133.173 981

231rcducraoc	 23ElcotrioNch Dakota PE13N	 23	 Elactnc Production	 North Dakota	 (58.087 01)

lOcticcrrac Dactralrrataoc loElcctcacScorla Dakota l°E13N	 10	 Electric Electric DistrbiitiOn	 South Dakota	 7,699.25856

IllElocter 'l'rerasiosaco I0thlccrracSoaaala Dakota PE13N	 10	 Electnc Electric Transmission South Dakota	 3,050,011 06

loPcoduction	 IoEtccrncScorh Dakota PE13N	 10	 Electric Production	 South Dakota	 13,729.43697

llElcoreac Diarrahonroar	 llElccrracSoaanua Dakota PE13N	 11	 Electric Electric Distribution	 South Dakota	 331.321 44

11 Electric  TransmissionI tcttoctcacSoaatla Dakota PE13N11	 Electric Electric Transmission South Dakota	 2,100.048.51

llPeoduoraco	 IlElcctcacSoaatk Dakota PE13N	 11	 Electric Production	 South Dakota	 2,830,81997

I2Elccreac Dieteakutaco I2ElcoteciSoctk Dakota PE13N	 12	 E)ectcc Electric Distribution	 South Dakota	 (209,454 39)

I2Elcorcic Tcaocooiccron 12ElcotcaoSoath Dakota PEI3N 	 12	 Electric Electric Transmission South Dakota	 2,787,697.02

I2Pecidoctaoir 	 I2ElcotercSoutlr Dakota PE13N	 12	 ElectnO Production	 South Debate	 6.168.548.62

2llElccreic Distribution 2llltccteacScotia Dakota PE13N 	 20	 Electnc Electric Distribution 	 South Dakota	 7,614,33612

DOEIrcacic Tcuriomiacioo 20E'

	

riElcctcaoSoutlr Dakota PE t 3N	 20	 E ledrtc Electric Transmission South Dakota	 10,730 354 08

211t'aodoctico	 DOElcctaicOoutla Dakota PE13N 	 20	 Electrtc Production	 South Dakota	 36,447,538.91

2lElccteac Distribution DIE)cctnacScotia Dakota PE13N	 21	 Electric Electric DistribchOn 	 South Dakota	 210,13405

Olt7lcctaao 'I'cucccniocaoc DlEtcctcacSoiatla Dakota PE13N	 21	 Electric Electric Transmission South Dakota	 1.479,562.24

2lPeodocraco	 2lElrcteacSocrk Dakota PE13N	 21	 Electric Produ090n	 South Dakota	 1,718,09168

23Elcornc Disrealrstioo 23EtcoteacSoutla Dakota PEt 3N 	 23	 Electric Electric Distrtbuhon	 Smith Dakota	 (22954)

23Elrcteac 'I'caccroiccaoaa 23ElccteaoSoaatk Dakota PEt 35 	 23	 Electric Electric Transmission South Dakota	 133.058.311

23Prodoonroo	 D3ElcctaioSoath Dakota PE13N	 23	 Electrc Production	 South Dakota	 (57,664 65)

lOElcoteru Di-b.... IOElcoteacct'kolraalo	 PEt 3N	 10	 Electric Electric Distribution	 Wholesale	 23,175 59

lriElccraic TransmissionIOEIcutocTO'bolraalc 	 PEt 311	 10	 Electric Electric Transmission Wholesale 	 30.08492

IOParidcutaraaa	 IOEIccrocVti'Iaolccalc	 PE13N	 10	 Electric Producton	 Wholesale	 339,800.03)

II Elcotaic Diotaikorroar	 II trlcutnicwbcicoalc	 PE13N	 tElectric Electric Distribution	 Wholesale	 1 06

I lElcotric 'l'aaasrnaonacn llcticcroo\Vlacicnolc 	 PE13N	 11	 Electric Electric Transmission Wholesale 	 20,71461

IlProdcctioo	 Ilcticctcc\Vlacicoale	 PE13N	 11	 Electric Production	 Wholesale	 27,922.11

l2Elrorcc Diusnilaonacaa I2ElcotooThuaolcualc 	 PE13N	 12	 Electro Electric Distribution	 Wholesale	 3,894.98

I2Elrctcic 'I'auaacmascion I2EIcctccG'laolcoalc 	 PE13N	 12	 Electrtc Electric Transmission Wholesale 	 211913,11

l2lcecdaaotioo	 I2ElccrcacWlaolccalr	 PE13N	 12	 Electric Production	 Wholesale	 258,94430

2liElccteac Diateitautico 2riElcotcacthiaolocalc	 PE13N	 20	 Electrto Electric Distribution	 Wholesale	 30,94570

2OElrcrrrc Transmission, OliElcctnctS'Iaolrralr 	 PEt 3N	 20	 Electric Electric Transmission Wholesale 	 105,842 81

2riProdsctiora	 DOElccaricht'Iaolcaalo 	 PE13N	 20	 Electric Production	 Wholesale	 358.28474

DlElcctoc Diataabotaoa 2lElocreacct'laclraalr 	 PEt 3N	 21	 Electric Electric Distribution 	 Wholesale	 0.24

2lElcotaic Tcaosccicaiora 21 ElcctnicWlrcicsalc 	 PEt 3N	 21	 Electric Electric Transmission Wholesale 	 14,59421

2lProdocracn	 2lElouteacWlacicaalc	 PE 13N	 21	 Electric Prcductcc	 Wholesale	 16,946.50

23cticotoo Distribution23Elcoteioct'laolrsalc 	 PE1 3N	 23	 Electric Electric Distribution	 Wholesale	 >0001

D3Elocrriu 'Ieoaarmiccaoac D3trlcotrio(1laolcsalc	 PE13N	 23	 Electnc Electric Transmission Wholesale	 (32608)

23Prodaacracc	 23Elc'ctrichb'laolcoolc	 FElON	 23	 Electric Production	 Wholesale	 1570.771

IliGoc Distrakurroar	 lllGaaiitacacecota	 PE13N	 10	 Gas	 Gas Distribution	 Minnesota	 38,555.85855

1 IGac Distribution 	 I IGociiliaaraccota	 PE13N	 11	 Gas	 Gas Distribution	 Minnesota	 523,195 59

I2Gao Di	 it	 I2Gasiikaanrsota	 PE13N	 12	 Gas	 Gas Distrbution	 Minnesota	 (1,325,807 76)

2rilCnoc Dictaikaataoc	 OClGuaiitaaiaaccora	 PE13N	 20	 Gas	 Des Distribution 	 Minnesota	 36 328,323 95

2lGac Daoteiboiaoc	 2lGaaiakooeucta	 PEt 3N	 21	 Gas	 Gas Distribution	 Minnesota	 272,92638

23G ac Diurribrataco	 23Gaotilanccaotu	 PE13N	 23	 Gas	 Gas Disinbution	 Minnesota	 1324,231 411

IlIGac Dutaikutico	 IllGucNcatlr Dakota 	 PE13N	 10	 Gas	 Gas Distnbutron	 North Dakota	 3.973.253.24

lIGau Daurralaaataco	 IlGaoNocth Dakota	 PE 13N	 it	 Gas	 Gas Distribution	 North Dakota	 22.65363

I2Gau Daurrabotion	 IDDaoNoctIr Dakota	 PE13N	 12	 Gas	 Gas Distribution	 North Dakota	 (301,643 70)

25Gan Dorrikoracaa	 OoGanNoesk Dakcra 	 PE13N	 20	 Gas	 Gas Diotribunioc	 North Dakota	 3.254.92406

2IGar Dactolroraoaa 	 2lGaoNortla Dakota	 PE13N	 21	 Gas	 Gas Distribution	 North Dakota	 4,240.51

23Caau Diutcibaatioo	 D3DuuNortla Dakota	 PE13N	 23	 Gas	 Gas Distribution	 North Dakota	 (238.25)

.1 o card ac rio

I ElccaricMinncaaira
S Eilccrsciitoriacaota

9 Izlectriciitaoncarira

IS Elcctaictiliaaaaccota
IT Iilcctaiciitinnccota

23 Elcctcctitiaaaaraoru
29 Filcctriciatinaacaota

33 ElcctecMicraccora
37 Elocteaclitiarcocota

43 ElcurracMicncncra

47 ElccteacMiaaaacnota
51 tilcctriciitoancoota

57 ElecteicTliraaacciara

01 iilccreiciitiaaccsota

(iS Elcctrictikacccsiano

71 Flccteicialiaancsaato
75 Elccteiclakonosora

79 ElccteacMaaacocora

O Elc'ctccNortla Dakota
O ElcctocNoerla Dakota

Ill ElectscNorrk Dakota
16 ElrutocNoetla Dakota

211 ElricrricToetla Dakota

24 lilcutaictiorrla Dakota
311 ElrctccNoetta Dakota

34 lilcurricNorrla Dakota

38 EloctocNoctla Dakota

44 ElccrricNoctla Dakota

48 ElcctocNortta Dakota
52 ElectnacEoctla Dakota

58 ElccteacNorth Dakota
62 ElrcteacNorrlr Dakota
60 IilccrcicNoctla Dakota

72 ElccrricNcrtic Dakcira
76 IrlcctracNcrtla Dakota

80 ElccteicNocth Dakota
3 E(ccrccScoith Dakota
7 lilricrccSriutta Dakota

II ElcctricSootlr Dakota
17 tilocrricSoutla Dakota
21 ElecrocSoarrh Dakota

25 Elcctaicrioutla Dakota

31 ElcctracOocalc Dakota
35 l3drctccSoiarh Dakota
39 tilccrccSoiantr Dakota

45 ElecrocSciirlr Dakora

49 ElectricSooth ITukora
53 lilrctcicScaath Dakota

59 ElcctricSoorla Dakota

63 lilcctnicScictla Dakota

67 Elc'ctocSoaath Dakota

77 lilccrccSoaatta Dakota
77 ElcctociitIi Daki,ra
81 ElcctcacSoaark Dakota
4 ElcctaicWholcsalc

8 Elcctriu6l'laolocalo

12 Elccrracct'kolesulc

18 ElcctracTt'luilcsalc

22 Filccrracht'laolcuulri
26 Elccteac\X'laolccalc

32 Elcctric6t'larilcua(c

36 lrlocrricth'lrolccalc
411 ElccrocWlrolccalc

46 lilcurrrcWlaolrcaln

511 ElecrracWholcculc
54 ElccrriclX'(ro(araalc

(ill Elcctricct')rolcculc

64 Elc'ctric\X'holcratc

68 (ilarcrcacct trolcralc

74 Elccrni'\6 Ioilccalc
78 tilcctoc'O'Iaolcaalc

82 Elcctricct'taolccalc

13 Gartiliacrccotu
27 Gauiatiucccota

41 Gactilorraccta

55 Gaciituoroco

o

ia
69 GorMacoccora

83 (iva,\lrrcarcirra

14 GauNocth Dakota
28 GaaNiirrlr l)ukora
42 (iaallorttr Dakora
56 GacNucr(r l)akora
711 (iucNonalr Dakota

84 GanNrirrlr Dakora



Exhibit	 (KRP-4)
Case No. PU-12-513

Northern States Power Co (MN)
Elec O&M Summary
2013 Budget

Fuel & Purchased Energy
Power Production Expense
Transmission Expense
Distribution Expense
Customer Accounting Expense
Cust Service & Info Expense
Sales Expense
Administrative & General

Total EIec O&M

Total Elec O&M without COGS

Payroll Taxes

	

Total Company	 Minnesota	 N. Dakota	 S. Dakota	 Wholesale	 Total Company	 Factor	 N. Dakota	 Factor	 N. Dakota

	

1.278,735,356 1,119,826,660	 82,971.027	 75.240.184	 697,485	 1.278,735,356

	

746,064,243	 655,430,175	 45,529,729	 44,668,054	 436,285	 746,064,243	 6.1027%	 45,529,729	 5.0864%	 37.947,812

	

241.889,523	 212,660,630	 14,568,264	 14,517.467	 143.162	 241.889,523	 6.0227%	 14,568,264	 5.0864%	 12,303,469

	

110,589,443	 96,728,524	 6,527,750	 7,333,166	 3	 110.589,443

	

58,988,968	 50,539,251	 4,357,576	 4,092,110	 31	 58,988,968

	

119,066,190	 117.553,566	 504,700	 1,007,923	 1	 119,066.190

	

54,580	 49,773	 2,461	 2,346	 0	 54,580	 Production Adjustment Factor:	 83.347%

	246,243,879	 215,247,038	 15,599,968	 15,302,395	 94,478	 246.243,879

	

0	 Transmission Adjustment Factor: 	 84.4539%

	2,801,632,182 2,468,036,617	 170,061,475	 162,163,645	 1,371,445	 2,801.632.182

	

1,522,896,826 1,348,209,957	 87,090,448	 86,923,461	 673,960

	

31,397,750	 27,512,686	 1,931,929	 1,938,506	 14,629

Administrative & General 	 Total Company	 Production	 Tranmission	 Distribution
NOTE: Entry for Total Company PTD	 246.243,879	 147,147,963	 20,148,028	 78,947,888

Payroll Taxes	 Total Company	 Production	 Tranmission	 Distribution
NOTE: Entry for Total Company PTO 	 31,397,750	 22,994,884	 2,113,123	 6,289,744

Source: Base NO 2013 ALS Elec Budget O&M.xls
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Electric Udiity - State of North Dakota 	 Exhibit__(M-AP-1), Schedule 2
Page 6 of 20

The table below shows how each of the functional and sub-functional costs was classified:

Function/Sub-Function 	 Cost Classification	 -
Demand	 Energy	 Customer

Summer Capacity-Related	 X
Fixed Generation
Winter Capacity-Related 	 X
Fixed Generation
Energy-Related Fixed	 X
Generation
Off-Peak Energy (Fuel and	 X
Purchased Energy)
On-Peak Energy (Fuel and	 X
Purchased Energy)
Transmission	 X
Distribution Substations 	 X
Primary Transformers 	 X
Primary Lines	 X 	 X
Secondary Lines	 X 	 X
Secondary Transformers	 X	 X
Service Drops	 X 	 X
Metering  	 X
Customer Services	 X

As shown in the table above, primary lines, secondary lines, secondary transformers and service
drops are classified as both "demand" and "customer" related costs. Costs of these sub-
functions are driven by both the number of customers on the distribution system and the
capacity requirements they place on the system. The analysis used to separate these costs into
demand and customer components is called the Minimum Distribution System (tvH)S) method.

The Minimum Distribution System method involves comparing the cost of the minimum size of
each type of facility used, to the cost of the actual sized facilities installed. The cost of the
minimum-size facilities determines the "customer" component of total costs, and the "capacity"
cost component is the difference between total installed cost and the minimum-sized cost.

The table also shows the percent of each cost element that was classified as "customer" related
based on the most recent Minimum System study.

Equipment Type

Uvcrhead Lines Prima
Primary Transformers
Overhead Lines Secon
Underground Lines Pr
Underground Lines Sc
Line Transformers Sec
Services

% Classified as
"Customer" Related

50.2%
83.0%
52.5%
45.6%
72.7%



Exhibit	 (KRP-5)
Case No. PU-i 2-813

Page 2 of 9

Northern States Power Company 	 Case No. PU-12-
Electric Utility - State of North Dakota	 Exhibit	 (MAP-1), Schedule 2

Page 13 of 20
Appendix 1: EXTERNAL ALLOCATORS - Descriptions and Applications

The table below lists and describes the external allocators used in the Class Cost of Service (CCOSS) model.

Code	 I Allocator For:	 Description	 Allocator Rationale and Background

Cli
	

Connection charge	 Average monthly customers for the Test Year 	 Customer connection revenues are driven by number
revenues	 of customer services.

C10
	

Used to calculate C1 

C11WA Customer accounting
costs

C12	 Used to calculate
C12WM allocator

C12WMF Used to calculate
C12WM allocator

C12WM Meter costs

C61PS	 The "customer"
(minimum system)
portion of prmarv
distribution line costs

Cli less automatic protective lighting and load management
services. C 1 less number of customers with a second

Average monthly customers weighted by each class'
relative rating of customer accounting costs: Cli X
C11WAF
Reflects actual number of meters. Gil with an adjusted
street lighting customer count. Only selected street lighting
rates are metered
Average meter cost for each customer type

Number of meters multiplied by each class' average
meter costs: C12 X Cl2WMF

Average monthly customers served at primary or
secondary voltage. Cii less transmission transformed
and transmission voltage customers

Weighting factors are set so as to reflect the relative costs
of meter reading, billing and providing customer service
for different classes of customers. For example some rate
schedules are significantly more complex requiring more
sophisticated meter reading capabilities, billing systems
and customer service staff.
Customer accounting costs are driven by number of
customers and the complexity of their respective rate,
billin2 issues and customer service reQuirements.

Metering costs are driven by the number of
customers in each class and the respective metering
costs.
The number of customers served at secondary and
primary voltages drives the customer-related portion
of primary distribution line costs. Transmission and
Transmission Transformed voltage customers are
excluded since they do not use the distribution

service.

	

Cl IWAF Used to calculate	 Customer accounting cost weighting factors. The weighting

	

C11 WA allocator	 factor for residential customers is set at 1.0. The weighting
factors for other classes are defined relative to costs for
residential. E.g., if a class were three times costlier, its factor
would be 3.0.
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Appendix 1: EXTERNAL ALLOCATORS - Descriptions and Applications

Code	 I Allocator Fcr: 	
J 

Derivation	 Allocator Rationale and Background

C62Sec The "customer"
(minimum ystem)
portion of secondary
(not primarr)
distribution line costs

C62NL 
1 

The "customer"
(minimum ;ystem)
portion of service-line
costs.

D60Sub Distribution
substation costs

D61PS 1 The capacity portion
of primary cListnbution
line costs.

D62Sec	 Used to calculate the
D62SecL allocator

D62SecL The capacity portion
of secondary
distribution line costs

Average monthly customers served at secondary
voltage. C61PS less primary voltage customers

Adjusted average monthly secondary voltage
customers. C62Sec less street lighting and C&I
underground customers

Class Coincident peak measured at the high voltage
side of the Distribution Substation less Class
Coincident peak of Transmission Voltage customers

D60Sub less Transmission Transformed customer
demands, less customer demands served by minimum
distribution system and with reduced Residential Space
Heating demands to reflect the fact that their summer
peak is less than their winter peak.

D6IPS less class coincident demands of primary voltage
customers
D62SecL equals the average of D62Sec percent and
non-coincident (or "individual customer peak")
secondary voltage percent.

The number of customers served at secondary
voltage drives the customer related portion of
secondary distribution line costs. Transmission and
primary voltage customers are excluded since they do
not use the secondary distribution system.
The number of secondary customers drives the
customer portion of service line costs. C&I
underground secondary customers are excluded since
they own their services. Lighting customers are
excluded since they do not have services.
Distribution substation costs are driven by class peak
demands, whenever they occur which is generally at
times other than the total system peak Transmission
voltage customers are excluded since they do not use
the distribution substation.
The driver of primary distribution line costs is the
class coincident demands less the minimum system
demand of each class. The minimum demand is
classified as a customer related cost. Also
transmission and transmission transformed voltage
customers are excluded since they do not use the
distribution system.

Capacity related secondary distribution line costs are
driven by both class coincident peak demand and
individual customer maximum demand, less the
minimum system demand of each class. (The
minimum system demand is classified as customer
related.) Also, transmission and primary voltage
customers are excluded since they do not use the
secondary distribution system.
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Appendix 1: EXTERNAL ALLOCATORS - Descriptions and Applications

Code	 Allocator For.	 Derivation	 Allocator Rationale

D62NLL The capacity portion 	 Non-coincident (or "customer peak") demand for	 Capacity related service line costs are driven by
of service-line costs 	 secondary voltage customers, less the customer peak 	 individual customer maximum demands less the

demand for street lighting, area lighting and C&I 	 minimum system demand of each class. (The
customers served underground	 minimum system demand is customer related.)

Transmission voltage, primary voltage and lighting
customers are excluded since they do not cause
service related costs. Also excluded are C&I
underground customers since they install their own
services.

D10S	 Summer season	 Each class' o,/ contribution to the single summer 	 The class contribution to the system summer peak
portion of capacity-	 system peak. Summer months are June through	 drives the summer portion of capacity-related
related generation	 September.	 generation costs.
costs

010W	 Winter season portion Each class' % contribution to the single winter system	 The class contribution to the system winter peak
of capacity-relatedpeak. Winter months are October through May.	 drives the winter portion of capacity-related
generation costs	 generation costs.

D10T	 Transmission plant	 Weighted Class Contributions to Summer and Winter 	 The driver for transmission costs is class contribution
costs	 Peak loads,	 to the summer and winter system peaks. To reflect

the fact that summer peaks have more impact, the
Allocator equals (D10W% plus (D10S% times 1.3649)) summer peak contribution for each class is weighted
divided by (1 + 1.3 649). The 1.3649 ratio is the ratio of I by the ratio of average monthly summer and average
the average summer and winter seasonal system peaks. monthly winter system peaks.

D1OC	 Capacity-related	 Weighted of Class Contributions to Summer and	 Capacity- related generation costs are driven by class
generation costs	 Winter system peak loads, 	 contribution to summer & winter system peaks. To

reflect the fact that summer peaks have a
Allocator equals (D10W% plus (1310S% times 2.7846) 	 disproportionate impact on capacity-related
divided by (1 + 2.7846). The 2.7846 ratio is obtained 	 generation costs, the summer peak is weighted by the
from the average summer and winter season peak 	 ratio of average monthly summer and winter system
loads, after subtracting the average annual load from	 peaks, which are in excess of average annual
each monthly load, 	 demand.
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Allocator RationaleDerivationCode Allocator For:

The driver of these costs is energy requirements,
which is measured by hourly energy requirements
weighted by hourly marginal energy costs.

Class hourly energy (MWH) requirements multiplied
by the corresponding hourly marginal energy cost.

Eneigy-related portion
of generation, nuclear
fuel capital and
generation step-up
costs. Also allocator

for fuel, purchased
energy and energy-
related fixed

generation costs.

E8760
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Appendix 2: INTERNAL ALLOCATORS — Descriptions and Applications

Internal Allocators are those that are determined from data generated within the Class Cost of Service Study (CCOSS).
Below is a list of internal allocators that are used within the CCOSS.

Code	 Allocator For:	 Description	 Allocator Rationale

Cli P10	 Expenses and labor related to 	 This allocator is the average of the Customer-related Cli 	 Customer assistance and advertising expenses
customer assistance and	 allocator and the Production Plant investment PlO allocator. 	 are driven by number of customers, and since
instructional advertising most assistance pertains to helping customers

reduce energy use, it affects production plant
investment.

D57E43	 Economic development expenses This allocator is based on the weighted average of the generation Economic development program costs and
capacity and energy allocators. The weighting is based on an 	 benefits are assumed to be a function of the
analysis of the fixed-cost-contribution margin of the General 	 fixed cost (margin) contribution of the demand
service tariff, 	 and energy charges that result from the ED

program.
D57E43 = (°/o Demand Impacts x D10C) + (% Energy Impacts
x E8760).

$ Energy Impacts = kWh sales x (Base Energy Charge + Fuel
Costs - Marginal  Energy Costs)

$ Demand Impacts Annual Billing kW x (((4 x Summer
Demand Charge)+ (8 x Winter Demand Charge))/12)

The demand portion is further split between Summer and
Winter based on D10C; the energy portion is already split
between on-peak and off-peak because E8760 is split that way.

Total $ Impacts = $ Energy Impacts + $ Demand Impacts
D40E60	 CIP expenses	 D99E1 (.99 x D10C)+(.01 x E8760). 	 CIP program expenses are split between

capacity and energy according to whether the
purpose and result of program is to reduce peak
load or energy requirements. In North Dakota,
99% of program impacts are demand-related.
Once program costs are thus split, the standard
capacity and energy allocators are applied to the
separate pools of $ expenses.
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Appendix 2: INTERNAL ALLOCATORS - Descriptions and Applications

Code	 I Allocator Fcr:	 Description
	 Allocator Rationale

LABOR
	

Amortization;, Payroll Taxes and
	

Total Labor costs on Page 12 line 48 less A&G Labor on Page 12 The specified expenses are directly related to
A&G Expenses that are labor 	 line 46. A&G Labor is excluded to avoid a circular reference. 	 Labor costs.
related such as Salaries, Pension &
Benefits, Injudes & Claims

NEPIS	 Property Insurance	
f 

Electric plant In service less accumulated provision for

OXDTS I Distribution customer
	 All Distribution O&M Expense, except Supervision and

installation e:tpenses and
	

Engineering, Customer Install and Miscellaneous. Supervision
miscellaneous distribution 	 and engineering expenses are excluded since they are an
expense	 overhead expense. Customer installation expenses and

miscellaneous distribution expense are excluded to avoid a
circular reference. (lines 2 thru 7, 9 and 11 of page 8)

OXTS	 Selected adnuimstrative and
	

All O&M costs except Regulatory Expense and any A&G
general expenses such as Office 	 costs, which are the costs to be allocated on OXTS (lines 40
Supplies, Ge-ieral Advertising,	 & 41 of page 7 and lines 12-15, 18-21, 32 and 33 of page 8).
Contributions and maintenance 	 These A&G expenses are excluded to avoid circular
of "General' plant 	 references.

PlO	 Interchange roduction Capacity Total Production Plant: Original Plant in Service (line 6 of
(i.e. fixed) ini:er-companv	 page 4)
Revenues. Rate base addition
production-related materials and

Property insurance is driven by net electric
plant in service.
The OXDTS allocator represents the majority
of Distribution O&M expenses (excl
supervision and customer installation costs)
which is a good indicator for miscellaneous
distribution expenses.

The OXTS allocator includes all O&M
expenses except regulatory expense and those
A&G items that are allocated with OXTS.
Representing most O&M expenses, the
OXTS allocator is appropriate for allocating
A&G expenses.
Total production plant investment is closely
associated with Interchange Agreement
Capacity related revenues.

P10WoN Interchange Production Capacity Total Production Plant less Nuclear Fuel: Original Plant in	 Since Wisconsin does not have nuclear plants,
(i.e. fixed) in er-company costs 	 Service. Nuclear fuel is excluded since NSP Wisconsin does 	 Total production plant investment less

not have nuclear plants (Total Production Plant on line 6 of	 nuclear fuel investment is a good indicator of
page 4 less Nuclear Fuel on line 5 of page 4) 	 Interchange Agreement Capacity, related

P5161A	 Used to allocate Step-up sub 	 Total Generation Set-Up Transformer original plant in service: Generation step-up plant investment drives
transmission labor costs	 Tran Gener Step Up (line 9 of page 4) + Distrib Substn Step	 step-up generation labor costs.

Up (line 14 of page 4)

P61	 T Distribution Substation O&M
	

Distribution Plant: Substations
	 Substation plant original investment drives

expense and Distribution
	 Original Plant in Service (line 18, page 4)

	
Distribution Substation plant O&M costs and

Substation labor
	 Distribution Substation Labor.



Exhibit _(KRP-5)
Case No. PU-12-813

Page 8 of 9

Northern States Power Company 	 Case No. PU-12-
Electric Utility - State of North Dakota Exhibit_(MAP-l), Schedule 2

Page 19 of 20
Appendix 2: INTERNAL ALLOCATORS - Descriptions and Applications

Code	 1Aiiator For:
	

Derivation
	

Allocator Rationale

P68	 All costs related to Distribution 	 Distribution Plant: Line Transformers
Plant "Line Transformers"	 JOriginal Plant in Service (line 37 of page 4')

P69	 All costs related to Distribution 	 Customer-Connection "Set-vices" Original Plant in Service
Plant "Services"	 (line 40 of oae 4

P73	 I All costs related to Street

POL All costs related to Overhead
Distribution Lines including
Rental costs and Distribution
overhead line rent revenues

PTO	 Working Cash

PTD
	

All costs related to General Plant
and Electric Common Plant

PUL
	

All costs related to Underground
Distribution Lines

RTBASE I Income Tax Addition: Avoided
tax interest

Line transformer plant investment drives all
line transformer costs.
Distribution "Services" plant investment
drives all costs of "Services".
Street Lighting plant investment drives all
Street Lighting costs.
Overhead distribution line plant investment
drives all costs related to Overhead
Distribution Lines.

Working Cash is closely related to Real Estate
Taxes.
Total investment in production, transmission
and distribution plant is the best allocator for
general and commopit.
Underground distribution line plant
investment drives all costs related to
Underground Distribution Lines.
Total rate base drives avoided tax interest.

Street Lighting Original Plant in Service
(line 42 of page 4)
Distribution Plant: Overhead Lines
Original Plant in Service (line 26 of page 4)

Total Real Estate & Property Taxes (line 50 of page 9)

Production + Transmission + Distribution Plant Original
Plant investment
(lines 6, 13 and 43ofpage 4')	 --
Distribution Plant: Underground Lines
Original Plant in Service (line 33 of page 4)

Total Rate Base (line 36 of page 6)

Total Transmission and Distribution Original Plant in Service
(Lines 13 and 43 of page 4)

Total Transmission and distribution plant
investment drives investment in
miscellaneous transmission and distribution
materials and supplies
Distribution labor (excluding Supervision &
Engineering) drives Supervision and
Engineering and Customer Installation Labor.

I'Dl'ransmission and Distribution
Materials and Supplies that are
Rate Base Additions

ZDTS	 Supervision & Engineering and 	 All Distribution Labor except Supervision and hngtneering
Customer Installation	 and Customer Installation, These items are excluded to avoid
Distribution Labor	 a circular reference. (All of lines 33 thru 42 on page 12, except

lines 33 and 40
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Appendix 3: CCOSS Customer Classes Vs. Tariff Cross Reference

A.	 Summary Customer Classes

Customer Class	 Rate Codes	
Voltage
Specific

1	 Residential	
DOt D02 D03,1)04, DOS (if residential) DiD (if
residential)

Commercial Not Demand	 D05 (if C&I, DID (if C&1), D12, D14, L)15,1)18,
Metered	 D19, D34, D40,1)42

3	 Secondary 	 D16.D17.D20. D21, D22, D41, D62, D63 	 Seconda

4	 C&I Primary Voltage	 D16, D17, D20, D21, D22, D41, D62, D63 	 Primary

5	 Street Liahtina	 D1 1, D30, D31, D32, D33

B.	 Detailed Customer Sub-Classes
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Energy	 Limited	 Off- TIt-detn	 Energy-

Rate	 No.ot	 Customer Demand Controllable	 Energy	 Charge	 Voltage	 Energy	 Per	 Season 	 Controlled

	

costomers	 Demand	 Charge	 Per Unit	 Credit	 Discounts SurchargeHorsepower	 FCR	 CAC&WH C&ICAC	 Load	 )	 TRC	 Service

Residential Service

Standard	 10109	 48158	 U 	 U	 0	 9	 It

Electric Spaceheating	 DODOH	 17990	 3 	 U	 0	 0

Standard	 D03UG	 8544	 X 	 U	 U	 U	 U

Electric Spaceheating	 D03UG	 2344	 U 	 9	 U	 0	 UU

Residential Time of Day Service

Standard	 D020H	 9	 U	 X	 X	 U	 0	 0

Electric Speceheeting	 D020H	 15	 U 	 U	 8	 U

Standard	 D04UG	 1	 U	 X	 X	 U	 0	 U

Electric Spaceheunirig 	 D04UG	 2	 U	 X	 X	 U	 0	 U

rgytrolled Sercve	 -Co-Covice	 327	 U	 X

mited-Off Peak Service	 146	 U	 U	 U

vitomafice Protective Lighting Service	 D11	 NA 	 U	 X	 U	 U

Small Several Service	 D12	 8162	 X	 (9) 	 U	 0	 U

Small Several Time of lay Service Metered and Non-Metered)

Time olDay	 D14	 344	 9	 X	 x	 U	 U	 S

kWh Metered	 D18	 80	 U	 X	 X	 U	 U	 U

Uvmrtrrrd	 D19	 U	 X	 X	 U	 U	 U

Low Wattage	 D34	 U	 X	 X	 U	 0	 U

lenernl Service	 D16	 3280- -	 U 	 - -	 9	 A	 —9 - - X -	 9	 U	 U	 J)	 - U -

General Time of Day Service 	 7	 170	 U	

Ĥ-

_ II	 U	 U	 X	 U	 (U)

rak-Cvntrolled Service	 74 	 c	 U	 U	 0	 (0)

Peek-Controlled Time of Dey Service 	 1	 _U	 U 	 U	 U	 )X)	 U

i-,iii oySrrvcTvr1	 r 	,. 	 X	 V	 X	 (X)

Veal-Time Pricing Service__

Firm	 U 	 U	 U	 U	 U	

19,

 8	 U	 U	 U

Controllable	 0	 U	 U	 U	 8	 9	 9	 0

°treef Lighting SyStem Service 	 NA	 __	 U	 U

treet Lighting System Service (Purchased Eqvipment) 	 NA	 __	 U	 U

°treetgystem Service (Purchased Eqvipment) Closed)	 NA 	 U	 U

treet Lighting Energy Service - Metered	 76	 U	 U 	 U	 U

Small Municipal Pimping	 9r	 U 	 S

Municipal Pvmpvg	 97	 0	 U 	 U	 U 	 U

Fire and Cicil Defense Siren	 8 MIN  
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NSP NettEr Dakota 8.5. ceesarenesre Change Mastic 	 I	 I	 I	 I	 I	 I	 I
Case No PU-12-813	 Rifling Components

Distnbution	 On-Peak On-Peak
Distribution	 Demand	 Distribution	 Energy	 Enargr	 Energy	 Energy

Demand	 Charge-	 Demand	 Energy	 Charge	 Charge	 Charge	 Charge	 On-Peak Off-Peak Continuous 28 ConnInuous 24 Controllable
Hate	 Charge -	 nransmitsinn	 Charge -	 Charge	 (June -	 (00-	 (June-	 (Oct -	 Energy	 Energy	 Hour Energy	 Hour Energy	 Or Peak

_yy)ry)	 Pnmary	 Trareformed nransmiseon	 Energy Charge	 )pt(yal)	 Sept)	 May)	 Sept)	 May)	 Charge	 Charge	 Juce-Sapr(	 (Oct - May) Period Energy

° at ide nt la I Se roica

Standard	 0010H	 7.233	 5.733
Electric Spacehearing	 0000H	 7233	 4.543
Standard	 003uA	 7.233	 5333
Electric Spaceheating	 00300	 7.233	 4.543

esidantielnimeofDay5eruioa

Standard	 D020n 	 14300	 10.977	 2.E05
Eleunnu Spacehaarira	 00205 	 14388	 8.170	 2,E05
Standard	 00400	 14.948	 10.977	 2,605
Electnc Spacehsatirg	 004LIA 	 14.988	 8,170	 2005

°nargy -Conrroll.d Service

Residarnial	 005	 3,663	 7,233	 3.603
Commercial	 005	 3.663	 7,159	 1003

imoad-Ott Peak Serulca

Sacondray uolraae - Single Phase	 010
Reeldarr!aI	 DiE	 2.305
Commercial	 010	 2.305

Seoordray uvftage - Three Phase 	 DiE
Eeeidertial	 010	 2,305
Commercial	 010	 1305

Pnmary Ucitage	 TOT
Commercial	 010	 2.199

'mall General Seroice	 012	 7.159	 5.659

General Tull ofDay50101cc_)Meterad_and_Nor-Matarad(
Time ctoay	 004 	 12,352	 9,143	 2205	 6.013	 4.890
kwh Metered	 DOE	 12,352	 9,143	 2,605	 6.013	 4.890
Unmetered	 019 	 12,352	 9,143	 2,600	 6.003	 4,890

Less than 105 Watts 	 034	 oontract per unt
More than 100 Watts 	 034	 contract per unn

GeneralSel	 016	 2.854

General Time ct cay Seroice 	 017	 3.845	 21113

aak-Ccnrrclled Semics	 009

Thor 0 Conrrollabla 	 920	 2,854
cIsc 2 Corrrclable	 020	 2e54

Peak-Ccntmlled Ti— ot Day S.M.

Tier 1 Controllable	 021	 3.845	 2,113
Tier 2 Cortrolable	 020	 3.845	 2,113

3840	 2,103	 3,626

Pirm	 062	 0.64	 0,25	 0.00	 Day/Period (48
Controllable

063
Ocr - May	 tOED	 _________

utomarice Protective Liglrning S.rulca

Area ruightwarch - uOfW High Pressure Sodium	 010
Area Uightuoarch-ul5W Mercury	 Dli
Area Nightwatch - 25099 high Pressure Sodium	 DOS
Area Uightovarch - 400W Mercury 	 DOS
Directional Nrghtooatch - 250W High Pressure SodIum 	 00.0
Directicnal rkightwaroh - 405W Mercury 	 Dli
Directional Niahrovarcb - 400W High Pressure Sodium	 Dii

°Ereet Lighting System Service

104W uiah Pressure Sodium

Ovarhaad	 030

Underground	 530

Decoratiue Underground	 030
150W High Pressure Sodium

Overhead	 030
Underground	 030

Decorative Underground	 030
250W High Pressure Sodium

Overhead	 030

Decorative Underground	 030
400w High Pressure Sodium

Overhead	 030

'treat Lightinaocstem Service )Purohased Equipment)
JrsWMercury 

25oWMerourv	 D31
oOcWMercury 

POW High Pressure Sodium

IM' 
Pressure Sodium 

JSOW High Pratsura Scdlum

206WHigh Pr000ure Sodium 
250W High Pressure SodiumDM

SLOW High Pressure Sodium 

440W Hiah Pressure Sodium

O.OWW High PreSsur Sodium

TOW High Pressure Sodium (Closed) 	 D31
400W Aigh Pressure Sodium (Closed) 	 031

Street Lighting System Servios (Purchased Eguipmect( (Closed)
1.OW Lumer Incandescent	 032
4.OW Lumanlnoendesoant 	 032

Street Lighting Erergo Service - Metered	 033	 3.005

Small Municipal Pumping 	 040	 7,150	 5,659

Municipal Pumpira	 341	 2.654

hire and Civil Defense Si—	 042
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TSP SenSOr RakeS, ease Ceerpeearrs COrasga MatHs 	 I	 I	 I	 I
Case No PU-12-0o3

Trans
Prirrrary	 Primary	 Transformed Tnarisformed	 mans	 Trans	 Limited	 LimOed	 Urrrited

Cyntrcllable	 Energy	 Voltage	 Voltage	 Voirage	 Voirage	 Voltage	 Voltage	 Limoed	 Energy	 Energy	 Energy

	

Rate	 Ott Peak Control Pe yod	 Charge Discounts Discounts Ditocurito (Pen Discounts (Pen Discounts Discounts Erergy surcharge - Surtlrarge - Suroharge .	 Per
Penod Energy	 Energy	 Per unit	 Credo	 erkW( (Per kWh)	 kWl	 kWh(	 (PerkW( (PerkWh(	 yrohy	 locaLS	 Leuelit	 LeuelC	 Horsepower

Residential Service
5tarderd	 20100
Elect yc Spaceheating	 00100
Otaridand	 003U01
Electnc Spaceheatirg	 i-o,SUG

ResidentialTimeotDayoervire
Steriderd	 DO20H
Elector Spacehearirg	 DO20H
Stardard	 DO400
Rleotnc Spaceheating 	 DH406

Erergy-Cortrolled Service
Residential	 ttt5
Commeroial	 005

LimRed-Dyy Peak Seroioe
Secondray Vohage . Single Phase	 DOD

Residential	 DID
Commeraal	 DiD

Secondray Voyage - Three Phase 	 010
Residential	 DOD
Commercial	 ODD

Pomary Volnage 	 DID
Comnneroal	 ODD

General Service 	 D12

General Tim. 0y Day Saroioe (Metered end Nor-Metered(
Time of Oat	 014
kWh Metered	 004
Unmetered	 019
Low Wattage

Lese than 100 WattS	 034	 0.30
More rhar 100 Watts	 034	 1.24

General Service 	 DOG	 l.000	 0.60	 00010	 1,10	 0,2100	 1.50	 0.2400

General Ti- of Day Service 	 007	 1.000	 0.60	 0,1010	 1.00	 0.2100	 130	 0.2400

reek-Cynrrolled Service	 019
Tiers Conrrolleble	 020	 1.000	 0.60	 0,1010	 1,10	 0.2000	 1.50	 0.2400
Tier 2 Conrrolable	 020	 1.000	 000	 0.1000	 0.10	 0.2100	 1.50	 0.2400

fleek-Controlled Time oy Day Service
Tier 1 Controllable	 020	 1.000	 0.00	 0.1010	 1.10	 0.2100	 1.50	 0.2400
Tier 0 conrrolabla 	 021	 1.000	 0,60	 0.1010	 1.10	 0.2100	 1.90	 0,2400

-	 2.013	 10.9000	 10	 X

Reel-Time PVcina Service 
Finn	 062	 0.86c	 0.1010	 0.2100	 0.240c	 17,900
Controllable

Sept	 063	 0,860	 0,1010	 02100	 0,2400	 12.7000	 8.9000	 7.3030
DO - May	 063	 0.860	 0. 1010	 0.210c	 '	 0,2400	 12.7000	 0.9000	 7.3000

- Utomatice Prytectiue Lighting Serviye
Uraa Nightwatch- 190W nigh Pressure Sodium 	 011	 6,16
urea Nightwatuh- 075W Mercury 	 011	 6.16
area Nightwatub '250W nigh Pressure Sodium 	 011	 10.00
Urea Nightwatcb '403W Mercury 	 011	 00.00
Directional Nigirrwetch . 290W Oigh Pressure Sodium 	 011	 11,64
OirecRional Nigbiweruh '400W Mercury	 Dli	 13154
Directional Nighrwarnh '403W High PreSsure Sodium 	 001	 14,47

°rreet Lighting System Service
190W High Pressure Sodium

Overhead	 030	 9,94
UndergrOund	 030	 19.23
Deyyratiue Underground	 000	 30.81

150W nigh Pressure Sodium
Overhead	 030	 10.92
Underground	 030	 20.25
Decor, tile Underground	 030	 3175

250W FEgh p ressure Sodium
Overhead	 030	 13.74
Decorative Underground	 030	 94.04

403W High Pressure Sodium
Overhead	 030	 16.41

erreerLighting System Service (Purchased Rguipment(
175W Meroury	 001	 4.23
250WMercury	 031	 5,26
403WrsterOury	 030	 745
70W High Pressure Sodium	 031	 2.72
000W Hieh Pressure Sodium 	 030	 3.17
150WVigh Proctors Sodium	 031	 3.83
200W High Pressure Sodium	 031	 467
250W nigh Pressure Sodium	 031	 5,54
310W High P--Sod- 	 031	 666
403W nigh Pressure Sodium	 030	 7.72
1,W High Pressure Sodium	

D31158170W High Pressure Sodium IClotedl 	 031	 5,47
403W High Pressure Sodium (Closed( 	 031	 7.44

Street Lighting System Service (Purchased Eguipmeot( (aosad(
1,	 Lumen incandesoent	 032	 2.58
4,	 Lumen lnandescent	 032	 4.78

Street Lighting Energy Service - Merered 	 033

Small Municipal Pumping	 040

MuniUpel p umping	 041	 1.000	 0,60	 0.1010

hire and Ciuil Oetense Siren 	 042	 570
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Executive Summary

A cost tracker allows a utility to recover its actual costs from customers for a specified
function on a periodical basis outside of a rate case. This paper discusses the major issues that
state public utility commissions face in evaluating the costs and benefits of these devices.

Several state commissions have approved new cost trackers for a wide array of utility
functions in both the electric and natural gas sectors. State commissions have traditionally
limited the use of cost trackers, partially because of the perception that they create "bad"
incentives and shift risks to a utility's customers. The recent approvals depart from past
regulatory practices that sanction trackers only under highly restricted conditions.

The author asserts that state commissions have not given adequate attention to the
negative features of cost trackers, which are at odds with the public interest. Specifically, cost
trackers diminish the positive effects of regulatory lag and retrospective reviews in deterring
utility waste and cost inefficiency. Trackers also could reduce regulatory scrutiny in evaluating
cost prudence.

This paper contends that regulators should view cost recovery in a rate case as the
"default" practice. A rate case assures scrutiny of a utility's costs and provides strong motivation
for the utility to control those costs between rate cases. The utility therefore bears burden to
show why a cost tracker is in the public interest. The utility should demonstrate that it would
suffer severe financial difficulties under "extraordinary circumstances" without the tracker.

This paper also recommends that regulators consider the advantages of replacing cost
trackers (excluding fuel and purchased gas cost trackers) with a single rate-of-return tracker in
the form of an earnings-sharing mechanism. This alternative can overcome some of the
problems with cost trackers, namely perverse or weak incentives for cost control, the
mismatching of total costs and revenues, and inadequate regulatory oversight of costs. An
earnings-sharing mechanism also achieves the major objective of cost trackers, which is to
prevent a utility from suffering serious financial problems between rate cases.

it
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How Should Regulators View Cost Trackers?

This paper discusses the major issues regulators face in evaluating the costs and benefits
of cost trackers.' This paper responds to state public utility commissions' recent actions in
approving new cost trackers for a wide array of utility functions in both the electric and natural
gas sectors. Historically, state commissions have limited the use of cost trackers, partially
because of the perception that they create "bad" incentives and shift risks to a utility's customers.
The recent approvals differ from past regulatory practices that sanctioned trackers only under
highly restricted conditions.

The author contends that state commissions have not given adequate attention to the
negative features of cost trackers. By conflicting with certain regulatory objectives, cost trackers
thwart the public interest. Cost trackers undercut the positive effects of regulatory lag and
retrospective reviews in deterring utility waste and cost inefficiency. They also could lessen
regulatory scrutiny in evaluating the prudence of costs.

This paper defines cost trackers and discusses how they benefit utilities. It then provides
the rationales for cost trackers and how they relate to regulatory principles for cost recovery.
The paper examines two scenarios; in the first, regulators allow comprehensive cost trackers,
while in the second they allow none. The paper ends by recommending a regulatory policy and
identifying questions regulators should ask when investigating cost trackers.

I.	 The Definition and Mechanics of a Cost Tracker

A cost tracker allows a utility to recover its actual costs from customers for a specified
function on a periodical basis outside of a rate case. 2 A tracker, in other words, involves the
recovery of a utility's actual costs in the periods between rate cases. These costs could include

Regulators sometimes refer to cost trackers as "riders."

A cost tracker can either provide interim rate relief for a utility or be a permanent
fixture that adjusts rates between rate cases based on upward and downward movements in those
costs specified in a tracker. As an alternative to a cost tracker, a utility can file for emergency
rate relief whenever it encounters a serious financial problem. The commission can specify
conditions under which a utility can file an emergency or interim rate filing petitioning for
immediate rate relief. This paper does not examine the different regulatory approaches to
relieving utilities of any temporary or more permanent serious financial problems. Such a study
could compare each approach, including cost trackers, based on its effect on different regulatory
objectives.



Exhibit	 (KRP-8)
Case No. PU-i 2-813

Page 6 of 23

those that deviate from some baseline or are zero-based. 3 Baseline costs, for example, could
include bad debt costs  reflected in present rates as determined in the last rate case. A cost
tracker could allow adjustments in rates when actual bad-debt costs depart from the baseline
level. These adjustments would occur periodically as prescribed previously by a commission.

To benefit customers when actual cost falls below the baseline level, a cost tracker must
be "symmetrical." The unpredictability of a cost item—which, as this paper discusses later, is
one underlying rationale for a cost tracker—means that test-year cost estimates can overstate or
understate the actual costs. Virtually all fuel and purchased gas cost trackers are symmetrical,
with customers benefiting when commodity-energy costs fall (e.g., since the autumn of 2008).

Cost trackers also could apply to all of the costs associated with a particular business
function or task. Under this zero-based approach, for example, the entire cost of a gas utility's
new investments in upgrading the safety of its distribution system would be amortized and
recovered later from customers in lieu of inclusion in base rates. The same cost recovery
procedure can occur for a utility's energy-efficiency initiatives.

Some cost trackers, such as fuel adjustment clauses (FAC) and purchased gas
adjustments (PGAs), adjust rates in response to changes in the price of fuels used by generating
facilities and purchased gas for gas utilities. 5 Certain cost trackers approved over the last couple
of years allow for rate adjustments when the cost for a particular business function, for whatever
reason, changes. A tracker for bad debt, for example, does not distinguish between an increase
because of a greater number of nonpaying customers or higher debt per customer.

"Zero-based" refers to all the costs associated with a specific function, rather than just
increments or decrements from test-year costs.

These costs represent money owed by customers to a utility that the utility has
determined to be uncollectible.

NRRI has conducted several studies on FACs and PGAs. See, for example, Robert E.
Burns, Mark Eifert, Peter Nagler, Current PGA and FAC Practices. Implications for Ratemaking
in Competitive Markets (Columbus, Ohio: NRRI, November 1991), NRRI 91-13; Robert E.
Burns and Mark Eifert, "Designing Fuel and Purchased Gas Adjustment Clauses to Provide for
Incentive Compatibility in a More Competitive Environment," Proceedings of the Eighth
NARUC Biennial Regulatory Information Conference (Columbus, Ohio: NRRI, September
1992); Kevin A. Kelly, Timothy Pryor, Nat Simons, Electric Fuel Adjustment Clause Design
(Columbus, Ohio: NRRI, 1979), NRRI 79-3; and Douglas N. Jones, Russell J. Profozich,
Timothy Biggs, Electric and Gas Utility Rate and Fuel Adjustment Clause Increases, 1978 and
1979 (Columbus, Ohio: NRRI, 1981), NRRI 81-5.

2
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II.	 Principles for Cost Recovery

A. "Reasonable opportunity" criterion

State commissions have applied myriad criteria for utility cost recovery. Regulators are
legally bound to allow utilities the opportunity to recover prudently incurred costs. Prudent costs
reflect utility management that makes rational and well-informed decisions. The word
"opportunity" can refer to the utility having a good chance of earning its authorized rate of return
and is distinct from an entitlement. 6 "Earning the authorized rate of return" means that the utility
recovers its prudent variable costs (e.g., operations and maintenance) and earns a return of and
on prudently incurred fixed costs, including its cost of capital as determined in the last rate case.

B. Incentive effects of cost trackers

Commissions traditionally allow cost recovery only after a rate case review. Other
alternatives such as a cost tracker would require that a utility show violation of the "opportunity"
condition for particular cost items. A violation can occur when a certain cost is substantial,
unpredictable, and generally beyond a utility's control. Other than costs relating to fuel and
purchased power and gas, few other costs fall within the confines of "special circumstances ."7

Parties to regulatory proceedings naturally disagree over when these circumstances exist. To
clarify their positions to utilities, intervening groups, and the general public, commissions should
consider issuing policy statements articulating standards for the recovery of costs through
trackers.

Regulators, until recently, have taken a cautious approach to trackers, partially because
they weaken the incentive of a utility to control its costs. 8 Controlling utility costs is a primary

One interpretation is that the utility earns its authorized rate of return over a number of
years, rather than each year. Regulators, investors, and utilities do not expect uniform rates of
return across years. Instead, they ostensibly presume that in some years the rate of return will be
below the authorized level, while in other years it would be above the authorized level.
Regulators, for example, set rates based on "normal" weather. They expect that summer weather
will be hotter than normal in some years and cooler than normal in others. For a typical electric
utility, having a hotter-than-normal summer and a cooler-than-normal summer often means the
utility earns a high rate of return and a low rate of return for those years respectively. But
regulators expect normal weather over a number of years.

/ An exception also might include the costs associated with a major storm causing
extensive damage to a utility's infrastructure.

O The cost trackers discussed in this paper assume price adjustments based on changes in
the actual cost of the utility. If instead price adjustments relate to cost changes for a peer group
or other factors outside the control of the utility, the incentive problems identified in this paper
would mostly disappear. Some cost trackers attempt to incorporate benchmarks that reflect
performance exogenous to an individual utility. Defining the appropriate benchmark is a crucial
but difficult task in designing a performance-based tracker. See, for example, Ken Costello and
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objective of regulators because it contributes to lower rates and reflects efficient utility
management. Cost trackers can, in various ways, result in higher utility costs. 9 First, they
undercut the positive effects of regulatory lag on a utility's costs. "Regulatory lag" refers to the
time gap between when a utility undergoes a change in cost or sales levels and when the utility
can reflect these changes in new rates. Economic theory predicts that the longer the regulatory
lag, the more incentive a utility has to control its costs; when a utility incurs costs, the longer it
has to wait to recover those costs, the lower its earnings are in the interim. The utility,
consequently, would have an incentive to minimize additional costs. Commissions rely on
regulatory lag as an important tool for motivating utilities to act efficiently.'° As economist and
regulator Alfred Kahn once remarked:

Freezing rates for the period of the lag imposes penalties for inefficiency,
excessive conservatism, and wrong guesses, and offers rewards for their

James F. Wilson, A Hard Look at Incentive Mechanisms for Natural Gas Procurement, NRRI
06-15, November 2006, at ]i: 	 rrLr pLtb	 u- I .pdt1

Theoretical and empirical studies provide some evidence of the incentive problems
associated with one kind of cost trackers, FACs. See, for example, David P. Baron and
Raymond R. DeBondt, "Fuel Adjustment Mechanisms and Economic Efficiency," Journal of
Industrial Economics, Vol. 27 (1979): 243-69; David P. Baron and Raymond R. DeBondt, "On
the Design of Regulatory Price Adjustment Mechanisms," Journal of Economic Theory, Vol. 24
(1981): 70-94; David L. Kaserman and Richard C. Tepel, "The Impact of the Automatic
Adjustment Clause on Fuel Purchase and Utilization Practices in the U.S. Electric Utility
Industry," Southern Economics Journal, Vol. 48 (1982): 687-700; and Frank A. Scott, Jr., "The
Effect of a Fuel Adjustment Clause on a Regulated Firm's Selection of Inputs," The Energy
Journal, Vol. 6 (1985): 117-126. The first two studies applied a general model to show that
FACs tend to cause a utility to overuse fuel relative to other inputs, pay more for fuel prices, and
choose non-optimal, fuel-intensive generation technologies. The third study provided empirical
support for this prediction. The fourth study showed that some types of FACs cause bias in fuel
use and that FACs in general weaken the incentive of a utility to search for lower-priced fuel. It
provided empirical evidence that electric utilities with an FAC pay higher fuel prices than
utilities without an FAC.

10 Regulatory lag is a less-than-ideal method, however, for rewarding an efficient, and
penalizing an inefficient, utility. Some of the additional costs could fall outside the control of a
utility (e.g., increase in the price of materials), and any cost declines might not correlate with a
more managerially efficient utility (e.g., deflationary conditions in the general economy). As
discussed elsewhere in this paper, regulators are more receptive to cost trackers when: (1)
regulatory lag can cause a substantial movement in a utility's rate of return between rate cases,
and (2) the utility has little control over how much its actual costs will deviate from its test-year
costs.

4
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opposites; companies can for a time keep the higher profits they rear from a
superior performance and have to suffer the losses from a poor one.

Rational utility management, as a general rule, would exert minimal effort in controlling
costs if it has no effect on the utility's profits. 12 This condition occurs when a utility is able to
pass through (with little or no regulatory scrutiny) higher costs to customers with minimal
consequences for sales. Cost containment constitutes a real cost to management. Without any
expected benefits, management would exert minimum effort on cost containment. The difficult
problem for the regulator is to detect when management is lax. Regulators should concern
themselves with this problem; lax management translates into a higher cost of service and, if
undetected, higher rates to the utility's customers. Regulators should closely monitor and
scrutinize costs, such as those subject to cost trackers, that utilities have little incentive to
control.

When mechanisms for cost recovery differ across functional areas, perverse incentives
can arise that would make it profitable for the utility not to pursue cost-minimizing activities.13
The result is higher rates to utility customers. A utility with a FAC might postpone maintenance
of a power plant even when it would cost less than the savings in fuel costs. The utility could not
immediately (or even at any time) recover additional maintenance costs, while it could pass the
higher fuel costs through the FAC.

Cost trackers, in the long run, can bias a utility's technological and investment decisions.
A utility recovering fuel costs through a FAC, for example, might want to adopt fuel-intensive
generation technologies even if they are more expensive from a life-cycle perspective. 14 The
result, again, is higher rates to utility customers.

Alfred E. Kahn, Economics of Regulation, Vol. 2 (New York: John Wiley & Sons,
1971), 48.

12 I assume here that reducing cost has no effect on the quality or quantity of utility
service. Controlling costs, therefore, refers to eliminating or reducing "wasteful" expenses that
would result in no decline in the value of utility service. The author imagines a situation in
which utilities would attempt to defer maintenance costs until the commission sets new base
rates that account for those costs.

13 In the example above, regulators could eliminate any perverse incentive by simply
allowing a cost tracker for maintenance expenses.

14 See, for example, the Baron and DeBondt studies cited in footnote 9.
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Cost trackers also could motivate utilities to shift more of their costs to functions subject
to trackers.' 5 They might, for example, want to classify routine maintenance costs as a capital
expense that receives tracker cost recovery. Such shifts could lead to earning an excessive rate
of return. Regulators implementing trackers should carefully define applicable costs. They
should also examine costs claimed under trackers to ensure that the utility recovers only
appropriate costs through the tracker. 16

An important incentive for cost control by regulated utilities is the threat of cost
disallowance from retrospective review. 17 To the extent that cost trackers dilute the frequency
and quality of these reviews, further erosion of incentives for cost control occurs. With less
regulatory oversight and auditing, which often accompany rate cases, a utility might have less
concern over the costs it incurs. Regulators have long recognized the importance of
retrospective reviews in motivating a utility to avoid cost disallowances from grossly subpar
performance.

If a utility has a number of cost trackers, the regulator might want to consider staggering
the timing of retrospective reviews to avoid having inadequate staff resources to review the
adjustments for individual cost trackers. Some utilities have comprehensive trackers that recover
a wide array of costs (e.g., purchased gas, bad debt, energy-efficiency activities, and
environmental activities). For these trackers, it would be especially challenging for a regulator to
conduct an adequate retrospective review of each item simultaneously. 18

A contradiction seemingly exists between the criterion that trackers should apply only to
those costs beyond the control of a utility and the assertion that the modified incentives caused
by trackers can lead to inflated costs. One response is that a utility has at least some control over
most of its costs. Except for certain taxes and some other cost items, the actions of utility

One example is when a tracker for new capital expenditures creates an incentive for a
utility to shift labor costs from maintenance to capital projects. In this instance, the utility can
schedule employees to work on the capital projects, and maintenance is delayed. The utility
consequently reduces its maintenance costs and thereby keep the savings, and increase its capital
expenditures, which it recovers through the tracker. I thank Michael McFadden for this example.

16 thank Adam Pollock for this insight.

17 Many regulatory experts view retrospective reviews as dissuading a utility from poor
decisions with the threat of a penalty—for example, making the utility more diligent and careful
in its planning and procurement. Given asymmetric information, where a utility knows more
about its operations and market supply/demand conditions than the commission, some analysts
characterize retrospective views as a second-best mechanism to market-like incentives. For most
gas utilities, the strong incentives for controlling purchased gas costs derive mainly from the
time lag between the incurrence of a cost and its recovery from retail customers, and regulatory
prudence reviews where, for example, abnormal costs attract special attention and a review.

181 thank Joseph Rogers for this insight.
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management can affect costs. Even for fuel or purchased gas, utility management's actions can
affect their total costs. Although for the most part the marketplace determines the price paid for
these items, utilities can negotiate prices under long-term contracts and decide on the mix and
sources of different fuels and purchased gas. 19

Commissions also tend to avoid cost recovery that results in radical price volatility to
utility customers. Such a policy could preclude monthly price adjustments from changes in fuel
costs or purchased gas costs. It also might result in a phase-in of the construction costs of a new
base-load-generating facility.

III. Utilities' Perspective on Cost Trackers

Under traditional ratemaking, the utility recovers all costs after a rate case review. It
requires no commission activity between rate cases. Traditional ratemaking provides base rates
based on the test year. A commission relies heavily on cost-of-service studies to determine base
rates. Base rates have two characteristics: (1) a commission sets them in a formal rate case, and
(2) they remain fixed until the utility files a new rate case and the commission makes a
subsequent decision. The costs represent those calculated for a designated test year and exclude
those costs recovered in trackers and other mechanisms. No matter how much the actual utility's
costs and revenues deviate from their test-year levels, rates remain fixed until the commission
approves new ones in a subsequent rate case. The exception is when a commission allows for
interim rate relief under highly abnormal conditions that jeopardize a utility's financial
condition.

Utilities have argued that a more dynamic market environment, characterized by the
increased unpredictability and volatility of certain costs, justifies the recovery of certain costs
through a tracker rather than in base rates. 20 Utilities have also asserted that the static nature of
the "test year" sometimes denies them a reasonable opportunity to earn their authorized rate of
return. They contend that cost trackers advance the ratemaking goals by matching revenues to
actual costs.

In contrast to base rates, cost trackers offer a utility the advantages of: (1) shortening the
time lag between the incurrence of a cost and its recovery in rates (i.e., curtailing regulatory lag),

19 A utility, for example, might be lax in finding the best deals for gas supplies, in
applying more resources by employing more highly qualified staff, or in acquiring superior
market intelligence. See, for example, Ken Costello, Gas Supply Planning and Procurement: A
Comprehensive Regulatory Approach, NRRI 08-07, June 2008, at

pLIh	 i	 (),IS S L111 I) k	 I	 uii	 1	 111	 I

20 See, for example, Russell A. Feingold, "Rethinking Natural Gas Utility Rate Design:
A Framework for Change," presented at the American Gas Foundation Executive Forum, held at
The Ohio State University, May 23, 2006.

7
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(2) increasing cost-recovery certainty, 21 and (3) lessening the regulatory scrutiny of its costs.
Normally, in a rate case a regulator closely reviews the utility's costs before approving them for
recovery from customers. Regulators often less rigorously scrutinize a utility's costs when
recovered through a tracker. 22 Overall, cost trackers lower a utility's financial risk by stabilizing
its earnings and cash flow.

Utilities increasingly have asked their state public utility commissions to depart from
traditional regulation by approving new cost-recovery mechanisms for different business
activities. Some gas utilities want to expand the scope of their PGA clauses to include a wider
array of costs. Current cost trackers in the natural gas sector, other than those for purchased gas
costs, apply to functions including pipeline integrity management, pipeline replacement costs
(e.g., accelerated cast iron main replacement program), bad debt, energy-efficiency costs, general
infrastructure costs, manufactured gas plant remediation, stranded restructuring costs, property
taxes, post-retirement employee benefits, and environmental costs.

IV. Regulatory Rationales for Cost Trackers

A.	 "Extraordinary circumstances"

State commissions have traditionally approved cost trackers only under "extraordinary
circumstances." Commissions recognize the special treatment given to costs recovered by a
tracker; they consider cost trackers an exception to the general rule for cost recovery. This view
places the burden on a utility to demonstrate why certain costs require special treatment.

The "extraordinary circumstances" justifying most of the cost trackers that commissions
have historically approved have been for costs that are: (1) largely outside the control of a
utility, (2) unpredictable and volatile, 23 and (3) substantial and recurring. Historically,
commissions required that all three conditions exist if a utility wanted to have costs recovered
through a tracker. Fuel costs were a good candidate because of their influence by factors beyond

21 Between rate cases, for example, a utility might incur costs unanticipated by the test-
year calculation and thus not recovered from its customers.

22 The regulator, for example, might have less time to review these costs or just might
consider them too unimportant to warrant a separate review. Another explanation might be that
rate cases are transparent and well-publicized, putting pressure on regulators to closely review all
aspects of a rate case filing. These reasons are just the author's speculations. A pertinent
research question is whether this hypothesis has validity.

23 Even if the forecast of a cost item is highly accurate in the long run, it can fluctuate
widely in the short run, causing possible serious cash-flow problems for the utility. The utility
might then have to purchase short-term debt and other financing. The author thanks Carl
Peterson for this insight.

8
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the control of a utility, their volatility, and their large size. Commissions recently have approved
cost trackers when not meeting all three conditions, especially the third (substantial and recurring
costs).24

The last "extraordinary circumstance," substantial and recurring costs, greatly restricts
the costs eligible for cost tracker recovery. Differences between their test year and actual cost
can have a material effect on a utility's rate of return. Legal precedent dictates that regulators
must set reasonable rates that allow a prudent utility to operate successfully, maintain its
financial integrity, attract capital, and compensate its investors commensurate with the risks
involved.25 A utility should recover revenues in excess of its operating expenses to provide a
"fair return" to investors. Businesses including utilities need to earn a profit to compensate
investors for business, financial, and other risks.26

Some state commissions have softened or ignored the "substantial and recurring"
component of the "extraordinary circumstances" standard. Bad debt, the subject of recent cost
trackers, features financial effects that are typically not substantial. Utilities have contended that
the unpredictability of this cost makes it difficult to incorporate it accurately into the base rate.
Yet, even if this assertion is true, it is questionable whether any bad-debt cost unaccounted for in
the test year would inflict substantial financial harm on a typical utility. 27

24 Commissions' rulings seem to reflect the view that regulators have much discretion in
approving cost trackers as long as these actions reflect reasonable ratemaking given the facts and
circumstances.

25 The U.S. Supreme Court outlined these conditions in its 1944 order for FPC v. Hope
Natural Gas Co., 320 U.S. 591, 605 (1944).

26 The return on equity for a utility corresponds to the term "normal profits." Both terms
involve the cost a utility incurs to attract funds from investors. 26 Let us assume that utility
performance should replicate the performance of competitive firms where firms receive normal
profits in the long run. A utility would, therefore, earn a return that is reasonable but not
excessive. A reasonable return should allow the utility to maintain its credit quality and attract
needed capital on reasonable terms, but do no more. Commissions usually consider a rate of
return within a "zone of reasonableness" as sufficient but not excessive. They do not guarantee
that the utility will earn within this zone; they merely give the utility the opportunity if it
performs efficiently and economically.

27 The outcome would vary across utilities and by period. Especially in bad economic
times in conjunction with high energy prices, bad debt can quickly soar, making test-year
estimates grossly inaccurate. "Substantial financial harm" has no definitive meaning. It can
refer to a situation where a utility has difficulties in raising funds for new investments or faces
severe cash flow problems. Such situations can harm customers in the long run, for example, by
reducing service reliability and diminishing the utility's credit quality, which in turn can lead to
the utility having a higher cost of capital. A tracker for bad debt can also affect how the utility
responds to customers who are behind in their payments. It can, for example, make the utility
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B.	 "Severe financial consequences"

Historically, commissions have approved cost trackers to avoid the possibility of a utility
suffering a serious financial problem because of cost increases unforeseen at the time of the last
rate case. 28 Justification for cost trackers is, therefore, greater when a commission relies on a
historical test year that does not recognize the volatility of certain costs or their upward trend
over time. Let us assume that a certain operating cost has trended upward (e.g., 2 percent per
year) over the past several years. Let us also assume that the commission allows only a historical
test year. In this example the utility is likely to under-recover this particular cost. What effect
this outcome would have on the utility's overall rate of return depends on the magnitude of any
cost increase relative to the utility's earnings and whether other costs fell while rates were in
effect.

Commissions do not expect utilities to earn the authorized rate of return during each
future period over which new prices are in effect. 29 Commissions implicitly impute a risk
premium in the authorized rate of return, partially to account for the earnings volatility from
fluctuations in costs or revenues from the test year. Trackers affect what is called "business
risk." Business risk refers to the uncertainty linked to the operating cash flows of a business.
Business risk is multi-dimensional, inclusive of sales, cost, and operating risks. In the Capital
Asset Pricing Model (CAPM), for example, the lower the utility's expected earnings volatility,
the lower the measure of the utility's risk relative to the market portfolio (i.e., "beta"). Because

more lax in its credit policies, which could result in fewer service disconnections, especially for
low-income households. In the absence of a tracker, the utility presumably would intensify its
efforts to collect money owed by delinquent customers. I thank Michael McFadden for this
insight.

28 See, for example, Paul L. Joskow, "Inflation and Environmental Concern: Structural
Changes in the Process of Public Utility Regulation," Journal of Law and Economics, Vol. 17
(1974): 291-327. A premise behind the wide acceptance of fuel adjustment clauses was that
because electric utilities were not responsible for the escalation of fuel costs, commissions
should not hold them accountable. Virtually all electric utilities in the 1970s experienced an
unprecedented rise in fuel costs, for example, inferring an exogenous event beyond the control of
any single utility. Prior to this time, even though FACs were common but fuel prices were much
more stable, commissions generally associated changes in the utility's rate of return between rate
cases with utility-management performance. A lower rate of return reflected poor performance
and a higher rate of return superior performance. (A 1974 study found that 42 out of 51
jurisdictions had some form of fuel adjustment clause. See National Economic Research
Associates, "The Fuel Adjustment Clause: A Survey of Criticism, Justifications, and Its
Applications in the Various Jurisdictions," 1974.)

29 This statement supports the contention that commissions do not intend the prices they
set in a rate case to reflect the utility's actual cost of service for each future year. Commissions,
however, judge that the prices they set will allow the utility an opportunity (i.e., a reasonable
chance) to earn its authorized rate of return or some return close to the authorized level.

1€
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trackers reduce a utility's business risk, a regulator might want to consider revising downward
the risk premium of a utility with additional cost trackers or a revenue-decoupling tracker,
resulting in a lower return on equity.

If a commission wants to guarantee that the utility will recover its authorized earnings, it
would favor a rate design that allows the utility to recover all of its fixed costs in a monthly
service charge or a customer charge. 30 Since generally commissions do not, they implicitly
recognize the positive incentive effect from allowing a utility's actual rate of return to deviate
from the authorized level. Commissions also know that if a utility is continuously earning below
its authorized rate of return, the utility has the right to file a general rate increase.

The previous discussion explains why most regulators have favored adjusting rates
between rate cases only when such adjustments avoid serious financial situations for utilities. If
a commission wanted to assure the utility that it will always earn its authorized rate of return, it
would allow the utility to recover all of its actual costs through trackers. 31 Commissions
generally do not allow the tracking of all costs because of incentive and other problems, which
this paper discusses in Section II.B.

C.	 An illustration: FACs and PGAs

The wide popularity of FACs and PGAs among utilities and most commissions reflects
the perception that these mechanisms are necessary to prevent a utility from earning a rate of
return substantially below what was authorized. This perception stems from the magnitude of
fuel and purchased gas costs relative to a utility's earnings. Other categories of costs, such as
bad debt, are much smaller in size and therefore have smaller earnings consequences.

Until fuel costs started to fluctuate sharply in the 1970s, some energy utilities had to
operate without the ability to adjust prices outside a rate case. 32 These utilities shouldered the
risks of events between rate cases, but they also retained any high returns from favorable
happenings. Prior to around 1970, for example, many electric utilities earned rates of return that
were much higher than the authorized levels because of technological improvements, high sales
growth, and economies of scale, in addition to the acquiescence of commissions. 33

30 Such a rate design would not guarantee the utility earning its authorized rate of return,
as unexpected variable costs would cause the utility's earnings to decline.

This recovery would include fixed costs the commission found prudent in the last rate
case. Guarantee of full recovery of all costs would also require a revenue tracker such as
revenue decoupling, assuming that the utility recovers some of its fixed costs in the volumetric or
commodity charge.

32 The genesis for these dramatic fuel-cost increases was the Oil Embargo by OPEC and
the other Persian Gulf troubles of the 1970s.

Although most state commissions had authority to initiate proceedings to reduce rates,
few chose to exercise it.

11
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Not surprisingly, virtually all state commissions believed that trackers for large items
such as fuel costs and purchased gas costs were necessary to prevent inordinate rate-of-return
fluctuations. Implicit in this belief is the view that the burden on utility shareholders would
otherwise be onerous. This factor overwhelmed the arguments against trackers. The major
objective of FACs and PGAs, implanted during that era, was to shield the utility's earnings from
commodity price volatility. Both debt and equity investors favor these mechanisms in reducing
the riskiness of a utility's earnings and cash flow.

V.	 Two Extreme States of the World: Several and No Cost Trackers

A.	 A hodgepodge of cost trackers, or a single rate-of-return tracker

If a commission wants a utility always to earn close to its authorized rate of return, it
would favor rate adjustments between rate cases for both: (1) actual costs deviating from test-
year costs, and (2) actual revenues deviating from test-year revenues. This outcome would
require cost trackers covering all of the utility's costs in addition to a revenue decoupling
mechanism. (The revenue decoupling mechanism would allow the utility to recover all fixed
costs that the commission approved for recovery in the last rate case.)

Putting the utility's future on "autopilot" seems like a reasonable course of action if
financial stability is the prime regulatory objective. Considering incentive problems and
excessive risk-shifting to customers, this option comes across as much less appealing.

An earnings-sharing mechanism (ESM), which consolidates different cost and revenue
trackers, is one ratemaking procedure for stabilizing a utility's rate of return between rate cases.
Under this mechanism, the utility adjusts its rates periodically (e.g., annually) when its actual
return on equity falls outside some specified band. As an illustration, if the band encompasses a
10 to 14 percent rate of return on equity (with 12 percent as the utility's authorized rate of return
established in the last rate case) when the actual return is 9 percent, the utility could adjust its
rates upward to increase its return to, or bring it closer to, 10 percent. 34

An ESM helps to stabilize a utility's rate of return without a full-scale rate case review.
Earnings sharing should reduce the frequency of future rate cases and allow adjusted rates to
reflect recent market developments, including those affecting a utility's costs. 35 Compared to

' The band implicitly reflects the range for the return on equity that the regulator deems
both adequate to keep the utility from financial jeopardy and not so excessive as to be exorbitant.
The interpretation of these financial conditions is subjective and open to debate.

Under traditional ratemaking, reducing the frequency of rate cases might allow the
utility to over-earn by a substantial amount because of the multi-year accumulation of higher-
than-expected sales or lower-than-expected costs, or both. Commissions probably are not so
concerned when the utility over-earns for a one- or two-year period, but would be when it over-
earns by a "significant" amount over several consecutive years. This reaction would be more
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traditional ratemaking, where rates remain fixed between rate cases, ESM weakens regulatory
lag and thereby reduces the incentive of a utility to control its costs between rate cases. 36 A
commission can lessen this problem by requiring the utility to demonstrate its prudence and offer
reasons why specific cost items were higher than their test-year levels. 37

In sum, an ESM would trigger a price adjustment between rate cases only when the
aggregation of revenue and cost departures from test-year levels cause the utility's rate of return
to fall outside a specified "band" region. An ESM takes into account the overall profitability of a
utility. It assumes the role of a rate-of-return tracker that, in effect, amalgamates different cost
trackers into a single cost-recovery mechanism.

The ESM differs from conventional trackers, which account for specific costs or
functions in isolation from the utility's overall financial position. Trackers' focus on an
individual cost categories can cause utilities to delay coming in for rate cases, with the utility
earning an "excessively" high rate of return in the interim. Let us assume that the commission
has approved a tracker for new infrastructure expenditures. The new infrastructure expects to
lower the utility's maintenance and other operating costs. If the last rate case did not recognize
these lower operating costs, the utility's rate of return would be higher, yet because of the
tracker, the utility suffers no interim financial losses from incurring infrastructure expenditures.

acute if the commission believes that fortuitous cirscumstances, rather than superior utility
management, caused the high earnings.

36 This incentive problem exists only when the utility is outside the "band" region and
the mechanism requires sharing of "excessive "or "deficient" earnings with customers. This fact
suggests a wide "band," as the utility operating within the "band" would have "high-powered"
incentives to manage costs because it retains all the economic gains.

The incentive problem would be less pronounced compared to a conventional cost
tracker. As long as the utility's rate of return is within the "band" region, it has a similar
incentive for cost control as it would between rate cases with fixed prices. (The word "similar"
is used because if the "band region" is wide enough, it could defer the next rate case to either
increase or decrease rates. This deferral would further strengthen the incentive of the utility to
control costs.) Outside the "band" region, the utility's incentive depends upon whether ESM
requires the sharing of high or low rates of return between the utility and its customers. Assume,
for example, that the "band" region is a 10 to 14 percent rate of return on equity. During the
year, the utility earns 15 percent; if the utility has to split the difference between the higher
boundary of the "band" region and the actual rate of return by adjusting its prices down, in the
example the utility would realize a 14.5 percent rate of return. We assume that the mechanism is
symmetrical, so if the utility earns below the lower boundary of the "band" region, say, a 9
percent rate of return, it can adjust prices up to realize a rate of return closer to the lower
boundary. This sharing arrangement means that if the utility allows its costs to rise, it either
suffers the full consequence (when it operates within the 'band" region) or the partial
consequence (when it operates outside). The latter condition creates an incentive problem
relative to traditional ratemaking with regulatory lag and fixed prices between rate cases.
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On net, the utility benefits and its customers immediately pay for the infrastructure costs without
benefiting from the lower operating costs (at least until new rates reflect the lower costs). Such
an outcome would violate any common meaning of "fairness" and seriously calls into question
the merits of using a single-function tracker without readjusting rates for the effect on a utility's
other functional areas. 38 This dynamic suggests that commissions implementing trackers should
require their utilities to file rate cases on predetermined intervals.

B.	 No cost trackers

Under the traditional approach to ratemaking, a utility cannot adjust its rates outside a
rate case. No matter what happens to a utility's costs or revenues between rate cases, rates
remain fixed. Let us assume that a utility's costs and revenues are volatile and difficult to
predict. The utility's rate of return can then deviate substantially (on the upside or downside)
from the authorized level.

It is one thing to prohibit trackers for costs that are substantial, volatile and
unpredictable, and generally beyond the control of a utility; it is another to reject trackers for
costs that lack one or more of these features. Good regulatory policy rejects cost trackers that
are not essential for protecting a utility from a dire financial situation. The utility, in justifying
a cost tracker, should present the regulator with credible information showing that a nontrivial
probability exists that the cost item under review will rise sufficiently above the test-year level to
place the utility in financial jeopardy. 39 This showing is more likely when the regulator uses a
historical test year and the cost item recently has exhibited an upward trend or substantial
volatility. 40

Another conceivable justification for a cost tracker is that it transmits better price signals
to a utility's customers. Prices would correspond closer to a utility's actual costs and thus
improve economic efficiency. For economic efficiency, customers should see costs reflected in
their rates, such that they consume less when costs are higher. The validity of this argument for

38 Such a non-uniform treatment of costs could also cause perverse incentives. A utility,
for example, might overspend on infrastructure structures to receive the gains from lower
operating or other costs that the utility retains for itself until the next rate case.

The term "financial jeopardy" has different interpretations. This state, no matter how
it is defined, has the potential to harm customers as well as the utility shareholders. It could
cause the deferment of needed capital investments to maintain reliable service, lowering of the
utility's credit rating, and an increase in the utility's cost of capital. The time period over which
these effects would cause injury to utility shareholders generally would be more immediate than
the injury to customers.

40 A future test year might not improve matters much if the cost item is inherently
difficult to predict with any forecast and therefore susceptible to large error.
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a cost tracker also depends upon the magnitude and nature of the costs involved . 41 This outcome
assumes that a tracker involves a variable cost such as fuel or purchased gas costs. When a
tracker relates to a fixed cost (e.g., infrastructure costs), the argument turns more to the
"fairness" of a cost-recovery mechanism to the utility. Is a tracker justified because test-year
cost calculations expose the utility to potentially high financial risk from unanticipated costs that
fall primarily outside the control of a utility?

VI. Putting It All Together

Cost trackers have both positive and negative features that regulators must evaluate. 42 In
reaching a decision, the regulator needs to weigh these features to determine what is in the public
interest based on how they shift risks, ensure cost recovery, and affect incentives. The main
challenge for regulators is to evaluate whether the positives outweigh the negatives to justify a
cost tracker. 43

A.	 The positive side of cost trackers

The primary benefit of cost trackers, as discussed earlier in this paper, is that they reduce
the likelihood that a utility will encounter serious financial problems. If test-year costs fail to
reflect accurate projections of a utility's actual cost for future periods, then the utility's earnings
can deviate substantially from what a commission approved in the last rate case. Some cost
items are difficult to project, as they exhibit high volatility and depend on different variables that
by themselves are uncertain.

By reducing regulatory lag and the likelihood of prudence reviews, cost trackers can
lower a utility's risk and thus increase its access to capital. The utility could then have a higher
credit rating that, in turn, could lower the cost of financing capital projects.44

41 Distortive price signals can relate to the difference between the utility's short-run
marginal cost and the marginal price charge to customers in consuming more electricity or
natural gas.

42 For a thorough and excellent discussion of the advantages and disadvantages of cost
trackers, with a focus on fuel adjustment clauses, see Michael Schmidt, Automatic Adjustment
Clauses: Theory andApplications (East Lansing, Ml: Michigan State University Press, 1981).

u For an analysis of similar issues faced by regulators in evaluating different ratemaking
mechanisms in general, see Ken Costello, Decision-Making Strategies for Assessing Ratemaking
Methods: The Case of Natural Gas, NRRI 07-10, September 2007, at hup: nnLur puH

I pU I.

This argument is similar to the one used to support including construction work in
progress (CWIP) in rate base for electricity transmission.
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Cost trackers also coincide with the regulatory objective of setting prices based on the
actual cost of service. This condition transmits the right price signal to customers deciding how
much of the utility's services to consume. 45

The development of infrastructure such as the smart grid or other new technology costs
might warrant that commissions consider cost-recovery mechanisms such as a cost tracker to
guarantee minimum cash flow for a utility. Investors might otherwise perceive excessive
regulatory risks that preclude committing funding to a utility. 46 A cost tracker in this instance
also might cut down on the frequency of future rate cases. Regulators in the future might want to
explore less traditional ways for utilities to recover their costs for new technologies with
inherently high operational and financial uncertainties.

As a final benefit, cost trackers can reduce regulatory and utility costs by reducing the
number of future rate cases. Rate cases absorb substantial staff resources and time, diverting
those scarce resources from other commission activities. Yet it is doubtful that many of the
recently proposed trackers involving non-major cost items would have any effect on the timing
of future rate cases. Another comment is that the costs associated with serious and continuing
audits and the monitoring of costs recovered through a tracker could require substantial
resources, either in the form of commission staff or outside consultants.

B.	 The negative side of cost trackers: the case for traditional ratemaking as a
default policy or earnings sharing as a preferred alternative

Cost trackers can reduce utility efficiency, as described above, lust and reasonable"
rates require that customers do not pay for costs the utility could have avoided with efficient or
prudent management. Regulation attempts to protect customers from excessive utility costs by
scrutinizing a utility's costs in a rate case, conducting a retrospective review of costs, applying
performance-based incentives, and instituting regulatory lag. Cost trackers diminish one or more
of these regulatory activities. In some instances, they diminish all of them. The consequence is
the increased likelihood that customers will pay for excessive utility costs.

45 One issue that has emerged in states where trackers have become a major method for
cost recovery relates to the allocation of those costs across customer classes. Cost allocation
determines the actual prices that different customers pay for utility service.

46 One alternative to reducing regulatory risk through trackers would be for a
commission to articulate in a policy statement or other document that it would not apply 20-20
hindsight to determine the cost recovery of new investments. A commission can express, for
example, that it will not subject specific utility decisions to prudence reviews. One method of
doing so is providing pre-approval for projects before they enter service. For a more detailed
discussion of pre-approval mechanisms, see Scott Hempling and Scott Strauss, Pre-Approval
Commitments: When And Under What Conditions Should Regulators Commit Ratepayer Dollars
to Utility-Proposed Capital Projects? NRRI 08-12, November 2008, at
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This paper recommends that regulators approve cost trackers only in special situations
where the utility would have to show that alternate cost-recovery mechanisms could cause
extreme financial problems. This showing requires utilities to provide a distribution of possible
cost futures and an assessment of their likelihood. If a certain cost item has high volatility and
unpredictability, represents a large component of the utility's revenue requirement and is
recurring, and is generally beyond a utility's costs, it becomes a candidate for "tracker" recovery.

Even then, the regulator should consider the adverse incentive effects and how he or she
can compensate for this problem. 47 Regulators should condition any approval of a cost tracker
on the utility's filing information on its performance for those functional areas directly or
indirectly affected by the tracker. For example, has the FAC caused a utility to spend less money
on plant maintenance costs, jeopardizing reliability and inflating total utility costs because of
higher avoidable fuel costs? These conditions can harm the utility's customers in the long run.

No other rationale merits departing from cost recovery through rate cases. This limited
application of cost trackers provides the benefits of:

1. using the same cost-recovery mechanisms for all utility functions to prevent perverse
incentives (perverse incentives can lead to a higher cost of service and utility rates);

2. balancing a utility's total costs and total revenues (without this balancing, it is
conceivable that the utility could recover one cost item through a tracker and over-
recover other costs set in the last rate case to result in the utility earning above its
authorized rate of return); a rate case has the attractive feature of matching revenue
with costs on an aggregate basis;

3. retaining sufficient regulatory lag to provide the utility with more motivation to
control costs (regulatory lag is an important feature of traditional ratemaking in
forcing the utility to shoulder the risk of higher costs between rate cases); and

4. scrutinizing a utility's costs and performance in different areas of operation
(commissions review costs more rigorously in a rate case setting, decreasing the
likelihood that customers will recover a utility's imprudent costs).48

47 The commission can monitor the utility's performance or include a performance-based
incentive component in the tracker mechanism. See the NRRI study cited in footnote 8 for a
description and analysis of incentive-based gas procurement mechanisms.

48 In theory, a commission can expend the same resources and effort toward inspecting a
utility's costs recovered through a tracker as it does for costs determined in a rate case. In
practice, however, the author shares the widely held view that commissions and non-utility
parties devote fewer resources to this task for costs recovered through a tracker. Confirmation of
this view would require a systematic study that would compare, among other things, the
resources expended by the commission and non-utility stakeholders per dollar recovered under
trackers and in a rate case.
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The earlier discussion points to the advantages of replacing cost trackers (excluding fuel
and purchased gas cost trackers) with a single rate-of-return tracker in the form of an earnings-
sharing mechanism. This alternative overcomes some of the problems with cost trackers, namely
perverse incentives and weak incentives for cost control, the mismatching of a utility's total
costs and revenues, and inadequate regulatory oversight of costs. 49 An earnings-sharing
mechanism is also able to achieve the major objective of cost trackers, namely preventing
utilities from suffering serious financial problems between rate cases.

A single rate-of-return tracker can also address the "fairness" issue of why a utility
should not recover from customers a cost increase (e.g., property taxes) between rate cases that is
completely beyond its control. This mechanism would, in effect, allow the utility to recover the
increased costs, but only if it was already earning a "low" rate of return (i.e., a return below the
"band" region discussed above). One major problem with cost trackers is that they allow a
utility to increase its prices even if the utility is already earning a higher-than-authorized rate of
return (or beyond the "zone of reasonableness" set in the last rate case). A commission would
not allow this outcome under traditional regulation.

VII. Questions Regulators Should Ask

This paper discusses the major issues regulators face in evaluating cost trackers. Well-
informed decisions require regulators to ask certain questions, for which this paper provides
some introductory responses. The following is a list of the most pertinent questions:

1. Does a cost-tracker proposal meet the regulatory test of acceptability? What
minimum threshold should a regulator set for consideration of a cost tracker?

2. What special circumstances exist to warrant cost recovery outside of a rate case?

3. What evidence does a utility present showing that the absence of a tracker for a
particular cost could place it in financial jeopardy?

4. In addition to cost trackers, what other cost-recovery mechanisms can regulators rely
on to allow a utility to recover substantial unexpected costs between rate cases? What
are the public-interest effects of these mechanisms relative to cost trackers?

5. What advantages does a cost tracker offer? What are its disadvantages?

Regulators can overcome some of these problems. They can, for example, require that
a utility with cost trackers file a rate case no less often than every three years or however often
frequency regulators consider appropriate. Regulators can also require prudence reviews of
utility activities associated with trackers on a regular basis. I thank Michael McFadden for these
insights.
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Exhibit

How should regulators weigh the downsides of cost trackers relative to the upsides?
How important are adverse incentive effects relative to the value of stabilizing a
utility’s rate of return?

How should a regulator account for the net-cost effects of a new investment (e.g.,
capital costs less savings in operating costs) for which the utility wants cost recovery
through a tracker?

How would the accumulation of cost trackers for a utility motivate the utility to take
risks and improve its overall cost performance?

If a cost tracker is justified, how can regulators structure it to mitigate potential
problems such as weakened incentives for cost control?

What conditions should a regulator attach to the approval of a cost tracker?

Should it require the utility to report on its cost performance in functional areas
directly and indirectly affected by the tracker?

Should the regulator also require that all costs recovered through trackers be
subject to a thorough prudence review?

Should the regulator reduce the utility’s return on equity to account for the lower
risk resulting from the tracker?

a.

b.

c.

6.

7.

8.

9.

10
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